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I. 

Q. 
A. 

Q. 
A. 

Q- 
A. 

Q- 

A. 

REBUTTAL TESTIMONY OF JOHN R DENMAN 
ON BEHALF OF ARIZONA PUBLIC SERVICE COMPANY 

(Docket No. E-01345A-05-0816) 

INTRODUCTJON 

PLEASE STATE YOUR NAME AND POSITION WITH A P S .  

My name is John R. Denman. I am the Vice President of Fossil Generation for 

Arizona Public Service Company (“APS” or “Company”). 

WHAT IS YOUR PROFESSIONAL BACKGROUND? 

I have worked for A P S  for more than 40 years in various positions relating to 

fossil generation. I have been the Vice President for Fossil Generation since 

1997. From 1986 to 1997, I was the Director of Fossil Generation, with the same 

basic responsibilities I have as Vice President of Fossil Generation. Prior to 

1986, I held various positions within fossil generation, including Plant Manager 

for the Four Comers Power Plant. 

DID YOU FILE DIRECT TESTIMONY IN THIS PROCEEDING? 

No. 

WHAT IS THE PURPOSE OF YOUR REBUTTAL TESTIMONY IN THIS 
PROCEEDING? 

I am responding to the testimony by John Antonuk regarding the examination 

and evaluation of the Company’s procurement and management of fuel and 

energy conducted by the Arizona Corporation Commission’s (“Commission”) 

Utilities Division Staff. I will focus on issues and recommendations relating to 

coal procurement and plant operations. APS witnesses Don Brandt and Tom 

Carlson will address issues and recommendations relating to gas commodity 

procurement, gas transportation, and hedging. 
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Q. 
A. 

11. 

Q. 
A. 

111. 

Q- 

A. 

HAVE YOU PREVIOUSLY TESTIFIED BEFORE TMS COMMISSION? 

No. 

SUMMARY 

PLEASE SUMMARIZE YOUR REBUTTAL TESTIMONY. 

APS was pleased that Mr. Antonuk has confmed that the Company 

appropriately handles fuel and energy procurement and effectively operates its 

fossil generating facilities, and that the recommendations are intended to 

improve already-appropriate systems and operations. We considered all of Mr. 

Antonuk’s recommendations in those areas and agree with most of them. In 

several cases, such as with the process for handling coal weights, we already had 

addressed or were addressing the recommendations at the time of the audit. In 

other cases, such as the inventory target at the Cholla Power Plant and the coal 

contract management process, we agree that the suggested changes will improve 

our systems, and we will implement those recommendations. Finally, with 

respect to some of the recommendations, we believe we already had in place the 

suggested changes but that perhaps we did not adequately explain the 

Company’s process during the audit process. 

FUEL CONTRACT MANAGEMENT AND ADMINISTRATION 

MR. ANTONUK OFFERS VARIOUS RECOMMENDATIONS 
REGARDING FUEL AND ENERGY PROCUREMENT AND 
MANAGEMENT. DID YOU REVIEW THOSE RECOMMENDATIONS? 

Yes, and I agree with Mr. Antonuk’s overall conclusion that the Company 

handled these areas “in a manner that produced appropriate costs during the 

April through December 2005 period,” the period covered by the fuel audit. 
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A. 

DO YOU AGREE WITH MR. ANTONUK’S RECOMMENDATIONS 
REGARDING FUEL CONTRACT MANAGEMENT AND 
ADMINISTRATION? 

In general, yes. Mr. Antonuk offers a few recommendations regarding the 

Company’s fuel contract management processes that in general A P S  finds to be 

appropriate. In fact, the Company already was implementing several of those 

recommendations when Mr. Antonuk’s firm, Liberty Consulting, conducted its 

assessment. The following paragraphs summarize the status and response to the 

contract management recommendations relating to the Company’s coal 

acquisitions. Mr. Carlson will respond to those recommendations relating to the 

acquisition of the Company’s gas supply. 

Develop a complete set of procedures related to the management and 

administration of coal contracts: The APS Fuel Procurement Department 

will review its procedures for fuel contract management and 

administration and, as appropriate, incorporate additional detail to reflect 

the processes used. 

0 Streamline the procedures for handling of information on coal weights: 

APS agrees that the manual process used for handling coal weight 

information for the coal sample analysis should be reevaluated for 

possible automation. Mr. Antonuk’s recommendation that A P S  improve 

the automation of the data entry of weight information from the coal belt 

scales at the Four Comers and Cholla Power Plants appears to have merit. 

APS will evaluate the cost of automating these activities and implement 

those changes are found to result in a positive cost benefit. 
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0 Revise the inventory tarpet for Renular Coal at the Cholla Power Plant 

from 25 days of suuuly to 35 days of supply: As Mr. Antonuk testifies, 

the Cholla Power Plant practice has been to carry a coal inventory in 

excess of the lower inventory target. Ivlr. Antonuk concluded that the 

Plant’s practice was appropriate and that the target should be revised to 

reflect that practice. APS Fuel Procurement will work with Cholla Power 

Plant management to review the inventory target and adjust it to reflect 

the appropriate inventory practice. 

0 Conduct a comwehensive analysis of gas purchasing and management 

under El Paso Natural Gas’s revised rate structure, and report to the 

Commission: Mr. Antonuk clarified in discussions with A P S  that the 

Company has taken appropriate steps to date to address pipeline 

transportation cost concerns. To that end, APS takes a comprehensive 

approach to investigating alternatives for increasing the Company’s 

options relating to gas transportation. With respect to infiastructure 

needs, APS has worked ‘with both Kinder Morgan and TransWestern 

Pipeline to encourage the construction of a new pipeline to serve Arizona. 

In addition, as Mr. Carlson discusses in his testimony, APS continues to 

examine options relating to natural gas storage and liquefied natural gas 

(“LNG”). 

Mr. Antonuk’s recommendation, therefore, focuses on encouraging the 

Company to continue that proactive approach in addressing these issues 

in light of continuing developments relating to the El Paso Natural Gas 

rates. As Mr. Antonuk discusses in his testimony, it will be important for 

APS to continue to evaluate options relating to natural gas transport. APS 
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will conduct the recommended “analysis of gas purchasing and 

management under [El Paso’s] revised rate structure” and will submit a 

confidential report to the Commission summarizing its analysis within 

one year of the decision in this docket. 

IV. PLANT OPERATIONS 

Q. 

A. 

Q. 

A. 

MR. ANTONUK ALSO OFFERS SEVERAL RECOMMENDATIONS 
RELATING TO APS PLANT OPERATIONS. DO YOU HAVE ANY 
RESPONSES TO THOSE RECOMMENDATIONS? 

Yes, I do. Although I agree with some of Mi-. Antonuk’s recommendations, I 

believe that other recommendations may have been based on an inaccurate or 

incomplete understanding of the processes A P S  currently uses to evaluate plant 

operations. 

LET’S START WITH MR. ANTONUK’S RECOMMENDATION THAT 
A P S  “FOCUS ON OPTIMIZING THE PERFORMANCE” OF THE 
REDHAWK AND WEST PHOENIX CC5 UNITS AS THEY TRANSITION 
INTO APS. DO YOU HAVE ANY RESPONSE TO MR. ANTONUK’S 
RECOMMENDATIONS? 

Yes. First, however, I would like to reiterate that Mi-. Antonuk found that A P S  

“has appropriately recognized the shift in the market paradigm brought about” 

by the movement of the Redhawk and West Phoenix CC5 units into APS. As Mr. 

Antonuk noted, those units have experienced “representative outage frequency 

and duration.” 

APS continuously focuses on optimizing the performance of all of its fossil 

generating units, including Redhawk and West Phoenix CC5. Because of that 

focus, the transition of these gas-fired units into an intermediate dispatch 

operation has gone very well overall. As with any generating unit that initially is 
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Q. 

A. 

designed for base-load operation and then changed to intermediate duty, certain 

systems and equipment have required re-engineering for the new duties. 

With respect to Redhawk, many of the start-up and unit operational issues 

already have been resolved. For example, several steam by-pass valves have 

been replaced and relocated, additional generator endturn blocking has been 

added, and larger start-up drains have been added. Because of these efforts, 

among others, Redhawk is operating at a combined equivalent availability factor 

(“EAF”) of 96.5% for 2006 year-to-date. 

At West Phoenix CCS, APS also has addressed operational and start-up issues. 

Many of the by-pass and feedwater regulating valves have been replaced, and 

the remaining are scheduled to be replaced during planned future outages. The 

rotor air cooler system has been redesigned and heater retubing is scheduled for 

October 2006. Like other units throughout the industry with the same turbine 

design, West Phoenix CC5 has experienced some problems with the low 

pressure steam turbine last stage blades (L‘L-0 Blades”). These L-0 Blades are 

the largest turbine blades in each unit. In addition to requiring frequent unit 

outages for blade inspection, the unit must be operated in a manner that results 

in higher unit heat rate. We anticipate installing a newly designed blade in the 

first quarter of 2008. Because of these efforts, among others, West Phoenix 

CC5’s year-to-date EAF is 91.6%. 

MR. ANTONUK ALSO RECOMMENDS THAT A P S  “PREPARE AND 
EXECUTE AN ACTION PLAN THAT WILL IMPROVE ECONOMIC 
EVALUATIONS RELATED TO MINIMIZATION OF OUTAGE TIME.” 
DO YOU AGFUZE WITH THAT RECOMMENDATION? 

We believe APS already has such a process in place. A P S  schedules required 

planned outages using a production cost model, which produces the least cost 
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Q- 

A. 

replacement power for the system. All scheduled outages at A P S  base-load and 

intermediate units are planned using a critical path planning tool to minimize 

outage time. The Company schedules planned outages to obtain the shortest 

duration to minimize replacement power cost. Planned outages for peaking units 

are scheduled during off-peak times to ensure that scheduled work is performed 

at the least cost. 

Forced outages on the intermediate and peaking units are worked based on value 

to the system, replacement power cost at the time of the outage, and forecasted 

near term anticipated dispatch of the unit. We perform an assessment of each 

unit to determine options for extending the time between required outages. For 

example, we may install upgraded materials or change equipment design to 

reduce wear. With respect to outage duration, we work to reduce outage time by 

making sure appropriate resources (such as labor, tools, parts, contract support) 

are available so the outage is as short as possible. 

ALTHOUGH MR. ANTONUK’S RECOMMENDATION IS BROADLY 
STATED, THE ASSOCIATED CONCLUSION IN THE AUDIT REPORT 
FOCUSES ON APS’S REFLECTION OF NET REPLACEMENT POWER 
COSTS IN ITS ECONOMIC EVALUATIONS. DO YOU HAVE ANY 
COMMENT ON THAT ISSUE? 

I absolutely agree with Mr. Antonuk that net replacement power cost should be 

considered in economic evaluations relating to spare parts and inventory and, in 

fact, A P S  considers those costs already. At the Company’s intermediate gas 

plants, capital spare parts are justified and purchased for inventory based on an 

economic evaluation using differentia1 fuel cost and projected loss of generation. 

Major spare parts are evaluated for consideration to stock (i.e., kept as 

inventory) based on expected lead time to purchase, expected refbrbish time for 

the maintenance spare, and the expected time between planned maintenance. 
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Q. 

A. 

With respect to replecement combustion hardware, for example, one set of spare 

combustion hardware costs well over $8 million dollars, and the Company has 

determined that one set of spares for the Redhawk units and a second set of 

spares for West Phoenix is reasonable and appropriate. In addition, the 

Company’s Long Term Service Agreements (“LTSAs”) guarantee that A P S  will 

be provided with needed combustion parts beyond our in-house inventory levels 

without any delay in scheduled or forced outage time. 

The Company purchases routine inventory spares based on frequency of need, 

risk of failure, and criticality to plant operations. We have evaluated all systems 

as both base-load and intermediate load units with the objective of identifying 

spare parts and spare equipment needs. Where it is cost effective to do so, spare 

parts and equipment have been purchased. 

HOW DO YOU RESPOND TO MR. ANTONUK’S RECOMMENDATION 
THAT APS EVALUATE THE REPLACEMENT OF BOILER SECTIONS 
AT FOUR CORNERS POWER PLANT UNIT #5 AND NAVAJO 
GENERATING STATION UNITS #2 AND #3? 

Boiler tube leaks on coal fired generating units usually constitute the major 

contributor to lost generation for these types and vintage of units. Many factors 

influence boiler tube leaks, including boiler design, fuel quality, and age of the 

different boiler components, among others. Because A P S  (for Four Corners) and 

SRP (for Navajo Generating Station) continuously review and research new 

applications of boiler maintenance procedures and the use of up-graded 

materials to anticipate and reduce boiler tube leaks, APS believes that Mr.. 

Antonuk’s recommendation already is being met. 

APS and SRP each have an integrated boiler tube leak reduction program that 

includes inspection and testing to anticipate leaks in addition to procedures to 
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Q- 

A. 

determine the root muse of leaks, ensure that repairs are performed properly, 

require the development of short and long-term corrective action plans, and 

monitor implementation of corrective action plans to assure timely completion. 

Based on om comprehensive boiler tube leak reduction program, planned boiler 

components replacement is performed at each planned outage. All major 

component replacements are based on an estimated remaining life assessment 

and economic evaluation of component failure. 

MR. ANTONUK ALSO RECOMMENDS THAT APS CONDUCT A 
REVIEW OF OPERATOR AND MAINTENANCE ERRORS TO 
DETERMINE WRY SUCH ERRORS APPEAR TO OCCUR MORE 
FRIEQUENTLY AT FOUR CORNERS UNIT #3 AND NAVAJO UNIT #3. 
HOW DO YOU RESPOND? 

It is important to first clarify that operator and maintenance errors at all APS 

base-load coal plants and at the Navajo Generating Station, operated by Salt 

River Project (“SW”), already are investigated for root causes. With respect to 

the plants that A P S  operates, I receive daily reports on plant operation and 

review monthly plant performance issues with plant management. In addition, I 

require each coal plant to provide me a quarterly report on all lost generation. 

That report also sets out the plant’s corrective action plans to address any issues 

identified. 

We regularly conduct operational assessments at each of the base-load and 

intermediate load plants that A P S  operates to assure that operators are 

knowledgeable and are following good operational practices. Appropriate 

corrective action is identified based on investigation findings when a human 

performance error occurs. Corrective actions can include training, changes in 

procedures, additional procedures, andor employee coaching. 

9 



With respect to the Navajo Generating Station, SRP provides daily status and 

monthly lost generation reports to me, the A P S  Manager of Technical Services 

and the A P S  Manager of Generation Engineering, both of whom report to me. 

A P S  representatives also attend quarterly Engineering & Operating (“E&O”) 

Committee meetings where SRP provides detailed information about Navajo’s 

operations, including lost generation events, to all plant owners. SRP also 

identifies corrective actions that it has taken or plans to take to address issues 

and problems identified. 

There were seven human performance errors reported at Four Comers Unit 3 in 

2005 - one maintenance and six operations. Of the six operations errors, five 

were related to one event. In February 2006, the Company identified the actual 

root cause-a faulty check valve. The Company decided not to correct the 2005 

data to reflect that these five reported errors were nut in fact operator errors. 

There were six human performance errors reported at Navajo Unit 3 in 2005. All 

were related to unit start up and operator experience. Consistent with the plant’s 

root cause policy, each of these events was investigated and appropriate action 

taken to help insure that human performance errors are kept to the lowest 

possible level. Procedures, employee training, employee coaching, and 

operations audits are used to keep human performance errors to the lowest level 

possible. 

In short, we do not agree that there is any unusual pattern of operator errors at 

these two units requiring the suggested special evaluation. The current practice 

of root cause analysis of outages with follow up corrective actions, if needed, is 

sufficient. 
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Q* 

A. 

V. 

Q. 
A. 

Q- 
A. 

DO YOU AGREE WITH M R  ANTONUK’S RECOMMENDATION 
THAT APS “IMPLEMENT FOR WEST PHOENIX #5 THE 
REQUIREMENT FOR ROOT CAUSE ANALYSIS WHEN GENERATION 
IS LOST”? 

I agree with Mr. Antonuk’s endorsement of root cause analysis, but West 

Phoenix CC5 already is required to comply, and does comply, with the same 

requirement for root cause analysis that applies to the rest of the Company’s 

fossil generating units. In addition, as I indicated above, I meet with the Plant 

Manager of each fossil plant monthly to discuss lost generation events. I require 

the plants to develop specific Action Plans to address root cause corrective 

actions and review them regularly with plant management to assure 

implementation. 

CONCLUSION 

DO YOU HA= ANY CONCLUDING COMMENTS? 

I appreciate Mr. Antonuk’s overall conclusion that APS‘s he1 procurement and 

plant operations are effective and appropriate, as we have worked hard to have 

an effective operation. Any operation can be improved, however, and as I 

indicated above, the Company already has in place or is implementing a number 

of the recommendations made by Mr. Antonuk. We will continue to implement 

those processes. In addition, we will update our analysis of options relating to 

gas transportation and provide the Commission with a confidential report on that 

analysis within one year after the decision in this proceeding. 

DOES THAT CONCLUDE YOUR REBUTTAL TESTIMONY? 

Yes, it does. 
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I-. 

Q. 
A. 

Q- 

A. 

DIRECT TESTIMONY 0F.PATRlCK DINKEL 

(Docket NO. E-01345A-05-0816) 
ON BEHALF OF ARIZONA PUBLIC SERVICE COMPANY 

NTRODUCTTON 

PLEASE STATE YOUR NAME AND POSITION WITH APS. 

My name is Patrick Dinkel. I am the Director of Corporate Planning and 

Resource Acquisition for Arizona Public Service Company (“APS” or 

“Company”). I led the A P S  team responsible for conducting the 2003 A P S  

Request for Proposals-Power Supply Resource Proposal for the Procurement 

of Generating Capacity (the “2003 WP”), evaluating the resulting proposals, 

negotiating the Asset Purchase Agreement with PPL Sundance Energy, LLC 

(“‘PPL Sundance”), and closing the transaction that resulted in APS owning the 

Sundance Generating Station and associated assets (:‘Sundance Assets“). I also 

conducted the two 2005 RFPs called for by Decision No. 67744 (April 7,2005) 

- one seeking at least 100 MW of renewables and a second all-source 

procurement for at least 1000 MW. 

1 WHAT rs YOUR EDUCATIONAL AND PROFESSIONAL 
BACKGROUND? 

I received a Bachelors of Science degree from Maryrnount College and a 

Masters of Business Administration from Northern Arizona University. I joined 

APS in 1986. Before becoming Director of Corporate Planning and Resource 

Acquisitions in 2004, I was the Manager of Corporate Planning, and the 

Manager of Business Unit Analysis and Reporting. Before that, I held various 

positions within A P S  and Pinnacle West Capital Corporation (“Pinnacle West”), 

primarily within the financial planning and budgeting areas. 
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Q. 

A. 

Q* 
A. 

/ 

Q. 

A. 

WHAT IS THE PURPOSE OF YOUR DIRECT TESTIMONY IN THIS 
PROCEEDING? 

A P S  is seeking to include the Sundance Assets in its rate base. My testimony 

explains the validity of the procurement process and the value of the Sundance 

Assets for serving A P S  customers. APS witness Ms. Laura Rockenberger will 

discuss the operating income pro forma for the Sundance Assets. 

HAVE YOU PREVIOUSLY TESTIFLED BEFORE THIS COMMISSION? 

Yes, I have. J testified in support of A P S '  request to acquire the Sundance Assets 

in Docket No. E-0 1345A-04-0407 (i'Sundance Acquisition Docket"). My 

testimony in that docket addressed the 2003 RFP and the evaluation process that 

resulted in the selection of the.PPL Sundance proposal. In addition, I addressed 

A P S '  proposed financing of the acquisition and provided details relating to the 

Accounting Order that APS was requesting. Because it' is relevant to the issues 

in this rate case application, a copy of my pre-filed direct testimony in the 

Sundance Acquisition Docket is attached as Attachment PD- I - 

WHAT WAS THE OUTCOME OF THE SUNDANCE ACQUISITION 
DOCKET? 

In Decision No. 67504, (January 20, 2005), the Commission affirmed APS '  

ability, subject to applicable regulatory requirements, to buy new generation 

assets for native load.' The Commission declined to approve the acquisition 

prior to its consideration in a ratemaking proceeding, or to make a determination 

as to whether the assets were "used and usefLII." The Commission did determine 

that the Sundance Assets acquisition satisfied the evidentiary and legal standards 

Subsequent to the decision in the Sundance Acquisition Docket, the Commission issued Decision No. 67744 
(April 7,2005), which imposed certain restrictions on APS' ability to self-build or acquire new generation. 
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Q- 

A. 

Q* 

A. 

necessary to be accorded h l l  cost recovery under traditional cost of service 

principles in a future rate proceeding. The Commission afso found that the 

financing authorizations granted in Decision Nos. 54230 and 55017 were in full 

force and effect and could be used for the acquisition of the Sundance Assets. A 

specific modification to the Sundance Certificate of Environmental Compliance 

was approved as requested. In addition, the Commission held that subject to 

specified conditions, including the approval of the proposed Power Supply 

Adjustor (PSA) in the then pending A P S  rate case, A P S  was authorized to defer 

certain costs of owning, operating, and maintaining the Sundance Assets. 

DID APS RECEIVE THE REQUIRED APPROVAL FROM FERC FOR 
ITS ACQUISITION OF THE SUNDANCE ASSETS? 

Yes. That approval was received by Letter Order on May 6, 2005. I have 

attached a copy of FERC’s Order as Attachment PD-2. The sale and purchase 

transaction closed on May 13,2005. 

PLEASE SUMMARIZE YOUR TESTIMONY IN THIS RATE CASE 
DUCKFCT. 

My testimony will demonstrate that: 

AF’S‘ long range forecasts in 2002 and 2003 showed that the Company 

would need a significant amount of additional generation resources to 

meet its continued load growth. 

The Company‘s ultimate decision to purchase the Sundance Assets was 

based on a fair and appropriate Request for Proposal (“RFP”) process. 

The acquisition of the Sundance Assets was analyzed with sound 

economic principles and determined to be a cost effective means of 

acquiring critical long-term peaking capacity for our customers. We also 
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11. 

Q- 
A. 

Q. 
A. 

analyzed t!!e performance of the units and found that they were well 

suited €or our customers' needs. 

SUNDANCE ASSETS 

PLEASE DESCRIBE TRlE SUNDANCE ASSETS. 

The Sundance Generating Station is a 450-megawatt ("MW"), natural gas-fired, 

simple cycle, peaking electric generating facility located in Pinal County, 

approximately five miles southwest of Coolidge, Arizona. The plant began 

commercial operation in July 2002. APS acquired the Sundance Assets from 

PPL Sundance, which constructed the facility and managed it as a merchant 

power plant prior to the sale. Sundance consists of ten 45 MW General Electric 

LM6000-PC combustion turbines arranged in pairs, along with five generation 

step-up transformers. The plant uses weI1-known technology with a solid 

operational and environmental track record. 

WHY DID APS ISSUE AN RFP IN DECEMBER 2003? 

A P S  routinely prepares forecasts of its projected load requirements and 

compares them to its available resources, including owned generation and any 

long-term purchased power contracts it may have in place. In 2002 and 2003, 

the Company was forecasting continued load growth that, when compared to the 

Company's existing resources, signaled a need for a significant amount of 

additional generation resources. The A P S  Summer Supply & Demand Balance 

Assessment showed that A P S  would have a resource shortfall by the summer of 

2007 of more than 1400 MW. This assessment included the 1700 MW of 

Arizona assets owned by Pinnacle West Energy Corporation ("PWC"), which 

A P S  proposed to have included in its rate base in its then-pending rate case. A P S  

issued the 2003 RFP in December 2003 to explore options for meeting the 
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Q* 
A. 

Q. 
A. 

Q. 

A. 

resource shortfall and to take advantage of any potentially favorable market 

purchase alternatives. 

WHAT FACTORS DID APS CONSIDER IN ISSUING THE RFP? 

Timing was a major consideration. APS saw the potential for favorable prices in 

the near-term given the wholesale market at the time and reports that some of 

the resources in the area may be for sale. APS felt that it was important to 

determine quickly whether the Company could procure long-term resources for 

its customers fiom the competitive wholesale market at a reasonable price. The 

timing of a new long-term resource acquisition was another consideration. 

PLEASE DESCRIBE THE RFP ISSUED BY A P S .  

The 2003 RFP jdentifjed APS’ projected capacity shortfall of 1447 MW in 2007, 

with growth of approximately 300 MW per year. A P S  expressed a willingness to 

consider either long-term purchase power agreements or asset ownership. The 

2003 RFP specifically. sought proposals that would deliver a power supply to 

A P S  commencing in the summer of 2007. 

WHAT WAS THE PROCESS THE COMPANY USED TO EVALUATE 
WHETHER THE SUNDANCE ASSETS WERE THE BEST 
GENERATION OPTION FOR APS CUSTOMERS? 

A team of experienced employees from various APS departments, as well as 

legal counsel and outside experts, reviewed the proposals submitted in response 

to the 2003 RFP and reported their conclusions. The defined objective was to 

identify any issue that warranted consideration or that could have a material 

impact on a transaction. 

The Company evaluated the economics of those proposals that were in 

contention for further consideration by computing and comparing the installed 
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cost of each asset sale proposal, the levelized busbar cost of each bid, and the 

system revenue requirement impact of each bid. 

The’ installed cost, including any interest capitalized during construction, is 

usually the investment included in a utility’s rate base. APS calculated the 

. installed cost of each asset sale proposal to provide a snapshot of how each 

alternative would impact customers. This analysis provided an indication of the 

fixed costs associated with each option. Additional discussion of the installed 

cost analysis is included in Attachment PD- 1. 

The busbar cost is the revenue required to cover the costs of owning and 

operating the plant (including fuel and cost of capital) or of purchasing power 

under a PPA, divided by the anticipated MWh output at the plant’s “bus” or the 

MWh purchase. A “levelized” bebar  cost is the busbar cost over the period 

evaluated (e.g., 30 years) stated in constant doliars. In completing the busbar 

analysis, A P S  incorporated information submitted with each proposaI along with 

equipment manufacturer data and standard financial and capacity factor 

assumptions. Further detail on the busbar cost economic analysis is included in 

Attachment PD- 1. 

The system revenue requirement cost study we employed calculated the present 

value cost for each alternative of providing power to customers, in’cluding the 

cost of fuel, purchased power and ownership. A P S  evaluated the Sundance 

Generating Station against alternative new-build simple cycle cases and 

purchases from the wholesale market. The revenue requirement results were 

consistent with the busbar results, showing that the acquisition of the Sundance 

Generating Station produced present value saving of $79 million to $1 54 inillion 
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Installed Cost ($/kW) 475 762 695 

, Summer Output (MW) 40 40 76 

, Heat Rate (Btu/kWh) 9,855 9,855 12,125 

1 Quick Start (<lo Min.) Y Y N 
I 

Busbar Cost ($ per MWh) 151 177 182 

Q. 
A. 

Q- 

compared to the other available alternatives. Additional discussion of this 

analysis is included in Attachment PD-1. 

Set out below is a table summarizing select information relating to Sundance 

and other selected options. 

Simple Cycle Technology Comparison 

Sundance New New 
LM6000 LM6000 7EA 

WHY DID APS SELECT THE PPL SUNDANCE PROPOSAL? 

APS elected to pursue the PPL Sundance proposal because the Company‘s 

analysis demonstrated that purchasing the Sundance Assets was the least cost 

means for A P S  to acquire critical long-term peaking capacity. Also, because the 

units can ramp up quickly, they provide cost-effective reserves for APS’ system 

reliability. The generation can start up in less than ten minutes from a warm or 

cold standby condition. Sundance was the only constructed or permitted simple- 

cycle plant that was available in the Arizona market, and it was acquired for 

peaking capacity at a discounted price that will benefit APS customers far into 

the future. 

WHAT WERE STAFF’S COMMENTS IN THE SUNDANCE 
ACQUISITION DOCKET REGARDTNG THE SUITABILITY OF APS’ 
ACQUISITION OF THE SUNDANCE ASSETS? 
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A. Staff made severa: particularly relevant observations during the four month 

period that the filing was under evaluation2 First, Staff agreed that there were 

“positive aspects” to APS’ acquisition of the Sundance facility, including 

“increased reliability,” “[ilncreased operational flexibility” and that “the plant 

would be acquired through a fair and open RFP.”3 Second, Staff noted that the 

Sundance Plant was “well situated to support the peaking needs of Arizona 

customers in Phoenix and Tucson  area^."^ Third, Staff recognized that the 

“Sundance units’ quick start capability and grid location would provide APS 

with additional options in responding to system disturbances . . . and would 

provide flexibility in meeting system reserve requirements.’” Fourth, Staff 

pointed out that “[iln the normal course of business, [Sundance] will displace 

older less efficient units [such as Ocotillo, West Phoenix, Saguaro and Yucca 

combustion turbines] in the dispatch priority.6 Finally, Staff noted: 

According to the A P S  busbar cost, the PPL Sundance 
purchase is a lower cost alternative to new construction of 
comparable plants. The cost comparison does not reflect 
some additional advantages. For instance, PPL Sundance is 
operational, has been reliable, and has an acquisition cost set 
forth in the asset purchase apeement that cannot be 
exceeded. In contrast, construction of a new plant can have 

Testimony of Matthew Rowell, Docket No. E-01 345A-04-0407, Hearing Transcript at 356. 

Testimony of Matthew Rowell, Docket No. E-01345A-04-0407, Hearing Transcript at 364-65. 

Direct Testimony of William Gehlen, Docket NO. E-01 345A-04-0407, at 5. 

Direct Testimony of William Gehlen, Docket NO. E-0 J 345A-04-0407, at 5-6; see also, Testimony of 

2 

3 

4 

5 

Matthew Rowell, Docket No. E-01 345A-04-0407, Hearing Transcript at 365-66. 

Direct Testimony of William Gehlen, Docket No. E-01345A-04-0407, at 6; see also Testimony of Matthew 6 

Rowell, Docket No. E-01345A-04-0407, Hearing Transcript at 38 1-83. 
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Q. 

A. 

Q. 

A. 

Q. 

A. 

cost overruns that far exceed the original anticipated cost to 
build.’ 

DLD STAFF ANALYZE THE RFP SOLICITATION AND BID 
EVALUATION IN THE SUNDANCE ACQUISITION DOCKET? 

Yes. In direct pre-filed testimony, Staff described its review of the RFP process 

and bid evaluation. Based on its review, Staff opined that A P S  displayed a 

willingness to individually evaluate a wide range of bids, as most of the 

proposals did not conform to the RFP.* 

DJD STAFF EXPRESS AN OPINION REGARDING THE ECONOMICS 
OF THE SUNDANCE PLANT ACQUISITION? 

Yes, as evidenced from the quote above, Staff found that according to the A P S  

economic analysis, including the busbar cost, the Sundance Assets purchase was 

a lower cost alternative as compared to new construction of comparable plants. 

WHEN APS PROPOSED TO ACQUIRE THE SUNDANCE ASSETS, DID 
A P S  BELIEVE THE FACILITY WOULD PROVIDE IMMEDLATE 
BENEFITS TO THE COMPANY AND ITS CUSTOMERS? 

Yes. APS had been using a portion of the Sundance Assets pursuant to a long- 

term agreement and shorter-term market purchases to serve A P S  customers‘ 

needs since July 2003. Projections indicated that the Company would need the 

fbll capacity of the units in the fbture. The acquisition of the Sundance Assets 

provided A P S  with 325 MW of critical additional capacity during the summer 

peak season in 2005, as it will in 2006. The full output fiom the plant will be 

utilized to serve APS customers beginning in the summer of 2007 after a 

’ Direct Testimony of Willjam Cehlen, Docket No. E-0134549-04-0407, at 7. 

Direct Testimony of William Gehlen, Docket NO. E-0 1345.4-04-0407, at 4. 
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Q* 

A. 

Q. 

A. 

previously existing agreement betweeri PPL and Tucson Electric Power 

Company expires. 

ASIDE FROM THE NEED FOR THE SUNDANCE ASSETS IN 
DELIVERING ENERGY DURING PERIODS OF PEAK LOAD, WERE 
THERE OTHER FACTORS THAT LED APS TO BELIEVE THAT THE 
FACILITY WOULD BE BENEFICIAL TO A P S  AND TTS CUSTOMERS? 

Yes. The additional benefits for APS and its customers in acquiring the 

Sundance Assets included increased operational flexibility from owning ten 

quick-start 45 MW units and the .availability of the units to help A P S  more 

efficiently manage its reserves. With typical unit start times of six minutes from 

a hot or cold stand-by condition and a very short ramping time to full-rated 

output, these units provide valuable non-spinning reserves to APS. Although the 

largest benefit is from added operational flexibility, the reserve value allows 

A P S  to more efficiently manage its total reserves requirement needed to support 

reliable operations. Furthermore, the Sundance Plant benefits APS and its 

customers by decreasing the exposure to fluctuating wholesale power prices, 

insuficient supply or supplier default. 

GIVEN THE NEEDS ASSESSMENT AND THE ANALYSIS DISCUSSED 
ABOVE, IN YOUR OPINION, WAS THE DECISION TO ACQUIRE 
SUNDANCE APPROPRIATE? 

Yes. All of the economic analyses showed that the acquisition of the Sundance 

Assets at the offered price was the best avaiIable peaking resource alternative for 

meeting our customers’ needs. Our operational analysis indicated that the plant 

was an outstanding technology and an exceptional match for our customers’ 

projected peaking power needs. The Company’s due diligence reviews verified 

that the Sundance Assets were in good working order, and ensured that all 

agreements were reviewed and no unexpected liabilities came with the plant. 
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Q- 

A. 

Q. 

A. 

111. 

Q- 
A. 

Q* 
A. 

IS THERE A NEED FOR THE SUNDANCE PLANT’S CAPACITY AND 
IS IT BEIIYG USED TO MEET THAT NEED? 

Yes. The above-referenced needs assessment demonstrated that APS clearly has 

a functional need for the Sundance capacity. In fact, A P S  still remains short on 

capacity even after the Sundance Assets acquisition. In addition, as I discussed 

above, the Sundance Assets provide APS with’ operational flexibility and 

enhances the reliability of the APS generation portfolio. 

WHAT WAS THE PURCHASE PRICE APS PAID FOR THE SUNDANCE 
ASSETS? 

The purchase price was $1 89.5 million, excluding a post-closing adjustment for 

the value of the plant inventory. This closing price is the same as the negotiated 

price for a closing on March 31 and the price used in completing the above 

analysis. 

CONCLUSION 

DO YOU HAVE ANY CONCLUDING COMMENTS? 

APS‘ acquisition of the’sundance Assets was the product of a fair arid open 

procurement process and was based on sound economic principles. APS had a 

clearly defined need for the peaking plant based upon its previous resource plans 

and in fact is already using the Sundance Assets to meet the reliability and 

energy needs of its customers. 

DOES THAT CONCLUDE YOUR DIRECT TESTIMONY? 

Yes, it does. 
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I. 

Q* 
A. 

Q. 

A. 

Q. 

A. 

DIRECT TESTIMONY OF PATRICK DINKEL 
ON BEHALF OF ARIZONA PUBLIC SERVICE COMPANY 

(Docket No. E-01345A-04 , et al.) 

INTRODUCTION 

PLEASE STATE YOUR NAME AND POSITION WITH A P S .  

My name is Patrick Dinkel. I am the Manager of Corporate Planning for Arizona 

Public Service Company (“AF’S” or “Company”). I led the A P S  team 

responsible for conducting the A P S  Request for Proposals-Power Supply 

Resource Proposal for the Procurement of Generating Capacity (“RFP”), 
evaluating the resulting proposals, and negotiating the Asset Purchase 

Agreement with PPL Sundance Energy, LLC (“PPL Sundance”). 

WHAT IS YOUR EDUCATIONAL AND PROFESSIONAL 
BACKGROUND? 

I received a Bachelors of Science degree from Marymount College and a 

Masters of Business Administration from Northern Arizona University. I joined 

A P S  in 1986. Before becoming Manager of Corporate Planning, I was the 

Manager of Business Unit Analysis and Reporting, with responsibility for 

corporate budgeting. Before that, I held various positions within A P S  and 

Pinnacle West Capital Corporation (“Pinnacle West”), primarily within the 

financial planning area. 

WHAT IS THE PURPOSE OF YOUR DIRECT TESTIMONY IN THIS 
PROCEEDING? 

I will discuss the RFP and the evaluation process that resulted in the selection of 

the PPL Sundance proposal. I also will address APS‘ proposed financing of the 

acquisition and provide the details on the Accounting Order that A P S  is 

requesting. 
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Q- 
A. 

PLEASE SUMMARIZE YOUR TESTIMONY 

APS’ Long Range Forecasts consistently show that A P S  is facing a growing 

need for additional generation resources. Based on these forecasts, the current 

state of the wholesale market, and the apparent willingness of some parties to 

sell assets, APS elected to conduct a RFP for long-term resources. The Company 

conducted a review of all of the proposals submitted in response to the RFP and 

eliminated a number of responses from further consideration. The Company 

conducted a more detailed review of those remaining proposals most likely to be 

able to meet APS’ needs. Ultimately, A P S  selected the PPL Sundance proposal 

and negotiated an agreement to purchase the Sundance Generating Station. 

The acquisition of the Sundance Generating Station will efficiently and cost- 

effectively address some of APS’ future capacity needs. Sundance was the only 

peaking plant bid in the RFP and is the only recently-completed merchant 

peaking plant in Arizona. Given that APS customer demand requires peaking 

resources and that there are no additional merchant peaking facilities currently 

permitted or planned for construction in Arizona, the Sundance Generating 

Station fits well into APS’ generation portfolio. Other advantages of the facility 

are its operational flexibility and quick-start capabilities that allow it to provide 

essential reliability support for A P S  customers. A P S  has concluded that 

acquiring the Sundance Generating Station is the least cost alternative through 

an analysis of available options, including building new peaking units and 

buying power from the wholesale market. 

To finance the acquisition, APS contemplates issuing additional short-term 

and/or long-term debt under the Company’s current debt limits approved by the 
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11. 

Q. 
A. 

Arizona Corporation Commission (“Commission”). This assumes that the 

Commission finds the Sundance Generating Station to be a prudent addition to 

the Company’s generation portfolio serving APS customers. 

A P S  is purchasing the Sundance Generating Station for less than its book value. 

Due to regulatory accounting requirements in the FERC Uniform System of 

Accounts (“USOA”), A P S  will record a “negative acquisition adjustment” equal 

to the difference between the purchase price and the net book value of the plant 

as of closing. A P S  will amortize the negative acquisition adjustment over the 

remaining life of the facility. 

A P S  is requesting an Accounting Order authorizing A P S  to defer for future 

recovery capital and operating costs associated with the acquisition, along with a 

debt return on the deferred balance. The amount of the deferral will be offset by 

any savings to the Company resulting from the acquisition. A deferral order will 

allow APS to acquire the Sundance Generating Station at a price that will bring 

significant long-term value to customers without the Company incurring 

unnecessary and significant financial harm prior to the Sundance Generating 

Station being reflected in A P S  rates. 

RFP PROCESS 

WHY DID APS ISSUE AN FWP IN DECEMBER 2003? 

APS regularly prepares forecasts of its projected load requirements and 

compares them to its available resources, including owned generation and long- 

term purchased power contracts. APS has a near-term resource shortfall that it 

meets in the short-term wholesale market. The Company is forecasting 

continued growth, which requires a significant amount of additional resources. 
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Q. 
A. 

The A P S  Summer Supply & Demand Balance Assessment (“Summer Supply & 

Demand Balance”), which was included as Attachment 1 to the RFP, shows that 

A P S  will have a resource shortfall in the summer of 2007 of more than 1400 

MW, even assuming the inclusion of Pinnacle West Energy Corporation’s 

(“PWEC”) 1700 MW of Arizona assets as APS is requesting in its pending rate 

case. The RFP, with all attachments, is provided as Schedule PD-1 to this 

testimony. A revised Summer Supply & Demand Balance, showing that the 

Company will have a shortfall of more than 3100 MW in 2007 without the 

inclusion of the PWEC Arizona assets, was prepared and provided to bidders in 

January 2004. That revised Summer Supply & Demand Balance and an 

amended RFP schedule are attached to my testimony as Schedule PD-2. 

WHAT OTHER FACTORS DID APS CONSIDER IN ISSUING THE RFP? 

Timing was a major consideration. A P S  saw the potential for favorable prices in 

the near term given the current stage of the cyclic capacity market and reports 

that some of the resources in the area may be up for sale. A P S  felt that it was 

important to determine quickly whether the Company could procure long-term 

resources for its customers at a reasonable price. The timing of a new long-term 

resource acquisition was another consideration. A P S  targeted 2007 in the RFP 

because the Company could likely purchase short-term resources in the open 

market for the next few years through the Secondary Procurement Protocol. By 

2007, the Company’s significant capacity shortfall requires an asset purchase, 

new construction or long-term purchases to procure much of the resources 

needed for necessary reliability and price stability. In addition, APS’ internal 

wholesale electric price forecast predicted that, by 2007, the present oversupply 

of generation would tighten, leading to increased prices for such resources. 
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Q* 

A. 

Q. 
A. 

PLEASE PROVIDE A GENERAL DESCRIPTION OF THE RFP 
SCHEDULE. 

A P S  first announced its plans to conduct the RFP on November 19, 2003 and 

formally issued it on December 3, 2003. The RFP was widely distributed to 

generators and marketers conducting business in the Company’s service 

territory. On December 15, 2003, APS held a bidders’ conference attended by 

nine interested generators and energy marketers. At that bidders’ conference, 

A P S  provided an overview of the RFP, gave a presentation on transmission 

capacity, and responded to questions. Bidders submitted RFP responses by 

January 21, 2004. In mid February, 2004, A P S  notified those bidders who were 

short-listed, including PPL Sundance. After significant additional analysis, 

negotiations and due diligence, A P S  entered into the Asset Purchase Agreement 

with PPL Sundance on June 1,2004. 

PLEASE DESCRIBE THE RFP ISSUED BY APS. 

A P S  requested proposals for generation to meet APS’ rapidly growing retail 

load, with the minimum size of any single generating unit bid being 35 MW and 

the maximum size being approximately 550 MW, These limits did not exclude 

any constructed or permitted merchant facility in Arizona. The RFP specifically 

sought proposals that would deliver a power supply to A P S  commencing in the 

summer of 2007 for reasons previously mentioned. Although the RFP expressed 

a preference for the purchase of generating assets already constructed or 

permitted, A P S  also indicated that it would consider reasonably-priced proposals 

for long-term unit-specific purchase power agreements (“PPAs”). For any 

proposal for a long-term unit-specific PPA, A P S  sought full dispatch rights for 

the applicable unit. If a proposal involved the sale of a unit that was currently 
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Q. 
A. 

Q- 
A. 

operating or would be operating prior to June 1, 2007, APS expressed a 

preference for acquiring the unit at the conclusion of negotiations and then 

entering into a Sale Back Arrangement with the bidder for the output of that 

generating unit through May 3 1, 2007. In contrast to asset sales, the solicited 

PPAs were, by their terms, for deliveries on and after June 1, 2007, and thus no 

proposed Sale Back Arrangement was necessary. 

WHAT OTHER PROVISIONS WERE INCLUDED IN THE RFP? 

To mitigate risk to APS and its customers, and consistent with other asset 

acquisitions, the proposed Asset Purchase Agreement included in the RFP 

provided that any acquisition of a generating unit would be conditioned upon 

approval by any and all regulatory authorities with jurisdiction over the 

transaction. Additional requirements are set forth in the RFP attached as 

Schedule PD- 1. 

HOW DID APS ARRIVE AT THE TERMS OF ITS WP? 

Several principles drove the RFP requirements. It was important to conduct a 

timely and efficient RFP that attracted the largest number of bidders. Thus, the 

Company tried to make the RFP as inclusive as possible. A P S  left the RFP open 

to any fuel type, any location (as long as it could reach APS' customers), 

permitted and existing plants, renewable generation, asset purchases and PPAs. 

Timing was important because there were a number of plants in the region that 

appeared to be in a state of flux from an ownership perspective. A P S  understood 

that owners of those plants would be reluctant to leave their plants in limbo if 

the Company took too long to evaluate their proposals. 
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Q. 

A. 

Q. 

A. 

PLEASE EXPLALN IN MORE DETAIL THE RESULTS OF THE RFP 
PROCESS. 

A P S  received 13 different proposals from nine entities in response to the WP, 

for a total of approximately 6800 MW. All of the bidders were merchant 

generators or power marketers. The proposals included existing generating units, 

generation under construction, planned projects holding some (but not all) of the 

necessary permits, proposed but undeveloped projects, and sales from 

unidentified assets. All of the asset-backed proposals involved natural gas-fired 

generating units, none of which were utility-owned or within the Phoenix load 

pocket. In addition, all of those proposals required APS and its customers to bear 

the fuel price risk in one manner or another. The “ A P S  Summary of Responses 

Received to its Power Supply Resource Request for Proposals Dated December 

3,2003” (attached as Schedule PD-3) was filed with the Commission on January 

27,2004 and provides additional information about the RFP results. 

PLEASE DISCUSS APS’ PRELIMINARY EVALUATION OF THE BIDS 
RECEIVED? 

A P S  performed a preliminary analysis of all of the proposals it received in 

response to the RFP to identify a short-list of proposals warranting additional 

consideration. APS reviewed each proposal for credibility and value in relation 

to generation operations, gas transportation, transmission availability, power 

marketing, environmental compliance, credit, and overall resource mix, as well 

as compliance with the minimum bid requirements. Although most of the 

proposals presented one or more issues related to the minimum bid 

requirements, A P S  did not reject any proposal because of those issues. Several 

proposals, however, provided insufficient information or non-firm pricing 
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thereby making consideration of those proposals more difficult and reducing the 

probability of selection. 

A team of experienced employees from various A P S  departments as well as 

legal counsel reviewed the proposals and reported their conclusions. The 

objective was to identi@ any issue that warranted further evaluation or that 

could have a material impact on a transaction. 

The Company evaluated the economics of proposals that were in contention for 

further consideration by computing the levelized busbar cost of each such bid. 

The busbar cost is the revenue required to cover the costs of owning and 

operating the plant (including fuel and cost of capital) divided by the anticipated 

MWh output at the plant’s “bus.” A “levelized” busbar cost is the busbar cost 

over the period evaluated ( e g ,  30 years) stated in constant dollars. In 

completing the busbar analysis, A P S  incorporated information submitted with 

each proposal along with equipment manufacturer data and standard financial 

and capacity factor assumptions. 

As a result of its preliminary analysis, A P S  narrowed the proposals received in 

response to the W P  down to three. Most of those proposals that were not 

selected for short-listing were eliminated on the basis of price; however, 

development risk for projects not yet under construction, credit risk of lower 

credit counterparties, and price uncertainty also were significant factors. Next, 

A P S  entered into discussions with the bidders of the three remaining proposals, 

eventually narrowing its focus to the PPL Sundance proposal. 
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Q. 
A. 

Q* 

A. 

WHY DID APS SELECT THE PPL SUNDANCE PROPOSAL? 

A P S  accepted the PPL Sundance proposal because purchasing the Sundance 

Generating Station is the least cost means of A P S  acquiring critical long-term 

peaking capacity. Because the units can ramp up quickly, they are able to 

provide cost-effective reserves and improve APS' system reliability. 

PLEASE DESCRIBE GENERALLY THE PPL SUNDANCE FACILITY 
AND PROPOSAL. 

The Sundance Generating Station is a nominally rated 450 MW facility located 

approximately 55 miles southeast of Phoenix in Pinal County. It was placed in 

service in July 2002 and consists of ten 45 MW General Electric LM 6000PC 

combustion turbines. Such units typically are used to meet peaking capacity 

needs because of their ability to start up in less than 10 minutes from a warm or 

cold standby condition compared to five to seven hours for a typical combined 

cycle unit. As described in more detail in the testimony filed by PPL, the facility 

is natural gas fired, uses Central Arizona Project excess water as its primary 

water supply, and interconnects to the Western Area Power Administration 

(" WAPA") transmission grid at WAPA's Coolidge substation. 

PPL Sundance initially submitted a proposal to sell the entire Sundance facility 

to A P S  for $185 million as of December 3 1,2004. Its proposal did not include a 

Sale Back Arrangement. The proposal also required A P S  to assume certain 

existing contracts associated with the facility. The final agreed-upon price of 

$1 89.5 million reflects an adjustment for PPL Sundance's added carrying costs 

for a March 2005 closing. 
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Q- 

A. 

Q. 

A. 

WHAT ARE THE EXISTING CONTRACTS ASSOCIATED WITH THE 
PLANT? 

As a result of Tucson Electric Power’s (“TEP”) Track B process, PPL Sundance 

entered into a tolling agreement with TEP for 75 MW of capacity year-round 

through the end of 2006. The proposal required A P S  to assume that contract 

with its acquisition of the PPL Sundance facility. In addition, there were several 

transmission contracts with WAPA and gas transportation contracts with El Paso 

Natural Gas included in the proposal. 

WHAT FOLLOWED THE PRELIMINARY SELECTION OF PPL 
SUNDANCE’S BID IN THE RFP? 

After narrowing its focus to the PPL Sundance proposal, A P S  began a multi- 

track process that included due diligence, a more detailed economic analysis and 

comprehensive negotiations. The due diligence on the facility sought to identify 

any material issues related to the construction, operation, ownership, 

performance or environmental condition of the plant. A team of experts 

reviewed contracts, permits, schedules and reports, and conducted on-site 

inspections to review plant construction, operations, operating and maintenance 

history, regulatory issues, real estate and land use, environmental compliance, 

fuels transportation issues, and transmission capabibties, among other topics. 

This due diligence effort did not identify any issues that warranted rejecting the 

bid. The economic analysis, which showed that the PPL Sundance proposal was 

the most attractive option available, is discussed in more detail in Section IV of 

this testimony. 

A P S  and PPL discussed the PPL Sundance bid and APS’ interest over the 

following weeks. A P S  incorporated into its discussions the results of its due 
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111. 

Q- 

A. 

diligence and economic analysis. PPL Sundance repeatedly indicated that its 

offer assumed a sale of the plant for cash in 2005, not 2007, and in fact, made no 

offer for a 2007 sale. PPL Sundance was unwilling to both absorb the short-term 

impact of the Sale Back Arrangement in 2005-2006 and give A P S  the long-term 

benefit of the Sundance Generating Station from 2007 forward. In the end, APS 

determined that the final agreement was an attractive purchase and the best 

option available to customers. 

APS’ NEED FOR PPL SUNDANCE FACILITY 

WHEN APS ACQUIRES THE SUNDANCE GENERATING STATION, 
WILL THAT GENERATION BE USED BY APS? 

Yes. A P S  has been using the Sundance Generating Station to serve A P S  

customers and will need the units in the future. Acquiring the Sundance 

Generating Station provides A P S  with 400 MW of additional capacity during the 

summer peak season. Sundance is expected to produce 400 MW during the 

summer rather than its rated capacity of 450 MW due to the fact that the peak 

capacity for combustion turbines drops as the ambient air temperature rises. PPL 

Sundance fills only a fraction of the Company’s anticipated future resource 

needs, even if all of the PWEC Arizona generation is included in the Company’s 

rate base following the pending rate case. With the Sundance purchase, the 

capacity shortfa11 in 2005,2006, and 2007 is 456 MW, 785 MW, and 1047 MW, 

respectively. The shortfall in 2007 and beyond could grow if Salt River Project 

chooses to terminate all or part of its existing long-term purchased power 

contract with A P S .  
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Q- 

A. 

IV. 

Q. 

A. 

Q- 
A. 

ASIDE FROM THE NEED FOR THE SUNDANCE GENERATING 
STATION IN SERVING A P S  PEAK LOAD, ARE THERE ADDITIONAL 
BENEFITS SUCH THAT THE FACILITY WOULD BE “USEFUL” IF 
ACQUIRED BY A P S  AND DEDICATED TO SERVING APS 
CUSTOMERS? 

As Mr. Wheeler mentions in his testimony, the benefits for A P S  and customers 

of acquiring the PPL Sundance facility include increased operational flexibility 

from owning ten quick-start 45 MW units and the availability of the units to help 

A P S  more efficiently manage its reserves. There is significant value in A P S  

owning the Sundance Generating Station and being able to quickly dispatch the 

facility instead of having to use day-ahead scheduling required under the PPA. 

ECONOMIC EVALUATION OF PROPOSED ACOUISITION 

WHAT ECONOMIC ANALYSIS DID APS UNDERTAKE TO EVALUATE 
THE PROPOSED ACQUISITION? 

A P S  evaluated the economics of the PPL Sundance proposal from several 

perspectives. First, A P S  looked at the depreciated acquisition cost plus estimated 

deferrals and compared that to the available alternatives. Second, A P S  compared 

the busbar costs of various alternatives. Finally, A P S  calculated the present value 

revenue requirement of the system generation cost for each of the alternatives, 

including an alternative of purchasing the power from the wholesale market. 

PLEASE DISCUSS THE ALTERNATIVES YOU CONSDERED. 

The table below summarizes the alternative peaking generation technologies that 

could be used to construct simple cycle combustion turbines in 2007 along with 

several key characteristics associated with each technology. The PPL Sundance 

facility (which consists of LM6000 turbines) is the lowest-cost alternative and is 

estimated to cost approximately 60% of a facility constructed with new LM6OOO 
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Installed Cost ($/kW) 

Summer Output (MW) 

Heat Rate (Btu/kWh) 

Quick Start (<lo Min.) 

Q. 
A. 

Sundance New New 

LM6000 LM6000 7EA 

475 762 695 

40 40 76 

9,855 9,855 12,125 

Y Y N 

turbines. The PPL Sundance facilities also provide the better fuel efficiency 

(through a lower heat rate) and shorter start times of the two technologies. 

Simple Cycle Technology Comparison 

The installed cost is usually the investment included in a utility’s rate base. APS 

calculated this amount to provide a snapshot of how each alternative would 

impact customers. Although not intended to be a comprehensive comparison, it 

does provide an indication of the fixed costs associated with each option. The 

installed cost is provided in 2007 dollars, and the Sundance Generating Station 

installed cost includes the estimated impacts associated with the requested 

Accounting Order. 

PLEASE DISCUSS THE BUSBAR COST STUDIES. 

As mentioned previously, the busbar cost equals the revenue required to pay for 

the costs to own and operate a plant (including fuel and cost of capital) divided 

by the anticipated MWh output from that plant. The busbar cost study performed 

by A P S  compared the levelized busbar cost of acquiring the Sundance 
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Generating Station against the levelized busbar cost of building new simple 

cycle plants. For purposes of the busbar cost study, a consistent capacity factor 

for these options was assumed for all alternatives. The study period began in 

2007 and covered the life of the units. In analyzing the PPL Sundance proposal, 

A P S  developed two alternative transmission options which are reflected in the 

graph below: 1) assuming rollover of the existing transmission contracts with 

WAPA; and 2) assuming a new transmission line is added from the Sundance 

Generating Station to APS’ Santa Rosa substation. The results, as summarized in 

the graph below, indicated that acquiring the Sundance Generating Station under 

either transmission option is superior to the new-build alternatives even without 

consideration of any permitting or construction risk typically associated with 

new build alternatives. 

Results of Sundance Busbar Analysis 
$182/MWh $177 MWh 

$151 /MWh 
$143 iMwh 

Sundance Sundance New New 
Wheeling Over LM6000 New APS Line WAPA 

14 

7EA 
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Q- 

A. 

PLEASE DISCUSS THE SYSTEM REVENUE REQUIREMENT COST 
STUDY 

The system revenue requirement cost study calculated the present value cost for 

each alternative of providing power to customers, including the cost of fuel, 

purchased power and ownership. The analysis is based on a system dispatch 

simulation utilizing the GE-MAPS system dispatch model and supporting 

calculations. A P S  evaluated the Sundance Generating Station against alternative 

new-build simple cycle cases and purchases from the wholesale market. The 

system revenue requirement analysis captured the particular technology 

characteristics of each alternative and ensured that the projected customer load 

would be met at the least cost to customers. The study period began January 1, 

2007 and covered the life of the units. The revenue requirement results were 

consistent with the busbar results, showing that the acquisition of the Sundance 

Generating Station produced a present value saving of $119 million to $194 

million compared to other available alternatives. The analysis assumed A P S  

constructed a new transmission line to connect Sundance to A P S ’  transmission 

grid. If APS were to purchase WAPA transmission for the life of the Sundance 

plant the present value savings from acquiring Sundance would be $79 million 

to $154 million. Both of these ranges of present value savings include the impact 

of the requested deferral order. This result is consistent with the facts that the 

PPL Sundance proposal had the lowest up-front investment cost (expressed as 

$KW) and the best fuel efficiency (expressed as BtuKWh) as shown above in 

the table Results of Sundance Busbar Analysis. 
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Q. 
A. 

Q. 

A. 

Q- 

A. 

WHY DID YOU START ALL OF THE STUDIES IN 2007? 

The year 2007 serves as a reasonable date to begin comparison of resource 

alternatives. First, given that simple cycle units take two years or more to build, 

a new unit could not be completed much sooner than 2007. Second, APS is not 

asking the Commission to include the cost of the acquisition in customer rates 

until after its next general rate case. Thus, analyzing the costs starting in 2007 

provides a reasonable estimation of the impact on customers. 

WHAT ABOUT THE IMPACTS TO APS AND CUSTOMERS PRIOR TO 
2007? 

Assuming the Commission issues the Accounting Order and deferral 

authorization requested, APS believes that the PPL Sundance purchase will not 

have a material impact on the Company’s financial status prior to its inclusion in 

rates. The Accounting Order, however, is essential to minimize the near-term 

financial impact associated with the purchase. Customers will see no economic 

impact fiom the acquisition assuming that the near-term fuel and purchased 

power savings are excluded from the Power Supply Adjustment (“PSA”) 

mechanism requested by APS in its general rate case, as discussed later. 

APS IS CURRENTLY BUYING POWER FROM SUNDANCE UNDER A 
TRACK B CONTRACT. WHAT WILL HAPPEN WITH THAT 
CONTRACT WHEN APS PURCHASES THE PLANT? 

A P S  entered into a tolling agreement with PPL Sundance in 2003 as part of the 

Company’s Track B procurement process. Under that agreement, A P S  purchased 

150 MW of capacity from PPL Sundance for the summer months of June 

through September in 2003, 2004, and 2005. At closing, there will be four 

months of 150 MW remaining under the contract. A P S  and PPL Sundance have 

agreed to terminate the Track B contract upon closing. Customers will get the 
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V. 

Q. 
A. 

Q. 

A. 

Q. 

A. 

value of the 150 MW of Sundance capacity consistent with the contract, and the 

savings from the avoided contract capacity payment will be used to offset the 

cost deferral. 

PROPOSED FINANCING AND ACCOUNTING TREATMENT 

HOW DOES APS INTEND TO FINANCE THE TRANSACTION? 

A P S  anticipates issuing a combination of long- and/or short-term debt 

depending on the market conditions prevailing at the time of the financing. 

HOW WILL THE ACQUISITKON BE TREATED FROM A 
REGULATORY ACCOUNTING STANDPOINT? 

The regulatory accounting associated with the acquisition is subject to the 

USOA, which applies to A P S  pursuant to A.A.C. R14-2-212(G)(2). The USOA 

requires that A P S  record the PPL Sundance Generating Station at its depreciated 

book value at the time of the acquisition. Under the USOA, the difference 

between book value and the amount paid by A P S  is recorded as an “acquisition 

adjustment.” In this case, a negative acquisition adjustment will be recorded 

because the purchase price is less than the book value of the plant. For purposes 

of calculating A P S ’  rate base, the negative acquisition adjustment reduces the 

book value of the plant to the amount A P S  paid for the asset. A P S  will amortize 

the negative acquisition adjustment over the plant’s remaining service life. 

PLEASE DISCUSS THE DEFERRAL ORDER THAT APS IS 
REQUESTING 

A P S  is requesting that an Accounting Order authorize the Company to defer for 

future recovery the capital and operating costs associated with the acquisition, 

net of any savings produced by the acquisition. A P S  is requesting that the 

Commission authorize a return on the deferred amount at the cost of debt 
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Q. 

A. 

Q. 

A. 

determined in A P S ’  pending rate case. The specific language that the Company 

believes necessary in the Accounting Order to authorize this deferral is set forth 

in Schedule PD-4. Also, APS requests that the period for which A P S  is 

authorized to defer costs be limited to five years from the date of a final order in 

this case. 

WHY IS A DEFERRAL ORDER NECESSARY FOR THIS 
ACQUISITION? 

The favorable price that PPL Sundance proposed for the Sundance Generating 

Station required A P S  to acquire the facilities in 2005. Given that A P S  is already 

using this resource and it brings immediate operational and reliability benefits to 

our customers, APS believes that acquiring the facility today is appropriate and 

in the best interests of customers. However, because the costs associated with 

this new investment are not yet reflected in APS’ rates, the adverse financial 

impact to A P S  that results from acquiring the Sundance Generating Station 

without immediately including it in rates should be mitigated. A deferral order is 

a standard and well-accepted regulatory tool for exactly these circumstances. 

HAS THE COMMISSION PREVIOUSLY ISSUED DEFERRAL OFtDERS 
TO APS WHEN NEW GENERATION RESOURCES WERE ACQUIRED? 

Yes. Tfie Commission authorized deferral of capital and operating costs 

associated with both Palo Verde Unit 2 and Unit 3. In Decision No. 55325 

(December 5 ,  1986), the Commission stated: 

In a perfect regulatory world, there would be little time between 
the introduction of large increments of plant into service and the 
setting of rates which took that plant into consideration. We do not 
live in such a world, and rate cases cannot, for any number of 
reasons (including those attributable to the utility), be exactly 
timed so as to prevent significant mismatches between revenue 
and expenses. 
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Q. 

A. 

Decision No. 55325 at 5. Shortly afterwards, in Decision No. 55931 (April 1, 

1988), the Commission summarized the policy reasons supporting such 

deferrals: 

According to the Commission, the problem posed by the 
commercial operation of Palo Verde 2 was the time between the 
introduction of large increments of plant into service and the 
setting of rates which takes that plant into consideration. 

Decision No. 55931 at 36. In connection with Palo Verde Unit 3, the 

Commission recognized that, “Issuance of an accounting order will properly 

synchronize cost recording with cost recovery.” Decision No. 55939 (April 6, 

1988) at 4-5. 

In addition to these decisions, 1 would also note that deferral orders continue to 

be issued by other regulatory commissions in cases involving utilities acquiring 

new generation. For example, the Michigan Public Service Commission recently 

approved the acquisition of a $120 million peaking facility by Wisconsin Public 

Service Corporation and authorized a deferral of costs associated with the 

acquisition in a February 20,2003 decision in Docket No. U- 1362 1. 

IN THE DEFERRAL ORDER THAT APS IS REQUESTING HOW WILL 
SAVINGS ASSOCIATED WITH THE ACQUISITION BE USED TO 
OFFSET THE AMOUNT OF DEFERRALS? 

The savings from the cancellation of the Track B contract (e.g., the avoided 

capacity payments that would otherwise be due) will reduce the 2005 deferral 

amount at the time the contract is cancelled. Other savings, such as reduced fuel 

or purchased power costs, associated with the acquisition of the Sundance 

Generating Station would also reduce the amount of the deferrals associated 

with capital and operating costs each year. To avoid double-counting such 
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Q- 

A. 

Q* 

A. 

VI. 

Q- 
A. 

savings, all fuel cost savings, purchased power cost savings, and additional off- 

system sales margins will be excluded from any calculation under the PSA that 

APS is requesting in its pending rate case. 

HAS TKE COMPANY ESTIMATED THE AMOUNT OF THE 
DEFERRAL? 

APS estimates that the pretax deferral will be approximately $10 million to $15 

million per year. This deferral estimate assumes that he1 and purchased power 

savings as well as avoided Track B capacity payments are used to reduce the 

impact of the costs of ownership as previously mentioned. The estimate is also 

dependent upon the market price of gas and electricity which will affect the level 

of off-setting savings. 

WHEN WOULD APS SEEK RECOVERY OF THE DEFERRED 
BALANCE? 

When A P S  files its next rate case, it would include the deferral in its application. 

APS is not proposing a specific amortization period for the regulatory asset 

associated with the deferral. The Commission could select a reasonable 

amortization period for the deferred balance at the time it establishes rates that 

include the new facility. 

CONCLUSION 

DO YOU HAVE ANY CONCLUDING COMMENTS? 

Through the RFP, A P S  has identified an acquisition of an asset that will fit well 

into APS’ existing generation portfolio and bring value to customers. Because of 

the circumstances surrounding the acquisition, however, an accounting order is 

required to facilitate the transaction. Because the Company sees significant 

value to its customers in completing this transaction, the Company is requesting 
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Q* 
A. 

1521574 

the Commission’s finding that the acquisition is prudent and its approval of the 

requested Accounting Order. 

DOES THAT CONCLUDE YOUR DIRETT TESTIMONY? 

Yes, it does. 
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Attachment PD-2 

UNITED STATES OF AMERICA 1 1 1 FERC 762,146 
FEDERAL ENERGY REGULATORY COMMISSION 

PPL Sundance Energy, LLC 
PPL EnergyPlus, LLC 
Arizona Public Service Company 

Docket No. EC0.5-20-000 

ORDER AUTHORIZING DISPOSITION AND ACQUISITION 
OF JURISDICTIONAL FACILITIES 

(Issued May 6,2005) 

On November 22,2004, PPL Sundance Energy, LLC (PPL Sundance), PPL 
EnergyPlus, LLC (PPL EnergyPlus) and Arizona Public Service Company (APS) filed an 
application under section 203 of the Federal Power Act' requesting Commission 
authorization for a disposition and acquisition of jurisdictional facilities related to PPL 
Sundance's proposed sale of its Sundance Generating Station (Facility) to APS.' The 
jurisdictional facilities involved in the proposed transaction include transmission 
interconnection facilities and a power sales contract. 

PPL Sundance, an indirect, wholly-owned subsidiary of PPL Corporation (PPL), 
owns and operates the Facility, consisting of ten combustion turbines with a total capacity 
of 450 megawatts (MWs) and associated interconnection facilities that deliver power 
from the Facility to the Western Area Power Administration transmission grid. PPL 
Sundance is authorized to make sales of energy and ancillary services at market-based 
rates. PPL EnergyPlus, a PPL power marketing affiliate, purchases the entire output of 
the Facility and supplies A P S  with 150 MWs of power from the Facility during summer 
months under a contract that will expire at the end of Summer, 2005. PPL EnergyPlus 
also provides 75 MWs of power to .Tucson Electric Power Company (TEP). 

AF'S, a public utility, is a wholly-owned subsidiary of Pinnacle West Capital 
Corporation (Pinnacle West), an exempt investor-owned public utility holding company. 
AF'S owns and operates generation and transmission facilities, and engages in the 
wholesale sale and transmission of electricity. APS also provides electric service at retail 
in its service territory, including the Phoenix metropolitan area and throughout the state 
of Arizona. APS' Pinnacle West affiliate, Pinnacle West Energy Corporation owns 
directly and through a subsidiary about 2000 M W s  of generating capacity comprised of 
various generating facilities in Arizona and Nevada. 

' 16 U.S.C. 5 824b (2000). 

Applicants amended their application on February 1 1,2005, March 29,2005 and 2 

April 22,2005. 
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Under the Asset Purchase Agreement by and between PPL Sundance Energy, LLC 
as Seller and Arizona Public Service Company as Purchaser, dated as of June 1,2004, 
PPL Sundance proposes to sell to A P S  a 100 percent ownership interest in the Facility 
and associated jurisdictional assets. As part of the transaction, PPL EnergyPlus will 
transfer to APS the contract to provide TEP with 75 MWs of capacity. A P S  will also 
acquire PPL Sundance’s transmission rights on the WAPA system for delivering APS’ 
share of the Facility’s energy to serve APS’ load, and the Facility will be a network 
resource for APS. In addition, APS will acquire PPL Sundance’s other contracts 
associated with the Facility’s operation, including agreements with El Paso Natural Gas 
Company for gas transportation service. The contracts under which PPL Sundance sells 
all of the output of the Facility to PPL EnergyPlus and PPL EnergyPlus sells 150 MWs of 
power to A P S  will be terminated upon consummation of the transaction. 

Upon consummation of the transaction, APS proposes to implement a market 
monitoring plan ( A P S ’  Plan) that will provide for an independent expert to monitor APS’ 
generation dispatch and the operation of its transmission system and to identify and 
report to the Commission any potentially anti-competitive conduct. Applicants state that 
this plan will be consistent with the plan recently approved by the Commission in Docket 
No. EC04-92-000, involving the indirect indisposition of jurisdictional facilities 
associated with the acquisition of UniSource Energy Corporation by Saguaro Utility 
Group I and affiliated en ti tie^.^ APS’ market monitoring plan will continue in effect until 
the Commission approves a regional market monitoring entity with a Commission- 
approved market monitoring plan or for five years, whichever is earlier. 

Applicants assert that the proposed transaction will not adversely affect 
competition, rates or regulation. Based on an analysis of the effect of APS’ acquisition of 
the Facility on concentration and of other factors affecting the competitive situation, they 
contend that the proposed transaction does not present horizontal market power concerns 
in any relevant market. They also assert that the transaction does not raise vertical 
market issues. Applicants note that APS has an open access transmission tariff on file 
with the Commission and is a participant in wesTTrans, an OASIS for many western 
transmission providers. They also state that A P S  commits to implement, upon 
consummation of the transaction, a market monitoring plan, as described above, that will 
encompass generation dispatch and operation of APS’ transmission system. 
Authorization of the transaction is granted herein based in part on this commitment. 

Applicants also assert that the transaction will not adversely affect rates. They 
note that most of APS’ wholesale energy transactions occur pursuant to agreements 
negotiated under market-based provisions of its power tariff and or the Western Systems 
Power Pool Agreement. Although other wholesale power agreements contain a %el 
adjustment clause for pricing energy, Applicants state that customers under these 

UniSource Energy Corporation, e t  al. , 109 FERC 7 6 1,047 (2004). 3 
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agreements are protected from adverse rate impacts due to “hold harmless” provisions 
previously adopted by APS. 

Applicants further contend that the transaction will not adversely affect 
Commission or state regulation. They note that the transaction will not result in the 
creation of a new, registered public utility holding company. Applicants state that A P S  
and PPL EnergyPlus will continue to be subject to the Commission’s regulation with 
respect to wholesale sales of energy and that A P S ’  retail operations will continue to be 
subject to the jurisdiction of the Arizona Corporation Commission. 

This filing was noticed on November 24,2004, February 18,2005, April 1 , 2005 
and April 25,2005, with comments, protests or interventions due on or before May 5, 
2005. Panda Gila River, L.P. (Panda) filed a timely motion to intervene and comments. 
On April 8,2005, Panda filed a notice of withdrawal of its comments. Notices of 
intervention and unopposed timely filed motions to intervene are granted pursuant to the 
operation of Rule 214 of the Commission’s Rules of Practice and Procedure (18 C.F.R. $ 
385.214). Any opposed or untimely filed motion to intervene is governed by the 
provisions of Rule 2 14. 

After consideration, it is concluded. that the proposed transaction is consistent with 
the public interest and is authorized, subject to the following conditions: 

The proposed transaction is authorized upon the terms and conditions and 
for the purposes set forth in the application; 

The foregoing authorization is without prejudice to the authority of the 
Commission or any other regulatojr body with respect to rates, service, 
accounts, valuation, estimates, or determinations of cost, or any other 
matter whatsoever now pending or which may become before the 
Commission; 

Nothing in this order shall be construed to imply acquiescence in any 
estimate or determination of cost or any valuation of property claimed or 
asserted; 

The Commission retains authority under sections 203(b) and 309 of the 
FPA to issue supplemental orders as appropriate; 

Applicants shall make appropriate filings under section 205 of the FPA, as 
necessary, to implement the transaction; and 

Applicants shall notify the Commission within 10 days of the date that the 
disposition of jurisdictional facilities has occurred. 
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This action is taken pursuant to the authority delegated to the Director, Division of 
Tariffs and Market Development - West, under 18 C.F.R. 5 375.307. This order 
constitutes final agency action. Requests for rehearing by the Commission may be filed 
within 30 days of the date of issuance of this order, pursuant to 18 C.F.R. 0 385.71 3 

Jamie L. Simler 
Director 
Division of Tariffs and Market Development - West 
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A. 

REBUTTAL TESTIMONY OF PATRICK DINKEL 
ON BEHALF OF ARIZONA PUBLIC SERVICE COMPANY 

(Docket No. E-01345A-05-0816) 

INTRODUCTION 

PLEASE STATE YOUR NAME AM) BUSINESS ADDRESS. 

Patrick Dinkel, 400 North Fifih Street, Phoenix, Arizona 85004. 

DID YOU PROVIDE DIRECT TESTIMONY IN THIS DOCKET? 

Yes. I filed Direct Testimony in this docket on November 4,2005 (“Initial 

Filing”), and also provided updated testimony on January 3 1,2006 (“January 

Filing”). 

WHAT IS THE PURPOSE OF YOUR REBUTTAL TESTIMONY? 

The purpose of my rebuttal testimony is to respond to the testimony of Mi-. David 

Berry of Western Resource Advocates and his position regarding the use of 

renewable energy as a hedge against high natural gas prices. In addition, I will be 

responding to the concerns raised by Ms. Amanda Ormond of Intenvest Energy 

Alliance regarding wind integration costs. Finally, I will discuss A P S ’  position 

related to the testimony of Staff and several Intervenors and their increased 

interest in Demand Response programs. 

SUMMARY OF TESTIMONY 

PLEASE SUMMARIZE YOUR REBUTTAL TESTIMONY IN THIS RATE 
CASE DOCKET. 

My testimony will address the use of renewables as a hedge. Specifically, APS 

agrees that renewable energy should be a bigger percentage of APS’ generation 

portfolio and that renewable energy will offset the need for generation from 

conventional resources. However, to date, A P S  is paying a premium for 

1859729.12 - 1 -  
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111. 

Q. 

A. 

Q. 

A. 

renewable energy, and that premium must be given consideration. My testimony 

will also include a discussion of APS’  pending Wind Integration Cost Study and 

the concerns raised by Intenvest Energy Alliance. Finally, I will discuss APS’ 

interest in exploring additional Demand Response offerings to provide effective 

supply side options for meeting our system needs. 

RENEWABLES AS A HEDGE 

IN MR. BERRY’S TESTIMONY, HE INDICATES THAT APS SHOULD 
USE AN INCREASED AMOUNT OF RENEWABLE ENERGY AS A 
HEDGE AGAINST HIGH NATURAL GAS PRICES. DO YOU AGREE 
WITH HIS CONCLUSION? 

I agree with his proposition that renewable energy should make up a larger 

percentage of APS’  generation portfolio. A P S  has supported the increasing 

renewable energy requirements proposed in the draft Renewable Energy Standard 

(,‘RES,’)- 

DO YOU BELIVE THAT THE RENEWABLE ENERGY PROCURED BY 
APS IS AN EFFECTIVE HEDGE AGAINST NATURAL GAS? 

While renewable energy will offset some of the need for generation from natura1 

gas, this displacement comes at a higher cost than natural gas, based on current 

prices. In general, there is a cost premium for any “hedge”, and careful 

consideration of the cost is required. So, while renewable generation may be 

“effective” as a hedge due to its displacement of hture gas needs, the critical 

questions are whether they are a cost effective hedge and whether the added costs 

are acceptable fkom the perspective of A P S  customers. Natural gas hedges can be 

secured at a relatively small cost over prevailing market prices, yet renewable 

energy is currently only available at a more expensive premium to the cost of 

conventional, gas-fired energy resources. Mr. Berry provides data that indicates 

that renewable energy can be procured at a small premium to, or possibly even 
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A. 

below, the cost of conventional resources. There have been some very recent 

projects in certain states where that has been true, but unfortunately APS has not 

been in that situation. APS has been acquiring resources in the market and is 

paying a significant premium compared to the cost of conventional energy 

resources utilizing natural gas. 

WHY IS A P S  NOT ACQUIRING RENEWABLE PROJECTS AT THE 
RELATIVELY LOW PRICES MR. BERRY IS CITING? 

A number of factors affect the price of renewable generation, such as federal and 

state incentives, the price of equipment, and the quality of the natural resource 

(e.g., wind, geothermal steam, or biomass material). Arizona renewable resources 

are limited and can be lower quality than renewable energy resources available in 

some states. APS’ choices are to procure out-of-state renewable resources in 

direct competition with other utilities, or to acquire the limited in-state resources 

at a higher cost. 

DOES THIS MEAN RENEWABLES ARE NOT AN EFFECTIVE 
ECONOMIC HEDGE AGAINST NATURAL GAS? 

Not necessarily. It just means that the economics are not as obvious or compelling 

for A P S  as they may be for other utilities, and that global statements on the topic 

may prove inaccurate in the specific case of APS. Project specific analysis is 

required to adequately measure the economic value of each renewable project. 

DOES THE TYPE OF RENEWABLE TECHNOLOGY AFFECT ITS 
VALUE AS A HEDGE? 

Yes. Renewable energy that displaces energy produced by natural gas generation 

will cause a reduction in gas volume purchases and thus will reduce the total 

exposure to natural gas price volatility. But, as Mr. Berry correctly points out in 

his testimony, wind energy is an intermittent source of power, which means that 

I859129 I2 - 3 -  
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the timing of when the energy is being produced is uncertain from hour to hour, 

day to day and variable over the course of the year. Moreover, the wind energy 

resources that might be most available to the Company generally are less 

available during the peak summer demand period when gas generation is most 

needed. This uncertainty means it may be difficult to schedule the gas purchases 

needed to counterbalance the renewable resource intermittency, possibly resulting 

in increased costs. 

MR BERRY INDICATES THAT AN ADVANTAGE OF USING 
RENEWABLE ENERGY IS THAT RENEWABLE ENERGY PRICES ARE 
FIXED. DO YOU SEE THIS AS A BENEFIT? 

Yes, it is a benefit. Renewable energy is generally either at a fixed price or a price 

with known escalators, which in either case removes price uncertainty from a 

certain percentage of APS’ energy portfolio. However, it generally comes at a 

premium when compared to the expected price of energy from conventional 

resources. Our renewable purchases made under settlement agreement in Decision 

No. 67744 locked in a cost of renewable energy that was up to 125% above A P S  

avoided cost. We can’t ignore the premium we are paying for the benefit of a 

fixed price. 

WIND INTEGRATION COST STUDY 

MS. ORMOND RAISES CONCERNS ABOUT APS’ METHODOLOGY 
FOR CALCULATING WIND INTEGRATION COSTS. DOES A P S  
SHARE MS. ORMOND’S CONCERNS? 

We believe it is in everyone’s best interest that we continue to study the impact of 

the integration of renewable resources into our portfolio. For this reason, APS is 

in the final stages of discussion with Northern Arizona University for the 

coordination of a Wind Integration Cost Study. 

18S9129.12 - 4 -  . 
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DESCRIBE THE APS WIND INTEGRATION COST STUDY. 

The wind integration cost study is being designed to answer the question of what 

are the system impacts and costs associated with effectively integrating potential 

wind projects into APS’ system. It will address the nuances of A P S ’  system, and 

the known characteristics of probable wind projects that may be made available to 

A P S .  This study should establish a basis to start from, and as we gain experience 

with actual renewable resources we will have the ability to better predict and 

evaluate the costs and impacts of integrating specific renewable resource 

technologies into the system, particularly those which demonstrate intermittency 

like wind and solar. NAU will conduct the analysis with the direct involvement of 

industry experts, with the scope, technical process and resuIts overseen by a 

Technical Advisory Committee. In addition, a Stakeholder Advisory Committee 

is being formed to provide review from a variety of stakeholders including other 

utilities and renewable energy advocates. A time frame is currently being 

evaluated, but A P S  expects the integration cost study to be complete in 

approximately 6 to 8 months. 

WHY IS A WIND INTEGRATION COST STUDY NECESSARY? 

Our most recent experience is that APS has had limited availability to detailed 

wind data. Our recent experience is that very €ew bidders could provide detailed 

wind data, so getting multiple years of data on numerous projects, as one would 

require for an effective cost study, has been difficult if not impossible. To date, 

wind data is still very difficult to acquire because developers have limited site 

specific data and carefully guard what data they have. Industry knowledge is also 

limited and is to date, system and project specific. APS’  system and Arizona’s 

wind resources are unique and widely publicized studies based upon others’ 
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Q- 

A. 

Q. 

A. 

projects and systems are not directly transferable to Arizona projects on APS’ 

system. The wind in Texas isn’t the same as the wind in Arizona. Also, A P S  

relies heavily upon natural gas fired power plants for system regulation whereas 

other utilities may be able to provide regulation out of lower cost hydroelectric or 

coal-fired facilities. A Wind Integration Cost Study would incorporate input from 

industry professionals and establish a more credible method to determine the 

expected wind resource integration costs. In addition, A P S  will be gaining 

specific knowledge on wind integration costs once ow two wind projects begin 

operation in early 2007. 

DEMAND RESPONSE 

SEVERAL INTERVENORS EXPRESSED AN lNTEREST IN DEMAND 
RESPONSE. DOES A P S  SUPPORT DEMAND RESPONSE? 

Yes. APS is interested in Demand Response (“DR’) and believes it may be able 

to provide effective supply-side options for meeting system needs, in addition to 

introducing greater elasticity in energy demand and use. To be effective, DR 

programs must adequately address reliability requirements and provide economics 

that are favorable compared to other supply-side options. 

DO YOU AGREE WITH STAFF AND RUCO THAT DEMAND 
RESPONSE OFFERINGS NEED TO BE EXPLORED? 

Yes. There are a variety of demand response programs which differ in their 

implementation cost, benefits, infrastructure needs and complexity of 

administration. Price response in particular is very complex and requires a 

through assessment of infrastructure costs, customer acceptance and pricing 

mechanisms. One only needs to look to the myriad of demand response initiatives 

in California to realize large number of potential approaches. For that reason, a 

thorough study is necessary to determine which types of Demand Response 
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A. 

programs would be likely to produce the most cost effective benefits for the A P S  

system and our customers. We will need to analyze the types of technologies 

(measures) to be considered, measure-by-measure benefit to cost, potentia1 MW 

impacts, types of customers who would participate and their specific loads, likely 

customer responses and behavior, what it would take to get customers to 

participate, and the costs of infrastructure/equipment for such a program. The 

results of this analysis should be reviewed and commented on by interested 

parties, including the Arizona Corporation Commission (“ACC”), Residential 

Utility Consumer Group (“RUCO”), and industry participants. Staff has proposed 

that APS perform a feasibility study for demand response programs and a 

costhenefit analysis within eight (8) months of the Decision and submit one or 

more demand response programs for ACC approval after the study is completed. 

Although A P S  is not opposed to conducting such a study, eight months is not a 

sufficient amount of time to complete a thorough study and develop appropriate 

demand response programs. 

RUCO HAS SUGGESTED THAT A TASK FORCE BE FORMED TO 
EXPLORE OPPORTUNITIES FOR LOAD SHAVING AND LOAD 
SHIFTING THROUGH DEMAND RESPONSE PROGRAMS. DO YOU 
AGREE? 

The first course of action should be to conduct a study to determine which types 

of Demand Response programs are most beneficial to the A P S  system and our 

customers. A P S  is not opposed to a task force but beIieves the most effective and 

expeditious way to manage this first phase is for APS to conduct the study with 

open communication with interested parties. After the assessment is complete, the 

specifics of which programs are selected, the costs of the programs, and how 

certain programs are procured and managed can be discussed with interested 

parties and filed with the Commission for approval. 
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Q. 

A. 

1859729.1 2 

IS THERE A FUNDING MECHANISM FOR COSTS THAT WOULD BE 
INCURRED TO STUDY AND DEVELOP DEMAND RESPONSE 
PROGRAMS? 

Since Demand Response is included in Decision No. 67744 along with Demand 

Side Management programs, the DSM adjustor mechanism provides for such 

funding and, for now, is the appropriate mechanism. Demand Response programs 

funded through the DSM adjustor mechanism would be filed with the 

Commission for approval prior to implementation in a manner similar to the DSM 

programs. 

CONCLUSION 

AND DOES THIS CONCLUDE YOUR PREFILED REBUTTAL 
TESTIMONY IN THIS PROCEEDING? 

Yes. 
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A. 

TESTIMONY OF CHRIS N. FRUGGATT 

ON BEHALF OF ARIZONA PUBLIC SERVICE COMPANY 

(Docket No. E-01345A-05- 0816) 

INTRODUCTION 

PLEASE STATE YOUR NAME ANI) BUSINESS ADDRESS. 

My name is Chris N. Froggatt. My business address is 400 N. 5’ Street, Phoenix 

Arizona 85004. 

WHAT IS YOUR POSITION WITH ARIZONA PUBLIC SERVICI 
COMPANY? 
I am Vice President and Controller for Arizona Public Service Company YAPS’’ o 

“Company”). My educational background and professional qualifications, as we1 

as my professional experience, are set forth in Appendix A, which is attached tc 

this testimony. 

WHAT IS THE PURPOSE OF YOUR TESTIMONY IN THIi 
PROCEEDING? 
My testimony will primarily focus on the historical accounting data in thc 

Company’s filing, including unadjusted test year ended September 30, 2005 dat 

(“Test Year”). I will also testify regarding how the capital structure proposed b 

APS witness Donald Brandt is used to calculate the Company’s cost of capital. 

SUMMARY OF TESTIMONY 

PLEASE PROVIDE A SUMMARY OF YOUR TESTIMONY. 

My testimony addresses historical accounting data and pro forma adjustments tha 

are required by various Standard Filing Requirement (“SFR’) Schedules of th 

Arizona Corporation Commission (“Commission”) to support the Company’s rat 

- 1 -  
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case filing. I will discuss information from the Test Year (twelve months ended 

September 30, 2005) and prior years relating to the Summary Schedules, SFR 

Schedules A-2 and A-3, and income statements relating to the Test Year and prioi 

years, as set forth in SFR Schedule C-1. Of the pro formas set forth in SFR 

Schedule C-2, I will be sponsoring the following: 

0 Regulatory Assessments and Franchise Fees 

Environmental Portfolio Standard 

0 Demand Side Management 

0 Interest on Customer Deposits 

0 Amortization of Regulatory Assets 

0 Pinnacle West Energy Corporation (“PWEC”) Loan 

0 Out of Period Income Tax Adjustments 

0 Generation Production Income Tax Deduction 

Income Tax / Interest Synchronization 

I will discuss the factor used to gross up operating income to account for taxes, as 

set forth in SFR Schedule C-3. I will also discuss the capital structure of the 

Company and provide APS’ actual overall cost of capital, as set forth in SFR 

Schedules D-I, D-2 and D-3. (Mr. Brandt will discuss the projected information on 

Schedule D-1.) This will include information on the cost of equity provided by Dr. 

William Avera, APS’ return on equity (“ROE”) witness, as well as the Company’s 

cost of debt. In addition, I wi l  sponsor the various schedules relating to the 

Company’s financial statements, as set forth in SFR Schedules E-1, E-2, E-3, E-4, 

E-7, E-8 and E-9 (Mr. Brandt will discuss the projected information on these 

schedules). SFR Schedule E-6 is not applicable to APS. SFR Schedule E-5 wilI be 

addressed by Ms. Laura Rockenberger. Finally, I will sponsor the Test Year data 

on SFR Schedules F-1 and F-2, which address projected income statements and 
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Q* 

A. 

projected changes in financial position. Mr. Brandt will address the projected 

information on those schedules. 

HISTORICAL AND TEST YEAR ACCOUNTING DATA 

PLEASE DESCRIBE THE ACCOUNTING JNFORMATION CONTAINED 
WITHIN THE SFFt SCHEDULES THAT YOU A€W SPONSORING. 

As the Controller of APS, I am responsible for the accounting and financial 

reporting by the Company. Thus, my testimony covers historical accounting data, 

including the actual data for the Test Year. The majority of this information is 

either directly or indirectly contained in both the APS and consolidated Pinnacle 

West Capital Corporation (“Pinnacle West”) audited financial statements, which 

are included in filings made with the Securities and Exchange Commission 

(“SEC”) for the relevant years. 

Additionally, a11 of the accounting information provided in my testimony complies 

with Generally Accepted Accounting Principles (“GAAP”). These are the 

principles that accounting professionals use to prepare financial statements. One 

major goal of GAAP is to make financia1 statements comparable froin year to year, 

from industry to industry, and from jurisdiction to jurisdiction. A P S ’  accounting 

practices comply with other applicable utility accounting standards, such as the 

Federal Energy Regulatory Commission (“FERC”) Uniform System of Accounts, 

which has also been adopted by the Commission. See A.A.C. R14-2-212(G). 

In large part, my testimony supports the testimony of other APS witnesses. The 

direct testimony of MI. Brandt addresses financial projections to actual Test Year 

data. Ms. Rockenberger addresses, among other things, Original Cost Rate Base, 

the PWEC and Sundance units, the nuclear decommissioning fund, depreciation 

and working capital requirements. Mr. Rumolo focuses on the jurisdictional 
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Q* 

A. 

Q. 
A. 

Q. 

A. 

allocation of APS revenues, costs, and rate base items. Dr. Avera's testimony 

addresses the Company's ROE. 

A .  Summary Schedules 

PLEASE DESCRIBE THE HlSTORlCAL INFORMATION IN SFR 

SFR Schedule A-2 provides the "Summary Results of Operations" for the Test 

Year and the prior three calendar.years. It also includes projected information for 

two calendar years after the Test Year. I am sponsoring the data contained in the 

first four columns of SFR Schedule A-2, which is historical data for the prior 

calendar years and the Test Year. Mr. Brandt is sponsoring the projected 

information on this SFR Schedule. 

SCHEDULE A-2. 

PLEASE DISCUSS SFR SCHEDULE A-3. 

SFR Schedule A-3 is the "Summary of Capital Structure'' for APS, which is 

separated into the Test Year, three prior calendar years, and a projected period. As 

with SFR Schedule A-2, I am sponsoring the historical prior calendar years and 

Test Year data. 

B. Test Year Income Statements 

PLEASE DISCUSS THE INFORMATION THAT YOU ARE SPONSORING 

SFR Schedule C-1 is the summary of the Company's adjusted Test Year income 

IN SFR SCHEDULE C-1. 

statement. I am sponsoring the historical Test Year data in the first column of SFR 

Schedule C-1. This information provides the baseline from which pro forma 

adjustments are made and shows operating income and net income for the Tesi 

Year. As shown on the schedule, APS' operating income and net income during the 
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Q- 
A. 

Q- 
A. 

Q- 

A. 

Test Year period were $ 377 inillion and $ 167 million, respectively, on revenues 

of neariy $3,4'billion. 

ARE YOU SPONSORING ANY OTHER RELATED SFR SCHEDULES? 

Yes, I am sponsoring SFR Schedules C-2 and C-3. SFR ScheduIe C-2 presents the 

pro forma adjustments to the company's Test Year operating income. I will 

discuss these adjustments in detail later in my testimony (see section IV "Prc 

Forma Adjustments"). SFR Schedule C-3 shows the computation of the grosz 

revenue conversion factor. 

PLEASE DESCRIBE SFR SCHEDULE C-3. 

SFR Schedule C-3 calculates the factor applied to "gross-up" income to account foi 

income taxes so that taxes that must be paid by APS are reflected in the revenue 

requirement that A P S  is requesting. The Gross Revenue Conversion factor oj 

1.6407 (shown on line 5) is simply an algebraic transformation of APS' composite 

federal and state income tax rate of 39.05 percent. This factor is used on SFR 

Schedule A-1 (line 7) to arrive at the increase or decrease in Gross Revenue 

Requirements necessary to account for income taxes. 

C. 

PLEASE DISCUSS THE COST OF CAPITAL INFORMATION THAT YOU 
ARE SPONSORING. 
SFR Schedule 0-1 is the summary of the Company's historical and projected cos1 

of capital. I am sponsoring the Test Year data in this schedule. Mr. Brandt will 

discuss the Company's proposed capital structure and the pro forma adjustments to 

the cost of capital. SFR Schedule D-2 presents supporting detail for the long-term 

debt that is summarized on SFR Schedule D-I. SFR Schedule D-3, which 

addresses preferred stock, is included in the Company's schedules for 

Capital Structure and Cost of Capital 
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Q. 

A. 

Q- 

A. 

Q. 
A. 

completeness, but it is not applicable because A P S  had no outstanding preferrec 

stock at the end of September 2005 and in fact, has had none for many years. SFF 

Schedule D-4 addresses the Company’s cost of common equity. 

PLEASE DISCUSS IN MORE DETAIL THE COMPANY’$ 
OUTSTANDING LONG-TERM DEBT AS OF THE END OF THE TESI 
YEAR. 
At the end of the Test Year, approximately 74 percent of APS‘ outstanding long 

term debt consisted of unsecured notes with a weighted average interest rate o 

approximately 6 percent ($1 14,928,000 divided by $1,9 10,476,000). Most of tht 

remainder of the long-term debt consisted of tax-advantaged pollution contro 

bonds. This debt has weighted average interest rate of about 3.6 percent. A P S  alsc 

hits a small amount of interest related to capital tease obligations and amortizatior 

of gains and losses on reacquired debt, both of which. are classified as interes 

expense and are reflected on SFR Schedule D-2. 

WHAT WAS APS’ CAPITAL STRUCTURE AT THE END OF THE TESI 
YEAR? 
APS’ total long-term debt and common equity was approximately $ 5.6 billion 

This was comprised of approximately $ 2.6 billion in long-term debt (including 

current maturities) and approxiinately $ 3.0 billion in common equity. Thus A P S ‘  

capital structure at the end of the Test Year was approximately 46 percent debt a n c  

54 percent equity. 

WHAT IS THE COST OF CAPITAL THE COMPANY IS REQUESTING? 

As discussed in Mr. Brandt’s testimony, and set forth on SFR Schedule D-1, tht 

adjusted cost of capital the Company is requesting is 8.73 percent. 
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Q. 

A. 

9. 
A. 

Q. 
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Q* 
A. 

D. Financial Statements 

ARE YOU SPONSORTNG SFR SCHEDULES E-1 THROUGH E-4, E-7, E4 
AND E-9? 

Yes. These schedules relate primarily to historical financial and accounting 

information, as well as the notes to the financial statements. SFR Schedule E-6 is 

required only for combination utilities .and therefore does not apply to APS. 

PLEASE DISCUSS SFR SCHEDULES E-1, E-2 AND E-3. 

These three schedules contain information found on the balance sheet, the income 

statement and the cash flow statement for the Test Year period and the three prior 

calendar years. SFR Schedule E-1 provides comparative balance sheets for these 

periods, while SFR Schedules E-2 and E-3 provide comparative statements ol 

income and comparative statements of cash flaws, respectively. The calendar yea  

financial statements were included in SEC Form 10-K filings for the relevant years. 

PLEASE DISCUSS SFR SCHEDULE E-4. 

SFR Schedule E-4 shows changes in stockholders’ equity for the Test Year and 

three prior calendar years. This schedule shows that stockholders’ equity changed 

by net income, common stock dividends and other comprehensive income. A P S ’  

other comprehensive income includes minimum pension liability adjustments and 

unrealized gains and losses on derivative instruments used to hedge gas and power 

costs. Even though these items are not yet realized, GAAP requires these items to 

be reported in stockholders’ equity through other comprehensive income or loss, 

rather than be reflected in net operating income. 

WHAT INFORMATION IS PROVIDED IN SFR SCHEDULE E-7? 

SFR Schedule E-7 provides detailed information concerning APS’ sales (in kWh), 

number of customers and average usage per customer over the last three years, 
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Q- 
A. 

Q. 
A. 

Q* 

A. 

including the Test Year. This information is contained in or derived from A P S  

FERC Form 1 filings for the applicable periods, and is separated by customei 

classes to show residential, commercial, industrial, irrigation, public street anc 

highway lighting, other sales to public authorities, and sales for resale 

Additionally, SFR Schedule E-7 shows the average revenue per residentia 

customer, which in 2004 was approximately 8 . 5 4 ~ k W h .  SFR Schedule E-7 alsc 

shows that the direct production expense per kWh and the direct transmissior 

expense per kWh sold in Test Year were 4.0$/kWh and O.OG$/kWh, respectiveIy. 

PLEASE DISCUSS SFR SCHEDULE E-8. 

SFR Schedule E-8 provides a breakdown of the taxes paid by A P S  during the Tesi 

Year and the three prior calendar years, showing federal, state and local taxes paid 

This tax figure is used to derive the gross-up fiictor used in SFR Schedule C-3. 

PLEASE DISCUSS SFR SCHEDULE E-9. 

SFR Schedule E-9 sets forth the notes to the financial statements. These notes 

incIude, but are not limited to, the Company’s accounting policies for depreciation 

capitalized .interest and income taxes. The notes also provide additional detailec 

information related to the income statement, the balance sheet and the cash flov, 

statement. The Company is providing a copy of the Form IO-K for fiscal yea1 

ended December 3 1, 2004 and a copy of Form 10-Q for third quarter 2005 as ar 

attachment to SFR Schedule E-9. 

E. Projections and Forecasts 

PLEASE DISCUSS THE INFORMATION THAT YOU ARE SPONSORING 

SFR Schedule F-1 is a schedule that shows an income statement for the projected 

calendar year, compared with actual test year results, at present and proposed rates. 

IN SFR SCHEDULES F-1 AND F-2?. 
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Q. 
A. 

Q. 

A. 

Q. 
A. 

SFR ScheduIe F-2 shows projected changes in financial position for the projectec 

year cornpied with the Test Year, at present and proposed rates. I am sponsoring 

the historical Test Year data in the first column of each of these SFR Schedules 

Mr. Brandt will address the projected data on these SFR Schedules. 

PRO FORMA ADJUSTMENTS 

A. Test Year 

WHAT TEST YEAR HAS APS PROPOSED IN ITS APPLICATION?! 

The twelve months ended September 30, 2005 is the Company’s proposed Tes 

Year. This represents the most recent historical calendar period for whicf 

complete cost of service information was available at the time we prepared thi: 

filing. 

ARE THERE ANY ADJUSTMENTS TO THE FLNANCJAL RESULT5 
ACHIEVED BY THE COMPANY DURING THE TEST YEAR TRQT THE 
COMMISSION SHOULD CONSIDER? 

Yes. The Test Year must be adjusted for changes in operating expenses, revenues 

and plant-in-service, among others, which are known, measurable, and capable 0: 

being reconciled with the Test Year to create a matching of costs and revenues 

The objective of making adjustments to Test Year results is to reflect conditions 

expected to exist at the time the new rates become effective. 

WHAT DOES A “KNOWN AND MEASURABLE” AI”MENT MEAN? 

I consider an adjustment to be “known” when, given all the circumstances, it$ 

probability of occurrence is significantly greater than the chance it will not occur 

An adjustment is “measurable” if it can be quantified in a meaningful fashion, such 

that the recognition of at least part of its effect on Test Year results wili make the 

Test Year “more representative’‘ than if the adjustment were omitted altogether. 
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A. 

Q* 

A. 

Q. 

A. 

WHAT DOES 3T MEAN THAT AN ADJUSTMENT MUST BE 
RECONCILED WITH TEST YEAR OPERATIONS? 

This is generally known as the “matching principle.“ This principle states thai 

revenues required equal the cost of service incurred. For example, a pro fonnz 

adjustment for increased electric sales should include a corresponding adjustmen1 

to expenses that recognize the additional cost of service needed to produce these 

sales. As with the concepts of “known and measurable,” one cannot insist on a 

precise matching for ail adjustments without effectively requiring a constantly 

updated Test Year. The issue is one of degree and of fairness. 

DID A P S  MAKE PRO FORMA ADJUSTMENTS TO TEST YEAR 
OPERATING INCOME? 
Yes. Many adjustments were done to be consistent with Decision No. 67744. 

issued April 7, 2005, where the Commission adopted a settlement agreement tc  

resolve the issues in the most recent A P S  rate case. (“2002 Test Year Settlement”), 

Test Year pro forma adjustments can be categorized into three basic types: 

1) Accounting, i. e., adjustments that remove expenses or revenues proper11 

recorded during the Test Year but associated with prior periods; 

Annualizations, i.e., adjustments typicaIly made in a rate case to annualize 2) 

the full effect of events taking place during the Test Year; and 

Known and measurable changes, ie.,  adjustments to expenses or revenues 

that took place or will take place after the end of the Test Year, and which 

are of such significance that they should be recognized for ratemaking 

purposes. 

3) 

HAS THE COMMISSION PREVIOUSLY ACCEPTED PRO FORMA 
ADJUSTMENTS TO THE COMPANY’S TEST YEAR? 
The Commission’s own rule specifically recognizes these types of adjustments. See 
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Q* 

A. 

Q. 

A. 

Q- 

A. 

A.A.C. R14-2-103. It has been the consistent practice of the Commission to acceg 

pro forma adjustments to Test Year rate base and operating income in rate cases. 

B. Pro Forma Adjustmenls To Operating Income 

HAS APS MADE PRO.FORMA ADJUSTMENTS TO TEST YEA$ 
OPERATING INCOME? 
Yes. These adjustments are set forth in Schedule C-2 of the Company’! 

application. SFR Schedule C-2 provides total Company figures and Mr. Rumofo’: 

jurisdictional allocation of my adjustments, which he will address in his testimony 

The Total Company portion of this SFR ScheduIe corresponds directly wid 

Attachments CNF 1-1 through CNF 1-9. 

IS INCOME TAX EXPENSE INCLUDED I N ’ E A C H  OF YOUR 
OPERATING INCOME PRO FORMA ADJUSTMENTS? 
Yes. Each pro forma adjustment identified in Attachments CNF 1-1 through CNE 

1-9 includes an income tax calculation, at the current statutory combined state anc 

federal income tax rate, so that the impact on net income for each adjustment car 

be determined. However, throughout most of my testimony I will be referring tc 

pro forma adjustment amounts on a before income tax basis. 

(i) Regulatory Assessments and Franchise Fees . 

PLEASE DESCRIBE THE COMPANY’S PROPOSED TREATMENT OF 
REGULATORY ASSESSMENTS AND FRANCHISE FEES? 

This pro forma adjustment is being made so that all regulatory assessments anc 

franchise fees will be treated as pass-throughs and will not be included in bast 

rates, which is consistent with the settlement adopted in Decision No. 67744. Thif 

adjustment removes assessments and franchise fees from both operating revenues 

and expenses in the Test Year in the amount of $ 15,947,000. See Attachment CNF 

1-1. 
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(ii) B&e Rates Component for EPS 

PLEASE DESCRIBE THE ADJUSTMENT TO THE ENVIRONMENTAL 
PORTFOLIO STANDARD (“EPS”). 
This pro forma adjustment reflects the Company‘s accounting for the $6 million 

authorized System Benefits Charge (;‘SBC”) to fund the EPS. In the Test Year, t h e  

Q- 

A. 

Q. 

A. 

Company incurred capital costs related to EPS. Revenue of $ 6,779,000, which 

was equivalent to these costs, was reclassified to a contribution-in-aid-of- 

construction. Because the costs were charged to construction work in process 

rather than an Operation and Maintenance account, they are not reflected in the 

Test Year operating results. The pro forma adjustment is needed to properly 

reflect, for ratemaking treatment, revenue of $6,779,000 and $6,000,000, the 

allowed portion of expenses related to the base rate portion of the SBC used to 

fund the EPS. The pro forma adjustment to pre-tax operating income is $779,000, 

as shown on Attachment CNF 1-2. 

(iii) Demand Side Management 

PLEASE DESCRIBE THE COMPANY’S PROPOSED ADJUSTMENT TO 
DEMAND SIDE MANAGEMENT (“DSM”) COSTS. 

Decision No. 67744 mandated that the Company spend $10 million annually on 

DSM programs, which are to be funded through base rates beginning in 2005. The 

actuaI DSM expense in the Test Year was $ 7,011,000, $ 2,989,000 less than is 

currently required on a going-forward basis. The DSM pro fonna adjustment 

increases Test Year operating costs by the !§ 2,989,000 and recognizes the 

corresponding reduction in revenue as a result of DSM programs, which is 

expected to be $ 4,907,000. See Attachment CNF 1-3. Mr. Peter Ewen discusses 

the revenue calculation in his testimony. 
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(iv) Interest On Customer Deposits 

PLEASE DESCRIBE THE ADJUSTMENT FOR INTEREST On 
CUSTOMER DEPOSITS. 
This pro forma adjustment reflects the annualized interest cost associated wit1 

customer deposits (interest expense) as an operating expense, because the custome 

deposit balances at the end of the Test Year are treated as a rate base deduction 

This treatment conforms to the approach utilized by the Commission in previoui 

Company rate cases. The pro forma adjustment was calculated by applying a 2.75 

percent annual interest rate to the September 30,2005 outstanding deposit balance 

The annual interest rate is the rate required by APS tariffs for customer deposits - 

the established one-year Treasury Constant Maturities rate, effective on the firs 

business day of each year, as published on the Federal Reserve website. Thi! 

resulted in a reduction of pre-tax operating income of $ 1,529,000. See Attachmen 

CNF 1-4. 

(v) Amortization of Regulatory Assets 

WHAT IS THE BASIS FOR THE AMORTIZATlON OF REGULATOR'lr 
ASSETS PRO FORMA ADJUSTMENT? 

This adjustment provides for the amortization of the Palo Verde Unit 'i 

SaleLeaseback rent Ievelization regulatory asset over the remaining life of t h t  

Iease, which is consistent with the 2002 Test Year Settlement adopted in Decisior 

No. 67744. The net pretax adjustment is $ 3 8  1,000, as shown on Attachment CNF 

1-5. 
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Q* 

A. 

Q. 

A. 

(vi) PWEC Loan 

PLEASE EXPLAIN THE COMPANY’S ADJUSTMENT RELATED TC 
THE 2.64 PERCENT INTEREST PREMIUM ON THE A P S  LOAN TC 
PWEC. 

Commission Decision No. 65796 (April 4, 2003) authorized A P S  to issue non- 

secured debt in an amount up to $500 million and loan the proceeds to PWEC 

That decision also required A P S  to charge PWEC a 2.64 percent interest premium 

as long as the loan was outstanding. This operating income pro forma reflects t h c  

2.64 percent interest premium credit, which includes the amount deferred througf 

April 11,2005, when the loan was repaid. In addition, consistent with Decision No 

67744, the amount deferred through December 31, 2004 is being amortized on i 

straight-line basis over five years, beginning ApriI 1, 2005. Decision No. 67744 

required that the amounts deferred afler December 3 I , 2004 were to be reflected ir 

APS’ next general rate proceeding. Accordingly, the amount deferred afte 

December 31, 2004, will be amortized on a straight-line basis over a five yea] 

period, beginning January 1 ,  2007. This pro forma includes an accrual of interes 

at the rate of six percent, as required by Decision No. 67744. The adjustment o 

$3,330,000 is an increase to pretax operating income, as shown on Attachmen 

CNF 1-6. 

(vii) Out of Period Income Tax Adjustments 

PLEASE DESCRIBE THE PRO FORMA ADJUSTMENT FOR OUT 0% 
PERIOD INCOME TAX ADJUSTMENTS. 
This pro forma adjustment removes income tax true-up items impacting income ta> 

expense that were recorded during the Test Year period, ‘but relate to a perioc 

earlier than h e  Test Year period. In addition, it adds income tax true-up items thai 

relatc to the Test Year period. Finally, it removes income tax expense recordec 

during the Test Year period related to non-recurring income tax items. This prc 
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Q- 

A. 

form decreases income tax expense by $1,287,000. The Test Year income ta: 

expense still inciudes credits and other items related to the Test Year, 

Attachment CNF 1-7. 

Set 

(viii) Generation Production Income Tax Deduction 

PLEASE DESCRIBE THE PRO FORMA ADJUSTMENT FOE 
GENERATION PRODUCTION INCOME TAX DEDUCTION. 
On October 11, 2004, President Bush signed into law the American Jobs Creatior 

Act (;‘Act‘:). The Act created Internal Revenue Code Section 199 (“Section 199”) 

which provides a new income tax deduction related to income attributable tc 

qualified production activities. On October 20,2005, the Internal Revenue Servicr 

(“IRS”) issued proposed regulations addressing Section 199. Electricity productior 

is considered a qualified production activity for purposes of this Act; howeve 

transmission and distribution services are not. The proposed regulations providr 

that a joint owner who owns less than 50% of a generating facility will not bt 

attributed the qualified production activity associated with such generation facility 

This deduction applies to years beginning in 2005. For 2005, the deduction is equa 

to the lesser of three percent of the qualified production activities income (“QPAI”’ 

or the consolidated taxable income. The deduction increases to six percent in 200; 

and increases again to nine percent in 2010. QPAT is equal to gross receipts, les: 

the cost of production and other related direct and allocable indirect costs. Ir  

calculating this pro forma, gross receipts were determined by using the 12 month: 

ended September 30, 2005 Test Year functionalized revenue requirement 

excluding the impact of this deduction, for electricity production. The related direcl 

and allocable indirect costs (except for interest expense) were determined by using 

the 12 months ended September 30, 2005 functionalized operating expenses foi 

electric production. Functionafized interest expense for electric production was 
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Q* 

A. 

de :rmined by multiplying electric produc ion for the Test Year rate base by thr 

weighted interest rate component of the cost of capital. Next, adjustments werc 

made to reflect items treated differently for GAAP and income tax purposes 

Finally, a reduction was made to remove the QPAI generated by jointly-ownec 

generating facilities in which APS owns 50% or less. This reduction w%11 

determined by first deriving the ratio of net book value of plant for the jointly 

owned facilities divided by net book value for all generating facilities. This ratic 

was multiplied by the total generation QPAI, which was then subtracted fiom tota 

generation QPAI to arrive at QPAI attributable to A P S .  QPAI for electric 

production activities associated with generating facilities wholly owned by APS fo 

the 12 months ended September 30, 2005 Test Year is approximately $79 million 

The deduction percentage in 2007, which is the year the new rates will becomc 

effective, is six percent. Therefore the deduction is approximately $4.8 million 

which translates into a reduction in income tax expense of $1,862,000. Tht 

Proposed Regulations may be modified prior to becoming final regulations and thc 

final regulations may change the amount of this deduction. This calculation is se 

forth in Attachment CNF 1-8. 

(ix) Income Tax / Interest Synchronization 

PLEASE DESCRIBE THE ADJUSTMENT FOR INCOME TAX A N C  
SYNCHRONIZATION OF INTEREST. 

This adjustment reflects the synchronization of interest expense using the adj ustec 

September 30, 2005 capital structure and cost of long-term debt, as well as the us{ 

of current statutory income tax rates. This pro forma adjusts after-tax operating 

income by $2,906,000, as set forth on Attachment CNF 1-9. 



DOES THIS CONCLUDE YOUR DIRECT TESTIMONY? 

Yes, it does. 
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Appendix A 
Statement of Qualifications 

Chris N. Froggatt 

Chris N. Froggatt is Vice President and Controller for Arizona Public Service Company. 
h4r. Froggatt has responsibility for Accounting Services, Tax Services, Insurance Risk 
Management, Supply Chain, Transportation and Public Safety. These services are 
provided as needed across all of the Pinnacle West companies. 

Mr. Froggatt graduated fiom Michigan State University in 1980 with a Bachelor's 
Degree in Accounting. He is a Certified Public Accountant and a member of both the 
American Institute of Certified Public Accountants and the Arizona Society of Certified 
Pub 1 i c Accountants. 

Mr. Froggatt spent six'and one-half years in public accounting upon graduation from 
college. He joined APS in December 1986 as Manager of Financial Reporting and 
became Director of Accounting Services in 1992. In July of 1997, Mr. Froggatt was 
named Controller for APS and had effectively the same responsibilities for Pinnacle 
West. He was promoted to Vice-president and Controller of Pinnacle West in July 1999. 

1367762.1 



h 
I I 

u) 
a3 
J 
C 

0, 
141 
P 

1 

* 

/ F * 
Q) 



.. 

2 

t 
I- 
oc 
W 

4 

E 
0 
0 
E 
13. 

w 

E 
U 
Lu n. 
0 

a5 



A e 

1 "  

.. 
L 

0 
K a. 

s 
m z 
0 

CI m 
X z 
E 
8 
C 
I 

ai 

2 -  

t a 
Y 

I- 
K 
W 

0 
0 

13 
z 
5 
2 
K 
W a 
0 

6 



Y c 

0 
U n 



Y 

8 

a a 
Q 

0 3  c 
0 

E 
0 

.- 
F 

0 c 

2 0  j -z 

rcI 
E a 
E 
4 



c 
0 

6 



-. . 
U 
C 
Q, 

c 
0 

E 

3 
4 

w 
S a 
E a 

C 
0 

e n 
c 
0 

C 
C 
C 

. c  
(I 

.- + 
L 
.- 

e 

h B 
i 
0 
0 c 
E 
0 
al 
9 
w 
B 
0 
0 z 
8 
Z 

.- 
rc 

- 
F 
w n 
0 

s 

r 



r 
0 

E 
U ti I 

2 
P 

Q s 
K 
0 
l i 
0 
E 
LL 

h 

3 
E" 
8 
E 
2 
9 
B 

z 
F a a 

t .- 

Q, 

w 

8 

w 
P 
0 

T 



9 
t- 

A 

E 



EXHIBIT [GI 
REBUTTAL TESTIMONY OF CHRIS N. FROGGATT 

On Behalf of Arizona Public Service Company 

Docket No. E-01345A-05-0816 

September 15,2006 



... 

............ . __ 

Table of Contents 

I . MTRODUCTION ................................................................................................. 1 

I1 . SUMMARY OF TESTIMONY ............................................................................. 1 

HI . STAFF AND INTERVENOR RECOMMENDED ADJUSTMENTS ................. 3 

A . 
B . 
C . 
D . 
E . 
F . 
G . 
H . 

Unregulated APS Marketing & Trading Activity .................................... :. ,3  

Federal and State Income Tax .................................................................... 4 

Rate Base Offset for Long Term Disability (SFAS 1 12) ........................... 4 

Interest on Customer Deposits .................................................................... 5 

Generation Production Deduction .............................................................. 5 

Income Taxhterest Synchronization ................................................... ...... 6 

Out-of-Period Tzix Consulting Fees ............................................................ 7 

Investment Tax Credit Rate Base Reduction .............................................. 9 

IV . C.ONCLUSION .................................................................................................... 11 

ATTACHMENTS 

Adjustment to Schedule C-1 ............................................... Attachment CNF-1RB 

Adjustment to Schedule C-2 ............................................... Attachment CNF-2RB 

Unregulated A P S  Marketing and Trading Activity ............. Attachment CNF-3RB 

Federal and State Income Tax ............................................. A ~ c ~ e n t  CNF-4RB 

Rate Base Offset For Long Term Disability (SFAS 112) .... Attachment CNF-SRB 

Interest on Customer Deposits ............................................ Attachment CNF-6RB 

Generation Production Deduction ........................................ Attachment CNF-7RB 

Income Tax / Interest Synchronization ............................... Attachment CNF-8RB 

Tax Consulting Fees ............................................................. A t t a c ~ e n t  CNF-9RB 



I. 

, Q- 
A. 

Q- 
A. 

Q. 

A. 

11. 

Q. 

REBUTTAL TESTIMONY OF CHRIS N. FROGGATT 

ON BEHALF OF ARIZONA PUBLIC SERVICE COMPANY 

(Docket No. E-01345A-05-0816) 

INTRODUCTION 

PLEASE STATE YOUR NAME AND POSITION WITH APS. 

My name is Chris N. Froggatt, and I am Vice President and Controller for Arizona 

Public Service Company ((‘APS” or “Company”). 

DID YOU FILE DIRECT TESTIMONY IN THIS PROCEEDING? 

Yes. I filed Direct Testimony in this docket on November 4, 2005 (“Initial 

Filing”), and also provided updated testimony on January 31, 2006 (“January 

Filing”). 

WHAT IS THE PURPOSE OF YOUR REBUTTAL TESTIMONY IN THIS 
PROCEEDING? 

The purpose of my Rebuttal Testimony is to address several adjustments to 

operating income proposed by Staff and RUCO witnesses. I will also address two 

proposed rate base adjustments. I will indicate where we are in agreement with 

those recommendations, and will discuss those that I do not believe are 

appropriate or accurate. In addition, I will present the Company’s revised income 

statement, which incorporates the adjustments the Company has accepted as 

discussed herein. 

SUMMARY OF REBUTTAL TESTIMONY 
PLEASE PROVIDE A SUMMARY OF YOUR REBUTTAL TESTIMONY. 

- 1 -  
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A. Staff anc intervenors in this case have proposec both rate base and operating 

income adjustments to the Company’s original request. In some cases, proposals 

are for reasonable revisions due to legislative changes, updated information that 

was not available at the time the Company filed its original request, or corrections 

for errors uncovered during the discovery process. Other adjustments that have 

been proposed are clearly inappropriate or inaccurate, and I discuss why these 

adjustments should either be revised or not accepted at all. Specifically, I discuss 

the following proposed operating income adjustments with which I agree: 

Staff and RUCO’s Unregulated Marketing and Trading adjustment 

0 S t a r s  Income Tax adjustment 

In addition, I agree with Staff and RUCO’s rate base adjustment related to long 

term disability deferrals (SFAS 1 12). 

The following proposed operating income adjustments are those with which I 

agree in principle, but portions of the calculations require corrections, which I 

discuss: 

0 RUCO’s Interest on Customer Deposits adjustment 

0 Staffs Generation Production Deduction adjustment 

0 Staff and RUCO’s Income Tax/Interest Synchronization adjustment 

0 RUCO’s Out-of-Period Tax Consulting Fee adjustment 

However, I do not agree with Staffs Investment Tax Credit rate base adjustment. 

Additional Staff and intervenor operating income pro forma recommendations are 

addressed by A P S  witnesses Laura L. Rockenberger, Peter M. Ewen, and David J. 

Rum010 in their Rebuttal Testimony. Ms. Rockenberger will also address the 

remainder of the proposed adjustments to rate base. - 
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III. 

Q- 

A. 

Additionally, the Company Adjustments to Schedule C-1, the revised income 

statement which incorporates all adjustments accepted or corrected by the 

Company, is attached to my testimony as Attachment CNF-1RB. I sponsor the 

Total Company calculations that are presented on page 1. Attachment CNF-2RB 

is the Company’s Adjustments to Schedule C-2, which individually presents each 

adjustment, including those adjustments that other Company witnesses are 

discussing. Of these adjustments, I am sponsoring the Total Company column for 

those which I have listed above and discuss in my Rebuttal Testimony. 

All jurisdictional allocations shown on the attached .Adjustments to Schedule C- 1 

and C-2 have been calculated using the same factors that were used in U S ’  

January 31, 2006 filing, and were addressed by Mr. Rumolo in his Direct 

Testimony. 

The overall change in the Company’s rate request, which includes these revisions, 

is addressed by APS witness Steven M. Wheeler in his Rebuttal Testimony. 

STAFF AND INTERVENOR RECOMMENDED ADJUSTMENTS 

A. Unregulated APS Marketing & Trading Activity 

DO YOU AGREE WITH AN ADJUSTMENT TO REMOVE 
UNREGULATED APS MARKETING AND TRADING ACTIVITY AS IS 
RECOMMENDED BY BOTH STAFF AND RUCO? 

Yes, I do. During the discovery process, the Company became aware that it had 

inadvertently failed to exclude revenue and expenses associated with ’APS’ 

unregulated marketing and trading activities. These activities relate to transactions 

that are not used to serve APS native load, and therefore should have been 

excluded in the Company’s test year calculations. This adjustment is proposed in 
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Q* 

A. 

Q* 

A. 

Staff Schedules C-4 and C-5, sponsored by Staff witness Dittmer, and in the 

Direct Testimony of RUCO witness Diaz Cortez on page 24. This additional 

adjustment increases test year pre-tax operating income by $15.1 million, and is 

shown on Attachment CNF-3RB. 

B. Federal and State Income Tax 

DID STAFF PROPOSE A REVISION TO THE FEDERAL AND STATE 
INCOME TAX PRO FORMA ADJUSTMENT? 

Yes. As part of the discovery process, Staff and the Company agreed upon a ‘Yop 

down” cost-of-service income tax expense calculation. This calculation uses 2006 

levels of various tax credits and other permanent tax items to estimate on-going 

income tax expense. This calculation is shown on Staff Schedule C-20, sponsored 

by Mr. Dittmer, and reduces test year income tax expense by $4.8 million. I agree 

with Staffs proposal and this adjustment is set forth on Attachment CNF-4lU3. 

C. Rate Base Ogset for Long Term Disability (SFAS 112) 

DOES THE COMPANY AGREE WITH THE RECOMMENDATION OF 
STAFF AND RUCO TO ADJUST RATE BASE FOR LONG TERM 
DISABILITY DEFERRED CREDITS (SFAS 112)? 

Yes. Mr. Dittmer presents Staffs proposed rate base adjustment on Staff Schedule 

B- 1, and Ms. D i u  Cortez discusses RUCO’s proposed adjustment on pages 7 and 

8 of her Direct Testimony. Deferred credits related to expenses for employees on 

long-term disability were incorrectly excluded from rate base. The expenses are 

included in the test year and the related credit should likewise be included as a rate 

base offset. The calculation is shown on Attachment CNF-5RB and results in a 

rate base reduction of $3.9 million. 
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Q* 

A. 

Q* 
A. 

Q. 

A. 

D. Interest on Customer Deposits 

WHAT IS THE OPERATING INCOME ADJUSTMENT PROPOSED BY 
RUCO WITNESS RIGSBY REGARDING INTEREST ON CUSTOMER 
DEPOSITS? 

On RUCO Schedule WAR-1, Mr. Rigsby calculates an adjustment for interest on 

customer deposits of $2.5 million, which results in an increase of $976,000 over 

the Company’s original proposal. RUCO recommends using the most recent 

interest rate (as determined in the Company’s Service Schedule 1, Terms and 

Conditions for Standard Offer and Direct Access, paragraph 2.7.4) available prior 

to the filing deadline for direct testimony. In this case, the most recent rate is the 

2006 rate of 4.38 percent, in contrast to the 2005 rate of 2.79 percent used by the 

Company in its Jan~mry Filing. 

DO YOU AGREE WITH THIS ADJUSTMENT? 

I agree with the principle of adjusting this interest rate to the most recently 

available rate. However, it appears that RUCO inadvertently utilized the March 

31, 2006 deposit balance rather than the test year balance at September 30, 2005. 

Using the September 30, 2005 balance multiplied by the revised rate results in a 

total interest expense of $2.4 million. This revised calculation is shown on 

Attachment CNF-6RB and results in a pre-tax operating income decrease of 

$871,000 from the Company’s January Filing calculation. 

E. Generation Production Deduction 

DO YOU AGREE WITH STAFF’S ADJUSTMENT TO THE COMPANY’S 
ORIGINAL GENERATION PRODUCTION INCOME TAX DEDUCTION 
CALCULATION? 

I agree in principle with the changes to the Generation Production Deduction 

calculation as discussed by Staff witness Dittmer on pages 126 through 128 of his 
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Q= 
A. 

Q= 

A. 

Direct Testimony. Staff presents a series of appropriate revisions to the 

Company’s original calculation, based on the final Treasury Regulations pursuant 

to the American Jobs Creation Act, which were not available when the Company 

filed its direct testimony on this issue. 

DO YOU DISAGREE WITH A PORTION OF STAFF’S ADJUSTMENT? 

Yes, I do. Staff calculates its deduction adjustment using its proposed weighted 

cost of common equity. As discussed by APS witness Donald Brandt in his 

Rebuttal Testimony, the Company does not agree with Staff’s recommended 

weighted cost. Therefore, I have recalculated the deduction adjustment using 

Staffs proposed changes, but with the Company’s recommended capital structure. 

This revised calculation results in a reduction in income tax of approximately $3.1 

million, an additional $1.2 million reduction fiom the calculation included in the 

Company’s January Filing pro forma adjustments. The Company’s recalculated 

Generation Production Deduction is shown on Attachment CNF-7RB. Ultimately, 

this adjustment should reflect the cost of capital used by the Commission to 

establish rates in its final order. 

F. Income TdInterest Synchronization 

PLEASE DESCRIBE THE PURPOSE OF AN INCOME TMINTEREST 
SYNCHRONIZATION PRO FORMA ADJUSTMENT. 

The purpose of this adjustment is to align the cost of long-term debt and the 

capital structure, which was utilized as a part of the calculation of the Company’s 

rate request, with the effect of pro forma adjustments made to the test year rate 

base. Therefore, when a rate base pro forma adjustment is revised (which would 

reflect a change in future capital requirements, possibly requiring a different cost 

or level of debt acquisition), this synchronization pro forma must be revised as 
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Q. 

A. 

Q* 
A. 

Q* 
A. 

Q- 

A. 

well to reflect any change in the Company’s cost or level of debt related to that 

revision. Resultant income tax changes due to increases or decreases in debt are 

then included in operating income. 

DID STAFF AND RUCO PROPOSE CHANGES IN THE COMPANY’S 
ORIGINAL SYNCHRONIZATION PRO FORMA? 

Yes. Staffs recommendation is proposed by h4r. Dittmer and presented on 

Schedule C-19. RUCO’s adjustment is sponsored by Mr. Rigsby and is shown on 

Schedule WAR-3. 

DO YOU AGREE WITH THEIR ADJUSTMENTS? 

I agree that it is appropriate to revise the synchronization adjustment as revisions 

to rate base and/or cost or level of debt are proposed. However, because the 

Company does not agree with all of the Staff and RUCO rate base adjustments, or 

changes to the Company’s weighted cost of debt, I do not agree with their specific 

synchronization calculations. 

WHAT IS THE COMPANY’S PROPOSED ADJUSTMENT? 

The Company’s proposed synchronization adjustment calculation is presented on 

Attachment CNF-8RB. The calculation reflects rate base adjustments accepted or 

recalculated by the Company and results in a. synchronization adjustment decrease 

of $263,000 in interest expense. 

G. Out-of-Period Tax Consulting Fees 

ARE YOU IN AGREEMENT WITH RUCO’S PROPOSED ADJUSTMENT 

Yes, I am. These consulting fees were incurred to prepare a claim made by APS 

to the IRS for certain Investment Tax Credits (“ITCs”) that was ultimately 

FOR OUT-OF-PERIOD TAX CONSULTING FEES? 
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Q* 

A. 

Q. 

A 

successful. This expense was incurred prior to the beginning of the test year, is 

not an on-going expense, and is appropriate to exclude from operating expense. 

The adjustment proposed by RUCO does not include an additional expense of $1.5 

million recorded in the test year. This additional expense, although recorded 

during the test year, is non-recurring and should also be removed from operating 

expense. This revision increases RUCO’s adjustment from a $1.2 million 

reduction to operating expense (as discussed in Ms. Diaz Cortez’s Direct 

Testimony at page 21) to a $2.8 million operating expense reduction, as shown on 

Attachment CNF-9RB. 

DID STAFF ADDRESS THIS SAME OUT-OF-PERIOD CONSULTING 
FEE? 

Yes, Mr. D i m e r  addresses this fee in Staffs Schedule C-12. Staff includes both 

portions of the fee in its calculation, but proposes that the expense reduction be 

split on a 50/50 basis between ratepayers and the Company as part of a larger 

proposal involving the ITCs themselves as a rate base reduction. I do not agree 

with the overall Staff proposal regarding these ITCs and the corresponding 

consulting fees. I believe both the fees and the tax credits are appropriately 

removed from regulated cost of service in their entirety. 

WHY DO YOU BELIEVE BOTH THE FEES AND THE TAX CREDITS 
ARE APPROPRIATELY REMOVED FROM REGULATED COST OF 
SERVICE AND RATE BASE? 

First, as I discuss above in full agreement with Staff and RUCO, both the fees and 

the related tax credits are non-recurring and clearly unrelated to the test year. 
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- 1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

’ 18 

19 

20 

21 

22 

23 

24 

25 

26 

Q* 

A. 

Q. 
A. 

Q* 

A. 

- 

Second, as part of the 1994 settlement (Docke No. U-1345-94-120, Decision No. 

58644), the Company was authorized to accelerate below the line amortization of 

all deferred ITC’s in order to hl ly  amortize those credits over a five year period 

beginning in 1995. Staffs proposed adjustment is not consistent with this 

treatment. 

Lastly, I will address the rate base portion of Staffs proposal below. 

H. Investment Tmc Credit Rate Base Reduction 

PLEASE DISCUSS STAFF’S RATE BASE PROPOSAL REGARDING 
ITCs. 

These ITCs are income tax credits, originally issued by the IRS in 1962 

specifically for reinvestment purposes, which were realized by A P S  as a result of 

our recent claim requesting additional credits for a specific transition period after 

repeal of the ITCs in 1986 (as allowed by law). In Schedule B-3, Staff has 

proposed a 50/50 sharing of the ITCs. 

DO YOU AGREE WITH THIS PROPOSAL? 

No. 

proposed treatment would constitute an IRS normalization violation. 

It is clear, based on discussions with outside legal counsel, that Staffs 

WHY DOES THIS TREATMENT CONSTITUTE A NORMALIZATION 
VIOLATION? 

Of the additional ITCs allowed as a result of this claim, the majority (62%) relates 

to nuclear fuel. Under the ITCs regulations, a Company rate base offset (as 

proposed by Staff) requires a corresponding below-the-line amortization of the 

ITCs over time. The amortization period can vary, but in no event can it exceed 

the remaining usehl life of the related asset. This fuel, being fully spent years 
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Q* 

A. 

Q- 
A. 

ago, has no remaining usefbl life. Therefore, under no circumstances can the 

related ITCs be treated as a rate base offset and amortized 15 years after the fact. 

This clearly constitutes a normalization violation. 

In fact, there have been several recent (2005 - 2006) IRS rulings on this subject, in 

response to utilities that have sought to continue the amortization of existing ITCs 

balances despite the fact that the facilities to which the ITCs was related were 

transferred or sold. The IRS has consistently issued adverse rulings premised on 

the fact that the related facilities had no remaining usefbl life. 

THAT COVERS ONLY A PORTION OF THE ITC. WHAT ABOUT THE 
REMAINING PORTION? 

The remainder of the additional ITCs (38%) relates to facilities that may have a 

remaining useful life. However, A P S  is in the unique situation of receiving the 

ITC 15 to 20 years into the usefbl life of the related assets (as our claim related to 

the tax years 1986-1990). It is likely that tax authorities would determine that any 

rate base offset allowed would be limited to what would have been the 

unamortized 2006 balance fiom the time the assets were placed in service. If the 

balance is required to be calculated in this manner, Staffs proposed treatment foi 

this remaining portion would be a normalization violation as well. Determination 

of the treatment of these ITC’s would have to be requested fiom the IRS in t h e  

form of a Private Letter Ruling. 

DO PENALTIES EXIST FOR NORMALIZATXON VIOLATXONS? 

Yes. Tax law regarding normalization violations for ITC’s specifies that s 

violation results in a full disallowance of the entire ITC originally allowed foi 

those years within the statue of limitations. The Company’s statute of limitations 
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Q* 

A. 

Q. 
A. 

1885128.1 

remains open back to the 1980’s. This would be a significant liability for APS 
and, ultimately, its customers. 

Therefore, for all these reasons discussed above, I do not support Staffs ITC 

proposal. 

CONCLUSION 

WHAT IS THE IMPACT OF ADDITIONAL ADJUSTMENTS ON THE 
COMPANY’S TEST YEAR OPERATING INCOME? 

All Staff and intervenor recommended adjustments that the Company agrees with 

or has revised, including those addressed by other Company witnesses, are shown 

on Attachinent CNF-2RB. These adjustments result in an Adjusted Total 

Company net income of $(51,137,000) for the test year ending September 30, 

2005, as, shown on Attachment CNF-lRB, page 1. This is an increase of 

$4,032,000 over the January Filing of Adjusted Total Company test year net 

income. 

As I mentioned earlier, the overall change to the Company’s rate request, which 

includes this adjusted test year net income, is presented and discussed by Mi. 

Wheeler in his Rebuttal Testimony. 

DOES THIS CONCLUDE YOUR REBUTTAL TESTIMONY? 

Yes, 
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Attachment CNF-1 RB 
Page 1 of 2 

Line 
No. 

1 

2 
3 

4 
5 
6 
7 

9 
10 

a 

11 
12 
13 
14 
15 
16 
17 

i a  

19 
20 
21 
22 
23 
24 

25 

ARIZONA PUBLICSERVICE COMPANY 
Total Company 

Adjusted Test Year Income Statement 
Test Year 12 Months Ended 09Ei012005 

(Dollars in Thousands) 

Total Company 
SFR 

Description 

Electric Operating Revenues 

Purchased power and fuel costs 
Operating revenues less purchased power and fuel costs 

Other operating expenses: 
Operation and maintenance 
Depreciation and amortization 
Income taxes 
Other taxes 

Total 
Operating income 

Other income (deductions): 
Income taxes 
Allowance for equQ funds used during construction 
Regulatory disallowance 
Other income 
Other expense 

Total 

Income before income deductions 

Interest deductions: 
Interest on long-term debt 
Interest on short-term debt 
Debt diskount, premium and expense 
AFUDC - debt 

Total 

Net Income 

Schedule 
c- 1 

, as Filed 
on 1/31/06 

(a! 

$ 3,509,720 

2,174,283 
1,335,437 

684.209 
344,690 

9,952 
141,839 

1,180,690 
154,747 

56,698 
10,433 

(143,217) 
26.019 

(1 5.1 76) 
(65,243) 

89,504 

141,301 
6,285 
4.344. 

(7,257) 
144,673 

$ : (55,189) 

Rebuttal Rebuttal 
‘ Adjustments Adjusted 

(81 0,949) 133,334 
(25,703) 1,309,734 

(20,565) ’ 663,644 

(7,200) 2,752 
1 40,131 (1,708) 

(29,735) 1,150,955 

(262) 344,428 

4,032 158,779 

56,698 
10,433 

(143,217) 
26,019 
(1 5,176) 
(65,243) 

4,032 93,536 

141,301 
6,285 
4,344 
(7,257) 

144,673 

$ 4.032 $ (51,137) 



Attachment CNF-1RB 
Page 2 of 2 

Line 
No. - 

1 
2 
3 

4 

6 
, 7  

8 
9 
10 

5 

ARIZONA PUBLIC SERVICE COMPANY 
ACC Jurisdiction 

Adjusted Test Year Income Statement 
Test Year 12 Months Ended 9/30/2005 

(Dollars in Thousands) 

ACC Jurisdiction 
SFR 

Schedule 
Rebuttal c-1 Rebuttal 

as Filed Adjustments Adjusted 
Description on 1/31/06 to c-I c-I 

(a) (b) (c) 

Electric operating revenues $ 3,440,590 $ (823,174) $ 2,617,416 
2,129,741 (797,409) 1,332,332 Purchased power and fuel costs 

Operating revenues less purchased power and fuel costs 1,310,849 (25,765) 1,285,084 

Other operating expenses: 
Operation and maintenance 

. Depreciation and amortization 
Income taxes 
Payroll and Other taxes 

Total 
. Operating income 

766,212 (20,209) 746,003 
306,988 (259) 306,729 

395 (7.116) (6.721) . .  
121.350 (I .ssai 1 i 9 , m '  

1,194,945 (29,272) 1,165,673 
$ 115,904 15 3,507 $ 119,411 
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(Docket No. E41345A-054816) 
(Docket No. E-01345A-054826) 
(Docket No. E01345A-05-0827) 

INTRODUCTION 

PLEASE STATE YOUR NAME, ADDRESS AND OCCUPATION. 

My name is Chris N. Froggatt, and I am Vice President and Controller for Arizona 

Public Service Company (“APS” or “Company”). My business address is 400 North 

Fifth Street, Phoenix, Arizona, 85004. 

DID YOU PREVIOUSLY FILE DIRECT AND REBUTTAL TESTIMONY IN 
THIS PROCEEDING? 

Yes. 

WHAT IS THE PURPOSE OF YOUR REJOINDER TESTIMONY? 

I have reviewed the Surrebuttal Testimony of Staff witness Dittmer and am responding 

to his latest proposal for the treatment of certain Investment Tax Credits (“ITCs”). 

DOES YOUR SILENCE REGARDING ANY OF THE ISSUES DISCUSSED BY 
OTHER PARTIES INDICATE AN ACCEPTANCE OF THOSE POISTIONS BY 
THE COMPANY? 

No, it does not. For those issues, the Company maintains its position discussed in 

previous testimony. 

SUMMARY OF REJOINDER TESTIMONY 

PLEASE SUMMARIZE YOUR REJOINDER TESTIMONY. 

In surrebuttal testimony, Staff proposes a modification to its original rate base treatment 

of ITCs (as proposed in Staff Direct Testimony) in order to address the fact that 

implementation of Staffs initial proposal would constitute an IRS normalization 

- 1 -_ 
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111. 

Q. 
A. 

Q. 

A. 

Q. 
A. 

violation. While the modified proposal does address that one concern, I continue to 

believe that S t a s  treatment of these ITCs is inappropriate and inconsistent with prior 

Commission directives, and that these credits should be eliminated from rate base in 

their entirety. 

STAFF’S MODIFIED ITC RATE BASE PROPOSAL 

PLEASE SUMMARIZE STAFF’S TREATMENT OF THESE CREDITS. 

In Direct Testimony, Staff proposed a 50/50 ratepayer/shareholder sharing of the “net’’ 

savings realized from the Company’s recent ITC claim. In my Rebuttal Testimony, I 

discussed how this proposal would violate the normalization provisions of the Internal 

Revenue Code. Material ramifications of such a violation would include the forfeiture 

of tens of millions of dollars in previously claimed ITCs. In Surrebuttal Testimony, 

Staff modified their rate base proposal in an attempt to avoid any violation. Staff now 

proposes that 100% of the unamortized ITC balance related to plant notfully depreciated 

be reflected as a rate base offset. 

DO YOU AGREE THAT THE MODIFIED PROPOSAL, AVOIDS AN IRS 
NORMALIZATION VIOLATION? 

Yes, I believe S’taff s latest proposal would not result in an IRS violation. However, I do 

not support or agree with Staff’s modified proposal. 

WHY DO YOU CONTINUE TO DISAGREE WITH THE PROPOSAL? 

First of all, this proposed treatment is still wholly inconsistent with Decision No. 58644, 

wherein the Company was authorized to accelerate amortization of all deferred ITCs 

over a five year period beginning in 1995. The Company’s ITC claim in question 

related to the years 1986 through 1990. Had these credits been issued on original 

income tax returns, they would have been hlly amortized by the year 2000 - some 6 

years ago. 

- 2 -  
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Q. 
A. 

n/. 

Q. 
A. 

WHAT ARE YOUR OTHER CONCERNS? 

As I discussed in my Rebuttal Testimony, both the costs to obtain these tax credits and 

the tax credits themselves are non-recurring and clearly unrelated to the test year. For 

this reason alone, Staff's modified proposal should be rejected. The Company is in full 

agreement with excluding the cost of obtaining these ITCs from test year operating 

expense. 

CONCLUSION 

DOES THIS CONCLUDE YOUR REJOINDER TESTIMONY? 

Yes, it does. 

- 3 -  
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REBUTTAL TESTIMONY OF MARK K. GORDON ON BEHALF OF 
ARIZONA PUBLIC SERVICE COMPANY 

(Docket No. E-01345A-05-0816) 

INTRODUCTION 

PLEASE STATE YOUR NAME AND BUSINESS ADDRESS. 

My name is Mark K. Gordon. My business address is One Embarcadero Center, 

Suite 1400, San Francisco, California 941 11. 

HAVE YOU PROVIDED PREVIOUS TESTIMONY IN THIS 
PROCEEDING? 

No, I have not. 

PLEASE DESCRIBE THE NATURE AND PURPOSE OF YOUR 
REBUTTAL TESTIMONY. 

I was asked to analyze APS’ incentive compensation programs, evaluate the 

goals and effectiveness of the programs, and respond to the suggestions by 

certain Staff and Intervenor witnesses that some of the costs of these programs 

should be disallowed by the Commission in calculating APS’ recoverable costs. 

PLEASE DESCRIBE YOUR EDUCATIONAL BACKGROUND. 

My educational background includes a Bachelors degree in Psychology and a 

Masters in Business Administration from the University of California a1 

Berkeley. 

BY WHOM ARE YOU EMPLOYED AND IN WHAT CAPACITY? 

I am a principal with Hewitt Associates LLC and a senior consultant in ow 

Talent and Organization Consulting practice. 
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PLEASE DESCRIBE THE N A ” R E  OF THE BUSINESS OF I T T  
ASSOCIATES. 

Hewitt Associates LLC (“Hewitt”) is a global human resources management and 

administration consulting firm. Since 1940, Hewitt has provided well over 

10,000 organizations with a broad range of consulting and administrative 

services related to total compensation and other human resource needs. Hewitt 

consults with many mid- and large-sized organizations, including over half of the 

FORTUNE0 500 companies. In addition, our proprietary Total Compensation 

MeasurementTM (TCMm) DataBase represents the total compensation (including 

base salary, annual- and long-term incentives, supplemental benefits and 

perquisites) practices of over half of the FORTUNE 500 companies and a 

substantial representation of the electric and gas utility sector. 

PLEASE DESCRIBE YOUR OWN PROFESSIONAL QUALIFICATIONS. 

I work with a broad range of public and private general industry corporations 

including utility and energy service businesses in the West Region. I have 

twenty years of management consulting experience with Hewitt, specializing in 

executive and broad-based compensation program strategy, design, and 

implementation. My testimony is based on my own professional experience; the 

collective compensation consulting experience of Hewitt Associates; our 

extensive library of published, private, and proprietary compensation surveys; 

and our understanding of the Arizona Public Service Company’s (“AF””) 

incentive plans. 

HOW DOES THE EXPERIENCE YOU HAVE DESCRIBED ABOVE 
RELATE TO YOUR TESTIMONY IN THIS PROCEEDING? 

My educational background in psychology and business emphasized the study of 

motivation theory and organizational behavior management. This perspective is 

very helpful in assessing the effectiveness of incentive design from both an 

- 2 -  
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objective and qualitative point of view. Over the past twenty years, I have been 

personally involved in the design and review of hundreds of officer, management 

and broad based employee incentive plans covering annual and multi-year 

performance periods for clients in a variety of industries, including regulated gas 

II. 

. Q. 

A. 

and electric utilities. This experience, in the context of consulting on “total 

compensation” strategy and evaluation of competitive market practice provides a 

strong foundation for me to comment on the structure, potential value and 

effectiveness of APS’ Variable Incentive Plan. In addition to my client activity, I 

have years of experience working annually with a variety of published and 

private survey sources which help me stay current on competitive market 

practices and trends in compensation management. 

PURPOSE AND SUMMARY OF TESTIMONY 

WHAT IS THE PURPOSE OF YOUR TESTIMONY IN THIS 
PROCEEDING? 

I was asked to comment on the purpose, prevalence, cost, and effectiveness of 

variable pay incentive programs in corporate America, including the utility 

industry and respond to the suggestions by certain Staff and Intervenor witnesses 

that some of the costs of these programs should be disallowed by the 

Commission in calculating APS’ recoverable costs. In addition, I was asked to 

evaluate the nature and effectiveness of APS ’ incentive compensation program 

based on a variety of objective data and interviews with selected APS employees 

representing various organization levels who are participants in the program. My 

testimony addresses the benefits these types of incentive programs provide for 

key constituents (including customers, employees, and shareholders); the 

mo tivafional value of incentive programs in encouraging employees to achieve 

- 3 -  
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key operational, customer service, and cost containment goals; and the need to be 

market competitive to attract and retain a stable, talented workforce. My 

testimony also addresses my evaluation of the effectiveness of APS’  incentive 

compensation program in achieving its stated goals and objectives. 

PLEASE SUMMARIZE YOUR CONCLUSIONS REGARDING THE APS 
COMPENSATION PROGRAMS. 

Based on my review of APS’ annual variable incentive plans, and the long-term 

incentive plan, I conclude that these plans are designed consistently with 

competitive market practices, and their targeted compensation value is either 

below or consistent with competitive market practices. This indicates to me that 

cash compensation has been conservatively managed at APS. 

I believe these plans are integral in providing a reasonable, competitive “total” 

compensation program at all levels of the organization. The elimination of any 

of these programs would significantly impair APS’  ability to attract and retain 

employees critical to its successful ongoing operation. In fact, it could lead to 

higher turnover rates which would likely result in reductions in productivity, 

increase recruiting and training costs as well as damage employee morale and 

erode the Company’s value system of high performance, accountability and pay 

for performance. Given my years of experience and knowledge of Competitive 

practices, I view these compensation and benefit programs as a normal and 

reasonable “cost of doing business” and therefore the costs of these programs 

should not be disallowed by the Commission in calculating APS’ recoverable 

costs. 

In addition, the variable incentive plan has demonstrated effectiveness at aligning 

employees with its business objectives and reinforcing a high performance 

- 4 -  
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m. 

[I. 

4. 

culture. The design and administration of the variable pay programs, including 

the goals and objectives, appear to correlate well with performance results that 

have significantly benefited customers over the past 10 years. APS’  commitment 

to goal setting at all levels of the organization and ongoing communication serve 

to motivate employees and create a clear focus on accountability and pay for 

performance. 

Given the current demographics of APS’ workforce, including the high 

percentage of employees who are currently or soon will be eligible to retire, and 

the projected decrease in talented candidates entering the workforce, APS’ ability 

to maintain stability with its current workforce and effectively compete for new 

talent will be critical to its future performance. Providing a competitive total 

compensation opportunity is fundamental to APS’ ability to attract and retain 

high performing employees and in the best interests of customers. 

NATURE OF WORK PERFORMED 

PLEASE EXPLAIN WHAT YOU DID AND WHAT YOU REVIEWED AS 
PART OF YOUR WORK ON THIS MATTER. 

When I agreed to testify for APS, I asked for and was furnished with the 

following information by APS management to better understand the APS 

compensation program including incentive plan designs, award structures, 

performance results and payout history as of 2005: 

APS Variable Incentive Plans (PNW Chairman and CEO, Officer, Senior 

Management, Management, and Employee) 

Ten years of history (1996-2005) of APS performance metrics, goals and 

incentive results 

- 5 -  
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Industry performance benchmarking results on a variety of operating, 

customer and safety criteria 

Description of the APS Performance Share plan and Pinnacle West 

Capital Corporation 2002 Long Term Incentive Plan document 

I also requested and was provided with the most recent (October 2005) results of 

an annual independent consultant market assessment of APS executive 

compensation levels compared to a Board approved peer group of other utilities 

with similar operating characteristics and general industry companies. I 

supplemented my analysis with additional benchmark information from Hewitt’s 

proprietary executive compensation database, including detailed plan design and 

administrative specifications for incentives and target award opportunities at a 

selected group of approximately 20 electric and gas utilities. 

In addition to reviewing the above documentation, I interviewed selected A P S  

non-officer employees at various organization levels to gather anecdotal 

experience and perceptions related to the understanding and motivational value 

of the annual Variable Incentive Plan. I also had access to management for 

clarification of any program designs or administrative activities, as needed. 

I was also recently provided with a copy of the direct testimonies of Mr. James 

R. Dittmer on behalf of the Utilities Division Staff (dated August 18, 2006) and 

Ms. Marylee Diaz Cortez, CPA on behalf of the Residential Utility Consumer 

office. 

My testimony reflects the independent evaluation of this background 

information, my understanding of market practices and my extensive experience 

working with clients on these types of programs. 
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OVERVIEW. OF VARIABLE PAY INCENTIVE PROGRAMS 

PLEASE PROVIDE AN OVERWEW OF WHAT YOU CALL VARIABLE 
PAY INCENTIVE PROGRAMS. 

Corporate America, including the utility industry, has undergone significant 

changes and restructuring over the past two decades. Evolving business 

strategies, deregulation, global competition, workforce demographics, and the 

competitive labor market are key factors driving companies to create flexible 

organization structures and human resource systems necessary for ongoing 

business success. One of the more subtle but sweeping changes in human 

resource strategy over this time period has been the widespread implementation 

of variable incentive compensation programs at virtually all organization levels 

as an integral element of the total compensation and performance management 

systems. These programs and systems, once reserved for senior management, 

increasingly have been extended to cover all employees in some form. 

I’d like to make an important distinction between a “bonus” program and 

“incentive” program. A bonus program is often viewed as a discretionary “add- 

on” to base pay, with the award size subjectively determined at the end of the 

year. Whereas, an annual incentive program is an integral part of annual cash 

compensation where a portion of the employee pay is put at risk and establishes 

an expectation for the participant at the beginning of the year that if certain 

performance results are achieved, a predictable award will be earned based on 

objective criteria and the actual award earned is variable based on actual results 

relative to the pre-set goals. This type of system provides a more clear 

connection between variable pay and performance. 
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A properly designed incentive program with a competitive award structure has 

become a critical part of employee retention strategies as well as for attracting 

new talent and motivating desired performance. In many organizations, it also 

plays a strategic role in aligning pay with performance results and engaging 

employees to take more ownership in business success. A company without an 

incentive compensation program today is clearly at a competitive and operational 

disadvantage. 

WHAT IS THE PURPOSE OF SUCH VARIABLE PAY INCENTIVE 
PROGRAMS? 

The philosophy and strategic reasons behind the introduction of variable 

incentive plans include to: 

Link pay with business performance and personal contribution to results. 

e 

e 

Motivate participants to achieve higher levels of performance. 

Communicate and focus on critical success measures. 

Reinforce desired business behaviors, as well as results. 

Reinforce an employee ownership culture. 

In other words, incentive plans serve many purposes. Principally, however, they 

are intended to improve business results by focusing employees on critical goals, 

motivating them to direct their behaviors and rewarding them for performance 

achievement, all while maintaining a reasonable compensation level. 

Moreover, incentive plans are undertaken because the benefits (or performance 

outcomes) associated with payments generally outweigh the program costs. The 

key benefits of incentive plans include motivating performance which achieves 

desired results, making total compensation cost variable depending on company 

performance, delivering a total compensation program that is attractive to 
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existing and potential employees and aligning and focusing attention on key 

behaviors or specific goals. 

HOW PREVALENT ARE SUCH INCEN"E COMPENSATION 
PROGRAMS IN CORPORATE AMERICA TODAY, WEAT ARE THE 
TYPICAL COSTS OF 'I'HESE PROGRAMS, AND HOW DOES APS 
COMPARE? 

A recent Hewitt survey (2005 Salary Increase Survey) shows that the prevalence 

of U.S. companies with at least one broad-based variable compensation plan has 

increased from 60% in 1994 to over 75% in 2005. Company spending on 

variable pay for salaried exempt employees (as a percent of payroll) below the 

officer level over this period increased from 6.4% to 11.4%. Over the same time 

period (1994-2005), average annual merit base salary increases have declined 

from approximately 4.0% of payroll to 3.6%. 

The following table summarizes the ten year historical spending trend in 

employee variable pay and annual merit increases for salaried exempt employees 

among general industry companies compared with APS: 

General Industry vs. APS Spending on Broad-Based 
Cash Compensation for Salaried Exempt EmpIoyees 

(as a % of Payroll) 
12.0% 

I o.G% 
n 

8.0% 

6.0°/0 

4.0% 

2.0% 

O.OY0 
1996 1997 1998 1999 2000 2001 2002 2003 2004 2005 
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a. 

4. 

As shown in the table, APS’ spending on variable pay has been considerably 

below industry averages in all years except 1998 and base salary increases have 

likewise been below industry averages in all years. This indicates to me that 

cash compensation has been conservatively managed at A P S  for a number of 

years. 

DOES THE NATURE OF THE UTILITY INDUSTRY, AS 
DIFFERENTIATED FROM CORPORATE AMERICA GENERALLY, 
MAKE INCENTIVE COMPENSATION PROGRAMS LESS 
IMPORTANT OR LESS BENEFICIAL? 

Absolutely not. In fact, incentive compensation plans have taken on increasing 

importance in helping utilities provide a competitive “total compensation” 

package that allows them to compete with general industry companies to attract 

and retain a competent, stable workforce that in turn provides efficiencies and 

costs savings for the company and its customers and shareholders. As job 

mobility across industries and heightened competition for leadership and top 

talent has increased in recent years, workforce stability and the retention of key 

leadership throughout the employee ranks provide several benefits to a utility 

company and its customers, including: 

Minimizing costs associated with high turnover including recruiting, 

training, and decreased productivity associated with filling vacant 

positions. 

0 Continuity of the executive, management, and professional teams to 

develop and implement effective business strategies. 

More consistent and efficient customer service, with resultant cost savings 

and other customer benefits. 
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In the regulated public utility industry, companies must meet the needs of 

multiple stakeholders including customers, shareholders, and the communities in 

which they operate. Incentive compensation programs, if properly designed and 

implemented, provide benefits to all of those constituents. 

THE DESIGN OF APS’ INCENTIVE COMPENSATION PROGRAM 

DOES THE BASIC DESIGN OF APS’ INCENTIVE COMPENSATION 
PROGRAM COMPORT WITH THE GENERAL OBJECTIVES AND 
PURPOSES OF SUCH INCENTIVE PROGRAMS? 

Yes. APS’ annual program as of 2005 is called the Variable Incentive Plan and 

has five distinct organization levels of participation-PNW Chair/CEO, Officer 

(includes A P S  President, EVP and VP), Senior Management, Management and 

Broad-Based Employees. These plans combine a focus on Company 

performance and Business Unit results defined as Critical Success Indicators 

(“CSIs”) and provide a monetary incentive when these goals are accomplished. 

At APS, the current plan is funded when Company earnings exceed a threshold 

level of performance. Having a corporate performance threshold based on 

earnings is consistent with a large majority (88%) of similar gas and electric 

utilities reported in the Hewitt database. The amount of the funded pool that is 

earned is based on the achievement of Company Earnings and Business Unit 

CSIs. CSIs are key business goals covering areas including operational 

efficiency, safety, environment, and customer satisfaction. The incentive 

program has been in place at A P S  for over ten years and is an integral part of the 

overall business and human resource strategy to align employees with the 

Company’s mission, strategy, and value system and enhance awareness of key 

business objectives. 

- 1 1 -  
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A unique dimension to the employee alignment strategy of the APS incentive 

program is the inclusion of IBEW members, which represent almost one-third of 

the workforce, and at the participation level of other frontline employees. The 

participation of represented groups is not common in the utility industry, and I 

believe it has been particularly effective at A P S  in directing their behavior and 

reinforcing the importance of key operating goals and objectives throughout the 

organization across all employee groups. 

Factors that have been identified through research and reported in general 

industry surveys as enhancing incentive plan effectiveness include: 

0 Setting realistic goaldtargets. 

Effectively communicating plans. 

Using appropriate measures. 

Correlating accomplishments with rewards. 

In addition, motivation theory suggests that the effectiveness of an incentive plan 

is driven by the employees’ perception of the ability to impact performance 

results, the probability of achieving pre-set goals, and the meaningfulness of 

rewards. APS’ Variable Incentive Plan is designed consistent with these 

underlying “effectiveness” factors. 

Ensuring a clear understanding of plan objectives. 

Finally, APS’ variable incentive compensation helps to manage the Company’s 

ongoing cost structure of total pay because incentive awards must be “re-earned” 

every year. 

- 12- 
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COULD YOU PLEASE EXPLAIN IN MORE DETAIL HOW APS’ 
INCENTIVE COMPENSATION PROGRAM OPERATES TO ACHIEVE 
THE GOAL AND OBJECTIVES OF THE PROGRAM? 

APS has used its annual Variable Incentive Plan to focus employee behavior and 

provide a meaningful opportunity to impact and share in the Company’s 

operating results. APS provides a threshold, midpoint and maximum award 

opportunity (as a percent of base pay) to its employees consistent with those 

reported among other utility and general industry companies. A midpoint, or 

“target” award is the amount which an employee will receive if the actual results 

generally equal those budgeted. Actual payments are based on the results 

achieved and are below target if the overall performance is less than planned or 

above target if performance exceeds plan goals. 

A P S ’ s  incentive awards are determined based on a combinati n of frnancial and 

operating performance results. The APS incentive payment is based on the 

Company meeting a threshold earnings goal and, at the Business Units, the level 

of achievement of CSIs. If the threshold earnings goal is not met, no payout is 

t 

made. After the threshold earnings goal is met, the incentive award is generally 

determined 50% based on Company earnings and 50% based on CSIs through 

the EVP level. This performance/award structure effectively balances 

participants’ focus on customers and shareholders. For Frontline employees, an 

additional award “kicker” of up to 2% of pay is awarded based on customer 

satisfaction scores. The 2005 

incentive payout was approximately $30 million (of which a significant part was 

paid by non-APS generation plant participants). Non-officer management awards 

represented 35% of the pool and Frontline employee (including IBEW) awards 

represented 65% of the total incentive pool. Awards at these organization levels 

In 2005, no Officer awards were granted. 
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Q. 

4. 

reflected Corporate earnings performance and the achievement of Business Unit 

CSIs (as described above). The perfonnance/award structure effectively 

balances the focus on performance for customers and shareholders, with an 

increasing emphasis on incentives tied to customer performance metrics below 

the Officer level, providing a more meaningful focus on pay for performance for 

the Frontline employees. 

HOW DO THE 2005 TARGETS AND ACTUAL INCENTIVES OF THE 
APS PROGRAM COMPARE TO THOSE OF OTHER COMPANIES 
THAT HAVE INCENTIVE COMPENSATION PROGRAMS? 

U S ’ S  target award structure, in general, appears to be reasonably positioned and 

in some cases lower than median when compared with the opportunity at 

comparable utilities and general industry companies. A target award (generally 

expressed as a percentage of base pay) is the expected award level assuming all 

performance goals are met at “plan” or “budgeted” levels. The following table 

compares A P S ’ s  2005 target awards to the typical market range of target annual 

business incentive awards at the Officer level (Chair/CEO/President, EVP, VP) 

Salaried Exempt-Management, Salaried Exempt/Non-Exempt-Frontline, and 

Union Hourly-Frontline levels I. 

Results from Hewitt’s 2005 Total Compensation MeasurementTM DataBase survey of industrial and service 
irganizations and 2005 Competitive Compensation Analysis of executive and officer positions at APS. 
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2005 Utility Industry 2005 General Industry APS Target 
Target (95) Target (96) (% of base 

75th 75th Pay) 

President 80% 85% 99% - 75% 
EVP 50% 60% - 60% 70% 50% 
VP - 40% 45% 45% 50% 35% 

Employee Group Average Median %ile Average Median %ile 
ChairlCEO 85% 100% 104% 125% 

Salaried Exernpt- 11.3 10.0 13.1 11.1 10.0 15.0 7.5% 
Management 

Salaried Exemptl 
Non-Exempt- 7.6 5.5 10.5 5.6 5.0 7.0 3%+1% 
Frontline 

Union Hourly- 3.8 2.9 5.0 3.8 3.5 5.0 3%+1% 
Frontline 

but as pointed out later total target direct pay is below the market median. All 

other organization levels appear to have target award opportunities that are at or 

below the market median. While the Senior Management level is not shown in 

the table due to the lack of a direct general market comparison, based on my 

experience, I believe that APS’ target of 15% for this participant level would also 

be at or below the market median. The large majority of incentive plan structures 

provide for a potential range of actual awards from 0 to two times the target 

award (e-g., if the management target is 7.5% of pay, the maximum award for 

significantly exceeding budgeted goals is 15% of pay). A P S ’  award range 

opportunity is consistent with this market practice. 

The following table compares U S ’  actual 2005 incentive awards (as a % of base 

pay) and 5-year average actual awards to the 2005 market actuals for the same 

participant levels:. 
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2005General Industry 
Actual (%) 

Average Median %ile 
104% 178% 

66% 119% 
- 47% 92% 

11.4 10.0 15.0 

75th 

- - 

5.9 5.0 7.8 

4.0 4.0 5.0 

2005 Utility Industry 
Actual (%) 

APS Actual 
(% of base pay) 

2005 Average 
0% 65.1% 
0% 42.4% 
0% 21.0% 
0% 15.8% 

12.6% 8.0% 

2001 -2005 

5.00% 3.8% 

5.00% 3.2% 

75th 
EmPlOYe Group Average Median %ile 
Chair/CEO 103% 148% 
President 
EVFJ - 61% 120% 
VP 43% 78% 

12.3 10.0 16.8 Salaried Exempt- 
Management 

Salaried Exempt/ 
Non-Exempt- 8.1 6.5 9.9 
Fron dine 

Frontline 3.7 2.3 5.0 Union Hourly- 

As summarized above, the actual 

VI. 

2- 

4. 

2005 and 5-year average annual awards 

(expressed as a percentage of base pay) under the APS plan show a dramatic 

shortfall for the executive and officer levels, 2005 Management awards were 

near the market average and Frontline awards were below the median for salaried 

non-exempt employees and at the 75‘h percentile for IBEW participants. Five 

year average awards were below market averages at all levels. Overall, these 

award levels continue the trend of APS’ conservative management of cash 

compensation relative to the market. 

THE BENEFIT TO CUSTOMERS 

HOW DOES APS’ INCENTIVE COMPENSATION PROGRAM BENEFIT 
CUSTOMERS? 

APS’ incentive program directly benefits customers in a number of ways. In 

general, as part of a total compensation program that helps to attract, motivate 

and retain key employees, it is a key factor in driving a high performance culture. 

By retaining high-performing employees, customers benefit not only from the 

heightened experience of these valued employees but also by minimizing 

turnover costs arising from recruiting, “downtime” and retraining. In addition, 
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variable incentive compensation helps to manage payroll expenses because 

incentive awards must be “re-earned” every year. 

A P S ’  incentive program goals emphasize a balanced performance focus on 

customers, shareholders, and the communities in which it operates. As 

mentioned above, management and broad-based employee participants have 

specific goals contributing to operational efficiency, improved productivity, 

safety, environment, customer service, and cost control. All of these goals 

contribute to two common results: reducing costs, which can then be passed 

along to customers in the form of reduced rates or which can free up funds for 

other investments to benefit customers, and higher levels of customer service. 

APS’ performance goals are specific, meaningful, achievable, relevant and time 

sensitive. The measures directly benefit customers by focusing on controlling 

costs, providing good customer service, and promoting safety. Goals are 

established at the Corporate level, but also at the operating Business Unit (e.g., 

Fossil, Delivery, Shared Services) level to provide employee “line-of-sight” with 

measures that they impact day-to-day. Goals are communicated to participants to 

help them understand why objectives are important and how accomplishment of 

“local” goals contributes to achievement of higher-level Company goals. For 

example, APS’ Delivery Unit CSIs include Safety goals measuring weeks 

without a preventable recordable injury, Customer Satisfaction as measured by 

survey results, Business Performance Trends, System Average Interruption 

Frequency Index (“SAIFI”) performance and Environmental Incidents. These 

measures clearly have a strong correlation with customers. 
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THE EFFECTIVENESS OF THE A P S  PROGRAM 

WHAT DETERMINATIONS ABOUT THE ACTUAL EFFECTIVENESS 
OF THE APS INCENTIVE COMPENSATION PROGRAM HAVE YOU 
MADE? 

I reviewed data prepared by APS comparing its performance against industry 

performance on a variety of operating metrics. My conclusion is that, over the 

past ten years, APS has a demonstrated performance record of cost containment, 

system operating reliability and safety as summarized in: 

Attachment MKG-1 summarizes the Non-Generation O&M per 

Customer APS v. Similar Sized and Regional Utilities 1995-2005 which 

shows that A P S  has outperformed other regional and similarly sized 

utilities in every year since 1995 

Attachment MKG-2 summarizes the Edison Electric Institute’s 2004 

Reliability Report based on System Average Interruption Frequency Index 

(SAIFI)  and System Average Interruption Duration Index (SAIDI) from 

1996 to 2004 which shows that A P S  has improved SAIFI by 38% and 

SAIDI by44% while the National Average SAIFI has gotten worse by 9% 

and the National Average SAIDI has gotten worse by 109% during the 

same period. 

Attachment MKG-3 summarizes how APS has consistently ranked 

among the top utilities according to the Edison Electric Institute Safety 

Survey for the lowest total recordable injury incidence rate from 1996- 

2005 

Attachment MKG-4 summarizes the JD Powers Studies of Residential 

and Business Customers which show that APS has ranked among the top 

e 

0 
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third of utilities in each of the last five years, including the top ten in three 

of those years on customer satisfaction. 

As described previously, these operating, safety and customer service metrics are 

Critical Success Indicators in the annual Variable Incentive Plan. Based on my 

review of plan documents and discussions with employees and officers, I believe 

the incentive process has significantly contributed to APS’ impressive and 

consistent results on these criteria. 

I also conducted interviews with selected plan participants below the officer level 

to gain insight into the motivational value and understanding of the incentive 

plan purpose and mechanics. The interviews suggest that the annual variable 

incentive plan has been effective in enhancing employee awareness of critical 

operating activities and, particularly at the Management level and above, 

influencing behavior. The plan is well communicated and understood and is 

viewed as an important part of the total compensation program at all organization 

levels. Generally, the employees I spoke with believe that the structure of the 

incentive program and award determinations is reasonable. The interview results 

are further evidence that the APS incentive programs have been effective and 

continue to meet the program purpose and objectives. 

IMPORTANCE OF THE STOCK COMPONENT OF APS’S PROGRAM 

TO WHAT EXTENT IS THE STOCK COMPENSATION COMPONENT 
OF THE A P S  INCENTIVE COMPENSATION PROGRAM AN 
IMPORTANT ELEMENT OF THE PROGRAM? 

Long-term incentives have been the fastest growing component of executive and 

officer compensation over the past fifteen years. Today, long-term incentive 

awards account for more than one-third of officer direct pay and are integral to a 

- 19- 



1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

23 

24 

25 

26 

company’s ability to attract and retain management personnel. Based on the 

most recent competitive analysis of APS ’ executive compensation program, 93% 

of its utility peer companies provide long term incentives to executives and 

officers in the form of stock-based awards (e.g., stock options, restricted stock, 

and performance shares) and/or cash awards. 

In 2002, the PWCC board adopted, and shareholders approved the 2002 Long 

Term Incentive Plan, which provided for the granting of stock options, 

performance shares and stock ownership awards. In Mr. Dittmer’s testimony, he 

says that the stated purpose of the Plan is to promote the success and enhance the 

value of PWCC by linking the participants’ personal interests to those of 

shareholders. However, the complete description of the stated objectives of the 

Plan, as disclosed in the PWCC proxy statement relating to the May 22, 2002 

Annual Meeting of Shareholders, is as follows: “The Plan is designed to attract, 

motivate and retain selected employees of the Company. These objectives are 

accomplished by making long-term incentive awards under the Plan, thereby 

providing Participants with a proprietary interest in the growth and performance 

of the Company.” 

My understanding is that APS’ long-term incentive plan for its officers has 

awarded limited performance shares and stock ownership awards, but it has not 

granted stock options since 2003. 

Under the performance share plan, participants are granted a “target” number of 

shares, with a grant value that was determined to be below the market median in 

the independent consultant study for the PNW ChairmadCEO, APS 

PresidenKEO and EVP level and at the market median for other officers. 

- 20- 
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Awards are earned based on the Company’s compound annual growth rate in 

Earnings Per Share over a three-year performance period relative to the S&P 

Electric Utilities Super Composite EPS growth rate over the same period. 

Minimum, target and superior achievement goals are set at the beginning of the 

performance period and final award levels may range from 0 to 2 times the 

“target” grant size. However, for the three-year performance period ended 

December 31,2005, there were no payouts under the performance shares. 

Half of the APS peer companies reported granting performance shares to its 

executive officers and more than three-quarters (79%) reported some form of 

multi-year performance plan. Typical performance periods cover three or four 

years and EPS is a commonly used metric for determining award size among 

other utilities and general industry companies. 

In addition to serving as a key component of a competitive total compensation 

opportunity, enabling APS to attract and retain key leadership talent, the long- 

term incentive plan also benefits APS customers by: 

Minimizing costs associated with high turnover at the executive level, 

including recruiting, productivity reductions and continuity of leadership 

Minimizing the need for additional base pay or other fixed benefits to 

provide competitive compensation levels 

Providing focus and accountability for the executive and management 

team to develop and implement effective business strategies that span 

multiple year periods. Using Earnings Per Share as the long-term 

performance goal focuses on cost management and productivity gains 

which directly translate into ongoing savings for customers. It serves as 

- 21 - 
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the broadest measure of all the functions of utility cost performance, both 

within and between years. 

Long-term financial health provides Company stability and allows the 

Company to continue to invest in the business operations, grow its asset 

base and continue to improve operating efficiencies through economy of 

scale and upgrades in technology and infrastructure which directly benefit 

customers through maintaining a low cost generation and delivery 

structure. 

Q. DOES APS HAVE A SPECIFIC EXECUTIVE RETENTION 

INCENTIVE? 

No, and because the Company stopped granting stock options after 2003 and 

its performance shares have a grant value below the market median for senior 

officers, I believe the Company should address this issue. After discussions 

A. 

with management, I understand that the Company is now considering 

retention measures that would better position the Company to offer a 

competitive overall compensation package. I also understand that such 

action would not adversely affect A P S ’  rates or financial ratios. 

E. 

Q* 

A. 

RESPONSE TO RUCO’S PROPOSED 20% DISALLOWANCE 

RUCO HAS PROPOSED TO DISALLOW 20% OF ALL INCENTIVE 
COMPENSATION FROM APS’S RECOVERABLE COSTS ON THE 
THEORY THAT APS SHOULD SHARE THE COST OF ELECTRICITY 
PRICE HIKES. DO YOU AGREE WITH THIS SUGGESTION? 

No, I do not agree. While I understand the principle being suggested, it would be 

inappropriate to exclude any portion of incentive compensation as this is part of 

the normal “cost of doing business”. As previously stated, incentive 

- 22 - 
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K. 

Q. 
A. 

compensation is an integral part of a competitive total pay program necessary to 

attract and retain employees. The variable incentive program has also been 

critical in reinforcing APS’ achievement of Critical Success Indices and its pay 

for performance culture. The 2005 executive compensation market study 

showed that total direct pay levels for the PNW ChairmadCEO, A P S  

CEOPresident and EVP levels were below the market median and VP levels 

were at the competitive market median. This study reflected cash incentive 

awards paid in 2005 for 2004 performance. Given that no executive and officer 

cash awards were paid in 2006 for 2005 performance, I expect that all levels will 

be well below market median in the 2006 study. Had the 5-year average 

incentive awards been reflected in the study, the conclusion would still have been 

that APS executives’ total direct pay has been below the market median. I 

believe that it is in the best interest of customers that APS continue to provide a 

competitive variable incentive compensation opportunity to drive pay for 

performance. Even Mr. Dittmer acknowledged in staff testimony (page 110 line 

20), that the cash incentives in place today are primarily tied to performance 

measures that directly benefit APS consumers. 

CONCLUSION 

PLEASE SUMMARIZE YOUR CONCLUSIONS. 

Given the current demographics of APS’ workforce, including the high 

percentage of employees who are currently or soon will be eligible to retire, and 

the projected decrease in talented candidates entering the workforce, APS’ ability 

to maintain stability and effectively compete for new talent will be critical to its 

future performance. Providing a competitive total compensation opportunity is 

fundamental to APS’ ability to attract and retain high performing employees. 

- 23 - 
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APS’ use of an annual variable incentive compensation program and a long term 

performance plan is consistent with competitive market practices in terms of 

design, and the targeted compensation value is either below or consistent with 

competitive market practices. 

The results of the most recent (2005) competitive market study for officers and 

executives demonstrated that the total direct (base pay, annual- and long-term 

incentives) compensation package for the PNW ChairmadCEO, APS 

PresidenuCEO and EVP levels are below the market median and the VP level, 

generally, is competitive with the market median only when annual incentives 

are paid. Since annual incentive awards were not paid to executives and officers 

for 2005 performance, and no performance shares were awarded, the competitive 

position significantly drops below the market median for all levels. The 

elimination of any of these programs would significantly impair APS’ ability to 

attract and retain employees critical to its successful ongoing operation. In fact, 

it could lead to higher turnover rates which would likely result in reductions in 

productivity rates, increased recruiting and training costs as well as damage 

employee morale and erode the Company’s value system of high performance, 

accountability and pay for performance. 

In addition, the annual incentive plan has demonstrated effectiveness at aligning 

employees with key business objectives and reinforcing a high performance 

culture. The design and administration of the variable pay programs, including 

the goals and objectives, appear to correlate well with performance results that 

have significantly benefited customers over the past 10 years. APS’ commitment 

to goal setting at all levels of the organization and ongoing communication serve 

to motivate empIoyees, enhance awareness and create a clear focus on 
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Q- 
A. 

accountability and pay for performance. In sum, APS’ incentive compensation 

programs are integral to its ability to attract and retain its employees, align 

employee behavior with company goals and motivate employee performance, all 

of which are critical to the success of a high-performing and efficient energy 

generation and distribution company in today’s competitive business 

environment . 

DOES THIS CONCLUDE YOUR WRITTEN REBUTTAL TESTIMONY? 

Yes. 
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Summary of E8 Annual Rerility Reports Attechmant MKG-2 

APS channge from 1996: 
SAIFI Improvement 
SAI0Jh-t 

mchanpfrom1996. 
SAln change 
SAID1 Change 

3896 
44% 

-9% 
-109% 

f 
I 
i 

I 

2.0 

National Average SAIFI -APS SAlFl I 1- - 

SAID1 Cornparision 

0 --- - I 

1996 1997 1998 1999 2000 2001 2002 2003 2004 
Year 

i- .. National Average SAID1 - A P S x I  

Source: Annual EEI Reliability reports 
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Attachment MKG-4, page 1 

APS Electric Utility Residential Customer Satisfaction 
1999-2006l 

Customer Satisfaction Index 

Year Industry APS Ranking 

1999 97 96 51st among 78 utilties 
2000 98 1 02 43rd among 75 utilities 
200 1 98 98 50th among 70 utilities 
2002 100 104 22nd among 74 utilities 
2003 101 110 7th among 77 utilities 
2004 98 107 9th among 78 utilities 
2005 99 111 6th among 78 utilities 
2006 94 100 24th among 78 utilities2 

Notes: 
Information prior to 1999 is not available as that is the first year JD Power 

conducted the study. 
In 2006 APS was ranked in the top quadrant among Investor Owned Utilities 

(IOUs) nationwide and second among the West Region IOUs. 

JD Power Study of Residential Customers, 1999-2006. 

I 

2 

Source: 



Attachment MKG-4, page 2 

A P S  Electric Utility Business Customer Satisfaction 
2004-2006' 

Customer Satisfaction Index 
Year Industry APS Ranking 

2004 100 104 12th among 52 utilities 
2005 103 105 13th among 53 utilities 
2006 104 , 108 9th among 52 utilities' 
Notes: 

Comparable information prior to 2004 is not available. 
*In both 2005 and 2006 A P S  was the top ranking IOU in the West Region 

JD Power Study of Business Customers, 2004-2006. 

1 

Source: 



A P S  Exhibit 52 
Submitted 10/30/06 

Staff PSA Proposal in APS Rate Case Compared to TEP ECAC Proposal’ 
~~ 

TEP ECAC Proposal Staff Proposal 

Traditional TY cost-of-service 
approach 

Traditional TY cost-of-service 
approach 

Base Fuel Cost 

Prospective Adjustor (or 
“ECAC”) Basis 

Established from difference 
between .base fuel cost and 
projected average fuel cost 

Forward market price phased in 
over four years for sales growth 
above test year 

Palo Verde forward price for year 
of delivery weighted by 25% in 
each of 4 years preceding 
delivery 

Forecast Method All known fuel cost changes 
rolled in, averaged over all kWh 
sales 

Escalation in Embedded Fuel 
Costs Covered? 

Yes No 

Hedged Positions Reflected in 
Adjustor? 

Yes Not directly 

Yes No Included Off-System Sales 
Margins in Adjustor 

Dispatch Issues Reflected in 
Adjustor (e.g., year-to-year 
changes in maintenance 
schedules)? 

Yes No 

True-Ups for Forecast 
Deviations? 

Cost deviations (higher or lower) 
are deferred, recovered the 
following year - possibly 

True-ups for 
incremental sales differences 
and 
actual MGC price vs. 
forward price used to price 
last 25% of incremental sales 

~- 

Unclear Deferral Accounting Required? Yes 

Amortization Period for True- 
UpsDefemls 

Up to Commission discretion Unspecified 

This document summarizes AF’S’s understanding and interpretation of the respective proposals by ACC 1 

Staff in A P S ’  Rate Case and TEP with regard to establishing a fuel recovery mecha&m. 



APS EXHIBIT 53 
Page 1 of 2 

ARIZONA PUBLIC SERVICE COMPANY - REJOINDER POSITION 
Computation of Increase in Gross Revenue Requirements 

ACC Jurisdictional 
Adjusted Test Year Ended 09/30/2005 

(Dollars in Thousands) 

REJOINDER A-1 
Submitted 10/30/06 

Electric - APS Rejoinder 

Line Line 
No. Description Original Cost RCND Fair Value No. 

1 Adjusted Rate Base” 4,456,937 7,765,052 6,110,995 1 

2 Adjusted Operating lncornd 129,539 129,539 129,539 2 

3 Current Rate of Return 2.91% 1.67% 2.12% 3 

4 Required Operating Income 389,091 389,091 389,091 4 

5 Required Rate of Return3/ 8.73% 5.01% 6.37% 5 

6 259,552 6 Operating Income Deficiency 259,552 259,552 

7 Gross Revenue Conversion Facto? 1.6407 1.6407 1.6407 7 

8 Adjusted Increase in Base Revenue Requirements 425,847 425,847 425,847 8 

9 Environmental Improvement Char$‘ 4,542 4,542 4,542 9 

10 Environmental Portfolio Standarc? 4,250 4,250 4,250 10 

11 Total Increase in Revenue Requirement” 434,639 434,639 434,639 11 

12 

13 Percentage Rate Increase 

Total Sales to Ultimate Retail Customers 2,127,322 2,127,322 2.1 27,322 12 

20.43% 20.43% 20.43% 13 

1/ Rebuttal Testimony of APS Witness Rockenberger, Attachment LLR-3-1RB, page 1 

21 APS Exhibit 53, page 2 of 3 (Schedule C-1, as adjusted in Rebuttal Testimony of APS Witness Froggatt, 

31 SFR Schedule D-1 page 1 of 2, filed 1/31/06 

41 SFR Schedule C-3, filed 1/31/06 
51 Rebuttal Workpapers of APS Witness DeLizio, GADWWP4RB, page 1 
61 Rebuttal Testimony of APS Witness DeLizio, page 6 

71 As discussed in Rejoinder Testimony of APS Witness Wheeler, page 2 This IS a reduction in revenue requirement 

Attachment CNF-I RB. page 2, with rejoinder adjustments) 

of $16 6 million from the rebuttal revenue requirement shown in the Rebuttal Testimony of APS Witness Wheeler, 

Attachment SMW-1RB 
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APS Exhibit 54 
Submitted 10130106 

Comparison of FFO to Debt from May 2,2006 ACC Open Meeting on Emergency 
Asking to FFO to Debt from APS Rebuttal Testimony 

Projected 12/31/06 FFO to debt as provided at May 2, 2006 ACC Open Meeting 
assuming 7mil adjustor effective May 1, and no step 2 surcharge recovery in 2006 

Current 12/31/06 estimate utilizing same methodology as in place as of May 2, 2006 estimate 

Calculation methodology changes mandated by S&P subsequent to May 2, 2006: 

Change from average debt to year-end debt 

Change in method for operating leases 

Change in discount rate on PPA's from 10% to embedded cost of debt (5.9% at 72/31/05) 

Change in treatment of Palo Verde decommissioning contributions 

Total 

Current 12/31/06 estimate (DEB-WP1 RB) 

18.2% 

17.9% 

-0.9% 

0.5% 

-0.4% 

0.5% 

-E3% 

17.6% 



APS Exhibit 55 
Submitted 10/30/06 

UNISOURCE ENERGY CORPORATION AND PINNACLE WEST CAPITAL CORPORATION 

PENSION FUND DATA 

$ Millions 

Plan Assets at Year-End 
Unisource Energy Corporation 

Pinnacle West Capital Corporation 

Projected Benefit Obligation Liabiltiy (PBO) 
Unisource Energy Corporation 

Pinnacle West Capital Corporation 

Underfunded PBO $ 
Unisource Energy Corporation 

Pinnacle West Capital Corporation 

Underfunded PBO % 
Unisource Energy Corporation 

Pinnacle West Capital Corporation 

Plan Contributions 
Unisource Energy Corporation 

Pinnacle West Capital Corporation 

Plan Contributions as % of Year-End Plan Assets 
Unisource Energy Corporation 

Pinnacle West Capital Corporation 

Return on Plan Assets 
Unisource Energy Corporation’ 

Pinnacle West Capital Corporation 

S&P 500 Index 

2001 - 

$120 

$765 

$117 

$885 

4 3  

$1 20 

-2.6% 

13.6% 

$2 

$44.2 

1.7% 

5.8% 

-9.5% 

-2.7% 

-1 1.9% 

- 2002 

$106 

$721 

$133 

$1,059 

$27 

$338 

20.3% 

31.9% 

$6 

$26.6 

5.7% 

3.7% 

-1 1.7% 

-4.4% 

-22.1 % 

2003 - 

$124 

$887 

$162 

$1,249 

$38 

$362 

23.5% 

29.0% 

$3 

$46.0 

2.4% 

5.2% 

18.9% 

23.3% 

28.7% 

- 2004 

$136 

$982 

$188 

$1,372 

$52 

$390 

27.7% 

28.4% 

$6 

$35.0 

4.4% 

3.6% 

9.7% 

12.3% 

10.9% 

EXHIBIT 1-1 
- 2005 2006 

$149 

$1,065 

$208 

$1,493 

$59 

$428 

28.4% 

28.7% 
2001-2006 

$7 $9 

$52.7 $46.5 $251 .O 

4.7% 

4.9% 

8.8% 

7.7% 

4.9% 

Average 
3.8% 

’ Percentages derived from data available in Form 10-K; Return on assetslBeginning Value of Assets 
All Unisource information is from publicly available sources. 
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1. 

Q. 
A. 

Q. 

A. 

Q. 
A. 

DIRECT TESTIMONY OF LAUFU L. ROCKENBERGER 
ON BEHALF OF ARIZONA PUBLIC SERVICE COMPANY 

(Docket No. E-01 345A-05-0816) 

INTRODUCTION 

PLEASE STATE YOUR N A M E  AND BUSINESS ADDRESS. 

My name is Laura L. Rockenberger. My business address is 400 North Fifth Stree 

Phoenix, Arizona, 85004. 

WHAT IS YOUR POSITION WITH ARlZONA PUBLIC SERVlCl 
COMPANY? 

I am the Manager of Operations Accounting for Arizona Public Service Compan; 

(;'MY or "Company"). My educational background and professiona 

qualifications, as well as my professional experience, are set forth in Appendix A 

which is attached to this testimony. 

WHAT SCHEDULES ARE YOU SPONSORING? 

I am sponsoring the following Standard Filing Requirelnent ("SFR') Schedules 

the historical and test year information contained in SFR Schedule A-4, related tc 

Construction Expenditures and Gross Utility Plant in Service; the SFR Schedules E 

Rate Base information; certain operating income pro forma adjustments in SFF 

Schedule C-2; the historical and test year information contained in SFR Schedulc 

E-5, Detail of Utility Plant; and the test year information contained in SFF 

Schedule F-3 related to construction requirements. The €3 schedules show thc 

elements of A P S '  rate base at original cost and reconstructed cost new ("RCN") a 

September 30,2005, as well as the pro fonna adjustments to rate base. 

-1- 
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A. 

11. 

Q- 
A. 

WAS YOUR PRE-FILED TESTIMONY PREPARED BY YOU OR UNDER 
YOUR DIRECTION? 

Yes. 4 

SUMMARY OF TESTIMONY 

PLEASE PROVLDE A SUMMARY OF YOUR TESTIMONY. 

In large part, the pro forma adjustments to the test year rate base represent the 

implementation of Arizona Corporation Commission ("Commission" or "ACC": 

Decision No. 67744, issued April 7, 2005. IncIuded in this Decision was 

Commission approval to transfer certain Pinnacle West Energy Corporatior 

(b'PWEC") units, specifically Redhawk Units 1 and 2, West Phoenix Units 4 and 5 

and Saguaro Unit 3 ("PWEC Units") to A P S .  This subsequently occurred on July 

29, 2005. In addition, in Decision No. 67504, issued January 20, 2005, the 

Commission authorized the purchase of the PPL Sundance Energy, LLC generating 

units ("Sundance Units") and approved an accounting order for the deferral of 

costs. The Sundance Units were subsequentIy acquired by APS on May 13, 2005. 

There are no Sundance Unit cost deferrals included in this filing because the 

criteria for cost deferrals, as allowed pursuant to Decision No. 67504, has not been 

met. The majority of the pro formas that I am sponsoring in this proceeding simply 

implement these Commission Decisions. 

In response to a request from Cornmission Staff, A P S  has selected a fiscal year, the 

12 months ending September 30, 2005, as a test period ("Test Year"). As such, the 

PWEC Units and the Sundance Units were included in the rate base at September 

30, 2005. The Test Year was then adjusted to make it more representative of 

normal operations at the time new rates in this docket are approved by the 

Commission, which is assumed to be January 1,2007. 

-2- 
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Q. 
A. 

My testimony addresses a number of accounting-related topics to support thr 

Company’s rate case application. I identi@ and explain adjustments to rate bast 

and certain operating income adjustments. The rate base pro forma adjustment; 

include the following adjustments: West Phoenix Unit 4 Regulatory Disallowance 

Independent Spent Fuel Storage Installation (“ISFSI“ or “Spent Fuel Storage”: 

costs, Palo Verde Unit 1 steam generators (“PV Unit 1 Steam Generators”: 

replacement costs, and deferred bark beetle remediation costs. For these items 

there are corresponding operating income pro forma adjustments. In addition, there 

are operating income pro forma adjustments for the PWEC Units, the Sundance 

Units, nuclear plant decommissioning expense, coal reclamation costs, depreciation 

and amortization, property taxes, payroll, underfunded pension liability. 

advertising, and certain other miscellaneous adjustments in the SFR Schedule C-2 

pro formas. The operating income pro formas also include an income tax 

calculation at the current statutory combined state and federal income tax rates. 

The SFR Schedule C-2 pro formas for the West Phoenix Unit 4 Regulatory 

Disallowance, Spent Fuel Storage, PV Unit 1 Steam Generators and bark beetle 

remediation include a calculation for the synchronization of interest expense used 

in the calculation of state and federal income tax expense. Mr. Chris Froggatt 

provides details rcgarding the income tax adjustment and interesl synchronization 

adjustment in his testimony. I aIso provide direct testimony on an overall 

allowance for working capital and Reconstructed Cost New Less Depreciation 

(“RCND“), which is shown on SFR Schedule B-4. And finally, I sponsor SFR 

Schedule E-5 and actual Test Year information contained in SFR Schedule F-3. 

HOW IS YOUR TESTlMONY ORGANIZED? 

I will first discuss the items that have a pro forma adjustment to OriginaI Cost Rate 

- 3 -  
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Q. 
A. 

Q. 
A. 

Q. 
A. 

Base, as set out in Attachments LLR-1-1 through LLR-1-5, and the corresponding 

pro forma adjustments to operating income. I will then discuss the remaining 

operating income pro forma adjustments. These pro forma adjustments, as set oui 

in Attachments LLR-2-1 through LLR-2-17 and LLR-3, reflect total Cornpan) 

amounts prior to any jurisdictional allocation. Next I will present the results of thc 

Company’s Allowance for Working Capital (Attachment LLR-4), followed by the 

most recent RCN Study (Attachments LLR-5-1 and LLR-5-2) and SFR Schedulc 

E-5, Detail of Utility Plant. 

PRO FORMA ADJUSTMENTS AFFECTING BOTH RATE BASE & 
OPERATING INCOME 

WHAT ARE PRO FORMA ADJUSTMENTS? 

Because the Commission requires a historical test year, it is necessary to adjusl 

recorded revenues and expenses for known and measurable changes in rates 01 

charges. The use’of pro forma test year revenues and expenses more accurately 

reflects the level of revenues and expenses in the future, when the new rates will be 

in effect. Pro forma adjustments include normalizations, annualizations and known 

and measurable changes that affect actual rate base, revenues, and expenses in the 

test year. 

WHAT ARE “NORMALIZATIONS”? 

Normalizations arc adjustments that modi& test year data to reflect a typical test 

year. These are generally accounting adjustments that remove expenses or 

revenues properly recorded during the Test Year, but are associated with prior 

periods. 

WHAT ARE “ANNUALIZATIONS”? 

Annualizations are adjustments that compensate for timing differences, such as 

- 4 -  
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Q. 
A. 

Q. 

A. 

Q. 

A. 

adjusting the number of customers at the end of the test year, along with the sale: 

revenues and expenses to reflect the revenues associated with those customers anc 

the costs of serving that number of customers at the end of the test year. 

WHAT 1s A "KNOWN AND MEASURABLE" ADJUSTMENT? 

Known and measurable adjustments reflect the Company's expected fmancia 

conditions when the new rates are expected to be in effect. An adjustment i: 

considered to be "known" when, given all the circumstances, its probability oi 

occurrence is significantly greater than the chance it will not occur. An adjustmen 

is "measurable" if it can be quantified in a meaningful fashion, such that the 

recognition of at least part of its effect on Test Year results will make the Test Yea 

"more representative" than if the adjustment were omitted altogether. 

A.  P WEC Units - West Phoenix Unit 4 Regulatory Disallowance 

DID YOU RECORD THE REGULATORY DISALLOWANCE FOR THE 
PWEC UNITS IN ACCORDANCE WITH DECISION NO. 67744? 

Yes. In Decision No. 67744, the Commission authorized a jurisdictiona; 

$700,000,000 originaI cost rate base ("OCREI") for the PWEC Units at Decernbei 

31, 2004. Because the PWEC Units did not transfer to A P S  until July 29, 2005, 

the $700,000,000 OCRB was reduced by additionaf accumulated depreciation anc 

related deferred taxes for the period of January I ,  2005 through July 29, 200.5 

Thus, the regulatory disallowance for the PWEC Units at July 29, 2005 reduced the 

net plant by $155,036,000. See Attachment LLR-1-1. 

ARE THERE DIFFERJ3NCES BETWEEN THE REGULATORY 
ACCOUNTING FOR THE DISALLOWANCE AND THE ACCOUNTING 
UNDER GENERALLY ACCEPTED ACCOUNTING PRINCIPLES 
("G AAP")? 

Yes. Under GAAP, the portion of the regulatory disallowance related to West 
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A. 

Q- 

A. 

Phoenix Unit 4 could not be recorded in the GAAP financial statements because 

the unit was not considered ”recently completed“. 

PLEASE DISCUSS THE ACCOUNTING GUIDANCE THAT WOULD NOT 
ALLOW THE WEST PHOENIX UNIT 4 REGULATORY 
DISALLOWANCE TO BE REFECTED IN YOUR GAAP FINAL 
STATEMENTS. 

Statement of Financial Accounting Standards (“SFAS”) No. 90, “Regulated 

Enterprises - Accounting for Abandonments and Disallowances of Plant Costs” 

was the authoritative accounting guidance we relied on in determining the amount 

of the loss that should be recorded for GAAP purposes. In accordance with the 

SFAS 90, when it becomes probable that part of the cost of a recently completed 

plant will be disallowed for rate-making purposes and a reasonable estimate of the 

amount of the disallowance can be made, the estimated amount of the probable 

disallowance shall be deducted from the reported cost of the plant and recognized 

as a loss. 

SFAS 90 does not define ”recently completed‘?. Based on. discussions with 

Deloitte, our external auditors, we concluded that a plant that was completed within 

twelve months of a rate filing is considered recently completed for purposes of 

SFAS 90. The in-service date for West Phoenix Unit 4 was June of 2001. Our rate 

filing requesting that West Phoenix Unit 4 be included in rates was made in June of 

2003, two years after thc in-service date. Thus, the plant was not considered 

recently completed and the disallowance could not be recorded for G M P  

accounting purposes. 

PLEASE EXPLAIN THE RATE BASE PRO FORMA ADJUSTMENT FOR 
WEST PHOENIX UNIT 4 REGULATORY DISALLOWANCE. 

Because the disaIlowance was not recorded for GAAP purposes, a pro forma 
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Q. 

A. 

Q. 

A. 

Q- 

A. 

adjustment is needed to reduce the rate base by the disallowed amount. 

Accordingly: the rate base reduction for the West Phoenix Unit 4 reguiatory 

disallowance at September 30, 2005 is $1 I ,155,000. See Attachment LLR-1-2. 

IS THERE A CORRESPONDING OPERATING INCOME ADJUSTMENT 
FOR THE DEPRECIATION EXPENSE RELATED TO THE WEST 
PHOENIX UNIT 4 REGULATORY DISALLOWANCE? 

Yes. The operating income pro forma reflects an annual reduction in depreciation 

expense of $230,000. See Attachment LLR-2- 1. 

B. INDEPENDENT SPEXT FUEL STORAGE 3NSTALLA TION 

WHY IS THERE A NEED FOR INDEPENDENT SPENT FUEL STORAGE 
INSTALLATION? 

An Independent Spent Fuel Storage Installation is a dry storage facility for the 

temporary disposal of spent nuclear fuei. The fuel pools where the spent nuclear 

fuel from the Palo Verde Nuclear Generation Station (“Palo Verde”) is currently 

stored have reached the maximuin allowed capacity. Because the U.S. Department 

of Energy has delayed siting and constructing permanent spent nucIear fuel storage 

facilities, the continued operation of Palo Verde requires an alternative interim 

storage solution for spent nuclear hel.  The costs associated with Spent Fuel 

Storage are the costs of interim storage for spent nuclear fuel at Palo Verde. 

IS APS ASKING FOR CONTINUING RECOVERY OF SPENT FUEL 
STORAGE COSTS IN THIS RATE CASE FILING? 

Yes. The Company has included pro forma adjustments for Spent Fuel Storage in a 

manner consistent with A P S ’  last rate application. Specifically, A P S  is requesting 

recovery of its share of the ongoing costs associated with Spent Fuel Storage and 

an amortized portion of deferred amounts, as discussed below. 
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Q. 

A. 

Q. 

A. 

Q- 
A. 

Q. 

A. 

WHAT IS THE BASIS FOR THE RECOVERY OF SPENT FUEZ 
STORAGE COSTS? 

Commission rule, A.A.C. R14-2-1608, provides for the recovery of interim spen 

nuclear fuel storage costs through a Systems Benefit Charge. The Commissior 

first approved the recovery of system benefits costs for A P S  in Decision No 

61973, issued October 6 ,  1999, which adopted a settlement agreement thz 
I 

addressed electric restructuring. 

WHAT CHANGES RELATED TO SPENT FUEL STORAGE OCCURRED 
AS A RESULT OF DECISION NO. 67744? I 

On April 1, 2005 (the effective date of Decision No. 67744), A P S  cornmencec 

recovery for the amortization of prior deferred costs and the current accrual foi 

Spent Fuel Storage costs associated with the current fuel burn. A portion of those 

costs represent post-shutdown Spent Fuel Storage costs that are being fimded intc 

the Palo Verde nuclear decommissioning trusts, which I discuss later in mq 

testimony. 

HOW ARE THE COSTS ESTIMATED? 

The cost estimates for Spent Fuel Storage are updated every three years and were 

most recently updated again by TLC Services, Inc. for 2004. 

PLEASE EXPLAIN THE SPENT FUEL STORAGE PRO FORMA RATE 
BASE ADJUSTMENT. 

The net rate base reduction of $5,869,000 results from funds collected in regulated 

rates and reserved for the cost of current on-going and future activities in the 

decommissioning period to transfer spent nuclear fuel to the dry storage facility. 

See Attachment LLR- 1-3. 
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Q. 

A. 

Q. 

A. 

Q. 

A. 

IS SPENT FUEL STORAGE EXPENSE INCLUDED IN NUCLEAR FUEL 
EXPENSE IN THE TEST YEAR? 

Yes. Since the Test Year (ended September 30, 2005) occurred after the effectivt 

date of Decision No. 67744 (April I ,  2005): there are six months of Spent Fue 

Storage expenses included in the unadjusted Test Year expenses. Thus the Spen 

Fuel Storage expense needs to be annualized in an operating income pro form: 

adjustment. 

PLEASE EXPLAIN THE CORRESPONDING OPERATING INCOME PRC 
FORMA ADJUSTMENT FOR SPENT FUEL STORAGE. 

The total Test Year annualized nuclear fuel expense is $14,759,000. Of thi: 

amount, $3,667,000 represents ongoing Spent Fuel Storage expense, which i: 

included in the Base Fuel and Purchase Power Expense pro forma, and is addresser: 

in Mr. Ewen’s testimony. The pro forma adjustment of $ 1  1,092,000 reflects the 

annual amortization of previously deferred amounts. This is shown on Attachmeni 

LLR-2-2. 

HOW DOES THE COMPANY PROPOSE TO ADDRESS THE 
AMORTIZATION OF PREVIOUSLY DEFERRED SPENT FUEL 
STORAGE EXPENSE? 

The Spent Fuel Storage annuaiized expense for amounts previously deferred is 

$1 1,092,000, which is comprised of pre-shutdown costs of $9,976,000 and post- 

shutdown costs of $1,116,000. Consistent with Decision No. 67744, the Company 

proposes to amortize the costs associated with pre-shutdown activities over a five- 

year period. For Units I and 3, the post-shutdown costs are amortized over the 

license period, and for Unit 2, over the term of the saldeaseback agreement 

(through December 3 1,201 5). This is also consistent with our last rate proceeding. 

The Company is requesting that the Commission’s Decision in this docket 
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specifically provide for the ,amortization of the Spent Fuel Storage expense 

Q- 

A. 

Q. 

A. 

Q. 

A. 

OFTHESE PROPOSED AMOUNTS TO BE RECOVERED IN RATES, 
WHAT PORTION REPRESENTS POST-SHUTDOWN OPERATIONS TO 
BE FUNDED 1N THE DECOMMISSIONING TRUSTS? 

APS is requesting annual fimding into the decommissioning trusts for the amounts 

approved in Decision No. 67744. Included in these amounts is $752,000, which 

represents post-shut down costs included in the ongoing accrual, and $792,000, 

regulatory asset included in Attachment LLR-2-2. 

which represents the amortization of previously deferred post-shut down amounts. 

See Attachment LLR-3. The amount that APS is requesting does not reflect the 

post-shutdown component of Spent Fuel Storage cost estimated in the 2004 study. 

The Company is deferring the difference for fbture recovery in subsequent rate 
\ 

DO POST-SHUTDOWN SPENT FUEL COSTS QUALIFY FOR 
FAVORABLE TAX TREATMENT? 

A P S  has filed a private letter ruling requesting Internal Revenue Service (“IRS”) 

approval to use the qualified decommissioning funds for spent fuel costs. If such 

approval is granted, A P S  plans to use the qualified decomnissioning hnds for 

proceedings. 

post-shutdown spent fie1 costs to their fuIlest extent, as allowed under the federal 

income tax rules. 

C. PALO VERDE UNIT I STEAMGENERATORS 

WHY HAS APS MADE AN ADJUSTMENT FUR‘THE REPLACEMENT OF 
PAL0 VERDE UNIT 1 (“PV UNIT 1”) STEAM GENERATORS? 

Like other nuclear generating stations throughout the nation, heat and corrosion 

have caused damage to the tubes in the Palo Verde (“PV”) steam generators. The 

PV owners, including A P S ,  have determined it is both necessary and economically 
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Q- 

A. 

Q. 

A. 

Q- 

A. 

desirable to replace PV steam generators and related equipment in each unit tc 

prevent a decrease in the unit’s output and to maintain its reliability. The Unit : 
steam generators and reIated equipment were replaced in 2003, as addressed iI 

Decision No. 67744. The Unit 1 steam generators and related equipment werc 

replaced in 2005 and are included in this rate case. Unit 3 steam generators an( 

related equipment are expected to be replaced ‘in 2007, and recovery of the relate( 

costs will be requested in a subsequent rate proceeding. 

WHAT RELATED COMPONENTS WERE REPLACED DURING THI 
PROJECT FOR PV UNIT l? 

In addition to the two PV Unit 1 Steam Generators, three low-pressure turbine 

rotors, core protection calculators and pressurized heaters were replaced, whicf 

improves the future reliability and efficiency of PV Unit 1, as well as increases it! 

output by approximately 22 megawatts. The 22 megawatt improvement wa: 

included in the simulation used to determine the Company’s proposed fuel anc 

purchased power expense and off-system margin, as sponsored by .Mr. Ewen 

Therefore, the PV Unit 1 Steam Generators rate base pro forma adjustment reflect2 

the “matching principle,” as well as fairness principles, which dictate that the 

investment required to generate the additional 22 megawatts, which are included in 

the fueI simulation, should also be included in rate base. 

WHEN WAS THE PV UNIT 1 STEAM. GENERATORS REPLACEMENT 
PROJECT COMPLETED? 

The PV Unit 1 Steam Generators replacement project was completed in December 

2005> a full  year before new rates from this case are likely to be in effect. 

WHAT IS THE BASIS FOR DETERMKNING THE PV UNIT I STEAM 
GENERATORS RATE BASE ADJUSTMENT? 

The $82,896,000 increase in rate base was calculated using the new Steam 

- 11 - 
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Q. 

A. 

Q. 

A. 

.Q. 

A. 

~. 

Generators‘ estimated cost, as of December 3 1, 2005, when the Steam Generators 

were placid. in service. See Attachment LLR- 1-4. 

PLEASE EXPLAlN THE CORRESPONDING OPERATING INCOME 
ADJUSTMENT FOR THE PV UNIT 1 STEAM GENERATORS 
REPLACEMENT PROJECT. 

Depreciation expense needs to be ad-justed to include one full year of depreciation 

on the new PV Unit 1 Steam Generators and exclude the actual Test Year 

depreciation expense on the old PV Unit I Steam Generators. Because the fuel and 

purchased power operating income pro forma already reflects the impact of the PV 

Unit 1 Steam Generators replacernent,’there are no other test period results affected 

by this adjustment. This adjustment increases expenses for the Test Year by 

$2,047,000. See Attachment LLR-2-3. 

D. BARK BEETLE REMEDIATION 

WHY WERE PRO FORMA ADJUSTMENTS FOR BARK BEETLE 
REMEDIATION NECESSARY? 

Decision No. 67744 allows for the deferral of bark beetle remediation costs over 

and above the nonnal vegetation control expense. This “bucket of costs” can then 

be deferred, amortized and included in rates. A rate base pro fonna is necessary to 

add the deferred bark beetle remediation costs to rate base. A corresponding 

operating income pro forma adjustment removes the actual bark beetIe remediation 

costs from the Test Year and includes an annual amortization of the deferred costs. 

PLEASE EXPLAIN THE RATE BASE PRO FORMA ADJUSTMENT FOR BARK 
BEETLE REMEDIATION COSTS. 

A P S  began deferring these dollars in 2005 and has estimated a total deferral of 

distribution-related bark beetle remediation costs of $1 1,288,000 by January 1 , 

2007, when rates are expected to be in place to recover these costs. Tnis pro forma 
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Q. 

A. 

Q. 

A. 

IV. 

Q- 

A. 

adds $6,115,000 to rate base. See Attachment LLR-1-5. Mr. Stephen Bishoj 

discusses bark beetle remediation activities related to these costs in his testimony. 

PLEASE EXPLAIN THE CORRESPONDING OPERATING INCOMI 
ADJUSTMENT FOR BARK BEETLE REMEDLATION. 

As stated above, the Company expects to spend approximately $1 1,288,000 o 

distribution-related bark beetle remediation from January 1, 2005, to January 1 

2007, when it is anticipated that rates from this filing will be in place to recove 

these costs. APS is proposing a three-year amortization of these expenses, which i 

$3,763,000 in annual amortization expense. The $1,438,000 pro forma adjustinen 

increases Test Year expenses and represents the difference between the proposer 

$3,763,000 annual amortization and the $2,325,000 actual expense included in thl 

Test Year. See Attachment LLR-2-4. 

WHAT IS THE ANTICIPATED ONGOING BARK BEETLE 
REMEDIATION EXPENSE? 

It is unknown whether the bark beetle remediation efforts will be completed b! 

December 3 1, 2006, or if  the actual costs will exceed the estimated costs as of tha 

date. If the actual amounts exceed the estimated amounts included in this filing 

andfor extend beyond 2006, such amounts will be deferred for recovery in i 

subsequent rate case. 

TOTAL RATE BASE ADJUSTMENTS 

PLEASE SUMMARIZE THE ADJUSTED TEST YEAR ORIGINAL RATE 
BASE PROPOSED BY APS. 
At September 30, 2005, A P S  is proposing a total Company OCRB adjustment oi 

$71,987,000 to increase the OCRB to $5,327,833,000. The jurisdictiona 

allocation of the OCRB is $4,466,697,000, which is sponsored by Mr: Davic 

Rurnolo. These adjustments are summarized in SFR Schedule B-2. 
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V. 

Q* 

A. 

Q. 

A. 

Q- 

A. 

Q. 

A. 

ADDITIONAL PRO FORMA ADJUSTMENTS TO OPERATING INCOME 

A. PWEC W I T S  

WHY WERE PRO FORMA ADJUSTMENTS NECESSARY FOR THE 
PWEC UNITS? 

The Commission authorized the transfer of the PWEC Units to A P S  in Decisior 

No. 67744, and the Federal Energy Regulatory Commission ("FERC") approvec 

the transfer on June 15, 2005. The PWEC Units then transferred to A P S  on Julj 

29, 2005. Because the PWEC Units transferred to A P S  during the Test Year, the 

PWEC units are already included in the Test Year rate base; however, an operating 

income pro forma adjustment is necessary to annualize the PWEC Units operating 

expenses. 

WHAT IS THE OPERATING INCOME PRO FORMA ADJUSTMENT FOR 
THE PWEC UNITS? 

The pro forma adjustment to operating income is for $53,644,000, which 

annualizes the revenue and operating expenses for the PWEC Units. See 

Attachment LLR-2-5. 

PLEASE EXPLALN THE REDUCTION IN THE "OPERATING REVENUE 
LESS FUEL AND PURCHASE POWER EXPENSES" COMPONENT OF 
THE OPERATING INCOME PRO FORMA ADJUSTMENT FOR THE 
PWEC UNITS. 

As discussed in Mr. Peter Ewen's testimony, the reduction of $1,125,000 is 

associated with auxiliary power purchased by PWEC from APS that is no longer 

applicable because the PWEC Units are now owned by A P S .  

HOW WAS THE ROUTINE OPERATIONS AND MAINTENANCE 
EXPENSE COMPONENT OF THE OPERATLNG INCOME PRO FORMA 
ADJUSTMENT FOR THE PWEC UNITS CALCULATED? 

Annualized routine operations and maintenance expense of $26,204,000 reflects 

the actual 2004 expenditures for the PWEC Units, adjusted for the expected 
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Q- 

A. 

Q. 

A. 

Q- 

A. 

increase in average pro-jected operating megawatt hours for 2006 through 201 1 

The $22,363,000 pro forma adjustment reflects the $26,204,000 annualizec 

operations and maintenance expense reduced by $334 1,000, which represents t w c  

months of actual costs in the Test Year. 

IS THERE AN OVERHAUL MAINTENANCE EXPENSE COMPONENT 
OF THE OPERATING INCOME PRO FORMA ADJUSTMENT’FOR THE 
PWEC UNITS? 

Because the PWEC Units have recently been placed in-service, the Company has 

no historical cost basis for calculating overhaul costs. As discussed in Mr. Ewen‘s 

testimony, the normalized overhaul maintenance expense of $10,000,000 was 

estimated using a projected 12-year average, restated in 2004 dollars. T h e  

$9,74 1,000 pro forma adjustment reflects the $10,000,000 normalized cost reduced 

by $259,000, which represents two months of actual costs in the Test Year. 

PLEASE EXPLAIN THE ADMINISTRATIVE AND GENERAL (“A“”) 
EXPENSE COMPONENT OF THE OPERATING lNCOME PRO FORMA 
ADJUSTMENT FOR THE PWEC UNITS. 

The operating income pro forma for PWEX A&G expenses represents the portion 

of 2004 actual A&G expenses charged to the PWEC that will now be charged to 

MS in compliance with the Company’s Affiliate Accounting policies. Thus, the 

ongoing A&G costs associated with the PWEC Units transferred to A P S  when the 

assets transferred. The $20,415,000 pro forma adjustment thus reflects ten months 

of A&G expense based on historical PWEC actual costs that were not included in 

the Test Year. 

IS THERE A DEPRECIATION AND AMORTIZATION EXPENSE 
COMPONENT OF THE OPERATING INCOME PRO FORMA 
ADJUSTMENT FOR THE PWEC UNITS? 

Yes. The annualized depreciation and amortization expense and related pro forma 
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Q- 

A. 

Q. 
A. 

Q. 

A. 

Q. 

A. 

adjustment for the PWEC Units is induded in the A P S  Depreciation and 

Amortization pro forma, which I discuss later in my testimony. See Attachments 

LLR-2-9 and LLR-2-10. 

IS THERE A PROPERTY TAX COMPONENT OF THE OPERATING 
INCOME PRO FORMA ADJUSTMENT FOR THE PWEC UNITS? 

Yes, the annualized property tax expense and related pro forma adjustment is 

included in the A P S  Property Taxes pro forma, which I discuss later in my 

testimony. See Attachments LLR-2-12 and LLR-2-13. 

B. SUNDANCE UNITS 

ARE THE SUNDANCE UNITS INCLUDED IN THIS FILING? 

Yes. In January 2005, the Commission authorized A P S  to purchase the Sundance 

Units (Decision No. 67504). They were subsequently acquired on May 13, 2005 

for $189,500,000 and are included in the rate base.! SFR Schedule C-2 includes a 

pro forma adjustment to operating income, which is necessary to annuaiize the Test 

Year expense. 

PLEASE EXPLAlN THE CORRESPONDING OPERATING INCOME PRO 
FORMA ADJUSTMENT FOR THE SUNDANCE UNITS. 

As shown in SFR Schedule C-2, the operating income pro forma adjustment of 

$4,860,000 includes non-he1 operations and maintenance expenses of the 

Sundance Units. See Attachment LLR-2-6. 

HOW WAS THE ROUTINE OPERATIONS AND MAINTENANCE 
(“O&M”) COMPONENT OF THE OPERATING INCOME PRO FORMA 
ADJUSTMENT FOR THE SUNDANCE UNITS DETERMINED? 

The annualized O&M expense of $6,4 10,000 includes $3,660,000, which reflects 

one full year of routine O&M expense and $2,750,000 of overhaul maintenance 

costs. The routine O&M expense was estimated based on the projected information 
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Q. 

A. 

Q. 

A. 

Q- 

A. 

provided by PP&L Sundance Energy, LLC, as adjusted for the expected level 0. 

Company operation, as discussed in Mr. Ewen's testimony. The $4,860,000 prc 

forma adjustment reflects the difference between the $6,4 10,000 annualized costr 

and the Test Year actual costs of $1:550,000, which is about five months of actua 

costs. 

IS THERE A DEPRECIATION AND AMORTIZATION 'EXPENSE 
COMPONENT OF THE OPERATING WCOME PRO FORMA 
ADJUSTMENT FOR THE SUNDANCE UNITS DETERMINED? 

Yes. The annualized depreciation and amortization expense and related operating 

income pro forma adjustment are included in the APS Depreciation anc 

Amortization pro forma, which I discuss later in my testimony. See Attachment: 

LLR-2- 9 and LLR-2- I O .  

IS THERE ALSO A PROPERTY TAX COMPONENT OF THE 
OPEFUTING INCOME PRO FORMA ADJUSTMENT FOR THE 
SUNDANCE UNITS? 

Yes. These amounts are included in the A P S  Property Taxes pro forma, which 1 

discuss later in my testimony. See Attachments LLR-2-12 and LLR-2- 13. 

DID THE COMPANY DEFER ANY COSTS RELATED TO THE 
SUNDANCE UNITS AS AUTHORIZED IN DECISION NO. 67504? 

No. APS did not defer costs under the accounting order authorized in Decision No. 

67504. This Decision allowed for the deferral of cost, net of savings, of owning. 

operating and maintaining the Sundance Units that were not recovered in t h e  

unbundled generation rates. .The Sundance Units did not meet this threshold, as 

defined in the Commission's Decision. 

- 17-  



1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

23  

24 

25 

26 

Q. 
A. 

Q. 
A. 

Q. 

A. 

C. NUCLEAR PLANT DECUMMISSIONI..G 
PLEASE EXPLAIN THE NUCLEAR DECOMMISSIONING EXPENSE. 

Like all nuclear power plants, Palo Verde eventually will need to bc 

decommissioned, an expensive and time consuming process. Regulatory agenciet 

throughout the country, including this Commission, have required that the cost o 

the eventual decommissioning be recovered from utility customers during tht 

operating life of the facility. 

\ 

WHAT IS MEANT BY A “QUALIFIED” DECOMMISSIONING FUND? 

A qualified decornmissioning fund is a segregated reserve hnd  dedicatec 

exclusively to the payment of nuclear decommissioning costs and managernen 

costs and tax liability of the fund. Beneficial owners of the qualifiec 

decommissioning trust are allowed a deduction for cash payments to these funds 

There is a preferential tax rate (of 20%) on realized gains associated with the asset? 

held by the qualified decommissioning fund. Currently, the amounts collectec 

from customers that relate to decommissioning of Palo Verde are being depositec 

into a “qualified” decommissioning fund. The Nuclear Regulatory Commissior 

and most state regulators, including this Commission, prefer the external funding 

into qualified decommissioning funds for two reasons: ( I )  the increased security ol 

the hnding for its intended purpose; and (2) the income tax benefits affordec 

qualified decommissioning funds. The latter translates into lower annual 

decommissioning expense for our customers. 

PLEASE EXPLAlN THE NEED FOR A PRO FORMA ADJUSTMENT FOR 
THE NUCLEAR DECOMMISSIONING EXPENSE. 

In Decision No. 67744, the Commission approved an annual decommissioning 

h d i n g  amount of $1 9,2 1 1,000, beginning April I, 2005. See Attachment LLR-3. 
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A pro-forma adjustment of $3,883,000 is required to annualize the qualified 

funding levels to $19,211,000 as approved in Decision No. 67744. See Attachment 

LLR-2-7. The Company is requesting that the Commission's Decision in this 

docket specifically provide €or approval of the $19,211,000 annual level of 

decommissioning funding. Attachment LLR-3 should be attached to any 

Commission Decision accepting these amounts. 

D. FOUR CORNERS COAL RECLAMTION 

Q. WHAT IS COAL RECLAMATION? 

A. Coal reclamation is the process of returning the site of a coal mine to its original 

state. Coal reclamation is regulated by the Office of Surface Mining ("OSM"), an 

agency within the U S .  Department of Interior. The OSM has established standards 

and procedures for approving permits and inspecting active coal mining and 

reclamation operations. OSM requires the mine be brought back to its 

"Approximate OriginaI Contour" ("AOC"). 

WHY DOES APS HAVE TO PAY FOR COAL RECLAMATION? 

A P S  is under contract with BHP Billiton until June 30,2016, to receive coal for the 

Four Corners Power Plant. Pursuant to this contract, A P S  must pay for its share of 

final reclamation costs as a component of the price of coal. 

WHY IS THERE A NEED FOR A COAL RECLAMATION PRO FORMA 
ADJUSTMENT? 

The estimate for final reclamation costs is generally revised every five years. The 

total costs are based on a study performed by Marston as of September 2004. The 

study reflects an onsite visit to the mine and a review of the AOC. The estimate is 

developed in two parts: ongoing reclamation while the mine is in operation and 

finaI reclamation at the end of the life cycle of the mining pit. The Company has 

Q. 

A. 

Q. 

A. 
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Q. 

A. 

Q- 

A. 

Q. 

A. 

reduced the 2004 Marston study overhead costs to be more consistent with th 

OSM guidelines regarding overhead costs related to reclamation activities and ha 

added royalties and revenue taxes to the study costs. A pro forma adjustment o 

$1,305,000 is included in SFR ScheduIe C-2 to reflect the annual expense basec 

upon the 2004 Marston study. See Attachment LLR-2-8. 

HAS THE COMMISSION PREVIOUSLY AUTHORIZED THI 
INCLUSION OF COAL RECLAMATION COSTS IN REGULATE1 
RATES? 

Yes, in Decision No. 59601, the Commission approved the recovery of previousl; 

deferred coal reclamation costs. The Company is requesting a similar recovery ii 

this case for the increase in coal reclamation cost estimates. 

WHY IS COAL RECLAMATION EXCLUDED FROM THE FUEL ANI 
PURCHASE POWER PRO FORMA? 

Coal reclamation is excluded from the Fuel and Purchase Power pro forma in orde. 

to exclude those costs that are not related to the current fuel bum from the Powe, 

Supply Adjustor calculation. 

E. DEPRECIATION AND AMORTIZATION 

WHAT ADJUSTMENTS HAS THE COMPANY MADE TC 
DEPRECIATION AND AMORTIZATION EXPENSE? 

Consistent with Decision No. 67744, as of April 1, 2005, APS implemented thc 

depreciation rates ordered by the Commission. For this filing, Dr. Ronald White 

performed depreciation studies as of December 3 1 , 2004, which included the APS 

assets and the P W C  Units. Dr. White's technical update ofthe depreciation rates 

that were authorized in Decision No. 67744 generally reflects the passage of time 

from December 31, 2002 through December 31, 2004. Please refer to Dr. White's 

testimony for further discussion of this point. 
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Q. 

A. 

Q* 

A. 

Q- 

A. 

Based upon results of the technical update to the depreciation study, depreciatioi 

and amortization expense increases from $321,526,000 in the Test Year tt 

$344,58 1,000. This pro fonna adjustment increases annual expense b! 

$23,055,000. See Attachments LLR-2-9 and LLR-2- IO. 

WERE THE PWEC UNITS INCLUDED IN THE DEPRECIATIOP 
STUDIES PREPARED BY DR. WHITE? 

Yes. The annualized depreciation expense was calculated based on the origina 

cost of the P W C  Units at September 30,' 2005, as reduced by the regulator] 

disallowance recorded under GAAP, and extended plant lives that were required b! 

Decision No. 67744. 

WERE THE SUNDANCE UNITS INCLUDED IN THE DEPRECIATIOP 
STUDIES PREPARED BY DR. WHITE? 

No. Since the Sundance Units were acquired after December 3 1 , 2004 (the date o 

Dr. White's studies), these units were not included in the APS study. Thi: 

annualized depreciation expense is based on the annual depreciation rate: 

authorized in Decision No. 67744 for Saguaro Unit 3 combustion turbinc 

c generators, which are the APS units most nearly similar to the Sundance Units. 

DO THE DEPRECIATION RATES PROVIDE FOR A NET SALVAGE 
ALLOWANCE? 

Yes. Consistent with the Commission's rules and depreciation rates approved ir 

Decision No. 67744, APS provides for a net salvage allowance in the depreciatior 

rates. As such, the Statement of Financial Accounting Standards 143: Asse 

Retirement Obligations has not been implemented for ratemaking purposes, whicf 

was also provided for in Decision No. 67744. 
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Q. 

A. 

Q. 

A. 

Q. 

A. 

Q. 
A. 

PLEASE EXPLAIN THE OPERATING REVENUE INCLUDED ON THE 
DEPRECIATION AND AMORTIZATION PRO FORMA. 

The depreciation study prepared by Dr. White does not include an allocation foi 

Company depreciation to A P S  Energy Services ("Energy Services") or to Pinnaclr 

West Capital Corporation ("PWCC") Marketing and Trading (L(P WCC M&T') 

which is in accordance with the Commission's Code of Conduct and t h e  

Company's Affiliate Accounting policies. Therefore, the pro fonna includes ar 

operating revenue adjustment of $480,000, which reflects the amounts received 

from other affiliates for their allocation of shared services depreciation expense. 

See Attachment LLR-2-9. 

PLEASE EXPLAIN THE AMORTIZATION OF GAIN INCLUDED ON 
THE DEPRECIATION AND AMORTIZATION PRO FORMA. 

The $77,000 shown on Attachment LLR-2-9 is the operating income pro forma 

adjustment necessary to annualize the $155,000 gain amortization, which 

represents the annual amortization expense of the total $775,000 gain associated 

with the previously authorized sale of the Glen Canyon 230 kV line to PacifiCorp, 

pursuant to Decision No. 64306. A five year arnortization of the gain is consistent 

with the treatment of this item in the Company's last rate case. 

IS THE COMPANY PROPOSING ANY CHANGES TO ITS EXTSTING 
AMORTIZATION RATES? 

No, A P S  is not requesting any change to the amortization rates authorized in 

Decision No. 67744. These rates are set out on Attachment LLR-2-11. . 

IS THE COMPANY PROPOSING ANY NEW AMORTIZATION RATES? 

Yes, the Company is requesting approval for two new rates to provide for the 

amortization of leased vehicles that are purchased by the Company at the end of the 

lease term. The Company is requesting a 50% amortization rate for vehicles with a 
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Q. 

A. 

Q* 
A. 

Gross Vehicle Weight C'GVW'') under 26:OOO pounds, and a 20% amortizatior 

rate for vehicles with a GVW greater than 26,000 pounds. The rates reflect wha 

we believe will be the estimated lives for such vehicles. See Attachment LLR-2- 

11. 

F. PROPERTY TAXES 

HAS APS PROPOSED AN ADJUSTMENT TO THE TEST YEAR AD 
VALOREM (PROPERTY) TAXES? 

Yes, the pro forma adjustment is an increase in operating expense of $16,867,000 

This adjustment includes amounts to annualize the P W C  Units property taxes. 

one full year of property taxes for the Sundance Units, estimated taxes for the full 

Maricopa Community College Bond, and an automatic 2007 increase in propem 

taxes that will result when the PWEC Units have passed the "phase-in" period 

provided by A.R.S. § 42-14156, after which, the units will have to apply the 

Arizona Department of Revenue's ("ADOR") scheduled depreciated value in the 

same manner as all of APS '  existing generation units. See Attachments LLR-2-12 

and LLR-2- 1 3. 

HOW WERE PROPERTY TAXES CALCULATED? 

The property taxes reflect actual plant values received from the ADOR as of 

December 31., 2004, The 2005 tax year APS composite tax rate, which includes 

the PWEC Units, was calculated based on tax rates provided by the County 

Treasurer in each of the counties where A P S  has property. In addition to the APS 

composite tax rate, the actual 2005 tax rate for the Sundance Units was used. 

Finally, this pro forma ad-justinent takes into account the reduction in assessment 

ratio provided by House Bill 2779, which was passed during the 2005 legislative 

session. 

- 23 - 



1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

23 

24 

25 

26 

Q. 
A. 

Q- 
A. 

0. 

A. 

G. PAYROLL 

DID APS ANNUALIZE TEST YEAR PAYROLL? 

Yes. Attachment LLR-2-14 shows an increase to Test Year expenses ol 

$9,239,000. This pro fonna adjustment annualizes the Test Year payroll, benefits. 

and payroll tax expense to December 2005 employee levels, and include: 

December 2005 wage levels for performance review employees, April 2006 wage 

levels for union employees and no cash incentives for officers. This methodology 

for performance review employees and union employees is consistent with payroll 

annualization adjustments authorized by the Commission in prior A P S  cases, 

Officer salaries are included at 2004 levels. Thc net effect of these adjustments is 

an increase to Test Year operating expenses as a result of higher costs associated 

with a rising average salary and increased employee levels. 

DOES THIS TOTAL PAYROLL ADJUSTMENT ONLY AFFECT O&M? 

Yes, this adjustment excludes those costs that are capitalized. This O&M 

adjustment was estimated by calculating the percentage of A P S  O&M payroll to 

total payroll during the Test Year. The resulting O&M payroll and payroll taxes 

were allocated to fuel, operations (excluding fuel), and maintenance based on the 

Test Year payroll amounts booked to each of these activities. 

H. UNDERFUNDED PENSION LIABILITY 

PLEASE EXPLAIN THE PRO FORMA ADJUSTMENT FOR 
ACCELERATED RECOVERY OF THE UNDERFUNDED PENSION 
LIABILITY. 

This adjustment is intended to accelerate the recovery of our underfunded pension 

liability over a five-year period beginning in 2007. This would be accomplished by 

increasing pension expense and establishing a regulatory liability. Amounts 

collected under this adjustment would be contributed to the pension plan. Since the 
\ 
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Q. 

A. 

Q- 
A. 

recovery is accelerated, the Company is proposing a ten year amortization of this 

regulatory liability, beginning in 2012. This would have the impact of reducing 

future pension expense during the amortization period. 

HOW WAS THE PRO FORMA ADJUSTMENT FOR ACCELERATED 
RECOVERY OF THE UNDERFUNDED PENSION LIABILITY 
DETERMINED? 

PWCC sponsors a pension plan for all its employees, including employees of A P S  

As of December 3 1, 2004, the date of the most recent actuarial study, the projected 

benefit obligation ("PBO") of the pension plan was approxiinately $1,371 million. 

The fair value of the plan's assets was approximately $982 million. The difference 

of approximately $3 89 million represents the underfimded position of the pension 

plan. A P S '  share of the plan represents approximately 92% or approximately $358 

million (PinnacIe West and the other subsidiaries make up the other 8%). A1 

December 3 1, 2004, the portion attributable to A P S  ratepayers represents 

approximately 61% or $218 million of the underfunded pension liability. The  

remaining 39% relates to APS employees that support jointly owned facilities. 

Because we are proposing accelerated recovery over five years, the annual increase 

to pension expense proposed in this ad-justment is approximately $44 million. See 

Attachment LLR-2-15. Again, since this is an accelerated recovery, we propose 

amortizing the regulatory liability and reducing pension expense over 10 years 

(beginning in 2012) in the amount of approximately $22 million. 

I. ADVER TISING 

WHAT IS THE PURPOSE OF THE ADVERTISING PRO FORMA? 

This pro forma adjustment reduces Test Year expenditures by $6,140,000 for all 

those advertising expenses that are related to branding or promotion. This approach 

is consistent with Staffs recommendation in the Company's prior rate case. See 
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A. 

Q. 

A. 

Attachment LLR-2- 16. 
\ 

J. MISCELLANEOUS ADJUSTMENTS 

PLEASE EXPLAIN THE MISCELLANEOUS ADJUSTMENTS. 

This pro forma adjustment eliminates non-recurring or out of period expenses 01 

credits from the Test Year. The net increase to operating expense for thest 

adjustments is $ 3,876,000. Individually, they are as follows: 

Financial Data Warehouse Costs 

Four Comers Severance Reserve True-Up 

$ (892,000) 

$ 1,748,000 

FERC Audit Reserve $2,000,000 

A P S  Corporate Offices Rent Expense 

Bill Estimation Refund $(2,2 17,000) 

$3,237,000 

See Attachment LLR-2- 17 

PLEASE EXPLAIN THE MISCELLANEOUS PRO FORMA 
ADJUSTMENTS. 

Financial Data Warehouse: APS terminated this project because it was 

determined it would not meet the Company’s business needs. The adjustmen1 

removes the write-off of the prior year costs. 

Four Corners Severance Reserve True-Up: A prior period reserve, which was 

associated with Four Corners’ participant disputes, was settled in 2004. 

FERC Audit Reserve: This adjustment eliminates an audit reserve reversal for a 

transmission audit issue that was successfully resolved without a finding againsl 

the Company. 

A P S  Corporate Offices Rent Expense: This adjustment reflects the portion of 

the CHQ Rent true-up for calendar year 2004 that is outside the Test Year period. 
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VI. 

Q. 

A. 

Q. 
A. 

, 

Q. 
A. 

Bill Estimation Refund: 

Estimation accrual, pursuant to Decision No. 68 1 12. 

ALLOWANCE FOR WORKING CAPITAL 

Adjustment to reverse the revenue impact of the Bil 

WHAT IS THE ALLOWANCE FOR WORKING CAPITAL SHOWN or 
SFR SCHEDULE B-l? 

The allowance for working capital shown on SFR Schedule B-1 is $168,146,000 

See Attachment LLR-4. 

PLEASE EXPLAIN SFR SCHEDULE B-5. 

This SFR Schedule outlines the allowance for working capital to be included in thc 

Company’s rate base. Working capital represents the amount of cash, materials ant 

supplies, fuel inventories, and prepayments needed to meet current expenses an( 

contingencies that might ordinarily develop. Working capital is an investment jus 

like other capital requirements, such as power plants and transmission am 

distribution infrastructure; thus it is part of APS’ rate base. I am testifying to all o 

the data in SFR Schedule B-5, with the exception of the Working Capita 

calculation (line 1 of page l), which Mr. Fred Balluff will address. My testimonj 

presents the calculation of the allowance for working capital, which includes a cas€ 

working capital component determined using the leadlag study methodolog) 

required by Decision No. 5593 1 ~ 

WHAT IS THE ALLOWANCE FOR WORKING CAPITAL? 

Based on APS Test Year balances, the calculation of a reasonable allowance foi 

working capital results in an addition to rate base of $168,146,000. This include: 

$19 1,768,000 of materials, supplies and fuel inventories, and $5,5 17,000 of prepaid 

amounts. This amount is teduced by the net cash working capital of $29,139,00C 

that is provided by operations. 
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Q* 
A. 

VII. 

Q. 

A. 

HOW WAS THE CASH WORKING CAPITAL CALCULATED? 

The net cash working capital is calculated by performing a “lead/lag” study. See 

Mr. BalIuff‘s testimony for further discussion of this study and its results. The lead 

lag study days, which were calculated from the study of the calendar year 2004, 

were applied to the Test Year income statement. 

REPRODUCTION COST NEW STUDY 

WHAT IS MEANT BY THE TERMS “RCN” AND “RCND” AS USED IN 
YOUR TESTIMONY? 

A.A.C. R14-2,103(A) (3) (n) defines ”Reconstructed Cost New Less Depreciation” 

or “RCND” as: 

An amount consisting of the depreciated reconstruction cost new of 
property (exclusive of contributions and/or advances in aid of 
construction) at the end of the test year, used and useful, plus a 
proper allowance for working capital arid including all applicable pro 
forma adjustments. Contributions and advances in aid of 
construction, if recorded in the accounts of the pubIic service 
corporation, shall be increased to a reconstruction new basis. 

Thus, Reproduction Cost New (”RCN”) refers to the estimated costs that would be 

incurred if the utility properties of A P S  that were devoted to public service as of 

September 30, 2005 were to be reproduced or reconstructed as new properties 

using current cost levels. RCND is a net amount that results after deducting 

accumulated depreciation and amortization (both of which are also restated in 

current dollars) from the RCN amount. 
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Q- 
A. 

Q. 

A: 

Q* 

A. 

WHAT 1s SHOWN ON SFR SCHEDULE B-41 

SFR ScheduIe B-4 presents the RCN and RCND amounts of APS' utiliq 

properties. These amounts were determined using an RCN Study performed by thc 

Company. See Attachment LLR-5-2. 

WOULD YOU BRIEFLY DESCRIBE THE PROCEDURES YOU FOLLOWXD IF 
CONDUCTING THE RCN STUDY? 

Consistent with A.A.C. R14-2-103, the RCN study that supports SFR Schedule B. 

4 was conducted by taking depreciable plant at original cost by FERC account,' bj 

vintage year, and adding back Contributions in Aid of Construction ("CIAC") a 

original cost. EIectric and gas utilities are required by the Uniform System o 

Accounts to subtract CIAC from original cost plant-in-service, rather than record i 

as a separate Iiability account, as is done by water and sewer utilities. This amoun 

was multiplied by the Handy-Whjtman Index factor, based on vintage year, tc 

arrive at RCN before CIAC adjustment. CIAC was also multiplied by the 

appropriate Handy- Whitman Index. The adjusted CIAC (which is a negativt 

number) was added to the RCN determined before the CIAC adjustment, to arrivc 

at the final RCN number shown in column (a) of SFR Schedule B-4. 

WOULD YOU EXPLAIN IN MORE DETAIL THE CONSIDERATIOR 
THAT YOU GAVE TO CIAC EN DETERMISING RCN? 

.Yes. CJAC is generally cash paid to A P S  by third parties for construction o 

facilities that will be owned by APS. Sometimes, it may also include propert) 

donated to the Company to provide service. Line extensions are the most commor 

source of CIAC. As with original cost plant, CIAC is indexed using the Handy. 

' The Commission has adopted the FERC Uniform System of Accounts ("USOA") in A.A.C. R14-2- 
2 12( G). 
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Whitman Index, as required by A.A.C R14-2-103, to arrive at RCN. A summary of 

CIAC is provided in column (b) of Attachment LLR-5-1. 

WHAT IS THE HANDY-WHITMAN INDEX? 
The Handy-Whitman Index is recognized by the utility industry as an equivalent to 

a Consumers Price Index for electric utility property. It compares the current cost 

Q. 
A. 

Q- 
A. 

Q. 

A. 

of constructing electric utility property with past construction costs, and present: 

the comparison in the form of a cost index. For example, assume that transmissior 

towers and fixtures were purchased by APS in 1985 at an original cost of $400,000 

To determine RCN, the original cost would be multiplied by the appropriatc 

Handy-Whitman index factor for towers and fixtures. In this case, the index facto 

is determined by dividing the current year index of 388 for 2004 by the vintagt 

year index of 245 for 1985, or 388/245, which equals 1.58. The index factor of 1.51 

multiplied by the original cost of $400,000 equals the current reproduction cost o 

RCN of $632,000. 

WERE ALL ASSETS INDEXED AS YOU JUST DESCRIBED? 

No, land and land rights, intangibles, capitalized leases, and leaseholc 

i.mpr0vement.s are included in RCN at their original cost levels only, consisten; 

with previous treatment of these assets by the Commission. 

PLEASE DEFINE INTANGIBLES AND DESCRIBE THE AMOUNT OF 
INTANGIBLES THAT ARE INCLUDED IN RCN AS SHOWN ON SFR 

Intangibles are assets that provide future economic benefit but have no physica 

substance. Examples include patents and computer software. A P S '  intangible plan1 

is included in column (a), line 4 of SFR Schedule B-4 at its originai cost oj 

$285,337,000 on September 30, 2005. 

SCHEDULE B-4? 

- 3 0 -  



1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

23 

24 

25 

26 

Q. 

A. 

Q. 

A. 

BASED ON YOUR STUDY, WHAT IS THE RCN OF APS' UTILITl 
PROPERTY DEVOTED TO SERVTCE TO THE PUBLIC AS OF THE EN1 
OF THE TEST YEAR? 

Total RCN for APS' utility property is $17,767,330,000 including thc 

$285,337,000 of intangible plant discussed above. This total amount is shown i r  

column (c) of Attachment LLR-5-1, and in column (a) of SFR Schedule B-4. 

WOULD YOU EXPLAIN HOW RCND'WAS CALCULATED AS SHOWN OF 

Yes. RCN by FERC account (or Plant account) number is shown in column (a) o 

SFR Schedule B-4. To arrive at RCND, RCN is multiplied by a "conditior 

percent," also known as a net book value percent, which is shown in coIumn (b) 

RCND is shown in column (c). The condition percent used to convert RCN tc 

. RCND is calculated by first taking the original cost less accumulated depreciatior 

(in other words, the net book value) for all depreciable plant by FERC account 

SFR SCHEDULE B-4? 

This is divided by the original cost for each FERC account to arrive at conditior 

percent. Thus, the condition percent is the percentage that results when one 

compares original cost less accumulated depreciation and the original cost of plan1 

in service. 

For example, using the same hypothetical that I used earlier, assume again thaf 

transmission towers and fixtures have an original cost of $400,000, and assume 

accumulated depreciation of $250,000. The original cost less accumulated 

depreciation would be $1 50,000, which is $400,000 minus $250,000. Also, assume 

the towers and fixtures were purchased in 1985 and have a RCN value of $632,000. 

Using these assumptions, the condition percent is calculated by dividing original 

cost less accumulated depreciation by original cost, or $150,000/$400,000, 
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Q- 
A. 

Q. 

A. 

Q* 

A. 

resulting in 37.5%. Multiplying RCN by the condition percent yields RCND. Ir 

this hypothetical, $632,000 x 37.5% = $237,000. 

WOULD YOU PLEASE EXPLAIN SFR SCHEDULE B-4A? 

SFR Schedule B-4A shows the computation of adjusted jurisdictional RCND rat< 

base as of September 30, 2005. Column (a) presents data for Total RCND rat< 

base. Mr. Rumolo has provided the jurisdictional allocations of the Electric R C M  

rate base between “ACC” and “Other,” which is presented in columns (b) and (c: 

respectively. 

HOW DID YOU ARRIVE AT THE AMOUNTS SHOWN ON LINES S 
THROUGH 23 OF SFR SCHEDULE B4A? 

The amounts shown on lines 9 through 23 of SFR Schedule B-4A for other rate 

base .elements were obtained from SFR Schedule B-I, column (a), which i: 

sponsored by Mr. Froggatt. As in past presentations and consistent with pas: 

Commission practice, the RCND of these rate base elements are stated at theii 

original cost levels. 

WOULD YOU PLEASE EXPLAIN LINES 25 AND 26 OF SFR SCHEDULE 

The amounts shown on line 25 represent the RCND rate base on September 30: 

2005. However, the end of test year data needs to be adjusted to more closely 

reflect the value of certain items of property when the proposed rates become 

B 4 A ?  

effective. Therefore, i t  was necessary to reflect the pro fonna rate base adjustments 

in the RCND rate base. The RCTW amounts of the pro forma adjustments are 

shown in detail on SFR Schedule B-3; the total is shown on line 26 of SFR 

Schedule B-4A. 
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Q. 

A. 

Q. 

A. 

I 

WHAT IS THE TOTAL ADJUSTED RCND RATE BASE? 

The total Company RCND rate base, as adjusted, is approximately $9.2 bilIion 

This is shown in SFR Schedule B-4A, column (a), line 28. 

PLEASE EXPLAIN HOW YOU COMPUTED COLUMNS (B) THROUGH 

ALLOCATION? 

The jurisdictional allocation of the RCND rate base elements between state retai 

service (the Commission) and other jurisdictions (primarily FERC) was made bj 

applying the original cost jurisdiction relationships derived from SFR Schedule G. 

7, which is sponsored by Mr. Rumolo. The relationships of the allocations showr 

(E) ON SFR SCHEDULE B-4A TO REFLECT THE JURISDICTIONAL 

on iine 2, excluding the Southern California Edison ("SCE") 500 kV columns 

were used to allocate between jurisdictions on line 8. Total RCN excludes the SCE 

500 kV amounts. The data shown in column (d) for the SCE 500 kV line represent: 

known or directly computed information. The jurisdictional allocations of lines 4 

through 23, because they are stated at original cost, were obtained directly frorn 

SFR Schedule G-7. 

WOULD YOU PLEASE SUMMARIZE THE JURISDICTlONAL 
ALLOCATION OF THE RCND RATE BASE AS OF DECEMBER 31,2004 
AFTER MAKING THE PRO FORMA ADJUSTMENTS? 

The. total Commission-jurisdictional RCND rate base after adjustments is 

approximately $7.8 billion (SFR Schedule B - 4 4  column (b), linc 28). After pro 

forma adjustments, the Total AI1 Other RCND rate base is approximately $1.4 

billion (SFR Schedule B-4A, column (c)). The sum of coluinns (b) and (c) equals 

the Total RCND rate base shown in column (a). 
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VIII. DETAIL OF UTTLlTY PLANT 

Q. 
A. 

IX. 

Q. 
A. 

X. 

Q- 

A. 

PLEASE DISCUSS SFR SCHEDULE E-5. 

SFR Schedule E-5 is the detailed statement of utility plant that makes up thc 

Company's rate base, broken down by account number under the Uniform Systen 

of Accounts. The first page of SFR Schedule E-5 is a summary, which include 

balances for gross plant in service, accumulated depreciation, nuclear fuel, work i r  

progress, and plant held for future use. The remainder of the schedule present! 

supporting detail by account. 

CONSTRUCTLON REOUTREMENTS 

PLEASE DISCUSS SFR SCHEDULE F-3. 

SFR Schedule F-3 shows the projected annual construction requirements, b! 

property classification, for 1 to 3 years subsequent to the Test Year. f arr 

sponsoring the actual Test Year information; Mr. Brandt is sponsoring the rest o 

the information on SFR Schedule F-3. 

COMMISSION ACTION REQUESTED 

PLEASE SUMMARIZE THE SPECIFIC COMMISSION ACTION THAT 
THE COMPANY IS REQUESTING REGARDING THE 
DECOMMlSSIONlNG AND SPENT FUEL STORAGE EXPENSES 
DISCUSSED IN YOUR TESTIMONY. 

The Company is requesting that the Commission's Decision in this dockei 

specifically provide for approval of the annual level of decommissioning funding 

and Spent Fuel Storage costs, as set forth on Attachment LLR-3, as well as the 

amortization of the Spent Fuel Cost regulatory asset included in Altachment LLR- 

2-2. Attachment LLR-3 should be attached to any Commission Decision accepting 

these amounts. 
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Q. 
A. 

DOES THIS CONCLUDE YOUR DIRECT TESTIMONY? 

Yes. 
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Appendix A 
Statement of Qualifications 

Laura L. Rockenberger 

Laura L. Rockenberger is the Manager of Operations Accounting in the Shared 

Services Finance organization for Arizona Public Service Company ("APS"). In this 

position, Ms. Rockenberger has responsibility for Generation and Energy DeIivery 

Operations & Maintenance and Fuel accounting; Asset Accounting; Accounting 

Services Administration, including payroll and accounts payable; and Accounting 

Systems. These accounting services are provided as needed to support the Pinnacle 

West Capital Corporation entities. 

Ms. Rockenberger graduated cum laude from Miami University in 1982 with a 

Bachelor of Science Degree in Business with an emphasis in Accounting and is a 

member of Beta Gamma Sigma. Ms. Rockenberger also has a Bachelor of Arts with 

an emphasis in Music, graduating cum laude from the University of South Carolina, 

and is a member of Phi Beta Kappa. Ms. Rockenberger has been a Certified 

Public Accountant in Arizona since 1985 and is a member of the Arizona Society of 

Certified Public Accountants and the American Institute of Certified Public 

Accountants. Ms. Rockenberger has been elected to the Board of Directors for the 

Society of Depreciation Professionals effective January 1,2006. 

Ms. Rockenberger was employed in public accounting by Price Waterhouse from 

1982 to 1984. She joined APS in 1985 as an Internal Auditor and held positions at the 

Palo Verde Nuclear Generating Station and Pinnacle West Capital Corporation. In 1987 

Ms. Rockenberger joined SunCor Development Company ("SunCor"), a real estate 

subsidiary of Pinnacle West Capital Corporation. At SunCor, she held positions as 

the Director of Finance and Controller. In 1998 she joined APS as the Manager of 

Operations Accounting, her current position. 
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Attachment LLR-3 
Page 1 of 4 

ARIZONA PUBLIC SERVICE COMPANY 
SCHEDULE OF AMOUNTS TO BE DEPOSITED IN THE 

DECOMMISSIONING TRUSTS INCLUDED IN COST OF SERVICE 
PAL0 VERDE TOTAL 
(Thousands of Dotlars) 

(APS Share) 

POST 
SHUTDOWN 

POST ISFSl 
SHUTDOWN REGULATORY 
ON-GOING ASSET 

ISFSI AMORTIZATION DECOMMlSStONlNG TOTAL ACC 
ANNUAL ANNUAL ANNUAL ANNUAL JURISDICTIONAL 

CONTRIBUTION CONTRIBUTION CONTRIBUTION CONTRIBUTION AMOUNT 
LINE YEAR REQUIRED REQUIRED REQUIRED REQUIRED Ill -- 

1 
2 
3 
4 
5 
6 
7 
8 
9 
10 
11 
12 
13 
14 
15 
16 
17 
18 
19 
20 
21 
22 
23 

2004 $ 376 $ 396 $ 15,328 $ 16,100 $ 15.865 
2005 752 792 19,211 20,755 20,452 
2006 752 792 19,211 20,755 20,452 L 2007 752 792 19,211 20,755 20,452 
2008 752 792 19,211 20.755 20,452 
2009 1,816 792 
201 0 4,481 792 
201 I 4,481 792 
201 2 4,481 792 
201 3 4,481 792 
201 4 4,481 792 
201 5 4,481 792 
201 6 1,920 404 
201 7 1,920 404 
2018 1,920 404 
2019 1,920 404 
2020 1,920 404 
2021 1,920 404 
2022 1,920 404 
2023 1,920 404 
2024 1,920 404 
2025 960 190 
2026 1,004 238 

19,211 
19,211 
19,211 
19.21 1 
19,211 
19,211 
19,211 
11,139 
11;139 
11,139 
11,139 
11,139 
11,139 
11.139 
11,139 
11,139 
6.01 7 
6.01 7 

21,819 
24.484 
24,484 
24,484 
24,484 
24,484 
24,484 
13,463 
13,463 
13,463 
13.463 
13,463 
13,463 
13,463 
13,463 
13.463 
7,167 
7,259 

21,500 
24,127 
24,127 
24,127 
24,127 
24,127 
24,127 
13,266 
13,266 
13,266 
13,266 
13,266 
13,266 
13,266 
13,266 
13,266 
7,062 
7,153 

$ 51.330 $ 13,172 $ 338,934 $ 403.436 s 397,546 

111 ACC Jurisdictional share is approximately 98.54%. 
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LINE 

1 
2 
3 
4 
5 
6 
7 
8 
9 
10 
1 1  
12 
13 
14 
15 
16 
17 
18 
19 
20 
21 
22 
23 

ARIZONA PUBLIC SERVICE COMPANY 
SCHEDULE OF AMOUNTS TO BE DEPOSITED IN THE 

DECOMMISSIONING TRUSTS INCLUDED IN COST OF SERVICE 
PAL0 VERDE UNIT 1 
(Thousands of Dollars) 

(APS Share) 

POST 
SHUTDOWN 

POST ISFSI 
SHUTDOWN REGULATORY 
ON-GOING ASSET 

ISFSl AMORTIZATION DECOMMISSIONING TOTAL ACC 
ANNUAL ANNUAL ANNUAL ANNUAL JURISDICTIONAL 

CONTRIBUTION CONTRIBUTION CONTRIBUTION CONTRIBUTION AMOUNT 
YEAR REQUIRED REQUIRED REQUIRED REQUIRED Ill  

2004 
2005 
2006 
2007 
2008 
2009 
2010 
201 1 
2012 
2013 
201 4 
201 5 
201 6 
201 7 
201 8 
201 9 
2020 
2021 
2022 
2023 
2024 
2025 
2026 

$ 125 
251 
251 
25 1 
25 1 
605 
960 
960 
960 
960 
960 
960 
960 
960 
960 
960 
960 
960 
960 
960 
960 

$ 107 
21 4 
214 
21 4 
21 4 
214 
214 
214 
214 
214 
214 
214 
214 
214 
214 
214 
214 

. 214 
214 
214 
214 

4 4,077 
5,122 
5,122 
5,122 
5,122 
5,122 
5,122 
5,122 
5,122 
5,122 
5,122 
5,122 
5,122 

5,122 
5,122 
5,122 
5,122 
5,122 
5,122 
5,122 

5,122 

$ 4 I 309 
5,587 
5,587 
5,587 
5,587 
5,941 
6,296 
6,296 
6,296 
6,296 
6,296 
6,296 
6,296 
6,296 
6,296 
6,296 
6,296 
6,296 
6,296 
6.296 
6,296 

$ 4,246 
5,505 
5,505 
5,505 
5.505 
5,854 
6,204 
6,204 
6.204 
6,204 
6.204 
6,204 
6,204 
6,2 04 
6,204 
6,204 
6,204 
6,204 
6,204 
6,204 
6,204 

125,183 $ 16,134 $ 4,387 $ 106,517 $ 127,038 $ 

Ill ACC Jurisdictional share is approximately 98.54%. 
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LINE 

1 
2 
3 
4 
5 
6 
7 
8 
9 
10 
11 
12 
13 
14 
15 
16 
17 
18 
19 
20 
21 
22 
23 

ARIZONA PUBLIC SERVICE COMPANY 
SCHEDULE OF AMOUNTS TO BE DEPOSITED IN THE 

DECOMMISSIONING TRUSTS INCLUDED IN COST OF SERVICE 
PAL0 VERDE UNIT 2 
(Thousands of OolIars) 

(APS Share) 

POSY 
SHUTDOWN 

POST ISFSI 
SHUTDOWN REGULATORY 
ON-GOING ASSET 

ISFSl AMORTIZATION DECOMMISSIONING TOTAL ACC 
ANNUAL ANNUAL ANNUAL ANNUAL JURISDICTIONAL 

CONTRIBUTION CONTRIBUTION CONTRIBUTION CONTRIBUTION AMOUNT 
YEAR REQUIRED REQUIRED REQUIRED REQUIRED I1 i 

2004 
2005 
2006 
2007 
2008 
2009 
201 0 
201 1 
201 2 
201 3 
201 4 
201 5 
2016 
201 7 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 

$ 126 $ 
250 
250 
250 
250 
606 

2,561 
2,561 
2,561 
2,561 
2,561 
2,561 

194 $ 
388 
388 

388 
388 
388 
388 
388 
388 
388 
388 

388 

6,153 $ 
8,072 
8,072 
8,072 
8,072 
8,072 
8,072 
8,072 
8,072 
8,072 
8.072 
8.072 

6,473 $ 
8,710 
8,710 
8,710 
8,710 
9,066 

11,021 
11,021 
11,021 
11,021 
11,021 
11,021 

6.378 
8,583 
8,583 
8,583 
8,583 
8,934 

10,860 
10,860 
10.860 
10,860 
10,860 
10.860 

2026 

$ 17,090 $ 4,462 $ 94,945 $ 116,505 $ 114,004 

ill ACC Jurisdictional share is approximately 98.54%. 
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LINE 

1 
2 
3 
4 
5 
6 
7 
8 
9 
10 
11 
12 
13 
14 
15 
16 
17 
18 
19 
20 
21 
22 
23 

ARIZONA PUBLIC SERVlCE COMPANY 
SCHEDULE OF AMOUNTS TO BE DEPOSITED IN THE 

DECOMMISSIONING TRUSTS INCLUDED IN COST OF SERVICE 
PAL0 VERDE UNIT 3 
(Thousands of Dollars) 

(APS Share) 

POST 
SHUTDOWN 

POST ISFSI 
SHUTDOWN REGULATORY 
ON-GOING ASSET 

ISFSI AMORTIZATION DECOMMISSIONING TOTAL ACC 
ANNUAL ANNUAL ' ANNUAL ANNUAL JURISDICTIONAL 

CONTRIBUTION CONTRIBUTION CONTRIBUTION CONTRIBUTION AMOUNT 
YEAR REQUIRED REQUIRED REQUIRED REQUIRED I1 I 

2004 
2005 
2006 
2007 
2008 
2009 
2010 
201 1 
2012 
2013 
2014 
201 5 
201 6 
201 7 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 

$ I 2 5  
25 1 
25 1 
25 1 
25 1 
605 
960 
960 
960 
960 
960 
960 
960 
960 
960 
960 
960 
960 
960 
960 
960 
960 

1,004 

$ 95 
190 
190 
190 
190 
190 
190 
7% 
1 90 
I 9 0  
I 9 0  
190 
190 
190 
190 
190 
190 
190 
190 
190 
190 
190 
238 

$ 5,098 
6,017 
6,017 
6,OI 7 
6.01 7 
6,017 
6,017 
6,017 
6,017 
6,017 
6,017 
6,017 
6,017 
6.01 7 
6.01 7 
6.01 7 
6.01 7 
6,OI 7 
6,017 
6,OI 7 
6,017 
6.01 7 
6.01 7 

$ 5,318 
6,458 
6,458 
6,458 
6,458 
6,812 
7,167 
7,167 
7,167 
7,167 
7,167 
7,167 
7,167 
7.167 
7,167 
7,167 
7,167 
7,167 
7,167 
7,167 
7,167 
7,167 
7,259 

8 5,240 
6,364 

' 6,364 
6,364 
6,364 
6,713 
7,062 
7.062 
7,062 
7.062 
7,062 
7.062 
7,062 
7,062 
7,062 
7,062 
7,062 
7,062 
7,062 
7,062 
7,062 
7,062 
7,153 

$ 18,098 $ 4,323 $ 137,472 $ 159,893 3 . 157,559 

/ I /  ACC Jurisdictional share is approximately 98.54%. 



Attachment tLR-4  
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ARIZONA PUBLIC SERVICE COMPANY 
COMPUTATION OF ALLOWANCE FOR WORKING CAPITAL 

TWELVE MONTHS ENDED SEPTEMBER 30,2005 

LINE DESCRIPTION AMOUNT 
1 WORKING CAPITAL - OPERATIONS s (29,139) 

2 MATERIALS 8 SUPPLIES‘” 

3 FUEL - COAL AND OIL 

4 FUEL - NUCLEAR. NET 

5 PREPAYMENTS 

106,427 a 

25,452 b 

59,889 c 

5.517 

6 ALLOWANCE FOR WORKING CAPITAL $ 168,146 

a+b+c= 191,768 

Note (‘I:  APS Materials and Supplies include FERC I54 & 156 
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Supportinn Schedules 
RCND Study 

Attachment UR-5-2 
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Recap Schedules 
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Q. 

A. 

Q- 
A. 

II. 

Q. 

1 W 1 5 . 2  

REBUTTAL TESTIMONY OF LAURA L. ROCKENBERGER 
ON BEHALF OF ARIZONA PUBLIC SERVXCE COMPANY 

(Docket No. E-01345A-05-816) 

INTRODUCTION 

PLEASE STATE YOUR NAME, BUSINESS ADDRESS AND 
OCCUPATION. 

My name is Laura L. Rockenberger. My business address is 400 North Fifth 

Street, Phoenix, Arizona, 85004. I am the Manager of Operations Accounting for 

Arizona Public Service Company (“AF”” or “Company”). 

DID YOU FILE DlRECT TESTIMONY IN THIS PROCEEDING? 

Yes. I filed direct testimony in this docket on November 4,2005 (“Initial Filing”), 

and also provided updated testimony on January 3 1,2006 (“January Filing”). 

SUMMARY OF REBUTTAL TESTIMONY 
PLEASE SUMMARIZE YOUR REBUTTAL TESTIMONY. 

Most importantly, my Rebuttal Testimony addresses the critical need of the 

Company to maintain an appropriate level of cash working capital and refutes both 

the Staff and Residential Consumer Utility Ofice (“RUCO”) recommended 

reductions in cash working capital that will M e r  handicap the Company’s 

ability to have cash available to operate and maintain its electric system on a daily 

basis. The Company opposes Staff recommendations that cash working capital be 

reduced by $59,600,000 by removing “non-cash items” and including interest 

expense in the Cash Working Capital calculation. RUCO also recommends that 

depreciation expense, as a “non-cash item,” be excluded from and interest expense 

be included in the cash working capital calculation. Certain income statement 

expenses have been casually referred to as “non-cash” items; but, the stark reality 

-1- 



1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

23 

24 

25 

26 
I. 

I 

is that these items provide cash resources that the Company desperately needs tc 

maintain operations while funding expansive growth in its service territory. The 

fundamental regulatory concept that we must remain focused on is that the curreni 

period depreciation expense, and other non-cash expenses, reduce rate base before 

the cash is collected Erom the customers. Because there is a gap in time fiom the 

rate base reduction (when the Company stops earning a return on the assets which 

are “consumed” in operations and allocated to expense) and the cash collection 

from the customers, it makes sense to bridge that “gap” in time by including those 

expenses in the cash working capital calculation. APS witness Balluff will 

provide further elaboration on the technical merits of including these non-cash 

items and excluding interest expense in the cash working capital calculation. 

Finally, the Company does not oppose $5,019,000 in cash working capital 

reductions recommended by Staff which are based on adjustments to the cash 

working capital calculation. 

My Rebuttal Testimony also discusses the rate base and operating income 

adjustments advocated by Staff, RUCO and Arizonans for Electric Choice and 

Competition (“AECC”). These adjustments fall into these categories: 

recommendations we do not oppose; those we can support in part; and, those we 

completely oppose. These adjustments are summarized below. All the rate case 

and operating income adjustments summarized are stated as total company 

numbers. The jurisdictional portion of the adjustments are summarized in 

Attachmats LLR-3-1RB through LLR-3-3RB. 

Adjustments to Both Rate Base and Operating Income 

A.  Palo Verde Unit I Steam Generators 

I E864 15.2 

- 2 -  
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The Company does not oppose RUCO’s recommendation to record the 

$36,684,000 retirement of the old steam generators and low pressure turbines 

which has no impact on rate base. Accordingly, the Company does not oppose the 

related $262,000 adjustment to reduce operating income for depreciation expense 

related to a portion of the old low pressure turbine equipment retired, but does 

oppose the recommended $404,000 adjustment for depreciation on the old steam 

generators which was included in the Company’s calculation. 

B. Bark Beetle Remediation 

The Company has deferred bark beetle remediation costs in compliance with 

Decision No. 67744, and opposes both (1) Staff recommendations to remove 2005 

expenses fiom January 1, 2005 through March 31, 2005, and (2) RUCO’s 

recommendation to remove projected costs from the end of the Test Year through 

December 3 1, 2006. These recommendations would decrease the allowable 

deferred bark beetle remediation costs and related annual amortization expense. 

The Company is not opposed to certain adjustments to include the impacts of 

deferred income taxes in rate base and correct the original pro forma for the actual 

costs at September 30, 2005. The Company is also proposing to update the 

projected costs through December 3 1, 2006. This will increase the total deferred 

bark beetle remediation costs by $333,000 to $11,622,000. The net pro forma 

adjustment will reduce rate base by $1,755,000 and increase amortization expense 

by $1 10,000. 

Additional Pro Forma Adjurtments to Operating Income 

A. P WEC Units’ and Smdance Units 

’ “ P W C  Units” refers to the generation plants that were transferred to APS in the prior rate case, 
as discussed in my Direct Testimony. 

lMLb(15.2 
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Mr. Ewen discusses the PWEC Units’ and Sundance Units O&M in his Rebuttal 

Testimony. 

The Company is opposed to Mr. Higgins’ recommended adjustment to reduce the 

PWEC Units’ A&G by $1 1,618,000 based on the concept that A&G recovery 

should be limited to historical levels. It should be noted, however, that the 

Company is not opposed to $5,098,000 in out-of-period adjustments related to 

PWEC A&G which I address in “J. Other Administrative and General 

Adjustments”. 

B. Decommissioning 

The Company is opposed to RUCO’s recommended $765,000 reduction in 

operating expenses related to decommissioning. RUCO included the 

decommissioning costs, but did not take into consideration that fbnding into the 

decommissioning trusts also provides for post-shutdown spent nuclear bel  storage 

costs which was properly recorded as $765,000 in fuel expense and fimded into 

the decommissioning trusts. 

C. Spent Nuclear Fuel Storage 

The Company is not opposed to Staffs recommendation to reduce operating 

income by $264,000 for ongoing spent nuclear fuel storage expenses. 

D. Depreciation and Amortization 

The Company is opposed to RUCO’s recommended $6,991,000 reduction in 

amortization expense, as RUCO provided an historical average rate which 

understates normalized amortization expense in a period of time when assets 

balances are increasing significantly and, thus, amortization expense is increasing. 

1886415.2 
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E. Property Taxes 

The Company is not opposed to Staffs recommended $1,708,000 reduction in 

property taxes related to the 2007 phase-in of new generation plant costs. 

Accordingly, the Company is opposed to RUCO’s adjustment to reduce the 

property taxes by $5,977,000 based on the temporary suspension of the County 

Education Tax Rate, because RUCO did not take into consideration all known and 

measurable factors impacting the assessed value which would impact the pro 

forma adjustment. 

F. Payroii 

The Company is opposed to both Staff and RUCO recommendations to disallow 

stock-based incentive compensation and to have an overall 20% reduction in 

incentive compensation. Mr. Wheeler discusses this fiuther in his Rebuttal 

Testimony. The Company is also opposed to RUCO’s recommendation that 

Supplemental Excess Benefit Retirement Plan (“SEBRP”) expense be disallowed. 

Mr. Brandt discusses this further in his Rebuttal Testimony. 

Staff has proposed an $8,155,000 increase in pension costs and a $2,038,000 

increase in post retirement medical costs based on estimated 2006 expenses. The 

Company agrees that the Test Year expenses should be based on 2006 cost levels 

and has now received final 2006 actuarial calcuIations, which increase Test Year 

pension expense by $2,249,000 and decrease post retirement medical costs by 

$3,191,000. The Company is proposing adjustments based on these final 2006 

actuarial calculations. 

l B f f l I S . 2  
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G. Underjiied Pension Liability 

The Company opposes Staff, RUCO and AECC recommendation to deny the 

Company’s request to accelerate the recovery of its underfunded pension liability 

over a five-year period beginning in 2007. Mr. Brandt discusses the necessity foi 

the Company to accelerate this funding in his Rebuttal Testimony. 

H Advertising 

The Company is not opposed to the $437,000 reduction in advertising cost5 

recommended by Staff, $66,000 of the $566,000 reduction recommended bj 

RUCO, and the $4,625.00 reduction recommended by Mr. Rigsby. The Companj 

is opposed to RUCO’s recommendation to remove $400,000 of meals expense 

from operating expenses as these costs are incurred to provide company lunches 

for employees that are working during their personal lunch time. The Company is 

proposing a pro forma adjustment to reduce operating expenses by $508,000. 

I. Lobbying 

The Company is opposed to adjustments to remove lobbying costs from the Test 

Year, as Mr. Wheeler discusses in his Rebuttal Testimony. 

J 

The Company is not opposed to Staff and RUCO recommended adjustments to 

reduce A&G by $8,520,000 for out-of-period costs and legal fees. This amount 

includes $5,098,000 in PWEC Units out-of-period adjustments. 

Other Administrative and General Adjustments 

Liberty Consulting Group Fuel Audit 

My Rebuttal Testimony also responds to one recommendation which was 

addressed by Staff’s consultant, Liberty Consulting Group, in its Final Audit 

Report: APS Fuel and Purchased Power Procurement and Costs (“Fuel Audit 

1118646415.2 
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A. 

Report”), which was issued August 3 1,2006. This recommendation addresses ar 

accounting practice for allocating r e h d s  on fuel transportation costs to fue 

expense and inventory. The Fuel Audit Report noted that the recommendec 

accounting adjustment is only a short-term timing issue regarding the flow of h e  

expense through the Power Supply Adjustor (“PSA”). 

Finally, my Rebuttal Testimony includes the calculation of estimated Plant-in- 

Service at December 3 1 , 2006, as discussed in Mr. Wheeler’s Rebuttal Testimony 

The estimated Plant-in-Service is $1 1,369,665,OOo. The increase in Plant-in. 

Service from the Test Year to December 3 1,2006 is estimated to be $572,058,000, 

which has a related revenue requirement of $13,480,000. 

HOW Is YOUR TESTIMONY ORGANIZED? 
First, I will discuss the adjustment to the cash working capital (“CWC”) included 

in the Allowance for Working Capital, as set forth in Attachment LLR-I-lRB. 

Then, I will discuss the items that have a pro forma adjustment to Original Cod 

Rate Base, as set forth in Attachments LLR-2-1RB through LLR-2-3RB and any 

corresponding pro forma adjustments to operating income. After the discussion of 

these items, which adjust the rate base, I will present the Summary of Original 

Cost and RCND Rate Base Elements, Adjustments to B-2 and Adjustments to B-3 

in Attachments LLR-3-1RB through LLR-3-3RB. I will then discuss the 

remaining operating income pro forma adjustments. These pro forma adjustments, 

as set forth in Attachments LLR-4-lRB through LLR-4-8RBY reflect total 

Company amounts prior to any jurisdictional allocation. Then I will discuss one 

of the recommendations in the Fuel Audit Report that is related to fuel accounting 

practices. Finally, I will discuss the estimated Plant-in-Service at December 3 1, 

2006 as set forth in Attachment LLR-5-1RB. 
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A. 
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A. 

Q. 

A. 

ALLOWANCE FOR WORKING CAPITAL 

HAVE YOU REMEWED STAFF AND RUCO TESTIMONY AND 
EXHIBITS RELATING TO WORKING CAPITAL? 

Yes. Both Staff witness Mr. Dittmer and RUCO witness Ms. Dim Cortez discuss 

working capital issues in their testimony. Both make significant adjustments to 

the Company’s lead lag study in the area of cash working capital (“CWC”), as 

identified in Staff Schedule B-4 and RUCO Schedule MDC-5. 

PLEASE IDENTIFY STAFF’S RECOMMENDED ADJUSTMENTS TO 
cwc. 
As is shown in Mr. Dittmer’s Direct Testimony on page 32, Staffs recommended 

CWC adjustments are as follows: 

APS C WC Recommendation 
Staff CWC Adjustments: 

$(29.3) million 

Remove Non-Cash Items (43.7) million 
Recognize Interest Expense (15.9) million 

Total Non-Cash and Interest Expense (59.6) million 

Revise Palo Verde Lease Payment Lag (7.1) million 
Adjust Level of Purchased Power Expense 2.6 million 
Re-weight Revenue Lag (0.5) million 

(5.0) million Total Other CWC Adjustments 

Total Staff CWC Adjustments: $(64.6) million 

Staffs Recommended CWC: $(93.9) million 

PLEASE IDENTIFY RUCO’S RECOMMENDED ADJUSTMENTS TO 
c w c .  

Us. Dim Cortez also recommends that depreciation expense be excluded and 

interest expense be included in the CWC calculation. Although Ms. Dim Cortez 

also substituted RUCO’s recommended expense levels for the Company in its 
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A. 

CWC calculation, she states in her testimony on page 12 that her entire proposed 

adjustment “is primarily attributable to the depreciation and interest expense 

factors and decreases cash working capital by $78.2 million.” 

DO YOU AGREE WITH THESE RECOMMENDATIONS? 

I agree with Staffs recommendations for adjustments to Palo Verde lease payment 

lags, levels of purchased power expense, and to its re-weighting of revenue lags in 

CWC. However, I strongly disagree with both Staff and RUCO’s 

recommendation to eliminate so called “non-cash” items fiom CWC. I also 

strongly disagree with their recommendation to include interest expense in the 

CWC calculations. APS witness Balluff discusses the appropriateness of inclusion 

of “non-cash” items, as well as the exclusion of interest expense in the CWC 

calculations, in his Rebuttal Testimony. 

TAKING INTO CONSIDERATION THE RECOMMENDATIONS THAT 
YOU DO NOT OPPOSE, CAN YOU SUMMARIZE THE COMPANY’S 
REVISED CASH WORKING CAPITAL REQUEST? 

Yes. The Company does not oppose the recommended adjustments to the Palo 

Verde lease payment lags, levels of purchased power expense, and to its re- 

weighting of revenue lags. These total changes result in a revised cash working 

capital request of ($34,158,000), which is a reduction of $5,019,000 fiom the 

January Filing in SFR Schedule B-5, line 1. See Attachment LLR-1-1RB. 

PLEASE EXPLAIN WHY CASH WORKING CAPITAL IS A CRITICAL 
SOURCE OF FUNDS TO THE COMPANY. 

The Company must operate and maintain its electric system on a daily basis. As 

Mr. Wheeler discussed in his Direct Testimony, APS is experiencing dramatic 

growth in its service territory. Mr. Brandt discusses in his Rebuttal Testimony that 
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A. 
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A. 

the Company anticipates spending in excess of an average of $900 million per 

year, from 2007 through 2009, for capital investments to serve its rapidly growing 

customer base and maintain high service reliability. Cash working capital is a 

critical source of funds. 

The arbitrary reduction of rate base to the tune of about $44 million, due to a 

perception by Staff and RUCO that such depreciation expense is not a “cash” item, 

effectively reduces APS’ cash flow during a time in which the Company is 

experiencing unprecedented growth and must be able to generate sufficient cash to 

continue construction and provide reliable service to its rapidly increasing 

customer base. 

PLEASE EXPLAIN THE FUNDAMENTAL CONCEPT THAT PROVIDES 

CAPITAL CALCULATION. 
The fundamental regulatory concept that we must remain focused on is that the 

current period depreciation expense, and other non-cash expenses, reduce rate base 

before the cash is collected fiom the customers. Because there is a gap in time 

fiom the rate base reduction (when the Company stops earning a return on the 

assets which are “consumed” in operations and allocated to expense) and the cash 

collection from the customers, it makes sense to bridge that “gap” in time by 

including those expenses in the cash working capital calculation. 

FOR INCLUDING NON-CASH ITEMS IN THE CASH WORKING 

IS A P S ’  REQUEST TO INCLUDE THESE OTHER REVENUE ITEMS IN 

OTHER COMMISSIONS’ TREATMENT OF THESE SAME EXPENSES? 
No. Mr. Balluff discusses the fact that other state commissions have recognized 

the appropriateness of reflecting these non-cash items somewhere in a utility’s rate 

THE LEAD LAG STUDY UNPRECEDENTED OR OUT-OF-LINE WITH 
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A. 

Q. 

A. 

base. For APS, it has been eighteen years since these issues were litigated, so it is 

time for the Commission to revisit the analysis of how cash working capital is 

determined for rate making purposes. 

PRO FORMA ADJUSTMENTS TO BOTH RATE BASE & OPERATING 
INCOME 

A. Palo Verde Unit I Steam Generators 

RUCO IDENTIPIED THAT THE COMPANY’S RATE BASE PRO 
FORMA, WHICH REFLECTED THE REPLACEMENT OF STEAM 
GENERATORS FOR PAL0 VERDE UNIT 1, FAILED TO INCLUDE A 
PROVISION FOR THE RETIREMENT OF THE ORIGINAL UNIT 1 
STEAM GENERATORS AND PROPOSED A RATE BASE ADJUSTMENT 
TO REFLECT THAT RETIREMENT. DO YOU AGREE WITH RUCO’S 
PROPOSED ADJUSTMENT? 

Yes. As a result, the Company is proposing a rate base pro forma to reflect the 

retirement of the original steam generators, including the low pressure turbine 

rotors. The pro forma will decrease plant assets by $36,684,000 and decrease 

accumulated depreciation by $36,684,000. This pro forma has no effect on rate 

base, but does have an impact on depreciation expense. See Attachment LLR-2- 

IRB. 

PLEASE EXPLAIN THE IMPACT OF THIS PRO FORMG ON 
DEPRECIATION EXPENSE. 
The Test Year depreciation expense was adjusted to reflect the increase in the 

level of plant-in-service resulting from the addition of the replacement steam 

generators, net of the retirement of the original steam generators. The Company’s 

depreciation expense adjustment was properly calculated for the replacement of 

the steam generators, but did not include the retirement of the low pressure turbine 

rotors in the calculation. 
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Q. 

A. 

Q. 

RUCO PROPOSED A $666,000 ADJUSTMENT TO REDUCE 
DEPRECIATION EXPENSE TO REFLECT THE RETIREMENT OF THE 
ORIGINAL STEAM GENERATORS AND THE ADDITION OF THE 
REPLACEMENT STEAM GENERATORS, INCLUDING THE LOW 
PRESSURE TURBINES. DO YOU AGREE WITH RUCO’S 
ADJUSTMENT? 

The Company agrees with a portion of the adjustment. The $666,000 adjustmeni 

includes reductions in depreciation expense of $404,000 related to the stem 

generators and $262,000 related to the low pressure turbine rotors. The Compan) 

agrees with the $262,000 adjustment for the low pressure turbine rotors proposed 

by Mr. Rigsby, which is included in Attachment LLR-ClRB. However, the 

$404,000 depreciation adjustment for the retirement of the original steam 

generators was included in the Company’s Test Year pro forma adjustment, 

therefore, Mr. Rigsby’s adjustment would double count depreciation expense 

reduction for the original steam generators. See LLR - WP17, page 2 of 12. 

B. Bark Beetle Remediation 

HAVE YOU REVIEWED STAFF AND RUCO TESTLMONY AND 
EXHIBITS RELATING TO BARK BEETLE REMEDIATION? 

Yes. Mr. Dittmer and Mr. Rigsby each addressed bark beetle remediation in their 

Direct Testimony. They each concluded that Decision No. 67744 provided for the 

deferral of bark beetle remediation costs and subsequent amortization of such 

costs; and, furthermore, each accepted the three-year amortization period proposed 

by the Company. Additionally, Mi-. Dittmer and Mr. Rigsby each propose certain 

pro forma adjustments, which I shall now address. 

MR. DI’ITMER RECOMMENDED THAT THE COSTS DEFERRED FOR 
THE PERIOD OF JANUARY 1, 2005 THROUGH MARCH 31, 2005 BE 
REMOVED FROM THE DEFERRED COSTS AND 
CORRESPONDINGLY, THAT THE ANNUAL AMORTIZATION 
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A. 

Q* 

A. 

EXPENSE BE REDUCED. DO YOU AGREE WITH THIS 
RECOMMENDATION? 

No. Mr. Dittmer believes that the effective date to commence deferral of bark 

beetle remediation costs should be April 1, 2005, the effective date of Decisior; 

No. 67744. However, the language of that Decision, which states, “ A P S  is 

authorized to defer for later recovery the reasonable and prudent direct costs ol 

bark beetle remediation that exceed the test year [emphasis added] levels of tree 

and bush control”, indicates that a full year of cost recovery was intended. 

Therefore, the Company actually began deferring costs incurred effective Januarq 

1, 2005. The Company believes that the August 2004 Settlement intended and 

Decision No. 67744, effective April 1, 2005, authorized that deferrals would 

include the entire calendar year in which the deferral became effective. Thus, 

effective January 1, 2005, the Company began deferring costs to ensure that the 

allowable deferred costs were properly calculated for 2005. 

MR DITTMER ALSO RECOMMENDS ADJUSTMENTS TO CORRECT 
THE COMPANY’S ORIGINAL PRO FORMA ADJUSTMENT. DO YOU 
AGREE WITH THIS RECOMMENDATION? 

The Company agrees that the rate base should include accumulated deferred 

income taxes associated with APS’ pre-tax pro forma rate base adjustment and that 

the actual bark beetle deferral balance used in the Company’s original pro forma 

adjustment was incorrect. These corrections have been made and the projected 

cost deferral through December 3 1 , 2006 has been updated and slightly increased, 

Taking these items into consideration, the Company is proposing a pro forma 

adjustment to reduce the rate base by $1,755,000. See Attachment LLR-2-2RB. 

This includes an adjustment to reduce the rate base by $2,793,000 for accumulated 

deferred income taxes related to rate base adjustments, partially offset by a 
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$1,038,000 rate base increase comprised of a $705,000 addition to rate base to 

correct the calculation for the actual September 30, 2005, deferred bark beetle 

remediation costs in the Company’s original pro forma in the January filing, as 
discussed in Mr. Bischoffs testimony, and a $333,000 addition to rate base to 

increase the projected bark beetle remediation cost deferral through December 3 1, 

2006, 

13 

L- 14 

rs THERE A CORRESPONDING OPERATING INCOME PRO FORMA 
TO ADJUST THE A ” U A L  AMORTIZATION EXPENSE? 

Yes. A pro forma adjustment to increase the operating costs by $1 10,000 fiom 

$1,438,000 to $1,548,000 to reflect the increased bark beetle amortization cost is 

included as Attachment LLR-4-2RB. 
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Q* 

A. 

Q* 

A. 

MR. RlGSBY PROPOSES A PRO FORMA ADJUSTMENT TO REMOVE 

THE COMPANY’S DEFERRAL CALCULATION. DO YOU AGREE 
WITH THIS RECOMMENDATION? 

No. Estimating costs for the period of time fkom September 30,2005 (the end ol 

the Test Year) through January 1,2007 (when rates are expected to be in place), is 

a reasonable period of time to project the costs for ongoing remediation activities 

and also meets the standard of known and measurable costs. Our current financial 

projections, based on actual costs at July 31, 2006, and including transportation 

costs related to remediation activities, indicate that the Company will have aboul 

$1 1,622,000 in deferred costs at December 3 1, 2006, about $333,000 more than 

the amounts estimated in our January Filing. It is appropriate under the matching 

principal to use estimated costs to ensure that the rates in effect in 2007 provide (at 

ESTIMATED BARK BEETLE REMEDIATION COSTS INCLUDED m 

a minimum) for the amortization of the actual costs incurred by year-end 2006. 

Thus, APS does not accept Mr. Rigsby’s proposed adjustments to reduce the rate 
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V. 

Q= 

A. 

VI. 

Q. 

A. 

Q- 

A. 

base for costs incurred subsequent to the Test Year, and the correspondhi 

adjustment to reduce operating expenses for the annual amortization expense. 

TOTAI, RATE BASE ADJUSTMENTS 

PLEASE SUMMARIZE THE ADJUSTED TEST YEAR ORIGINAL COS1 
RATE BASE PROPOSED BY APS. 
For the Test Year ending September 30,2005, APS is proposing a total Companq 

OCRB adjustment of $10,660,000 to decrease the OCRB fiom $5,327,833,000 in 

the January Filing to $5,3 17,173,000. The jurisdictional allocation of the OCRB is 

$4,456,937,000, which is sponsored by Mr. David Rurnolo. These adjustments are 

summarized in Adjustments to Schedule B-2, which is included as Attachment 

LLR-3-2RB. 

RECONSTRUCTION COST NEW STUDY 

HAVE YOU DEVELOPED REVISED RCND CALCULATIONS FOR 
VARIOUS RATE BASE ADJUSTMENTS PROPOSED OR ACCEPTED BY 
THE COMPANY? 

Yes. In my Direct Testimony, I sponsored the Company’s Reconstruction Cost 

New (”RCN’) and Reconstruction Cost New Less Depreciation (“RCND”) study. 

In Attachments LLR-3-I RB through LLR-3-3RB, I present the Original Cost and 

RCND Rate Base Elements, Adjustments to B-2 and Adjustments to B-3. 

IS THE METHODOLOGY BY WHICH YOU CALCULATED THE RCN 
AND RCND AMOUNTS THE SAME AS PRESENTED M YOUR DIRECT 
TESTIMONY? 
Yes. The calculations of the RCN and RCND amounts follow the same methods 

that I discussed at pages 28-33 of my Direct Testimony. 
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VII. 

Q* 

A. 

Q. 

A. 

ADDITIONAL PRO FORMA ADJUSTMENTS TO OPERATING INCOME 
A. 

MR. HIGGINS AND M R  SCHLISSEL RECOMMENDED REDUCTIONS 
TO THE PWEC UNITS AND SUNDANCE UNITS O&M COSTS 
INCLUDED IN OPERATING EXPENSES. WHAT IS THE COMPANY’S 
RESPONSE TO THESE RECOMMENDATIONS? 

Mr. Ewen responds to these recommended pro forma adjustments in his Rebuttal 

Testimony. 

P WEC and Sundance Units 

MR. HIGGINS (AECC) RECOMMENDED THAT THE PWEC UNITS’ 
ADMINISTRATM3 AND GENERAL (“AgiG’’) COSTS BE LIMITED TO 
THOSE EXPENSES ATTFUBUTED TO THE PWEC UNITS DURING THE 
COMPANY’S PRIOR RATE CASE. DO YOU AGREE WITH THIS 
APPROACH? 

No, I do not agree with Mi. Higgins’ pro foma adjustment to arbitrarily reduce 

PWEC A&G by $1 1,618,000 based on the argument that some prior year costs 

should be a consideration for reduction in costs in this rate case. Decision No. 

67744 specifically ordered APS to rate base the units at December 31, 2004, at 

$700,000,000. The order to rate base the generating units did not include any 

requirements for or limitations on operating expenses. Additionally, it should be 

noted that the Company has proposed a reduction in operating expenses of 

$5,098,000 for P W C  Units A&G out-of-period adjustments, which effectively 

reduces Mr. Higgins’ recommended adjustment of $1 1,618,000 to $6,520,000. 

These A&G adjustments are discussed later in my testimony and included as 

Attachment LLR-4-8RB. 

B. Nuclear Plant Decommissioning 

RUCO PROPOSED A $765,000 REDUCTION IN OPERATING EXPENSES 
FOR DECOMMISSIONING. DO YOU AGREE WITH THIS 
ADJUSTMENT? 
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Q. 

A. 

Q. 

A. 

Q. 

No. During the Test Year, the Company funded $16,093,000 into tht 

decommissioning trusts. Since the decommissioning k s t s  are fhded for botl 

plant decommissioning costs and post-shutdown spent nuclear fuel storage costs 

the Test Year operating expenses include $15,328,000 in depreciation expense foi 

decommissioning fbding and $765,000 in he1 expense for post-shutdown speni 

nuclear fuel storage funding. RUCO’s proposed adjustment did not include the 

$765,000 in nuclear fuel expense for funding the post-shutdown spent nuclear fuel 

storage costs. 

C. Spent Fuel Storage 

STAFF HAS PROPOSED AN ADJUSTMENT TO SPENT NUCLEAR 
FUEL STORAGE EXPENSE. DO YOU AGREE WITH THIS 
RECOMMENDATION? 

Yes. A pro forma adjustment of $264,000 is included in SFR Schedule C-2 to 

reduce the ongoing spent nuclear fuel storage expense. See Attachment LLR-4- 

3RB. 

D. Depreciation and Amortization 

HAVE ANY OF THE PARTIES’ TAKEN THE POSTION THAT THE 
COMPANY’S DEPRECIATION RATES PROPOSED IN THIS CASE ARE 
DIFFERENT THAN THOSE AUTHORIZED IN COMMISSION 
DECISION NO. 67744? 

No. In fact, Staff witness Smith acknowledged that the depreciation rates 

proposed by APS were developed in a manner that is consistent to the depreciation 

rates that the Commission approved in Decision No. 67744 and recommended that 

those rates be adopted. 

HAVE YOU REVIEWED THE TESTIMONY PROVIDED BY RUCO 
REGARDING AMORTIZATION EXPENSE? 
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A. 

Q. 

A. 

Q. 

A. 

Q- 

A. 

Yes. Ms. Dim Cortez objected to the Company pro forma increasing amortization 

expense by $10,002,000 without the Company performing a study of the general 

and intangible assets. Ms. Dim Cortez proposed an operating expense reduction 

of $6,991,000 based on her analysis. 

WHAT ANALYSIS DID MS. DIAZ CORTEZ PERFORM TO 
CALCULATE HER ADJUSTMENT TO AMORTIZATION EXPENSE? 

The composite rate appears to have been calculated by taking amortization 

expense for the twelve months ended September 30, 2005, and dividing thal 

amount by the original cost plant balance at September 30,2005. That composite 

rate multiplied by the increase in the original cost plant balances during the Tesf 

Year, increased amortization expense by $3,011,000. The pro forma adjustment 

proposed by RUCO reduces the increase in amortization expense to that level. 

WHAT OBSERVATIONS DID YOU MAKE REGARDING THE 
METHODOLOGY USED BY MS. DIAZ CORTEZ IN HER PRO FORMA 
ADJUSTMENT CALCULATION? 

Her calculation methodology does not have sufficient analysis or detail to properly 

normalize amortization expense. The method is a high level general estimating 

process that may be appropriate to use when the assets all have similar estimated 

useful lives. However, because the Company's intangible assets have a wide 

range of estimated useful lives, and because each asset is individually amortized, 

the calculation cannot properly normalize amortization expense. 

PLEASE EXPLAIN THE METHODOLOGY USED IN PREPARING THE 
COMPANY PRO FORMA ADJUSTMENT FOR AMORTIZATION 
EXPENSE. 

The pro forma adjustment proposed by the Company used a more precise method 

to calculate amortization expense. ' The calculation was based on the actual 
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Q. 

A. 

Q* 

A. 

Q- 

individual asset costs and lives at September 30, 2005, multiplied by the actual 

amortization rates for each individual asset. By using the actual assets a1 

September 30,2005, the calculation would exclude recent retirements and include 

recent additions for a full year calculation of amortization expense. Fully 

amortized assets were properly excluded h m  the calculation. The amortkation 

rates in effect today were approved by the Commission in Decision No. 67744. 

The pro forma adjustment is the difference between the normalized annual 

amortization expense and the actual test year amortization expense. This 
calculation method was consistently used by the Company in the last rate case 

filing and has not been objected to by any party in that case or by Staff in this 

case. 

HAVE YOU PERFORMED ANY ADDITIONAL REVIEWS OF 
AMORTIZATION EXPENSE SINCE THE END OF THE TEST WAR? 

Yes. For the period of time h m  the end of the Test Year, September 30,2005 

through June 30, 2006, the General and Intangible Assets have increased from 

$371 million to $387 million. At June 30, 2006, the annualized level of 

amortization expense is $45.3 million which exceeds the normalized pro forma 

adjustment proposed by the Company in its January Filing by $6.6 million. 

IS THE COMPANY REQUESTING ANY CHANGES TO ITS EXISTING 
AMORTIZATION RATES? 

No. As I discussed in my Direct Testimony, APS is not requesting any change to 

the amortization rates authorized in Decision No. 67744. These rates are set forth 

on Attachment LLR-2- 1 1. 

IS THE COMPANY REQUESTING ANY NEW AMORTIZATION 
RATES? 
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A. 

Q. 

A. 

Q- 

A. 

Yes. APS is requesting two new rates which I discussed in my Direct Testimony, 

No parties have objected to these rates. These rates are also set forth on 

Attachment LLR-2- 1 1. 

E. Property Tares 

DID YOU REVIEW THE STAF’F AND RUCO TESTIMONY FOR 
PROPERTY TAXES? 

Yes. Mr. Dittmer proposed an adjustment td reduce property taxes by $1,708,000 

to eliminate the APS proposed inclusion of the 2007 statutory phase-in oj 

increased property taxes associated with the PWEC Units. Additionally, Mr. 
Rigsby proposed an adjustment to reduce property taxes by $5,977,000 to refleci 

the temporary suspension of the County Education Tax Rate provided by H.B. 

2876. 

CAN APS ACCEPT STAFF’S PROPERTY TAX RECOMMENDATION 
FOR THE TEST YEAR? 

Yes. A $1,708,000 pro forma adjustment is included in SFR Schedule C-2 to 

reduce operating expenses for property taxes. See Attachment LLR-4-4RB. 

DO YOU AGREE WITH THE ADJUSTMENTS THAT RUCO 
PROPOSED? 

No. The adjustment proposed by Mr. Rigsby only took into consideration the 

impact of the temporary suspension of the County Education Tax Rate for 2006. 

The suspension of the County Education Tax Rate wilI reduce property taxes in 

2006, 2007 and 2008. There are other significant issues that will also impact 

property taxes that Mr. Rigsby did not take into consideration. The Arizona 

Department of Revenue has approved the 2007 assessed value, which is based on 

APS plant balances at December 31, 2005, and has recently approved the 
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Company’s request to reduce the 2007 assessed value for the PWEC Unit: 

regulatory disallowance reflected in Company records that was discussed in mj 

Direct Testimony. The assessed value of the property, and thus the calculation ol 

the impact on the property taxes for the suspension of the County Education Tm 

Rate, should appropriately consider these known and measurable net increases in 

the 2007 assessed value. The Company is now opposed to this pro forma 

adjustment because these net increases in assessed valuation, which are known and 

measurable, were not factored into the analysis pedormed by Mr. Rigsby. If all oj 

these factors were considered at the time Mr. Rigsby proposed his adjustment, Mr. 

Rigsby’s adjustment would fall to $2.4 million, rather than $6 million. In 

addition, the $2.4 million reduction would also encompass Staffs proposed 

adjustment for the 2007 generation phase-in costs, which we have not opposed. 

They are not additive. 

F. Payroll 

BOTH STAFF AND RUCO HAVE PROPOSED CHANGES TO 
INCENTIVE COMPENSATION. WHAT IS YOUR RESPONSE TO 
THESE PROPOSED CHANGES? 

In his Rebuttal Testimony, Mr. Wheeler explains why the Company disagrees with 

both Staffs proposal to disallow stock-based incentive compensation and RUCO’s 

proposal that the Commission order an overall 20% reduction in incentive pay for 

all employees. 

WHAT IS THE COMPANY’S RESPONSE TO RUCO’S 
RECOMMENDATION THAT THE SUPPLEMENTAL EXCESS BENEFIT 
RETIREMENT PLAN (“SEBRP”) COSTS BE DISALLOWED? 

The Company disagrees with RUCO’s position on SEBRP. Mr. Brandt explains 

the Company’s position in his Rebuttal Testimony. 
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HAVE YOU REVIEWED THE STAFF TESTIMONY ON PENSXON 
EXPENSE? 

Yes. Mr. Dittmer recommended increasing operating expenses by $8,155,000 for 

pension expense. His analysis was based on the level of estimated pension 

expense that the Company was recording in 2006, in excess of the pension 

expense recorded in the Test Year. En his testimony, Mr. Dittmer also noted that 

this estimate will need to be adjusted to actual costs in 2006 when the actual costs 

are known. 

HAS THE COMPANY RECENTLY RECEIVED ACTUARIAL 
INFORMATION THAT PROVIDES THE ACTUAL 2006 PENSXON 
EXPENSE? 

Yes. The Company has received updated actuarial information for 2006, although 

the final report has not yet been issued. The actuarially calculated number is 

higher than last year and indicates that the Test Year expense should be increased 

by $2,249,000. A pro foma adjustment of $2,2249,000 is included to increase 

pension expense based on the updated actuarial infomation. See Attachment 

LLR-4-SRB. 

HAVE YOU REVIEWED THE STAFF TESTIMONY FOR POST 
RETIREMENT MEDICAL BENEFITS? 
Yes. Similar to pension expense, Mr. Dittmer recommended an increase in 

operating expenses of $2,038,000, which is based on the actuarid estimates that 

the Company is relying on to record 2006 post retirement benefit costs in'excess of 

the level of costs recorded in the Test Year. Mr. Dittmer also noted that his 

estimate will need to be adjusted to actual costs when the final information is 

available. 
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Q- 
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Q. 

A. 

DID THE ACTUARIAL INFORMATION RECENTLY RECEIVED BY 
THE COMPANY INCLUDE THE ACTUAL 2006 POST RETIREMENT 
MEDICAL BENEFITS? 

Yes. The updated actuarial information indicates that the Test Year expense 

should be decreased by $3,191,000. A pro forma adjustment of $3,191,000 is 

included to decrease post retirement medical benefits expense based on the 

updated actuarial information. See Attachment LLR-4-6RB. 

G. U n d e r - e d  Pension Liability 

STAFF, RUCO AND AECC HAVE ALL RECOMMENDED THAT THE 

THE RECOVERY OF ITS UNDERFUNDED PENSION LIABILITY OVER 
A FIVEYEAR PERIOD BEGINNING IN 2007. WHAT IS THE 
COMPANY’S RESPONSE TO THESE RECOMMENDATIONS? 

Mr. Brandt explains why the Company opposes these recommendations in his 

Rebuttal Testimony. 

COMMISSION DENY THE COMPANY~S REQUEST TO ACCELERATE 

H. Advertising 

STAFF PROPOSED PRO FORMA ADJUSTMENTS FOR ADVERTISING 
COSTS. PLEASE DISCUSS THESE ADJUSTMENTS. 

In his testimony, Mr. Dittmer identified marketing and sponsorship costs totaling 

$437,000, which the Company has agreed to exclude from operating expenses. 

RUCO ALSO PROPOSED PRO FORMA ADJUSTMENTS FOR 
ADVERTISING COSTS. PLEASE DISCUSS THESE ADJUSTMENTS. 

Ms. Diaz Cortez proposed adjustments totaling $566,000 for sponsorships and 

other expenses that she deemed were not needed to provide electric service. Mr. 

Rigsby proposed an adjustment for $4,625 .OO to remove promotional advertising 

that he believes is similar to branding advertising. 
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DO YOU AGREE WITH THE ADJUSTMENTS PROPOSED BY MS. D W  
CORTEZ? 
I agree with $66,000 of the proposed $566,000 adjustment. The $100,000 Dodge 

Theatre expense was included in the operating adjustment for advertising costs 

that Staff has proposed and the Company has already accepted. Ms. Diaz Cortez 

has also proposed a $400,000 adjustment to reduce operating expenses for 

business lunches. Business lunches are provided by the Company when 

employees are expected to continue to work during their personal lunch break. 

We believe these are legitimate business expenses that provide the Company the 

benefit of additional productive non-interrupted, non-paid work time from our 

employees. For these reasons, the Company does not agree with Ms. Dim 

Cortez’s recommendation to reduce operating expenses for these lunches. 

WHAT ADVERTISING COSTS PRO FORMA ADJUSTMENT IS THE 
COMPANY PROPOSING? 

The Company is not opposed to Mr. Dittmer’s $437,000 adjustment, $66,000 of 

Ms. Diaz Cortez’s adjustment and Mr. Rigsby’s $4,625.00 adjustment. An 

operating income adjustment of $508,000 is proposed to remove these costs fiom 

the Test Year Operations. See Attachment LLR-4-7RI3. 

I. Lobbying 

DO YOU AGREE WITH THE STAFF POSITION THAT LOBBYING 
EXPENSES SHOULD BE RECORDED IN ACCOUNT NO. 426.4? 

We agree that lobbying expenses should be recorded in Account No. 426.4. 

FERC’s instructions for Account 426.4 state: 

This account shall include expenditures for the purpose of influencing 
public opinion with respect to the election or appointment of public 
officials, rejkrenda, legislation, or ordinances (either with respect to the 
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possible adoption of new referenda, legislation or ordinances or repeal or 
modijication of existing referenda, legislation or ordinances) or approval, 
mod@cation, or revocation offianchises; or for the purpose of influencing 
the decisions of public oflcials, but shall not include such expenditures 
which are directly related to aDDearances bebre repulatorv - or other 
governmental bodies in connection with the reporting utilitv ‘s existing or 
prouosed overations. [Emphasis added. J 

DO THE FEW INSTRUCTIONS PROVIDE ANY ADDITIONAL 
GUIDANCE ON CHARGING PRACTICES FOR ACCOUNT NO. 426.4? 

The FERC Instruction states that “the classification of expenses as non-operating 

and their inclusion in these accounts is for accounting purposes. It .does not 

preclude Commission consideration of proof to the contrary for ratemaking or 

other purposes.’’ 

FERC ACKNOWLEDGES THAT LOBBYING COSTS CHARGED TO 
FERC ACCOUNT 426.4 MAY BE CONSIDERED FOR RATE MAIUNG 
PURPOSES. DOES THE COMPANY BELIEVE THAT LOBBYING 
COSTS INCLUDED IN TEST YEAR OPERATING EXPENSES BENEFIT 
THE RATEPAYER? 

Yes. Mr. Wheeler discusses the benefits of lobbying costs to the ratepayers and 

the appropriate inclusion of lobbying costs in operating expenses for ratemaking 

purposes in his Rebuttal Testimony. 

.I Other Administrative and General Adjustments 

STAFF AND RUCO TESTIMONY PROPOSED PRO FORMA 

TEST YEAR. PLEASE DISCUSS THESE ADJUSTMENTS. 

Staff testimony by h4r. Dittmer identified $8,419,000 in out-of-period adjustments 

related to depreciation and rent expense. The $8,419,000 includes $5,098,000 in 

out-of-period adjustments for the PWEC Units. Ms. Dim Cortez also identified 

ADJUSTMENTS FOR OUT-OF-PERIOD EXPENSES INCLUDED IN THE 
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VIII. 

Q. 

A. 

Q. 

A. 

these depreciation and rent out-of-period costs, which are included in the mounts 

identified by Mr. Dittmer. Additionally, Mr. Dittmer identified $101,000 in legal 

costs related to the sale of the Silverhawk generating plant, which he 

recommended be removed fiom operating expenses. The Company does not 

oppose these pro forma adjustments totaling $8,520,000, which reduce operating 

expenses for out-of-period and legal administrative and general expenses. See 

Attachment LLR-4-8RB. 

LIBERTY CONSULTING GROUP FUEL AUDIT 

THE STAFF’S FUEL AUDIT REPORT CONTAINS A CONCLUSION AND 
A RECOMMENDATION REGARDING ACCOUNTING FOR 
SUPPLEMENTAL FUEL CHARGES AND REFUNDS. PLEASE 
IDENTIFY THIS CONCLUSION AND RECOMMENDATION. 

The Fuel Audit Report “Conclusion” section on page 140 states, “A review of 

APS handling of supplemental fbel charges and r e b d s  have been accounted for 

in the PSA power Supply AdjustorJ when applicable; the accounting methods are 

not consistent for purposes of recording refunds, but the inconsistency has not had 

a material impact on the PSA”. The related “Recommendation” section on page 

13 states that APS should, “CIosely review and monitor adjustments to fbel costs 

to assure that supplemental charges and refunds appropriately consider the impact 

on inventory values and he1 expenses for financial reporting purposes.“ 

WHAT ARE THE ACCOUNTING TRANSACTIONS REFERENCED IN 
THESE SECTIONS OF THE FUEL AUDIT REPORT? 

Staffs consultant reviewed three transactions related to railroad transportation 

charges for coal delivery. These charges included a refund settlement and 

retroactive rate reductions that were negotiated as part of a long term agreement. 

The Fuel Audit Report noted that two of the three transactions properly allocated 
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Q. 

A. 

costs to both fuel expense and inventory based on the period of time that the 

adjustment related to. The third and fmal adjustment was charged to fuel expense, 

The Fuel Audit Report asserts that a portion of the adjustment related to the period 

of September 2005 thru December 2005 should have been allocated to inventory. 

DO YOU AGREE? 

In retrospect, yes. The fmal settlement was signed on January 10,2006, and was 

related to the period of September 2005 through December 2005. When the entry 

was made for the January 2005 financial statements, the assumption was that the 

actual inventory turn approximated the targeted inventory turn of 25 days, 01 

would be close enough to reasonably record the entire amount as fuel expense foI 

the month of January. Actually the inventory turn was about 45-60 days and the 

refund attributed to the month of December would have been more accurately 

allocated to inventory and not expensed in January. The refund attributed ta 

December would flow through the inventory charged to fuel expense, and, thus, 

the PSA in February 2006. 

HOW DID THIS IMPACT THE PSA? 
As noted by Staffs consultant, the only impact would be the mount of time ir 

would have taken the costs to flow through the PSA. In this case, the costs would 

have flowed through the PSA in the following month. The Fuel Audit Report 

specifically states that this did not materially impact the PSA. 

WERE THESE TRANSACTIONS MONITORED AND REWEWED AT 
THE TIME THE ENTRIES WERE RECORDED FOR FINANCIAL 
REPORTING PURPOSES? 

Yes. This .transaction was reviewed and approved at the time it was made. 
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Consideration was given to recording a portion of the entry to inventory and a 

judgment call was made at the time not to do so. As noted above, the amounts that 

should have been allocated to inventory were not material and did properly flow 

through the PSA account within 30 days. 

OFFSETS TO FINANCIAL IMPACTS OF PARTIES’ RECOMMENDATIONS 

A. Plant-In-Service 

HAVE YOU CALCULATED THE VALUE FOR THE ADDITIONAL 

TESTIMONY? 

Yes. The additional Plant-in-Service is $572,058,000. 

PLANT-IN-SERVICE DISCUSSED IN M R  WHEELER’S REBUTTAL 

HOW DID YOU CALCULATE THE VALUE OF THE ADDITIONAL 

The additional Plant-in-Service of $572,058,000 consists of both actual trsfnsfers 

to Plant-in-Service subsequent to September 30, 2005, and projected transfers to 

Plant-in-Service through December 3 1, 2006. This includes $395,634,000 in 

actual additions to Plant, net of actual retirements, for the period of October 1, 

2005, through July 31, 2006. This also includes $176,424,000 of projected 

additions to Plant, net of estimated retirements, for the period of August 1, 2006, 

through December 3 1,2006. 

PLANT-IN-SERVICE? 

HOW DID YOU DETERMINE THE INCREMENTAL RATE OF RETURN 

The incremental rate of return calculated to be 3.0% which is the difference 

THAT APPLIES TO THE ADDITIONAL PLANT-IN-SERVICE? 

between the 11.5% requested return on equity and the 8.5% projected return on 

equity at December 3 1 , 2006. 
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WHAT IS THE RESULTING REVENUE REQUIREMENT FOR THE 

The calculated revenue requirement at an 1 1.5% return on equity for the additional 

plant-in-service is $13,480,000. See Attachment LLR-S-l RB. 

ADDITIONAL PLANT-IN-SERVICE? 

IF YOU UPDATE PLANT THROUGH YEAR-END 2006, DON’T YOU 
HAVE TO UPDATE OTHER COSTS AND REVENUES? 
No. The 2006 return on equity of 8.5% already reflects the net impact of these 

other rate-making elements. By calculating only the incremental revenue 

requirements for this plant, we have implicitly synchronized the adjustment with 

related costs and revenues. If anythiig, this is conservative because, as can be 

seen by Mr. Brandt’s Rebuttai Testimony, the Company’s return on equity 

continues to decline in 2007 and 2008. 

COMMISSION ACTION REOLJESTED 

DOES THE COMPANY BELIEVE THAT THE COMMISSION NEEDS TO 
TAKE ANY FURTHER ACTION REGARDING THE APPROVAL OF 
DEPRECIATION RATES? 

For purposes of clarity and transparency, we are requesting that the Commission 

formally authorize and approve, as it has in prior cases, the depreciation rates 

developed by Dr. White and included in his Direct Testimony as Attachments 

REW-1 and REW-2. 

IS THE COMPANY REQUESTING THAT THE COMMISSION TAKE 
ANY FURTHER ACTIONS REGARDING AMORTIZATION RATES? 

Yes. As I stated in my Direct Testimony, the Company is not requesting any 

changes to the amortization rates authorized in Decision No. 67744. The 

Company is requesting that the Commission formalIy authorize the continued use 
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of the amortization rates that are currently in effect and approve two new 

amortization rates. The two rates provide for the amortization of leased 

vehicles that are purchased by the Company at the end of the lease term. The 

Company is requesting a 50% amortization rate for vehicles with a Gross Vehicle 

Weight (“GW’) under 26,000 pounds and a 20% amortization rate for vehicles 

with a GVW greater than 26,000 pounds. The rates reflect what we believe will 

be the estimated useful lives for such vehicles. No party has objected to these 

rates. We are requesting that the Commission include Attachment LLR-2- 1 1, the 

Amortization Rate Summary, as part of its final order. 

PLEASE SUMMARIZE TBE comssroN ACTION THAT THE 
COMPANY REQUESTED IN YOUR D W C T  TESTIMONY RELATED 
TO DECOMMISSIONING AND SPENT FUEL STORAGE EXPENSE. 

In my Direct Testimony, the Company requested that the Commission’s Decision 

in this docket specifically provide for approval of the annual level of 

decommissioning funding and Spent Fuel Storage costs, as set foah in Attachment 

LLR-3, as well as the amortization of the Spent Fuel Cost regulatory asset 

included in Attachment LLR-2-2. Attachment LLR-3 should be attached to any 

Commission Decision accepting these amounts. 

coNcLusloN 
DOES THAT CONCLUDE YOUR REBUTTAL TESTIMONY? 

Yes. 

- 3 0 -  
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ARIZONA PUBLIC SERVICE COMPANY 
COMPUTATION OF ALLOWANCE FOR WORKING CAPITAL 

Revised Schedule B-5 
TEST YEAR ENDED SEPTEMBER 30,2005 

REVISED 
REBUTTAL AS FILED 

LLR-1-1 RB 
Page l.of 3 

LINE DESCRIPTION AMOUNT AMOUNT ' INC/(DEC) 
1 WORKING CAPITAL - OPERATIONS pa,? 57,681) (29, i 38,598) (501 9,083) 

2 MATERlALS & SUPPLIES"' 106.426,a22 106,426,822 O A  

3 FUEL - COAL AND OIL 

4 FUEL - NUCLEAR. NET 

5 PREPAYMENTS 

6 ALLOWANCE FOR WORKING CAPITAL 

25,452,192 25,452,192 O B  

59 888,780 5 9.888 I 780 o c  

5,517,425 5.51 7,425 0 

i 63, i 27,538 i6a,146,621 (501 9,083) 

Note (I): Materials and Supplies include FERC 154 8 156 

0 A + B + C =  191,767,794 191,767,794 . 

SUMMARY OF ACCEPTED CHANGES 
REVENUE LAG 
PURCHASED POWER 
PV LEASE 
STATE TAX LAG 

TOTAL 

(427,493) 
2,691,284 - 
(7,139,392) 

(5,019,083) 
(143,482) 



L 

ARIZONA PUBLIC SERVICE COMPANY 

TWELVE MONTHS ENDED SEPTEMBER 30,2005 
CASH WORKING CAPITAL SUMMARY - LEAD LAG STUDY 

WORKING 
CAPITAL 

REQUIREMENT 
LINE DESCRIPTION (SOURCE) 

1 CASH REQUIRED FOR (PROVIOED BY) OPERATING EXPENSES (34,391,952) 

234,271 2 SPECIAL DEPOSITS AND WORKING FUNDS 

3 NET CASH WORKING CAPITAL REQUIRED FOR (PROVIDED BY) OPERATIONS (34,157,681) 

LLR-1-1 RB 
Page 2 of 3 



ARIZONA PUBLIC SERVICE COMPANY 
CASH WORKING CAPITAL REQUIRED FOR OPERATING EXPENSES - LEAD LAG STUDY 

TWELVE MONTHS ENDED SEPTEMBER 30,2005 
REBUTTAL - REVISED 

LLR-1-1 RB 
Page 3 of 3 

WORKING REVENUE EXPENSE NET 
LAG IAG LAG cwc CAPITAL 

LINE DESCRIPTION AMOUNT DAYS DAYS DAYS FACTOR REOUIREMENT 
(1 ) (2) (3) (4) (5) (6) 

1 FUEL FOR ELECTRIC GENERATION: 
2 COAL 
3 NATURALGAS 
4 FUELOIL 
5 NUCLEAR: 
6 AMORTlZATlON 
7 SPENTFUEL 
8 TOTAL NUCLEAR FUEL 
9 

200,856.342 138.85231j 
237.557.927 36.85231 

32.36664 4.48567 
44.25857 -7.40626 
32.34060 4.51 17 1 

0.WMx) 36.85231 
76.35359 -39.50128 

0.M229 2.468.524 
-0.02029 (4.820.qSa) 
0.01236 13.313 

. .  
1,077,082 

34.445.41 3 

36.85231 

36.85231 
36.85231 

36.85231 
36.85231 

36.85231 
36.85231 
36.85231 
36.85231 
36.85231 
36.85231 
36.85231 
36.85231 

0.10097 3.477.953 
-0.10822 (793.913) 

2.884.040 
7.336.099 

41,781,512 

10 TOTAL FUEL 
11 
12 PURCHASED POWER 

14 TOTAL PURCHASED POWER &TRANSMISSION 
15 
16 TOTAL FUEL AN0 PURCHASED POWER 
17 

18 OTHER OPERATIONS 8 MAINTENANCE: 
19 PAYROLL 
20 INCENTIVE 
21 PENSION AND OPEB 
22 EMPLOYEE BENEFITS 
23 PAYROLL TAXES 
24 MATERIALS L SUPPLIES 
25 FRANCHISE PAYMENTS 
26 VEHICLE LEASE PAYMENTS 
27 RENTS 

29 
30 INSURANCE 
31 OTHER 
32 TOTAL 
33 
34 DEPRECIATION &AMORTIZATION 
35 MORT OF ELECTRIC PLT ACP ADJ 
36 AMORT OF PROP LOSSES 8 REG STUDY COSTS 
37 TOTAL 
38 
39 lNCOME TAXES: 
40 CURRENT: 
41 FEDERAL 
42 STATE 
43 DEFERRED 
44 TOTAL 
45 
46 OTHER TAXES: 
47 PROPERTY TAXES 
48 SALESTAXES 
49 FRANCHISE TAXES 
50TOTALOTHERTAXES 
51 
52 TOTAL 

13 TRANSMISSION ay OTHERS 

. 28 PALOVEROELEASE 
PAL0 VERDE S L  GAlN MORT 

481.272.863 

pXZZZ1 
14,391.245 

472,537.541 

953.810.404 

345.827 

38.15020 -1.29789 
33.69389 3.15842 

-0.W358 (1,631 .001) 
0.W865 124,484 

(1.506317) 

(1,160,690) 

15.00192 21.85039 
214.50000 -177.64769 
77.71371 -40.86140 
20.35895 16.49336 
21.78589 15.0E642 
24.22000 12.63231 
52.83966 -15.98735 
7.43789 29.41442 

0.05% 14,409,167 
-0.48671 (4211,546) 

0.04519 1,219,927 
0.04128 747.916 
0.03461 1,850.462 

-0.04380 (525.W4) 
0.08059 255.452 

-0.11195 (4,364,483) 

240.714.447 
8,653,091 

38,986,000 
26,995,515 
18,118,131 
53,466.1 14 
11,986,402 
3.169.771 
8,776,038 

45,900,681 
(4.575.722) 
4,639,562 

119.131.971 
573,962,000 

321,525,565 
0 

36.85231 -33.48601 70.33832 0.19271 1,305,810 
36,85231- -67.14195 -0.18395 (8,443.430) 

(462.01 1) 36.85231 0.0WW 36.85231 0.10997 
36.85231 O.WO00 36.85231 0.10097 468.457 
36.85231 35.39000 1.46231 O.OWO1 477.719 

2,728.436 

36.85231 0.0WOO 36.85231 0.1 W97 32.464.436 
36.85231 0.00000 36.85231 0.10097 0 

(2.564.492) 
31 8.961.073 

36.85231 0.00000 36.85231 0.10097 (258.937) 
32205,499 

59,824,326 
16.379.288 

38.85231 58.95WO -22.09769 -0.06054 (3,621,765) 
36.85231 -25.19769 -0.06903 (1.130.662) 
3E.85231 0.00000 36.85231 0.10097 7.851.315 

3.098.8B8 
77.758,889 

153.962.503 

123,403,653 
158.240.555 

36.85231 21 1.94223 -175,08992 -0.47970 (59.196.732) 
16.69613, 40.21000 -23.51385 -0.06442 (10.193.857) 

18,920,381 
300,564,589 

2.301 260.569 

16.69615 52.83966 -36.14352 -0.09902 (1,873.496) 
(71,264,085) 

(34.391.952) 

I . RevenueLaa All I 
SUMMARY OF ACCEPTED CHANGES 
REVENUE L&G I PURCHASED POWER 

Total Change Only 0-r 
(427.493) 0 (427,493) 
(354.716) 3.046.MM 2.691.284 

I W LEASE (11.935) U.127.457) #.139.392d . . .  . .  . .  
STATE TAX LAG (4.422) (139.060) (143,482) 

Total (798,566) (4.220317) (5,079,083) 
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REJOINDER TESTIMONY OF LAURA L. ROCKENBERGER 
ON BEHALF OF ARIZONA PUBLIC SERVICE COMPANY 

(Docket No. E-01345A-05-0816) 
(Docket No. E-01345A-05-0826) 
@ocket No. E-01345A-05-0827) 

INTRODUCTION 

PLEASE STATE YOUR NAME, ADDRESS AND OCCUPATION. 

My name is Laura L. Rockenberger. My business address is 400 North Fifth Street, 

Phoenix, Arizona, 85004. I am the Manager of Operations Accounting for Arizona 

Public Service Company (“APS” or “Company”). 

HAVE YOU PREVIOUSLY FILED DIRECT AND REBUTTAL TESTIMONY IN 
THIS PROCEEDING? 

Yes. 

WHAT IS THE PURPOSE OF YOUR REJOINDER TESTIMONY? 

I will respond to the Surrebuttal Testimony of Mary Lee Diaz Cortez regarding 

decommissioning costs and amortization and the Surrebuttal Testimony of William A. 

Rigsby regarding property taxes. 

DOES YOUR SILENCE REGARDING ANY OF THE OTHER ISSUES 
DISCUSSED BY MARY LEE DIAZ CORTEZ OR WILLIAM A. RIGSBY 
INDICATE AN ACCEPTANCE OF THOSE POSITIONS BY THE COMPANY? 

No. It does not. 

DOES YOUR SILENCE REGARDING ANY ISSUES DISCUSSED BY ANY 
OTHER PARTY INDICATE AN ACCEPTANCE OF THOSE POSITIONS BY 
THE COMPANY? 

No. It does not. 

SUMMARY 

WOULD YOU PLEASE SUMMARIZE YOUR REJOINDER TESTIMONY? 

- 1 -  
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111. 

Q* 

A. 

Q* 

A. 

Q* 

A. 

N. 

Q. 

My testimony provides additional information to demonstrate that the amounts h d e d  

into the Decommissioning Trusts are reflected as expenses in the Test Year and provides 

supplemental information on amortization and property taxes to support the Company’s 

position on these matters. 

DECOMMISSIONING 

DOES THE CASH FUNDING INTO THE DECOMMISSIONING TRUSTS 
EXCEED THE TEST YEAR EXPENSES, AS STATED IN THE SURREBUTTAL 
TESTIMONY OF MS. DIAZ CORTEZ? 

No, it does not. The cash funding corresponds to the Test Year expense. 

HAVE YOU PREPARED AN ANALYSIS THAT IDENTIFIES THE TEST YEAR 
EXPENSES THAT PROVIDE FOR THE FUNDING LEVEL INTO THE 
DECOMMISSIONING TRUSTS? 

Yes. Attachment LLR-1-1RJ provides the analysis that demonstrates the total cash 

fimding of $16.1 million consists of $ 15.3 million in depreciation expense for funding of 

plant decommissioning activities and $3 million in fuel expense for funding of post- 

shutdown spent nuclear fuel costs. 

DOES THE DECOMMISSIONING STUDY INCLUDE COSTS FOR BOTH 

NUCLEAR FUEL ACTIVITIES? 
DECOMMISSIONING ACTIVITIES AND POST-SHUTDOWN SPENT 

Yes, the decommissioning study includes costs for both plant decommissioning activities 

and post-shutdown spent nuclear fuel activities. The funding levels have been approved 

by the Commission in Decision No. 67744 and the Company has Private Letter Rulings 

from the Internal Revenue Service for funding the decommissioning trusts based on the 

costs included in the decommissioning study. 

AMORTIZATION 

MS. D I M  CORTEZ STATED THAT THE COMPANY WAS NOT 
RESPONSIVE TO RUCO DATA REQUEST 11.4 AND, AS SUCH, THE 

- 2 -  
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Q. 

A. 

V. 

Q. 

A. 

Q. 

A. 

COMPANY HAS NOT SUBSTANTIATED ITS PROPOSED AMORTIZATION 
EXPENSE. DID THE COMPANY RESPOND TO RUCO DATA REQUEST 11.4 

Yes. The Company provided a response to RUCO Data Request 1 1.4 (“RUCO 1 1.4”) 

on July 21, 2006, which included detailed information by asset type within each asset 

category with the related monthly amortization expense and annualized amounts. 

Additionally, the amortization rates were included in my Direct Testimony as 

Attachment LLR-2-11. No further data requests were received from Ms. Diaz Cortez 

stating that further information was needed related to RUCO 1 1.4. 

HAS THE COMPANY PROVIDED ADDITIONAL INFORMATION FOR RUCO 
11.4? 

Yes. On October 3, 2006, the Company provided supplemental information to RUCO 

1 1.4 to provide further support for the calculations included in the Test Year expense. 

PROPERTY TAXES 

MR. RIGSBY STATED IN HIS TESTIMONY THAT THE COMPANY HAS NOT 
UPDATED RUCO DATA REQUEST 11.2 (“RUCO 11.2”), AND, AS SUCH THE 
COMPANY HAS NOT PROVIDED SUFFICENT INFORMATION TO 
SUBSTANTIATE THE 2007 PROPERTY TAX EXPENSE CALCULATION 
REFERENCED IN MY REBUTTAL TESTIMONY. HAVE YOU SINCE 
UPDATED DATA REQUEST 11.2? 

Yes. RUCO 11.2 has been updated to provide supplemental information to support the 

2007 property tax calculations included in my Rebuttal Testimony and related work 

papers. This information was provided to RUCO on October 3,2006. 

IN HIS SURREBUTTAL TESTIMONY, MR. RIGSBY STATED THAT HE 
DOES NOT SUPPORT USING 2007 DATA IN THE TEST YEAR. CAN YOU 
EXPLAIN WHY YOU SUPPORT USING THE 2007 DATA IN CALCULATING 
THE TEST YEAR EXPENSE? 

The 2007 property tax expense calculation is based on historical Plant-in-Service general 

Iedger plant balances at December 3 1 , 2005 which are both known and measurable. 

Assuming that the rates from this proceeding will go into effect in 2007, it seems logical 
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VI. 

Q* 

A. 

that the Test Year expense should be based on projected 2007 property taxes to ensure 

the regulated rates provide for our 2007 property tax expense. 

CONCLUSION 

DOES THAT CONCLUDE YOUR REJOINDER TESTIMONY IN THIS 
PROCEEDING? 
Yes. 
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ARIZONA PUBLIC SERVICE COMPANY 
Comparison of Projected Construction Expenditures per Customer to Test 

Year Plant in Service Investment per Customer 

Exhibit DescriDtion: This exhibit presents a comparison of the additional plant 
investment per customer with the test year plant in service per customer. This 
analysis shows that projected construction expenditures per new customer of 20.6 
thousand dollars is significantly greater than the investment per existing customer of 
10.9 thousand dollars that is reflected in current retail rates. 

Projected 
Construction 

Expenditures ’ Test Year 
2007 - 2008 Plant in Service 
(Thousands) (Thousands) 

Plant Investment 
Production 
Transmission 
Distribution 
Total 

$ 660,000 $ 5,645,000 
$ 449,000 $ 1,352,000 
$ 711,000 $ 3,821,000 
$ 1,820,000 $ 10,818,000 

Projected 
Construction 
Expenditures Test Year 
Per Customer Plant in Service 
2007 - 2008 Per Customer 
(Thousands) (Thousands) 

investment Der Customer 
Production $ 7.5 $ 5.7 
Transmission $ 5.1 $ 1.4 
Distribution $ 8.0 $ 3.8 
Total $ 20.6 $ 10.9 

’ From APS Exhibit 27. 
From APS witness Rumolo DJR-WP1. 
General Plant investment was allocated on a proportional basis to Production, 

Based upon projected 2007-2008 new customer growth of 88,418 customers. 
Based on 996,687 customers. This is the test year ending Sept. 05 average 

3 

Transmission and Distribution. 
4 

number of customers from APS S.F.R Schedule H-2. 
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ARIZONA PUBLIC SERVICE COMPANY 
Derivation of Attrition and CWlP Adj. Charges 

(000's) 

170 Basis Point Attrition Adi. Charge 
Total Inc. in Orig. Cost Rev. Req. Staff Surrebuttal with 170 Basis Point Attrition Adj. 
Less Staff Proposed Rev. Req. 
Attrition Rev. Req. from Revised A-I with 170 Basis Point Attrition Adj. 
APS S.F.R Schedule H-2 MWH sales 
170 Basis Point Attrition Adj. per kWh charge 

350 Basis Point Attrition Adi. Charse 
Total Inc. in Orig. Cost Rev. Req. Staff Surrebuttal with 350 Basis Point Attrition Adj. 
Less Staff Proposed Rev. Req. 
Attrition Rev. Req. from Revised A-I with 350 Basis Point Attrition Adj. 
APS S.F.R Schedule H-2 MWH sales 
350 Basis Point Attrition Adj. per kWh charge 

CWlP Adi. Charqe 

Less Staff Proposed Rev. Req. 
CWlP Rev. Req. from Revised A-I 
APS S.F.R Schedule H-2 MWH sales 
CWIP Adj. per kWh charge 

. Total Inc. in Orig. Cost Rev. Req. Staff Surrebuttal with CWlP Adj. 

' See APS Exhibit No. 63, Pg. 3, Column A, Ln. 8 

See Staff witness Dither's Revised Schedule A, Pg. 1, Column E, Ln. 7 from Staffs Surrebuttal Testimony. 
See APS Exhibit No. 63, Pg. 4, Column A, Ln. 8. 
See APS Exhibit No. 63, Pg. 5, Column A, Ln. 8. 

APS Exhibit 62 
Submitted 11/3/2006 

Page 2 of 2 

$ 258,012 ' 
$ 191,563 
$ 66,449 

26,513,307 
$ 0.00251 

$ 328,798 
$ 191,563 
$ 137,235 

26,513,307 
$ 0.0051 8 

221,916 
191,563 

$ 30,353 
26,513,307 

$ 0.00114 
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A P S  EXHIBIT 63 

A P S  Exhibit 63 provides the SFR Schedules that would 

correspond with certain of the financial integrity 

adjustments proposed by A P S  witnesses Wheeler and 

Brandt. Its purpose is to demonstrate how such 

adjustments can be integrated into an adjusted test year 

revenue requirements calculation. 
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APS EXHIBIT 63 - INDEX 

1. 

2. 

3. 

4. 

5. 

6. 

7. 

8. 

9. 

10 

Revenue Requirement Calculation - 
With A P S  Attrition Adjustment. of 170 Basis Points 
Schedule A- 1 
Based on Staff Surrebuttal Proposal 
Revenue Requirement Calculation - 
With A P S  Attrition Adjustment of 350 Basis Points 
Schedule A- 1 
Based on Staff Surrebuttal Proposal 
Revenue Requirement Calculation - 
With APS CWIP Adjustment 
Schedules A-1, B, C-1 
Based on Staff Surrebuttal Proposal 
Revenue Requirement Calculation - 
With APS Plant-in-Service Adjustment 
Schedules A- 1, B, C- 1 
Based on Staff Surrebuttal Proposal 
Revenue Requirement Calculation - 
With APS Attrition Adjustment of 170 Basis Points 
And APS CWIP Adjustment 
Schedules A-1, B, C-1 
Based on Staff Surrebuttal Proposal 
Revenue Requirement Calculation - 
With APS Attrition Adjustment of 170 Basis Points 
And A P S  Plant-in-Service Adjustment 
Schedules A-1, B, C-1 
Based on Staff Surrebuttal Proposal 
Revenue Requirement Calculation - 
With APS Attrition Adjustment of 350 Basis Points 
And A P S  CWIP Adjustment 
Schedules A- 1, B, C- 1 
Based on Staff Surrebuttal Proposal 
Revenue Requirement Calculation - 
With APS Attrition Adjustment of 350 Basis Points 
And APS Plant-in-Service Adjustment 
Schedules A-1, B, C-1 
Based on Staff Surrebuttal Proposal 
Revenue Requirement Calculation - 
With APS Depreciation Adjustment 
Schedules A- 1, C- 1 
Based on Staff Surrebuttal Proposal 
Revenue Requirement Calculation - 
With APS Attrition Adjustment of 350 Basis Points 
And APS Plant-in-Service Adjustment and APS Depreciation Adjustment 
Schedules A-1, B, C-1 
Based on Staff Surrebuttal Proposal 

1 1. Cost of Capital Calculation - 
With APS Attrition Adjustment of 170 Basis Points 
And APS Attrition Adjustment of 350 Basis Points 
Schedule D- 1 
Based on Staff Surrebuttal Proposal 

Page 3 

Page 4 

Pages 5 - 7 

Pages 8 - 10 

Pages 11 - 13 

Pages 14 - 16 

Pages 17 - 19 

Pages 20 - 22 

Pages 23 - 24 

Pages 25 - 27 

Page 28 
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Line 
No. 

1 

2 

3 

4 

8 

9 

10 

ARIZONA PUBLIC SERVICE COMPANY 
Computation of Increase in Gross Revenue Requirements 

ACC Jurisdictional 
Adjusted Test Year Ended 09/30/2005 

Schedule A-1 
(Dollars in Thousands) 

(a) (4 (4 

Staff Surrebuttal Proposal 
With APS Attrition Adjustment of 170 Basis Points 

Description 

Adjusted Rate Base ” 

Adjusted Operating Income 

Current Rate of Return 

Required Operating Income 

Required Rate of Return 3’ 

Operating Income Deficiency 

Gross Revenue Conversion Factor 

Total Increase in Revenue Requirements 4’ 

Total Sales to Ultimate Retail Customers 

Percentage Rate Increase 

Original Cost RCND Fair Value 

4,402,377 7,710,492 6,056,435 

237,636 237,636 237,636 

5.40% 3.08% 3.92% 

394,893 394,893 394,893 

8.97% 5.1 2% 6.52% 

157,257 157,257 157,257 

1.6407 1.6407 1.6407 

258,012 

2,127,322 2,127,322 

12.1 3% 12.13% 12.13% 

258,012 258,012 

2,127,322 

I/ See Revised Joint Accounting Schedules of the ACC Utilities Division Staff filed with Staff Surrebuttal 9/27/06, 

2/ See Revised Joint Accounting Schedules of the ACC Utilities Division Staff filed with Staff Surrebuttal 9/27/06, 

3/ See APS Exhibit 63, page 28 of 28, column (h); includes attrition adjustment of 170 basis points 
4/ Does not include EPS or EIC proposals 

Revised Schedule B, page 1 of 2. column (D) 

Revised Schedule C .  page 1 of 4. column (C) 
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Line 
No. 

1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

ARIZONA PUBLIC SERVICE COMPANY 
Computation of Increase in Gross Revenue Requirements 

ACC Jurisdictional 
Adjusted Test Year Ended 09/30/2005 

Schedule A-I 
(Dollars in Thousands) 

(a) (4 (c) 

Staff Surrebuttal Proposal 
With APS Attrition Adjustment of 350 Basis Points 

Description Original Cost RCND Fair Value ' 

Adjusted Rate Base " 4,402,377 7,710,492 6,056,435 

Adjusted Operating Income 237,636 237,636 237,636 

Current Rate of Return 5.40% 3.08% 3.92% 

Required Operating Income 438,037 438,037 438,037 

Required Rate of Return 9.95% 5.68% 7.23% 

Operating Income Deficiency 200,401 200,401 200,401 

Gross Revenue Conversion Factor 1.6407 1.6407 1.6407 

Total Increase in Revenue Requirements 4/ 328,798 328,798 328,798 

Total Sales to Ultimate Retail Customers 2,127,322 2,127,322 2,127,322 

Percentage Rate Increase 15.46% 15.46% 15.46% 

1/ See Revised Joint Accounting Schedules of the ACC Utilities Division Staff tiled with Staff Surrebuttal 9/27/06, 

2/ See Revised Joint Accounting Schedules of the ACC Utilities Division Staff filed with Staff Surrebuttal 9/27/06, 

3/ See APS Exhibit 63, page 28 of 28, column (I); includes attrition adjustment of 350 basis points 
4/ Does not include EPS or EIC proposals 

Revised Schedule B, page 1 of 2, column (D) 

Revised Schedule C, page 1 of 4, column (C) 
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Line 
No. 

1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

ARIZONA PUBLIC SERVICE COMPANY 
Computation of Increase in Gross Revenue Requirements 

ACC Jurisdictional 
Adjusted Test Year Ended 09/30/2005 

Schedule A-I 
(Dollars in Thousands) 

Staff Surrebuttal Proposal 
with APS CWlP Adjustment 

Description Original Cost RCND Fair Value 

Adjusted Rate Base 'I 4,663,377 7,971,492 6,317,435 

Adjusted Operating Income */ 240,145 240,145 240,145 

Current Rate of Return 5.15% 3.01% 3.80% 

Required Operating Income 375,402 375,402 375,402 

Required Rate of Return 8.05% 4.71% 5.94% 

Operating Income Deficiency 135,257 135,257 135,257 

Gross Revenue Conversion Factor 1.6407 1.6407 1.6407 

Total Increase in Revenue Requirement 4' 221,916 221,916 221,916 

Total Sales to Ultimate Retail Customers 2,127,322 2,127,322 2,127,322 

Percentage Rate Increase 10.43% 10.43% 10.43% 

I/ See APS Exhibit 63, page 6 of 28, includes CWlP adJUstment of $261,000,000 
2/ See APS Exhibit 63, page 7 of 28 
3/ See Revised Joint Accounting Schedules of the ACC Utilities Division Staff filed with Staff Surrebuttal 9/27/06, 

Schedule D, page 1 of 1, mlumn (E) 
4/ Does not include EPS or EIC proposals 
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No. 
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2 

3 
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5 

6 

7 

a 

9 

10 

ARIZONA PUBLIC SERVICE COMPANY 
Computation of Increase in Gross Revenue Requirements 

ACC Jurisdictional 
Adjusted Test Year Ended 09/30/2005 

Schedule A-I 
(Dollars in Thousands) 

(a) (b) (4 
Staff Surrebuttal Proposal 

with APS Plant-in-Service Adjustment 

Description 

Adjusted Rate Base " 

Adjusted Operating Income 

Current Rate of Return 

Required Operating Income 

Required Rate of Return 3/ 

Operating Income Deficiency 

Gross Revenue Conversion Factor 

Total Increase in Revenue Requirement 4' 

Total Sales to Ultimate, Retail Customers 

Percentage Rate Increase 

Original Cost RCND Fair Value 

4,904,894 8,213,009 6,558,952 

242,466 242,466 242,466 

4.94% 2.95% 3.70% 

394,844 394,844 394,844 

8.05% 4.81 % 6.02% 

152,378 I 52,378 152,378 

1.6407 1.6407 1.6407 

250,007 250,007 250,007 

2,127,322 

11.75% 11.75% 1 I .75% 

2,127,322 2,127,322 

1/ See APS Exhibit 63, page 9 of 28; includes Plant-in-Service adjustment of $502,517,000 
2/ See APS Exhibit 63, page 10 of 28 
31 See Revised Joint Accounting Schedules of the ACC Utilities Division Staff filed with Staff Surrebuttal 9/27/06, 

Schedule D, page 1 of 1, column (E) 
41 Does not include EPS or €IC proposals 
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Line 
No. 

1 

2 

3 

4 

5 

6 

7 

8 

9 

15 

ARIZONA PUBLIC SERVICE COMPANY 
Computation of Increase in Gross Revenue Requirements 

ACC Jurisdictional 
Adjusted Test Year Ended 09/30/2005 

Schedule A-I 
(Dollars in Thousands) 

Description 

Adjusted Rate Base I’ 

Adjusted Operating Income 

Current Rate of Return 

Required Operating Income 

Required Rate of Return 3’ 

Operating Income Deficiency 

Gross Revenue Conversion Factor 

Total Increase in Revenue Requirement 4’ 

Total Sales to Ultimate Retail Customers 

Percentage Rate Increase 

Staff Surrebuttal Proposal 
With APS Attrition Adjustment of 170 Basis Points 

And APS CWlP Adjustment 

Fair Value Original Cost RCND 

4,663,377 7,971,492 6,317,435 

240,145 240,145 240,145 

5.15% 3.01 % 3.80% 

418,305 418,305 418,305 

8.97% 5.25% 6.62% 

178,160 178,160 178,160 

1.6407 1.6407 1.6407 

292,307 292,307 292,307 

2,127,322 2,127,322 2,127,322 

13.74% 13.74% 13.74% 

I/ See APS Exhibit 63, page 12 of 28; includes CWlP adjustment of $261,000.000 
2/ See APS Exhibit 63, page 13 of 28 
3/ See APS Exhibit 63, page 28 of 28, column (h); includes attrition adjustment of 170 basis points 
4/ Does not include EPS or EIC proposals 



r -  . 
9 

-I 
2 a, 

B 
?? 
m m 
v) 
(D 

P 
P 
0 
N 
w 
4 
4 

N 
2 
0 
0 
0 

P 
cn cn 
W 
w 
-4 
-4 

P 
2 
2 
W 

G, 

I 
-. s - -. 
u" 
0 
2 
m 
-. 
3 
cn 
'D 

0 
(D 

3. 

cn 
4 
P 
W 
4 
P 
03 

N 
2 
0 
0 
0 

03 

5 
0 
-4 
P 
W 

0 
cn 
P cn 
cn 
03 
0 

4 

0 a 
v) 
07 

5 - -. 
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APS Exhibit 63 
Page 14 of 28 

Submitted 11/3/2006 

Line 
No. 

1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

ARIZONA PUBLIC SERVICE COMPANY 
Computation of Increase in Gross Revenue Requirements 

ACC Jurisdictional 
Adjusted Test Year Ended 09/30/2005 

Schedule A-I 
(Dollars in Thousands) 

(a) (b) (c) 

Staff Surrebuttal Proposal 
with APS Attrition Adjustment of t70  Basis Points 

And APS Plant-in-Service Adjustment 

Fair Value Description Original Cost RCND 

6,558,952 Adjusted Rate Base " 4,904,894 8,213,009 

Adjusted Operating Income 242,466 242,466 242,466 

Current Rate of Return 4.94% 2.95% 3.70% 

Required Operating Income 439,969 439,969 439,969 

Required Rate of Return 31 8.97% 5.36% 6.71% 

Operating Income Deficiency 197,503 197,503 197,503 

Gross Revenue Conversion Factor 1.6407 1 .I3407 1.6407 

Total Increase in Revenue Requirement 4/ 324,043 324,043 324,043 

Total Sales to Ultimate Retail Customers 2,127,322 2,127,322 2,127,322 

Percentage Rate Increase 15.23% 3 5.23% 15.23% 

I /  See APS Exhibit 63, page 15 of 28; includes Plant-in-Service adjustment of $502.517,000 
2/ See APS Exhibit 63, page 16 of 28 
31 See APS Exhibit 63, page 28 of 28. column (h); includes attrition adjustment of 170 basis points 
4/ Does not include EPS or EIC proposals 
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APS Exhibit 63 
Page 17 of 28 

Submitted 11/3/2006 

Line 
No. 

I 

2 

3 

4 

5 

6 

7 

8 

9 

10 

ARIZONA PUBLIC SERVICE COMPANY 
Computation of Increase in Gross Revenue Requirements 

ACC Jurisdictional 
Adjusted Test Year Ended 09/30/2005 

Schedule A-1 
(Dollars in Thousands) 

(4 (b) fc) 

Staff Surrebuttal Proposal 
With APS Attrition Adjustment of 350 Basis Points 

And APS CWlP Adjustment 

Description Original Cost RCND Fair Value 

Adjusted Rate Base " 4,663,377 7,971,492 6,317,435 

Adjusted Operating Income 2/ 240,145 240,145 240,145 

Current Rate of Return 5.15% 3.01 % 3.80% 

Required Operating Income 464,006 464,006 464,006 

Required Rate of Return '' 9.95% 5.82% 7.34% 

Operating Income Deficiency 223,861 223,861 223,861 

Gross Revenue Conversion Factor 1.6407 1.6407 1.6407 

Total Increase in Revenue Requirement 4' 367,289 367,289 367,289 

Total Sales to Ultimate Retail Customers 2,127,322 2,127,322 2,127,322 

17.27% 17.27% Percentage Rate Increase 1 7.27% 

1/ See APS Exhiba 63, page I 8  of 28; includes CWlP adjustment of $261,000,000 
2/ See APS Exhibit 63, page 19 of 28 
3/ See APS Exhibit 63, page 28 of 28, mlumn (I); includes attrition adjustment of 350 basis points 
4/ Does not include EPS or EIC proposals 
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APS Exhibit 63 
Page 20 of 28 

Submitted 111312006 

Line 
No. 

1 

2 

3 

4 

5 

6 

7 

8 

9 

I O  

ARIZONA PUBLIC SERVICE COMPANY 
Computation of Increase in Gioss Revenue Requirements 

ACC Jurisdictional 
Adjusted Test Year Ended 09/30/2005 

Schedule A-1 
(Dollars in Thousands) 

(4 (4 (4 

Staff Surrebuttal Proposal 
with APS Attrition Adjustment of 350 Basis Points 

And APS Plant-in-Service Adjustment 

Description Original Cost RCND Fair Value 

Adjusted Rate Base ” 4,904,894 8,213,009 6,558,952 

Adjusted Operating Income *’ 242,466 242,466 242,466 

Current Rate of Return 4.94% 2.95% 3.70% 

Required Operating Income 488,037 488,037 488,037 

Required Rate of Return 31 9.95% 5.94% 7.44% 

Operating Income Deficiency 245,571 245,571 245,571 

Gross Revenue Conversion Factor 1.6407 1.6407 1.6407 

Total Increase in Revenue Requirement 4’ 402,908 402,908 402,908 

Total Sales to Ultimate Retail Customers 

Percentage Rate Increase 

2,127,322 2,127,322 2,127,322 

18.94% 18.94% 18.94% 

I /  See APS Exhibit 63, page 21 of 28; includes Plant-in-Service adjustment of $502,517.000 
2/ See APS Exhibit 63, page 22 of 28 
3/ See APS Exhibit 63, page 28 of 28, column (I); includes attrition adjustment of 350 basis points 
4/ Does not include EPS or EIC proposals 
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APS Exhibit 63 
Page 23 of 28 

Submitted 11/3/2006 

Line 
No. 

I 

2 

3 

4 

5 

6 

7 

8 

9 

I O  

ARIZONA PUBLIC SERVICE COMPANY 
Computation of Increase in Gross Revenue Requirements 

ACC Jurisdictional 
Adjusted Test Year Ended 09/30/2005 

Schedule A-I 
(Dollars in Thousands) 

fa) (bl fc) 

Staff Surrebuttal Proposal 
With APS Depreciation Adjustment 

Description Original Cost RCND Fair Value 

Adjusted Rate Base " 4,402,377 7,710,492 6,056,435 

Description Original Cost RCND Fair Value 

Adjusted Rate Base " 4,402,377 7,710,492 6,056,435 

Adjusted Operating Income 207,16 1 207,161 207,161 

Current Rate of Return 4.71 % 2.69% 3.42% 

Required Operating 1 ncome 354,391 354,391 354,391 

Required Rate of Return 8.05% 4.60% 5.85% 

Operating Income Deficiency 147,230 147,230 147,230 

Gross Revenue Conversion Factor 1.6407 1.6407 1.6407 

Total Increase in Revenue Requirement 4' 241,560 241,560 24 1 ,560 

2,127,322 2,127,322 Total Sales to Ultimate Retail Customers 2,127,322 

Percentage Rate Increase 11.36% 11.36% 11.36% 

I/ See Revised Joint Accounting Schedules of the ACC Utilities Division Staff filed with Staff Surrebuttal 9/27/06, 

2/ See APS Exhibit 63, page 24 of 28 
3/ See Revised Joint Accounting Schedules of the ACC Utilities Division Staff filed with Staff Surrebuttal 9/27/06, 

Schedule D, page 1 of 1, column (E) 
41 Does not include EPS or EIC proposals 

Revised Schedule B, page 1 of 2. column (D) 
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Page 25 of 28 

Submitted 11/3/2006 

ARIZONA PUBLIC SERVICE COMPANY 
Computation of Increase in Gross Revenue Requirements 

ACC Jurisdictional 
Adjusted Test Year Ended 09/30/2005 

Schedule A-I 
(Dollars in Thousands) 

(a) (b) (4 
Staff Surrebuttal Proposal 

With APS Attrition Adjustment of 350 Basis Points 
APS Depreciation Adjustment 

And APS Plant-in-Service Adjustment 

Line 
No. Description Original Cost RCND Fair Value 

1 Adjusted Rate Base I’ 4,904,894 8,213,009 6,558,952 

2 Adjusted Operating Income */ 21 1,991 21 1,991 21 1,991 

3 Current Rate of Return 4.32% 2.58% 3.23% 

4 Required Operating Income 488,037 488,037 488,037 

5 Required Rate of Return 3/ 9.95% 5.94% 7.44% 

276,046 6 Operating Income Deficiency 276,046 

7 Gross Revenue Conversion Factor 1 .&I07 1.6407 1.6407 

8 Total Increase in Revenue Requirement 4’ 452,909 452,909 452,909 

2,127,322 2,127,322 2,127,322 9 

276,046 

Total Sales to Ultimate Retail Customers 

10 Percentage Rate Increase 21.29% 21.29% 21.29% 

1/ See APS Exhibit 63, page 26 of 28; includes Plant-in-Service adjustment of $502,517,000 
2/ See APS Exhibit 63, page 27 of 28 
31 See APS Exhibit 63, page 28 of 28, column (I); includes attrition adjustment of 350 basis points 
41 Does not include EPS or EIC proposals 
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APS Exhibit 64 
Submitted 11/3/2006 

Impact of Hook-Up F e e s  on FFO to Debt Ratio 
(Millions of Dollars) 

No Income Tax Gross-Up 
Projected Impact of Projected 

APS Adding APS 
1 2/3 1 /2006 $82 million 12/31 /2006 
FFO to Debt of Annual FFO to Debt 
(Rebuttal) Hook-Up With Pro-Forma 

(DEB-WP1 RB) Fees Hook-up Fees 
(1) 

FFO $ 647 $ (32) $ 61 5 

Debt 3,667 (50) 3,617 

FFO to debt 17.6% -0.6% 17.0% 

(1) Assumes $2,000 hook up fee charged to 41,000 "new" customers, generating $82 million. 
Current taxes increase by $32 million, which reduces FFO. Debt is reduced by $50 million. 

With Income Tax Gross-Up 

FFO 

Debt 

FFO to debt 

Projected 
APS 

12/31/2006 
FFO to Debt 
(Rebuttal) 

(DEB-WP1 RB) 

$ 647 

3,667 

17.6% 

Impact of 
Adding 

$1 36 million 
of Annual 

Fees 
HOOk-Up 

(2) 

$ (54) 

(82) 

-1.1% 

Projected 
APS 

12/31/2006 
FFO to Debt 

With Pro-Forma 
Hook-up Fees 

$ 593 

3,585 

16.5% 

(2) Assumes $3,306 hook up fee ($2,000/(1-39.5%)) charged to 41,000 "new" customers, generating $136 million. 
Current taxes increase by $54 million, which reduces FFO. Debt is reduced by $82 million. 

EXHIBIT [G] 
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Q- 
A. 

Q. 

A. 

DIRECT TESTIMONY OF FRED H. BALLUFF 

ON BEHALF OF ARIZONA PUBLIC SERVICE COMPANY 
(Docket No. E-01345A-05-0816) 

INTRODUCTION 

PLEASE STATE YOUR NAME AND ADDRESS. 

My name is Fred H. Balluff. My address is 238 Elm Park Avenue, Elmhurst, 

Illinois 60126. 

PLEASE STATE YOUR EDUCATIONAL BACKGROUND AND 
PROFESSIONAL QUALIFICATIONS. 

I graduated froin St. Ambrose College, Davenport, Iowa in 1963 with a Bachelor of 

Arts degree, majoring in accounting with a minor in economics. I received iny 

MBA from Tulane University in 1985. 

I joined the firm of Deloitte Haskins & Sells (‘‘DH&S”) in 1963. DH&S merged 

with Touche Ross & Co. in 1989, forming the finn of Deloitte & Touche (,‘D&T”). 

From 1963 to 1973, I was in the Chicago office of DH&S. During that time, I 

participated in audits of companies in a broad range of industries including public 

utilities, manufacturing, finance, retailing and construction. I was the audit 

manager responsible for such utility clients as Interstate Power Company, 

Wisconsin Southern Gas Company and Hot Springs Water Company. From 1973 

to 1981, I was a member of the Public Utilities Department ofDH&S located in 

Washington, D.C., where my activities included accounting research, preparation 

and presentation of training programs, consideration of specific accounting, 

auditing, and regulatory questions, consulting for clients in rate proceedings and 

management audits. As a Partner of DH&S, I held the position of National 

- 1 -  
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Industry Accounting and Auditing Coordinator for the public utility industry, 

which was the top technical position at DH&S serving the utility industry. 

From 1981 to 1988, I was the Director of Internal Auditing for MSS System 

Services, Inc. (“MSS”), a company serving the Middle South Utility System. 

Middle South Utilities has since changed its name to the Entergy Corporation. The 

Entergy system provides electric service to 2.4 million customers in Arkansas, 

Louisiana, Mississippi, and Texas. At MSS, I directed financial and managemenf 

audits as well as consulted on financial and management matters. 

I was a faculty member of the College of Business Administration at the University 

of Illinois at Chicago from August 1988 to September I ,  1999. I have taughi 

accounting theory, financial and management accounting, and auditing. I have aIsc 

provided consulting services as a Special Project Associate of NorthPoini 

Consulting Group or its predecessor, Bower Rohr & Associates since 1988. 

I am a Certified Public Accountant and a inember of the American Institute oj 

Certified Public Accountants and the Illinois CPA Society. I have appeared as ar: 

expert witness in public utility rate proceedings before the Illinois Commerce 

Commission, the Indiana Utility Regulatory Commission, the Maryland Public 

Service Commission, the New Hampshire Public Utilities Commission, the NeM 

Jersey Board of Public Utilities, the New Jersey Department of Environmental 

Protection and Energy, the Public Utilities Cornmission of Ohio, the Pennsylvania 

PubIic Utility Commission, the Vermont Public Service Board and the Public 

Service Commission of the District of CoIumbia. 
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A. 

Q* 
A. 

PLEASE BRIEFLY DESCRIBE YOUR EXPERIENCE WITH RESPEC’I 
TO RATEMAKING? 
I have participated in numerous rate proceedings involving electric, gas, water 

sewer, cable, steam heat, chilled water, and solid waste entities. My experience 

includes : 

Prepared or reviewed class cost of service allocation and rate design studies foi 

electric, gas, water, and sewer entities. 

Reviewed and analyzed working capital studies. 

Participated in and managed audits of electric, gas distribution, and watei 

companies. 

Preparation of continuing education courses in accounting, auditing, anc 

ratemaking. 

Testimony as an expert witness in rate proceedings for electric, gas, water, 

sewer, steam heat, chilled water, and solid waste entities on rate base including 

working capital requirements, cost of service including deferred income taxes 

and attrition, adjustment ‘ clauses, cost allocations including jurisdictional 

separations, class cost of service, rate design, and management of fuel 

procurement practices. 

c 

A more detailed description of my professional qualifications and experience is 

attached as Appendix A. 

WHAT IS YOUR ROLE IN THIS PROCEEDING? 

Arizona Public Service Company (“APS”) has engaged NorthPoint Consulting 

Group to help determine the Company’s cash working capital requirement. 

- 3 -  
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Q* 
A. 

Q.  

A. 

11. 

Q* 
A. 

111. 

Q. 

A. 

WHAT WAS THE SCOPE OF YOUR WORK? 

I provided consulting services to APS related to the determination of the 

Company's cash working capital requirements. I prepared the approach to be taker 

for a leadlag study; discussed in detail the procedures used with appropriate APS 

personnel, and reviewed and tested the accuracy of their calculations. , 

PLEASE IDENTIFY THE ATTACHMENTS WHICH YOU WILL BE 
SPONSORING AND FOR WHICH YOU WILL BE PROVIDING 
TESTIMONY. 

I am sponsoring Attachment FHB- 1, Cash Working Capital Required for Operating 

Expenses - Lead Lag Study. 

SUMMARY OF TESTIMONY 

WOULD YOU PLEASE SUMMARIZE YOUR DIRECT TESTIMONY? 

My testimony'presents the lead/lag approach used by APS to determine the cask 

working capital to be included in rate base. Based on the leadlag study, APS has 2 

negative cash working capital requirement of $29,372,869,. which reduced the APS 

test year rate base. 

CASH WORKING CAPlTAL REQUIREMENT 

PLEASE PROVIDE YOUR DEFINlTlON OF RATE BASE AND CASH 
WORKING CAPITAL. 

Cash working capital is a part of the investment made to provide utility servicc tc 

customers and thus is a component of rate base. It therefore has the same overall 

purpose of total rate base. Rate base represents the investment in plant and other 

assets used in providing utility service, for which a fair return must be provided to 

the sources of capital. In the determination of rate base, adjustments should be 

made to allow investors to earn a return on unrecovered investment, but not on 

-4- 



1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

' 16 

17 

18 

19 

20 

21 

22 

23 

24 

25 

26 

Q. 

A. 

Q. 

A. 

funds provided by customers that may provide cost-free funds on a temporar 

basis. Recognition of depreciation as a cost-of-service item allows a utility t 

recover its investment in plant through the rate making process. Accordingly, rat 

base is reduced by accuinulated depreciation. Deferred income taxes may als 

provide hnds that are available for investment if deferred income tax expense i 

included in cost-of service because, as the name implies, deferred income taxe 

represent an expense that is not currently payable. Accordingly, rate base i 

reduced by accumulated deferred income taxes. 

Cash working capital represents the amount of capital required of investors abovl 

the investment in plant and other rate base items to cover cash requirements. Th 

primary reason why this capital is required at any point in time is generally due tc 

the delay in the collection of revenues. 

PLEASE GIVE A BRIEF EXPLANATION OF THE LEAD/LAC 
APPROACH. 

A lead/lag study measures the difference between the time services are renderec 

until cash for services are collected in rates (the revenue lag) and compares it to thc 

time that operating services are incurred until they are paid (the expense lag). Thc 

difference between these two periods is expressed in days. The resulting numbe 

of days times the average daily operating expense produces the working capita 

requirement for most operating expenses. 

WHAT WAS THE OBJECTIVE OF THE STUDY OF CASH WORKING 
CAPITAL REQUIREMENTS? 

The objective of the cash working capital study was to determine the amount that i! 

necessary to include in rate base so that investors are adequately compensated for th r  

funds needed to maintain cash operating requirements. In addition, one must alsc 

- 5 -  
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Q- 

A. 

Q* 
A. 

Q. 

A. 

make adjustments to reflect the fact that certain offsets to rate base, specifically 

accumulated depreciation and deferred taxes, have not actually been recovered by 

investors at any single point of time due to the lag in receiving the associated 

revenues. 

WHAT WAS YOUR APPROACH TO THE CASH WORKING CAPITAL 
STUDY? 
A leadhag study was completed to determine the gap between the time that 

expenditures for current operations are made and when revenues are collected in 

rates. Consideration was given to the treatment accorded other working capital 

components and the special treatment required for prepayments, depreciation and 

amortization, deferred income taxes, inventories, and sales taxes. 

PLEASE DESCRIBE ATTACHMENT FHB-1. 

Attachment FHB-1 Iists the operating expenses and sales taxes accrued for the Test 

Year ending ‘September 30, 2005. The revenue lag days represents the number of 

days between the time services are rendered and the time the related revenues are 

collected fiom customers. The expense lags generally represent the time between 

when expenses are incurred until the related expense is paid. Certain expenses don’t 

have expense fags. These expenses are discussed later in my testimony. 

DOES THE REVENUE LAG RELATE ONLY TO REVENUES FROM 
ARIZONA RETAIL CONSUMERS? 
No. The revenue lag represents a composite lag, which includes Arizona retail 

customers, transmission revenue, sales for resale, and other revenues that are part of 

the determination of revenue requirements for both state and federal purposes. 

- 6 -  
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Q. 

A. 

Q* 
A. 

PLEASE DESCRIBE HOW THE REVENUE LAG FOR RETAIL 
CUSTOMERS WAS DETERMINED. 
The overall revenue lag is comprised of three components: the service lag, the billinl 

lag, and the collection lag. 

The service lag is an estimate of the time between the time service is provided and thc 

end of the billing period. The Company reads its meters once a month on a cyclc 

basis. The average midpoint of service for this purpose was calculated by dividine 

the normal year of 365 days by 12 months by 2 to arrive at a service lag of 15.2' 

days. 

The billing lag is the lag days between the meter read date and billing date. Tc 

estimate this lag, APS calculated the billing lag for each billing cycle. The sum o 

these billing lags for each month were divided by the number of billing cycles in eacl 

month to produce average billing lags for each month. These monthly billing lag: 

were multiplied by the average daily revenues (including sales tax) for each month tc 

produce monthly revenue ' dollar days. These monthly revenue dollar days wen 

summed. The total of the monthly dollar days for the year were divided by the tota 

revenues (including sales tax) to arrive at a weighted average billing lag of 5.03 days. 

The collection lag represents the time it takes to collect the amounts billed. This lag 

was caIculated by dividing the average daily outstanding accounts receivable balancer 

by the average daily revenues including sale taxes to arrive at a collection lag o 

16.70 days. 

PLEASE DESCFUBE HOW THE EXPENSE LAGS WERE CALCULATED. 

The lag for expenditures is the time between when a service or benefit is received an( 

payment is made. This lag should represent the mid-point of the service period plu 

- 7 -  
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Q* 
A. 

the time from the end of the service period to the date of payment. For ar 

expenditure selected on a sample basis, the lag days for the selected item wen 

multiplied by the dollar amount of the item to obtain the weighted d o h  days. Thr 

total dollar days were divided by the related total sampled expenditures to obtain thc 

weighted average lag days, For expenditures paid in installments, such as incomc 

taxes currently payable, percentages instead of dollars were used to obtain thc 

weighted average lag days. As stated earlier in my testimony; special treatment ws~l 

required for prepayments, depreciation and amortization, deferred income taxes 

inventories, and sales taxes to avoid either over or under recovery of the cost o 

capital, 

WHY DOES INSURANCE EXPENSE ONLY HAVE A REVENUE LAG? 
Insurance is paid in advance. Therefore, insurance has a lead time (negative lag) 

There are two basic methods used to permit utilities to recover their cost of capita 

related to a prepaid expense. Both methods produce siinilar results. Under thc 

leadlag formula, the insurance could be included in the cash working capital study a! 

the difference between the payment date and the average expense date (the mid-poin 

of the benefit period). This would produce a lead period or negative lag. However 

APS has included prepayments as another component in rate base. Including prepair 

expense as a separate component of rate base and including a negative lag in the cask 

working capital study would overstate rate base. To avoid duplicating the return or 

prepayments, we carehlly considered the effect that rate base had on revenuc 

requirements. Theoretically, a return on an investment is earned when it is in rate 

base. When the prepayment is charged to expense, rate base is reduced and recoveq 

of the return stops. Therefore, insurance expense is included in the Ieadlag studq 
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Q* 

A. 

with only a revenue lag to bridge the gap between the time rate base is reduced by the 

charge to expense and when that amount is recovered in rates (the revenue lag), 

WHAT APPROACH DID YOU USE WITH RESPECT TO EXPENSE LAGS 
FOR INVENTORIES OF FUEL AND MATERIA.LS AND SUPPLIES? 
Investors are entitled to earn a return on their investment in inventories, including 

fbel, materials and supplies and other inventories used in the utility business. These 

inventories are presumed to be included in rate base and a return earned when 

inventories are received. The expense lags represent an estimate of the time, on a 

dollar weighted basis, between the date inventory is received and the date the invoice 

is paid. These lags are applied to the fuel and inventory amounts expensed for t h e  

year. . 

WHY DID YOU MEASURE ONLY THE REVENUE LAG FOR 
DEPRECIATION AND AMORTIZATION AMOUNTS IN THE LEADLAG 
CALCULATIONS? 

Recognition of a revenue lag is necessary to bridge the gap between the time rate base 

is reduced by the charge to expense and when that amount is recovered in rates. Plan1 

and nuclear fuel are presumed to be included in rate base at the time such plant is 

placed in service. Plant expenditures are made during the course of construction, 

There is not an “expense lag” as generally defined when depreciation and 

amortization are charged to expense. Cash is not expended at the time depreciation is 

recorded. Depreciation expense is an allocation of an investment already made. 

However, rate base is presumed to be reduced at the time depreciation is recorded. 

As stated above, accumulated depreciation is used to reduce rate base because 

depreciation for utilities represents both an allocation of costs and a recovery of costs. 

That means that rate base is reduced during the benefit period when the expense is 

incurred. The reason that rate base is reduced by accumulated depreciation is to 
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Q* 

A. 

prevent investors from earning a return on investments made with funds recovered 

from customers. However, depreciation is recorded before the Company recovers the 

revenues related to depreciation. Thus, investors would be prevented from earning a 

return on their investment between the time depreciation is expensed and the time that 

such depreciation is recovered in rates if the related lag in revenues is not recognized. 

WHY DID YOU MEASURE ONLY THE REVENUE LAG FOR DEFERRED 
INCOME TAXES IN THE LEADLAG CALCULATIONS? 
As with depreciation, accumulated deferred income taxes are used to reduce rate base 

at the time deferred income taxes are recorded. Recognition of a revenue lag is 

necessary to bridge the gap between the time rate base is reduced by the charge to 

expense and when that amount is recovered in rates. Deferred income tax expense is 

not generalty considered a cash expense. However, cash expenditures will normally 

be required in the future, For example, deferred tax procedures are generally required 

for the difference between tax and book depreciation. Assuming there are no basis 

differences in a depreciable plant, tax depreciation and book depreciation will be 

equal over the entire life of a plant item. However, accelerated tax depreciation for 

tax purposes will produce an excess of tax depreciation over book depreciation in the 

early years of an asset's life and will produce an excess of book depreciation over tax 

depreciation in later years. The increase in tax deprcciation in the early years will 

reduce taxes currently payable in those years. These digerences are timing 

differences. Deferred income taxes are recorded for the tax effect of these timing 

differences. Eventually, book depreciation will exceed tax depreciation thereby 

increasing taxes payable. The cash flows provided by a reduction in taxes payable in 

the early years are paid back in the later years. But the issue is not whether it is a 

cash or non-cash expense. As with depreciation expense, deferred income tax 

expenses that increase deferred tax liabilities are included in revenue requirements. 
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A. 

Q. 
A. 

Q* 
A. 

Rate bas'e is reduced by deferred income taxes payable to prevent investors frorr 

earning a return on' investments made with f h d s  provided by consumers. However 

the funds have not been provided by consumers until paid by consumers. That has tc 

be recognized in the lead/lag study. 

PLEASE DESCRIBE HOW THE REVENUE AND EXPENSE LAG! 
RELATED TO SALES TAXES WERE DETERMINED. 

Most of the sales tax. shown in the leadlag study represents amounts billed tc 

customers. Sales taxes are paid on the 25* of the month after such accounts arc 

billed. Thus, APS has temporary use of these funds, and thus we must recognize sucl 

funds as part of the cash working capital study. The revenue lag days represent thc 

collection lag for revenues. The expense lag represents an estimate of the timc 

between the time of billing and the end of the billing month (1 5.2 1 days), plus the 2f 

days APS has use of the funds in the month such taxes are paid. This method is a h  

consistent with the approach proposed by the Commission Staff in the Company': 

last rate case. 

WHAT IS APS' CASH WORKING CAPITAL REQUIREMENT? 

As set forth in Attachment FHB-1, A P S  has a negative cash working capita 

requirement of $29,3 72,869. As discussed in Ms. Rockenberger's testimony, thc 

negative cash working capital requirement reduces the A P S  test year rate base. 

DOES THAT CONCLUDE YOUR PRE FILED DIRECT TESTIMONY? 

Yes. 
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ARIZONA PUBLIC SERVICE COMPANY 
CASH WORKING CAPITAL REQUIRED FOR OPERATING EXPENSES - LEAD LAG STUDY 

TWELVE MONTHS ENDED SEPTEMBER 30.2005 

REVENUE EXPENSE NET WORKING 
LAG LAG LAG CWC CAPITAL , 

DAYS FACTOR REQUIREMENT LINE DESCRIPTION AMOUNT DAYS DAYS 
(1) (2) (3) (4) (5) (6) 

1 FUEL FOR ELECTRIC GENERATION: 
2 COAL 
3 NATURALGAS 
4 FUELOIL 
5 NUCLEAR: 
6 AMORTIZATION 
7 SPENTNEL 
8 TOTAL NUCLEARFUEL 
9 

10 TOTAL FUEL 
11 
12 PURCHASED POWER 
13 TRANSMISSION BY OTHERS 
14 TOTAL PURCHASED POWER &TRANSMISSION 
15 
16 TOTAL FUEL AND PURCHASED POWER 
17 

18 OTHER OPERATIONS I MAINTENANCE: 
* 19 

20 
21 
22 
23 
24 
25 
26 
27 
28 
29 
30 
31 

PAYROLL 
INCENTIVE 
PENSION AND OPEB 
EMPLOYEE BENEFITS 
PAYROLL TAXES 
MATERIALS & SUPPLIES 
FRANCHISE PAYMENTS 
VEHICLE LU\SE PAYMENTS 
RENTS 
PAL0 VERDE LEASE 
PAL0 M R O E  SIL GAIN AMORT 
INSURANCE . 
OTHER 

32 TOTAL 
33 
34 DEPRECIATION 6 AMORTIZATION 
35 M O R T  OF ELECTRIC PLT ACQ ADJ 
36 M O R T  OF PROP LOSSES & REG STUDY COSTS 
37 TOTAL 
38 
39 INCOME TAXES 
40 CURRENT: 
41 FEDERAL 
42 STATE 
43 DEFERRED 
44 TOTAL 
45 
46 OTHER TAXES: 
47 PROPERN TAXES 
48 SALESTAXES 
49 FRANCHISE TAXES 
50 TOTAL OTHER TAXES 
51 
52 TOTAL 

200.856.342 
237.557,927 

1,077,082 

34,445.4 13 
7,336.099 

41,781.512 

461,272,863 

1313.T64.296 
14.391.245 

1.328.155.540 

1,809,428.404 

240.714.447 
8.653.091 

38.986.000 
26,995,515 
18,118.131 
53.466.114 
11,986,402 

' 3.169,771 
6.776.038 

45,900,681 
' (4,575,722) 

4.639.562 
119,131.971 
573.962.000 

.. 

321,525,565 
0 

59.824.326 
18,379.288 
7?,758.889 

153,962,503 

123.403.653 
158.240.555 

3,156.878.568 

38.95027 
36.95027 
36.95027 

36.95027 
36.95027 

36.95027 
36.95027 

36.95027 
36.95027 
36.95027 
36.95027 
36.95027 
36.95027 
36.95027 
36.95027 
36.95027 
36.95027 
36.95027 
36.95027 
36.95027 

36.95027 
36.95027 
36.95027 

36.95027 
36.99027 
36.95027 

36.95027 
16.69615 
16.696 15 

32.36684 

32.34060 

0.00000 
76.35359 

44.2sa57 

38.15020 
33.69389 

15.00 192 
214.50000 

77.71371 
20.35895 
21.78589 
24.22000 
52.83966 

7.43789 
-33.48601 
47.31849 
0.Ooow 
0.MxXx) 

35.39000 

0.00000 
0.00000 
0.oOoM) 

58.95oOo 
58.95Mx) 
0 . 0 m  

21 1.94223 
40.21000 
52.83966 

4.58363 
-7.30830 
4.60967 . 

36.95027 
--39.40333 

-1.19984 
3.25638 

21.94835 
-177.54973 

40.76344 
16.59132 
15.16438 
12.73027 

29.5 1238 
70.43827 

-10.36823 
36.95027 

, 36.95027 
1.56027 

-1 5.88940 

36.95027 
36.95027 
36.95027 

-21.99973 
-21.99973 
36.95027 

-174.99196 
-23.51 385 
-36.14352 

0.01258 2,522.756 

0.01263 13.604 
-0.02002 (4,755,910) 

0.10123 3.486.909 
5.10795 (791.932) 

2#6W,977 

475,427 

-0.00329 (4,322,285) 

(4,193,915) 

(3.71 8,488) 

0.00892 120.370 

0.06013 
-0.48844 
5 . 1  1168 
0.04546 
0.04155 
0.03488 

-0.04353 
0.08086 
.o. 19298 
5.02841 
0.1 01 23 
0.1 0123 
O.oW27- 

14.474.160 
(4,209,209) 
(4,353.956) 
1,227,216 

752,808 
1,864,898 
(521,768) 
256.308 

1.307,MO 

(463.200) 
469.663 
508,694 

10,009,216 

(1,304,038) 

0.10123 32348,033 
0.10123 0 
0.16123 (259.604) 

32,288.429 

-0.06027 (3.805.612) 
-0.06027 (987.180) 
0.10123 7.871.532 

3.270.740 

:0.47943 (59,163.41 3) 
-0.06442 (10,193,857) 
-0.09902 (1.873.496) 

(71,230,766) 

129.372 8691 
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REBUTTAL TESTIMONY OF FRED H. BALLUFF 
ON BEHALF OF ARIZONA PUBLIC SERVICE COMPANY 

(Docket No. E-01345A-05-0816) 

INTRODUCTION 

PLEASE STATE YOUR NAME AND ADDRESS. 

My name is Fred H. Balluff. My address is 238 Elm Park Avenue, Elmhurst, Illinois 

60 126. 

ARE YOU THE SAME FRED H. BALLUFF WHO PREVIOUSLY FILED 
DIRECT TESTIMONY IN THIS PROCEEDING? 

Yes. 

ARE YOUR CREDENTIALS SET FORTH IN THAT TESTIMONY? 

Yes. 

WHAT IS THE PURPOSE OF YOUR REBUTTAL TESTIMONY? 

My purpose is to respond to the direct testimony of Staff witness James Dittmer and 

RUCO witness Marylee Diaz Cortez regarding the cash working capital requirements of 

APS. I have specific comments on the positions that Mr. Dittmer and Ms. Diaz Cortez 

took on items that they characterized as non-cash items and their positions on interest 

expense. 

CASH WORKING CAPITAL: NON-CASH ITEMS 

DID STAFF OR RUCO IDENTIFY ANY ITEMS AS NON-CASH ITEMS? 

Yes. They characterized depreciation and amortization of capital items as non-cash 

items. Additionally, Mr. Dittmer characterized deferred income tax expense and the 

amortization of prepaid insurance as non-cash items. 
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Q- 

A. 

Q. 

A. 

DID STAFF OR RUCO MAKE ANY RECOMMENDATIONS CONCERNING 
THESE ITEMS? 

Yes. They recommend eliminating the revenue lag applicable to the recovery of the 

items they characterized as non-cash items. Ms. Diaz Cortez also eliminated the revenue 

lag applicable to the recovery of deferred income tax expense, but provided no support 

for her elimination. 

HOW DOES YOUR TREATMENT OF DEPRECIATION, AMORTIZATION 
EXPENSE, AND DEFERRED INCOME TAXES DIFFER FROM THAT OF 
STAFF AND RUCO? 

In its direct case filed on January 3 1,2006, APS included depreciation and amortization 

expense, insurance expense and deferred income taxes in the calculation of cash working 

capital (Attachment FIB-1) with a zero expense lag and the revenue lag used for all 

other expenses. My support for this was provided in my Direct Testimony. Both Ms. 

Diaz Cortez and h4r. Dittmer indicate that non-cash items are properly excluded from 

cash working capital requirements. 

I have acknowledged that these items are considered non-cash items at the time they are 

expensed. But that is not the issue. The issue deals with the timing of the recovery of 

depreciation expense in revenues. Both of these expenses are included in the 

determination of revenue requirements (cost of service). Thus, the recoveries of these 

expenses through the coIIection of revenues and more specifically, the lag in those 

recoveries represent a cash item. 

As indicated beginning on page 9, line 14 through page 1 1, line 4 of my Direct 

Testimony, this method was used to recognize that these items are recorded (expensed) 

before such expenses are recovered from customers. When depreciation expense is 

recorded and deferred income tax charges are recorded, accumulated depreciation and 
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Q- 

A. 

Q- 

A. 

deferred income tax credits are recorded. These are reductions from rate base. At that 

time, the expenses have not been recovered from customers because of the revenue lag. 

Unless the revenue lag is included with a zero expense lag in the calculation of cash 

working capital, it is clear that AF’S will not earn a return on a significant portion of its 

unrecovered invested capital. 

Depreciation expense represents a significant portion of operating expenses. As shown 

on FHB-1, depreciation expense alone was $321,525,565 and amortization of nuclear 

fuel was $34,445,4 13. The incorrect exclusion of depreciation and amortization expense 

prevents APS fiom earning a return on over $35 million of unrecovered invested capital. 

DID STAFF OR RUCO ADDRESS THE REVENUE LAG APPLICABLE TO 
THE RECOVERY OF DEPRECIATION EXPENSE AND DEFERRED TAXES? 

Ms. Dim Cortez does not deal with the issue of recovery of depreciation and deferred 

income taxes in her testimony. As for Mr. Dittmer’s testimony, it only addresses the 

issue on page 40 of his Direct Testimony. He states: 

Furthermore, the rate base valuation .&te for both the accumulated 
depreciation reserve and accumulated deferred income tax reserve, 
adopted by Company and Staff, is September 30,2005. Because this 

- valuation date materially precedes the expected rate-effective date of 
this proceeding, APS will have fully collected accruals to these 
September 2005 reserve balances from ratepayers months, if not over 
a year, before any rate change is granted by the Commission. 

WHAT IS THE RELEVANCE OF STNF’S STATEMENT ON DEPRECIATION 
AND DEFERRED INCOME TAXES? 

There is none - Mr. Dittrner’s statement is not relevant to the issue at hand. Of course 

the depreciation and deferred income taxes recorded by September 30, 2005 will be 

collected by October 2006. But that is true with other expenses with a revenue lag. 

APS calculated a revenue lag of over 36 days, and it is that lag in recovery and not the 
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A. 

Q- 

A. 

fact that costs are eventually recovered, which is relevant to cash working capital 

requirements. E his statement had any relevance, there would be no reason to do a 

ledlag study. 

DID YOU CONSIDER THE OVERALL DETERMINATION OF REVENUE 
REQUIREMENTS IN THE CALCULATION OF CASH WORKING CAPITAL? 

Yes. I believe it is important to keep in mind the relationship between rate base, 

operating expenses and the return on rate base in the determination of revenue 

requirements. APS used the traditional rate basehate of return approach to determine its 

cost of providing service. Under this method, revenues equal the total of operation and 

maintenance expenses, depreciation, taxes including income taxes, and a return on rate 

base. 

In the calculation of revenue requirements, pro forma adjustments to recorded data are 

made to reflect known and measurable changes and adjust for abnormal events. Rates 

are made for the fbture, not the past. In an ideal setting, rates that are set in a rate case 

will provide appropriate revenues for a number of future years. That does not mean that 

a year from now we will have the same items of uncollected accumulated depreciation 

and deferred income taxes that APS has included in its calculation of rate base as 

suggested by Mr. Dittmer. Clearly, at any point in time, depreciation expenses and 

deferred income tax expenses will be recorded before such expenses are recovered in the 

collection of revenues. 

COULD WE OMIT DEPRECIATION AND DEFERRED TAXES FROM TEDE 
CWC STUDY AND MAKE ADJUSTMENTS DIRECTLY TO THE 
ACCUMULATED DEPRECIATION AND DEFERRED TAX CREDITS 
INCLUDED IN RATE BASE. 

Yes. It would have the same impact. 
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DO YOU HAVE ANY OTHER COMMENTS CONCERNING STAFF’S 
TESTIMONY REGARDING PLANT OR DEPRECIATION? 

Yes. On page 40, beginning on line 3 of his Direct Testimony, Mr. Dittmer indicates 

that “Certain payments for recently completed construction projects closed to plant in 

service or otherwise included in rate base would not have been fully paid for in cash as 

of September 30, 2005.” On the same page, beginning on line 17, he indicates that the 

Company’s proposal to include “. . .non-cash items in CWC fail to analyze or account for 

delayed cash outflows in payment of construction costs . . .” 

This testimony does not discuss the relevancy of this speculation about plant-in-service 

balances to the cash recovery of depreciation expense. And, furthermore, Mi. Dittmer 

does not offer any proof that a significant portion of plant (if any) has not been paid for 

at the time that plant is transferred to completed plant, let alone that it would have a 

significant effect on total plant-in-service. 

Again, the issue that depreciation expense should be disallowed because it is a non-cash 

item is not supported. The issue is related to the recovery of depreciation expense. 

Moreover, most of the cash is expended during the construction of plant with the balance 

paid before such plant is reclassified to plant-in-service. 

DOES STAFF ADDRESS THE REDUCTION IN RATE BASE FOR DEFERRED 
INCOME TAXES? 

Yes. Mr. Dittmer discusses the treatment of deferred income taxes as a reduction in rate 

base because it is cost free capital. 

I discussed this issue on page 10 and 11 of my testimony. I believe we are in general 

agreement with Staff as to the purpose of the reduction in rate base by deferred income 

taxes. I indicated that, “Rate base is reduced by deferred income taxes payable to 

prevent investors from earning a return on investments made with funds provided by 
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Q. 
A. 

Q. 
A. 

Q. 
A. 

Q. 

A. 

consumers. However, the funds have not been provided by consumers until paid by 

consumers. That has to be recognized in the lead/lag study.” 

HAS STAFF REFUTED THAT POSITION? 

No. 

WHAT IS STAFF’S POSITION REGARDING DEFERRED INCOME TAXES? 

On page 41, line 1 3, Mr. Dittmer states, 

Consequently, deferred income taxes should be excluded from the 
determination of the Company’s cash working capital requirements, 
because there are no current period cash working capital requirements 
or outflows. 

IS STAFF’S POSITION REGARDING DEFERRED INCOME TAXES VALID? 

No. Although the statement is true, the conclusion is clearly erroneous. There is no 

justification for excluding expenses from the calculation of cash working capita1 

requirements simply because there are no current period cash working capital 

requirements. 

WHAT ARE THE IMPLICATIONS OF FOLLOWING STAFF’S 
RECOMMENDATION? 

It would mean that expenses incurred in 2006 and paid in 2007 would not be included in 

the CWC calculation. For example, it would mean that utilities that pay property taxes 

in the year following the year that such taxes were accrued would exclude the expense 

lag in their calculation of cash working capital. If that makes sense, why not exclude the 

A P S  calculation of the expense lag with respect to Arizona property taxes. Assuming 

that it was logical to exclude property tax expense from the calculation of cash working 

capital because the entire payment was paid in the subsequent year, it would be logical 

to exclude the expense lag for Arizona property taxes fiom the calculation of cash 
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Q. 

A. 

Q. 

A. 

working capital. Indeed in this case the 50% of the property taxes for Arizona are due on 

November 1 and 50% are due by May 1 of the following calendar year. Additionally, 

very few expenses are paid for currently. Operation and maintenance expense are 

recorded on the accrual basis of accounting. That means expenses are recorded when 

incurred. A portion of all of the expenditures shown on FHB-I that are paid for in cash 

are paid in a later month. At the end of fiscal year, a portion of these expenses are paid 

in another fiscal year. See the purpose of a lead/lag study on page 5 of my Direct 

Testimony. 

DO DEFJZRRED INCOME TAX LIABILITIES AFFECT CASH WHEN THEY 
ARE REDUCED? 

There is no question that deferred income taxes are expected to be paid in cash at some 

fbture date. That is why deferred income tax credits are properly recorded as a liability. 

There is a difference, however, in the way cash payments affect deferred tax liabilities 

and the way cash payments affect most liabilities, and that difference can create 

confusion. Most liabilities are charged or reduced at the time of payment. That is not 

directly observed when the deferred taxes liabilities are reduced. 

CAN YOU PROVIDE AN EXAMPLE OF THE CASH NATURE OF DEFERRED 
INCOME TAXES? 

Yes. The following simple example is intended to explain the cash nature of deferred 

income taxes: 

Assume that a company sells a product that qualifies under the Internal 

Revenue Code as an installment sale. The sale price of $3,000 and related 

costs of $2,100 are recorded in the year of sale. The resulting profit of $900 is 

recognized in the year of sale for financial reporting purposes. If installments 

of $1,000 each are collected over the next three years, then one-third of the 

profit or $300 is recognized for income tax purposes in each of the years: 1 , 2, 

- 7 -  



1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

23 

24 

25 

26 

and 3. This deferral of income for income tax purposes creates what is called 

a timing difference. 

A timing difference occurs when revenues or expenses are recognized in one 

period for financial reporting purposes but are reported in another period for 

income tax purposes. These differences originate in one period and reverse in 

one or more subsequent periods. In my example, at the end of the period in 

which the sale was made, the timing difference is $900. This represents the 

difference between the profit recognized for financial reporting purposes and 

the income reported for tax purposes in the year of sale. The deferred tax 

liability would be $225 (25% of $900). The contra entry would be to deferred 

tax expense. 

For each year that an installment is collected, $300 will be recognized on the 

income tax return which reduces the timing difference. I have assumed an 

income tax rate of 25%. 

Timing Difference-Year 

Beginning of year 

Reversing in year 
End of year 

Deferred tax at 25% 

Beginning balance 

Ending balance required 

Change in balances 

1 2 3 

$900 $600 $300 

300 300 300 

$600 $300 $0 

- - -  

$225 $150 $75 

150 

75 

75 0 

75 75 

In each year, the profit of $ 00 increases taxat-; income aril- decreases the timing 

difference. Assuming only this timing difference, deferred income tax payables are 
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Q. 

A. 

Q. 

reduced by $75 in each of the three years. Deferred income tax expense would be 

negative by $75 each year. No cash payment is recorded directly to the deferred tax 

liability account. However, taxable income is increased in comparison to book income 

by $300 per year. This increases current tax payables and current tax expense by $75 

per year. The charge to current tax expense is offset by the credit to deferred income tax 

expense. When payments are made to the Internal Revenue Service, cash is disbursed 

and the current income tax liability is reduced. 

ARE YOU AWARE OF OTHER JURISDICTIONS WHERE PUPLIC UTILITY 
COMMISSIONS ADOPTED AN APPROACH SIMILAR TO YOURS WITH 
RESPECT TO DEPRECIATION EXPENSES AND DEFERRED INCOME 
TAXES? 

Yes. Recognizing the revenue lag with respect to depreciation and deferred income tax 

expenses is often a contested ratemaking issue, and the determinations made by public 

utility commissions on these issues are varied. Some examples of those states that have 

included “non-cash” items, such as depreciation and deferred income taxes by 

recognizing the revenue lag and using a zero expense lag, include South Carolina where 

the Public Service Commission found “non-cash” items be included in a lead lag 

study to reflect the delay in the collection of these components of revenue; and 

Connecticut, where the Department of Public Utility Control agreed that non-cash 

expenses such as depreciation, amortization, and deferred income taxes create a working 

capital requirement. Additionally, the California Public Utilities Commission has 

adopted a Standard Practice (U- 16-W) which includes both depreciation expense and 

deferred income taxes at zero lag days because of the reduction of rate base by 

accumulated depreciation and deferred income taxes. 

DO YOU HAVE AN OPINION AS TO WHY THERE IS INCONSISTENCY 
AMONG PUBLIC UTILITY COMMISSIONS REGARDING THE TREATMENT 

- 9 -  



1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

23 

24 

25 

26 

A. 

Q. 

A. 

Q. 
A. 

Q. 
A. 

Q. 

A. 

111. 

Q. 

OF NON-CASH ITEMS IN DETERMINING A UTILITY COMPANY’S CASH 
WORKING CAPITAL NEEDS? 

I believe that the calculations involved can be difficult to understand. Non-cash items 

can be particularly difficult for non-accountants to understand. There may be too much 

of a focus on the fact that these items do not require a cash outlay when expensed rather 

than the effect that expensing these items has on rate base and overall recovery of these 

expenses in rates. Also the cash nature of deferred income taxes is also difficult for non- 

accountants to understand. 

DOES STAFF CLASSIFY INSURANCE EXPENSES AS A NON-CASH 
CHARGE? 

Yes. 

DOES STAFF PROVIDE A REASON FOR DRAWING THIS CONCLUSION? 

No. Mr. Dittmer classifies this expense as a non-cash charge but does not explain why 

he arrived at that conclusion. 

HOW DID RUCO ADDRESS THE INSURANCE EXPENSES? 

RUCO did not make an adjustment to the APS calculation, apparently recognizing that 

the cash was paid in advance. 

IS THERE ANYTHING ELSE YOU WOULD LIKE TO SAY ABOUT 
CLASSIFYING INSURANCE EXPENSES? 

Nothing, aside from noting that the APS position is supported in my Direct Testimony 

beginning on page 8, line 12. 

CASH WORKING CAPITAL,: INTEREST EXPENSE AND COST OF CAPITAL 

HOW DO STAFF AND RUCO TREAT XNTEREST EXPENSE? 
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A. 

Q. 
A. 

Q. 

A. 

IV. 

Q. 

Both Mr. Dittmer and Ms. Diaz Cortez include a provision for interest expense in their 

calculations of cash workmg capital requirements. Mr. Dittmer acknowledges that 

interest costs are included in the weighted cost of capital that is applied to rate base. 

WHAT IS THE SIGNIFICANCE OF THEIR TREATMENT? 

By including interest expense in his working capital calculations, Mr. Dittmer has 

treated interest expense in the same way as you would operating expenses without 

justification for doing so. 

I believe that what Mi. Dittmer and Ms. Diaz Cortez have done is unfair to AI'S. They 

included the interest cost component in~the calculation of a working capital as opposed 

to including the entire return on rate base. If it is appropriate to include the interest 

component of the return in the calculation of cash working capital, it is necessary to 

include the entire return on rate base (including the weighted cost of debt) in the 

calculation of working capital. The revenue lag would not be different for any 

component of the cost of providing service. 

ARE YOU RECOMMENDING THAT THE RETURN ON RATE BASE BE 
INCLDUDED IN THE CALCULATION OF CASH WORKING CAPITAL IN 
THIS CASE? 

No. Although there is some argument for including the return on rate base in the 

working capita1 calculations, it is a significant expansion of what I consider to be 

embraced by a leadlag study. As such, the return on rate base, including the interest 

component, is properly excluded from the working capital calculations. 

CONCLUSION 

ARE YOUR RECOMMENDATIONS CONCERNING THE TREATMENT OF 
DEPRECIATION AND AMORTIZATION, DEFERRED INCOME TAXES AND 
INTEREST EXPENSE CONSISTENT WITH PRIOR ARIZONA 
CORPORATION COMMISSION DECISIONS ON THESE ISSUES? 
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A. 

Q. 

N O .  

WHY DON’T YOU BELIEVE THAT IT IS NECESSARY TO FOLLOW PRIOR 
COMMlSSION DECISIONS ON THESE ISSUES? 

First., I believe that my positions are correct. For APS, the last litigated case was 

eighteen years ago. I believe that the Commission should revisit these issues and I am 

confident that the Commission will consider the evidence provided in this case and 

decisions rendered by other regulatory commissions. Moreover, the order issued in the 

last case, Decision No. 5593 1, did not discuss the relevant issues regarding these 

expenses. For example, the order states that: 

However, neither depreciation nor deferred taxes require the 
expenditure of cash at the time the expense is recorded and thereby 
charged to the customers. They are not “current” cash expenses. 
(Decision No. 5593 1 at page 67) 

There is no discussion concerning the revenue lag associated with depreciation or 

deferred income taxes. As I stated earlier in my testimony, the issue deals with the 

timing of the recovery of these expenses. The Company’s rate base at September 30, 

2005 includes deductions for accumulated depreciation and deferred income taxes that 

were not fully recovered from customers at September 30 due to the revenue lag. 

Additionally, Mi. Dittmer attached JRD-B to his testimony. This attachment contains 

excerpts for ten different decisions of the Arizona Corporation Commission. Some of 

these excerpts indicate that the Commission excluded depreciation and deferred taxes 

from CWC, but none of those excerpts indicate that the Commission even discussed the 

issue of recovery of these expenses due to the revenue lag. Also, none of the excerpts 

indicate that the Commission addressed the incorrectness of including one component of 
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Q. 
A. 

the rate of return on rate base while excluding another component of the return on rate 

base. 

DOES THAT CONCLUDE YOUR REBUTTAL TESTIMONY? 

Yes. 
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11. 

Q- 
A. 

Q- 
A. 

REJOINDER TESTIMONY OF FRED H. BALLUFF 
ON BEHALF OF ARIZONA PUBLIC SERVICE COMPANY 

(Docket No. E-01345A-05-0816) 
(Docket N 0. E-0 13 45A-05-0826) 
(Docket No. E01345A-05-0827) 

INTRODUCTION 

PLEASE STATE YOUR NAME, ADDRESS AND OCCUPATION. 

My name is Fred H. Balluff. My address is 238 Elm Park Avenue, Elmhwst, Illinois 

60126. 

ARE YOU TIW S A M E  FRED HI. BALLUFF WHO PREVIOUSLY FILED 
DIRECT AND REBUTTAL TESTIMONY IN THIS PROCEEDING? 

Yes. 

WHAT IS THE PURPOSE OF YOUR REJOINDER TESTIMONY? 

My purpose is to respond to the Surrebuttal Testimony of Staff witness James Dittmer 

regarding the cash working capital requirements of A P S .  I have specific comments on 

the positions that Mr. Dittmer took on plant with respect to cash working capital 

requirements ((‘CWC’’). 

REJOINDER TO JAMES DITTMER 

WHAT IS MR. DITTMER’S POSITION ON PLANT? 

Mr. Dittmer apparently believes that depreciation expense should not be included in a 

lead lag study, in part because payments for some expenditures related to recently 

completed construction projects have not been paid at the end of the test year September 

30,2005. 

DO YOU AGREE? 

I agree that at the time a construction project is completed and transferred to Plant-in- 
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Q. 

A. 

Q- 

A. 

Q. 

A. 

Service there may be an insignificant amount of costs that have not been paid. Howeve 

I do not believe that it is relevant to our argument that the revenue lag applicable to 

depreciation expense should be included in the calculation of CWC. 

WHY DO YOU BELIEVE THAT THESE UNPAID BILLS ARE 
INSIGNIFICANT? 

Based on information provided by APS, unpaid liabilities related to Plant-in-Service 

approximate $1.8 million dollars. That amount appears to be reasonable. Payments are 

made to contractors throughout the course of a construction project. Also, the Company 

must test the operations of major plant before it is deemed ready for service and 

transferred to Plant-in-Service. 

WHAT OTHER COMMENTS DO YOU WISH TO MAKX WITH RESPECT TO 
MR. DITTMER’S POSITION? 

First, it is important to keep in mind the relationship between rate base, operating 

expenses and the return on rate base in the determination of revenue requirements. I 

discussed this issue in my rebuttal testimony on page 4. Second, it is important to 

consider our arguments that address why the revenue lag related to depreciation expense 

should be included in the calculation of CWC. I discussed this in my direct and rebuttal 

testimony. See my rebuttal testimony beginning on line 9 of page 2 and ending on line 9 

of page 3. The primary issue is that depreciation expense is recorded and rate base is 

reduced before such expenses are recovered from customers. The issue regarding unpaid 

liabilities existing at the time plant is placed in service is another issue. 

DO YOU BELIEVE THAT THE EXISTING UNPAID LIABILITIES SHOULD 
BE REFLECTED IN THE CALCULATION OF IRATE BASE IN THIS CASE? 

No. First, the amounts involved are insignificant. There are other considerations. There 

are significant differences between an investment in plant and a recovery of plant. In my 

rebuttal testimony, I explained why Mr. Dittmer’s comments that recovery of the 
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111. 

Q- 

A. 

accumulated depreciation by the time rates are in effect were not rtxvant to the recovery 

of depreciation expense. However, it is relevant to plant. In the absence of new plant 

completed from the time rates are placed into effect (January 1, 2007), there would still 

be a revenue lag associated with the recovery of depreciation at any intervening month, 

as well as at January 1, 2007. There would be no unpaid liabilities related to Plant-in- 

Service. If construction projects are completed in the time frame, the amount of 

investment completed varies by month. 

Additionally, there is generally a regulatory lag between the time new plant is placed in 

service and recovery of the cost of capital associated with that plant is realized in 

revenues. In this case, rates will not be changed to reflect new plant for over a year after 

September 30, 2005, New plant additions have been an important cause of earnings 

erosion (attrition) over the past thirty-five years because of regulatory lag. Plant 

generally is placed in service at a higher unit cost than replaced plant. Plant placed in 

service for environmental purposes does not increase revenues. Such plant will not 

produce revenues until a new rate case is decided. Even when new revenue producing 

facilities are placed in service, there may be substantial delays in full utilization of 

facilities. 

CONCLUSION 

DOES THAT CONCLUDE YOUR REJOINDER TESTIMONY IN THIS 
PROCEEDING? 

Yes. 
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DIRECT TESTIMONY 
OF 

DR. RONALD E. WHITE 

ARIZONA PUBLIC SERVICE COMPANY 

DOCKET NO. - E01345A-05-0816 

Q. WOULD YOU PLEASE STATE YOUR NAME AND BUSlNESS ADDRESS? 

A. My name is Ronald E. While. My business address is 17595 S. Tamiarni Trail, Suite 

212, Fort Myers, FIorida 33908. 

Q. WHAT IS YOUR OCCUPATION? 

A. I am an Executive Vice President and Senior Consultanl of Foster Associates, Inc. 

I. QUALIFICATIONS 

Q. WOULD YOU BRIEFLY DESCRIBE YOUR EDUCATIONAL TRAINING 

AND PROFESSIONAL BACKGROUND? 
A I received a B.S. degree in Engineering Operations and an M.S. degree and Ph.D. 

(1977) in Engineering Valuation from Iowa Stale University. I have taught graduate 

and undergraduate courses in industnal engineering, engineering economics, and en- 

gineering valuation at Iowa State University and previously served on the faculty €or 
Depreciation Programs for public utility commissions, companies, and consultants, 

sponsored by Depreciation Programs, Inc., in cooperation with Western Michigan 

University. I also conduct courses in depreciation and public utility economics for cli- 

ents of the firm. 

I have prepared and presented a number of papers to professional organizations, 

committees, and conferences and have published several articles on matters relating 

to depreciation, valuation and economics. I am a past member of the Board of Direc- 

tors of the Iowa State Regulatory Conference and an affiliate member of the joint 

American Gas Association (A.G.A.) - Edison Electric Instilute (EEI) Depreciation 

Accounting Committee, where I previously served as chairman of a standing com- 

mittee on capital recovery and its effect on corporate economics. I am also a member 
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of the American Economic Association, the Financial Management Association, the 

Midwest Finance Association, the Electric Cooperatives Accounting Association 

(ECAA), and a founding member of the Society of Depreciation Professionals. 

Q. WHAT IS YOUR PROFESSIONAL EXPERPENCE? 

A. 1 joined the h of Foster Associates in 1979, as a specialist in depreciation, the eco- 

nomics of capital investment decisions, and cost of capital studies for ratemaking ap- 

plications. Prior to joining Foster Associates, I was employed by Northern States 

Power Company (1 968-1 979) in various assignments related to finance and treasury 

activities. As Manager of the Corporate Economics Department, I was responsible for 

book depreciation studies, studies involving staff assistance fiom the Corporate Eco- 

nomics Department in evaluating the economics of capital investment decisions, 'md 

the development and execution of innovative forms of project financing. As Assistant 

Treasurer at Northern States, I was responsible for bank relations, cash requirements 

planning, and short-term borrowings and investments. 

Q. HAVE YOU PREVIOUSLY TESTIFIED BEFORE A REGULATORY BODY? 
A. Yes. I have testified in numerous proceedings before administrative and judicial bod- 

ies in Alabama, Arizona, California, Colorado, Connecticut, Delaware, Hawaii, Idaho, 

Illinois, Iowa, Kansas, Maryland, Massachusetts, Michigan, Minnesota, Missouri, 

Montana, Nevada, New Hampshire, New Jersey, North Carolina, North Dakota, Ohio, 

Oregon, Pennsylvania, &ode IsIand, South Carolina, South Dakota, Tennessee, Ver- 

mont, Virginia, Wisconsin, and the District of Columbia. I have also testified before 

the FederaI Energy Regulatory Coinmission, the Federal Power Commission, the Al- 

berta Energy Board, the Ontario Energy Board, and the Securities and Exchange 

Commission. I have sponsored position statements before the Federal Communication 

Commission and numerous local franchising authorities in matters relating to the 

regulation of telephone and cable television. A more detailed description of my pro- 

fessional qualifications is attached as Appendix A. 
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11. PURPOSE OF TESTIMONY 
Q. WHAT IS THE PURPOSE OF YOUR TESTIMONY IN THIS PROCEEDING? 
A. Foster Associates was engaged by Arizona Public Service Company (APS or Com- 

pany) to conduct 2005 technical updates of depreciation rates for APS and for certain 

Pinnacle West Energy Corporation generating units (PWEC Units) acquired by A P S .  

The purpose of my testimony is to sponsor and describe the studies conducted by Fos- 

ter Associates. Depreciation rates currently used by APS and €or the PWEC Units 

were approved by the Arizona Corporation Commission (ACC) pursuant to a settle- 

ment agreement in Docket No. E-01345A-03-0437 (Decision No. 67744, dated A p d  

7,2005). 

111. IDENTIFICATION OF ATTACHMENTS 
Q. DO YOU SPONSOR ANY ATTACHMENTS IN SUPPORT OF YOUR 

TESTIMONY? 

A. Yes, I do. I sponsor Attachment REW-I , a document titled “2005 Technical Update 

(Arizona Public Service Company).” I also sponsor Attachment REW-2, a document 

titled “2005 Technical Update (PWEC Units Acquired by Arizona Public Service 

Company).” These documents were prepared by me or under my direction and super- 

vision. 

I!/. DEVELOPMENT OF DEPRECIATION RATES 
Q. WHY A R E  DEPRECIATION STUDIES NEEDED FOR ACCOUNTING AND 

RATEMAKING PURPOSES? 

A. The goal of depreciation accounting is to charge tu operations a reasonable estimate 

of the cost of the service potential of an asset (or group of assets) consumed during an 

accounting interval. A number of depreciation systems have been developed to 

achieve this objective, most of which employ time as the apportionment base. 

Implementation of a time-based (or age-life) system of depreciation accounting 

requires the estimation of several parameters or statistics related to a plant account. 

The average service life of a vintage, for example, is a statistic that will not be known 
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with certainty until all units from the original placement have been retired fiom ser- 

vice. A vintage average service life, therefore, must be estimated initially and pen- 

odically revised as indications of the eventual average service life become more 

certain. Future net salvage rates and projection curves, which describe the expected 

distribution of retirements over time, are also estimated parameters of a depreciation 

system that are subject to future revisions. Depreciation studies should be conducted 

periodically to assess the continuing reasonableness of parameters and accrual rates 

derived fiom prior estimates. 

The need for periodic depreciation studies is also a derivative of the ratemaking 

process that establishes prices for utility services based on costs. Absent regulation, 

deficient or excessive depreciation rates will produce no adverse consequence other 

than a systematic over or understatement of the accounting measurement of earnings. 

While a continuance of such practices may not comport with the goals of deprecia- 

tion accounting, the achievement of capital recovery is not dependent upon either the 

amount or the timing of depreciation expense for an unregulated firm. In the case of a 

regulated utility, however, recovery of investor-supplied capital is dependent upon 

allowed revenues, which are in turn dependent upon approved levels of depreciation 

expense. Periodic reviews of depreciation rates are, therefore, essential to the 

achievement of timely capital recovery for a regulated utility. 

It is also important to recognize that revenue associated with depreciation is a 

significant source of internalIy generated funds used to fmance plant replacements 

and new capacity additions. It can be shown that, given the same financing require- 

ments and the same dividend payout ratio, an increase in internal cash generation will 

accelerate per-share growth in earnings, dividends, and book value over the business 

life of a firm. Financial theory provides that the marginal cost of external financing 

will be reduced by these enhanced measurements of financial performance. This is 

not to suggest that internal cash generation should be substituted for the goals of de- 

preciation accounting. However, the potential for reaiizing a reduction in the mar- 
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gind cost of external financing provides an added incentive for conducting periodic 

depreciation studies and adopting proper depreciation rates. 

Q. WEAT ARE THE PRINCIPAL ACTNITKES UNDERTAKEN IN 
CONDUCTING A FULL DEPRECIATION STUDY? 

A. The first step in conducting a depreciation study is the collection of plant accounting 

data needed to conduct a statistical analysis of past retirement experience. Data are 

also collected to permit an analysis of the relationship between retirements and real- 

ized gross salvage and removal expense. The data collection phase should include a 

verification of the accuracy of the plant accounting records and a reconciliation of the 

assembled data to the official plant records of the company. 

The next step in a depreciation study is the estimation of service life statistics 

ftom an analysis of past retirement experience. The tern anabsis is used to de- 

scribe the activities undertaken in this step to obtain a mathematical description of 

the forces of retirement acting upon a plant category. The mathematical expressions 

used to describe these forces are known as survival functions or survivor curves. 

Life indications obtained from an analysis of past retirement experience are 

blended with expectations about the future to obtain an appropriate projection Iife 

curve. This step, called Zife estimation, is concerned with predicting the expected re- 

maining life of property units still exposed to the furces of retirement. The amount of 

weight given to the analysis of historical data will depend upon the extent to which 

past retirement experience is considered descriptive of the future. 

An estimate of the net salvage rate applicable to future retirements is usually 

obtained from an analysis of the gross salvage and removal expense reatized in the 

past. An analysis of past experience (including an examination of trends over time) 

provides a baseline for estimating future salvage and cost of removal. Consideration, 

however, should be given to events that may cause deviations from the net salvage 

realized in the past. Among the factors that should be considered are the age of plant 

retirements, the portion of retirements that will be reused, changes in the method of 

removing plant, the type of plant to be retired in the future, inflation expectations, the 
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shape of the projection life curve, and economic conditions that may warrant greater 

or lesser weight to be given to the net salvage observed in the past. 

A comprehensive depreciation study will also include an analysis of the ade- 

quacy of the recorded depreciation reserve. The purpose of such an analysis is to 

compare the current balance in the recorded reserve with the balance required to 

achieve the goals and objectives of depreciation accounting if the amount and timing 

of future retirements and net salvage are realized exactly as predicted. The difference 

between the required (or theoretical) reserve and the recorded reserve provides a 

measurement of the expected excess or shortfall that will remain in the depreciation 

reserve if corrective action is not taken to extinguish the reserve imbalance. 

Although reserve records are typically maintained by various account classifica- 

tions, the total reserve for a company is the most important reflection of the com- 

pany's depreciation practices. Differences between the theoretical reserve and the 

recorded reserve will arise as a normal occurrence when service lives, dispersion pat- 

terns and salvage estimates are adjusted in the course of depreciation reviews. Differ- 

ences will also arise due to plant accounting activity such as transfers and 
adjustments, which require an identification of reserves at a different level fiom that 

maintained in the accounting system. It is appropriate, therefore, and consistent with 

group depreciation theory, to periodically redistribute recorded reserves among pri- 

mary accounts based on the most recent estimates of retirement dispersion and sal- 

vage. A redistribution of the recorded reserve will provide an initial reserve balance 

for each primary account consistent with the estimates of retirement dispersion se- 

lected to describe mortality characteristics of the accounts and establish a baseline 

against which future comparisons can be made. 

Finally, parameters estimated from service life and net salvage studies are inte- 

grated into an appropriate formulation of an accrual rate based upon a selected depre- 

ciation system. Thee elements are needed to describe a depreciation system. These 

elements ( i c . ,  method, procedure and technique) can be visualized as three dimen- 

sions of a cube in which each face describes a variety of sub-elements that can be 
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combined to form a system. A depreciation system is therefore formed by selecting a 
sub-element fiom each face such that the system contains one method, one procedure 

and one technique. The sub-elements most widely used in constructing a deprecia- 

tion system are shown in Table 1. 

Methods Procedums Techniques 1 
- ~~~~ ~ .. 

Retirement Total Company Whole-Life 
Compound-Interest Srdad Group Remaining-Liie 
Sinking-Fund Vintage Group Probabie-Life 
Straight-Line EquaCLife Group 
Declining Balance Unit Summation 
S um of-Years'-Dig its ltem 
Expensing 
Unit-of-Production 
Net Revenue 

Table I. Elements of a Depreciation System 

V. 2005 TECHNICAL UPDATES 

Q. WOULD YOU PLEASE DESCRIBE TEE SCOPE OF A TECHNICAL 

UPDATE? 

A. Unlike a full depreciation study in which projection curves, projection lives and future 
net salvage rates are estimated fkom a statistical analysis of recorded retirements and 

net salvage realized in the past, a technical update generally retains the parameters 

currently used or proposed by the utility and adjusts depreciation rates for known and 

measurable changes in the age distributions of surviving plant, depreciation reserves, 

and average net salvage rates due to the passage of time. A technical update, there- 

fore, is intended to align depreciation rates With the accounting year the rates will be- 

come effective. The steps involved in preparing a technical update generally include 

a) data collection; b) calculation of service life statistics; c) computation of average 

net salvage rates; d) rebalancing of depreciation reserves; and e) development of ac- 

crual rates. 

Q. DID APS PROVIDE FOSTER ASSOCLQTES PLANT ACCOUNTING DATA 

FOR CONDUCTING THE 2005 TECHNICAL UPDATES? 
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A. Yes, they did. The databases used in the 2005 updates for AFS and the PWEC Units 
were provided to Foster Associates in an electronic format containing plant and re- 

serve activity over the period 1972-2004 and age distributions of surviving plant at 

December 3 1,2004. Data used in the updates were limited to the age distributions of 

surviving plant. Depreciation rates currently used by A P S  and for the PWEC Units 

were developed using a broad-group procedure. The realized life of surviving vin- 

tages derived from the dollar-years of service provided by each vintage is not relevant 

to an update of broad-group depreciation rates. Therefore, plant transactions recorded 

in prior activity years were not used in the update. 

Reserve transactions recorded in prior activity years were also not used in the 

2005 updates. Depreciation rates currently used by APS and for the PWEC Units 
were derived without consideration of the distinction between average and future net 

salvage rates. The assumed equivalency between average and future net salvage rates 

was retained in the 2005 updates without introducing prior realized net salvage 

amounts in the computation of average net salvage rates. 

Q. DID FOSTER ASSOCIATES CALCULATE SERVICE LIFE STATISTICS IN 
THE 2005 TECHNICAL UPDATES FOR APS AND THE PWEC UNITS? 

A. Yes, we did. "he scope of the updates and calculations performed by Foster Associ- 

ates are described in the Study Procedures section of Attachment REW-1 and At- 

tachment RE W-2. 

Q. DID FOSTER ASSOCIATES DERIVE AVERAGE NET SALVAGE RATES IN 
THE 2005 TECHNICAL UPDATES FOR APS AND THE PWEC UNITS? 

A. No, we did not. As noted earlier, depreciation rates currently used by APS and for the 

PWEC Units were derived without consideration of the distinction between average 

and future net salvage rates. The assumed equivalency between average and future net 

salvage rates was retained in the 2005 updates without introducing prior realized net 

salvage amounts in the computation of average net salvage rates. 

However, future net salvage rates for steam production facilities were adjusted 

in the 2005 update for estimated terminal dismantlement costs. The treatment of 
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dismantlement costs in prior studies (and in the depreciation rates currently used by 

APS) reflects an assumption that interim and hture net salvage rates will be equal. 

This assumption was relaxed in the 2005 update by: a) retaining an interim net sal- 

vage rate of -20 percent; and b) adjusting terminal dismantlement costs to reflect 

costs per kW estimated in dismmtiing studies conducted in 2002 for the Navajo and 

Four Comers generating Stations. An idlation rate of three percent was used to esca- 

late 2002 dollars to estimated years of f'inal retirement. 

Q. DID FOSTER ASSOCIATES REBALANCE DEPRECIATION RESERVES IN 
TEIE 2005 TECRMCAL UPDATES FOR APS AND TEIE PWEC UNITS? 

A. Yes, we did. A rebalancing of recorded reserves is consistent with the objectives of a 

technical update and is considered appropriate for both APS and the PWEC Units. 
Depreciation rates adopted in Docket No. E-01345A-03-0437 were derived fiom re- 

balanced reserves obtained from a set of parameters different fiom those used in the 

formulation of the settled remaining-life accrual rates. Reserve imbalances amortized 

in the settled rates are therefore inconsistent with the realigned depreciation reserves. 

The rebalancing of reserves undertaken in the 2005 updates will reestablish consis- 

tency between measured reserve imbalances and the parameters used in the formula- 

tion of updated remaining-life accrual rates. 

A redistribution of the recorded reserve was achieved for both APS and the 

PWEC Units by multiplying the calculated reserve for each primary account within a 

function (or plant location) by the ratio of the bct ion (or location) totaI recorded re- 

serve to the function (or location) total calculated reserve. The s u m  of the redistrib- 

uted reserves within a function (or location) is, therefore, equal b the function (or 

location) total recorded depreciation reserve before the redistribution. 

Q. HOW DO THE DEPRECIATION RATES AND ACCRUALS DERIVED IN 
THE 2005 TECHNICAL UPDATES COMPARE WITH THOSE CURRENTLY 
USED BY A P S  AND FOR THE PWEC UNITS? 
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A. Table 2 provides a comparison of present and proposed depreciation rates and accru- 

als derived in the 2005 Technical Update for APS. 

FUnCtiMl 
A 

Production 
Steam 
Nuclear 
Other 

Transmission 
Distribution 
General Plant 

krual Rate 2005 Annualized Accrual 
Present Proposed Difference Present Proposed Difference 

8 c D=Ga E F G = N  

3.34% 3.83% 0.49% $45,731,277 $52,392,026 $6,660,749 
2.95% 278% -0.17% 70,195,368 66,186,908 (4,008,460) 
293% 293% 0.00% 6,039,806 6,030,434 (9,372) 
1.55% l.iH0 6.43% 685,384 496,457 (188,927) 
2.43% 2.47% 0.04% 81,5a;?058 82,773,852 1,271,794 
5.=% 5.754a 0.45% 17,462,319 18,958,703 1,496.384 

Total 2.89% 235% 0.06% $221,616,212 $226,838,380 $5,222,168 

iable 2. Present and Proposed APS Depredation Rates and Accruals 

Adjustments developed in the technical update for APS produce a composite 

depreciation rate of 2.95 percent. Depreciation expense is presently accrued at an 

equivalent rate of 2.89 percent. The proposed change in the composite depreciation 

rate represents an increase of 0.06 percentage points. 

A continued application of rates currently approved would provide annual de- 

preciation expense of $221,616,212 compared with an ann& expense of 

$226,838,380 using the rates developed in the update. The proposed expense in- 

crease of $5,222,168 is largely attributable to: a) a change in the mix of plant invest- 

ments among primary accounts; b) changes in the age distributions of surviving 

plant; and c) plant additions to Four Comers generating station. 

Table 3 provides a comparison of present and proposed depreciation rates and 

accruals derived in the 2005 Technical Update for the PWEC Units. 

Aced Rate 2005 ANluaked Accrua! 
Function Present Proposed Difference Present Proposed Difference 

Production 292% 2.71% -0.21% $28,002,769 $26,066,384 ($1,936,385) 

A e C w;e E F G=F-E 

I Transmission I .83% 1.73'/0 -O.lO?h 787,163 742,858 (44,=9 

Total 2.87% 2.67% 4.20% $28,789.932 $26,809,242 ($1,980,690) 

Table 3. Present and Proposed PWEC Assets Depreciation Rates and Accruals 
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Adjustments developed in the technical update for the PWEC Units produce a 

composite depreciation rate of 2.67 percent. Depreciation expense is presently ac- 

crued at an equivalent rate of 2.87 percent. The proposed change in the composite 

depreciation rate represents a reduction of 0.20 percentage points. 

A continued application of rates currently approved would provide mual de- 

preciation expense of $28,789,932 compared with an annual expense of $26,809,242 

using the rates developed in the update. The proposed expense decrease of 

$1,980,690 is largely attributable to: a) a change in the mix of plant investments 

among primary accounts; b) changes in the age distributions of surviving plant; and 
c) the estimation of parameters for West Phoenix Unit 5. 

Q. DOES THIS CONCLUDE YOUR DIRECT TESTIMONY? 
A. Yes, it does. 
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Appendix A 

Foster Assodates inc. 
17595 S. Tamiami Tiail 

Phone (239) 267-1600 
F a  (239) 267-5030 

suitt, 212 E-mail r.whW@fosteriin.m 
Foct Myers. R 33908 

Education 1961 - 1964 Valparaiso University 
Major: EtectrimI Engineering 

1965 Iowa State University 
B.S., Engineering Operations 

1968 Iowa State University 
M.S., Eng- Vafuafion 
Thesis: The Multivariate Normal Distributh and the Simulated Pfant Recorrl 
MethodofLifeAnalysis 

1977 Iowa State University 
Ph.D., E n g i i  Valuation 
M h x E m j c s  
Dssertation:ACumparatnre~sofVariousEstimatesoftheHazardRate 
Aswckkd With the Service Life of Industrial property 

Employment 1996 - Present Foster Associates, Inc. 
Exewtive V i  President 

1988 - 1996 Foster Associates, Inc. 
SeniiVi President 

1979 - 1988 Foster Associates, Inc. 
v i  M i  

1978 - 1979 Northern States Power Company 
MstantTreasurw 

1974 - 1978 Northern States Power Company 
Manager, Corporate Economics 

1972 - 1974 Northern States Power Company 
Coprate Ecom#nist 

1970 - 1972 lowa State University 
Graduate Student and lnstnrctw 

1968 - 1970 Northern States Power Company 
Valuation Engineer 
1965 - 1968 Iowa State University 
Graduate student and Teaching Assiitant 

Publications A New Set of Genemiized Survivor Tables, Journal of the Society of 
Depreciation Professionals, October, 1 992. 

The 7’heory and Practice of Depreciation Accounting Under Public Utilify 
Regulation, Journal of the Society of Depreciation Professionals, December, 
t 989. 

Standards for Depreciation Accounting Under Regulated Competition, paper 
presented at The Institute for Study of Regulation, Rate Symposium, 
February, 1985. 



The Economics of Pnce-Level Depreciation, paper presented at the Iowa 
State University Regulatory Conference, May, 1981. 

Depreciation and fbe Discount Rate for Capital investment Decisions, paper 
presented at the National Communications Forum - National Electronics 
Conference. October 1979. 

A Computerized Method for Generating a Me Table From the 'h-System' of 
Survival functions, paper presented at the American Gas Association - 
Edison Electric Institute Depreciation Accounting Committee Meeting, 
December, 1975. 

The Problem With AFDC is .. ., paper presented at the Iowa State University 
Conference on Public Utility Valuation and the Rate Making Process, May, 
1973. 

The Simulated Plant-Record Method of Life Anaiysis, paper presented at the 
Missouri Public Senrice Commission Regulatory information Systems 
Conference, May, 1971. 

Simulated Plant-Record Survivor Anarysis Program (User's Manual), special 
report published by Engineering Research Institute, towa State University, 
February, 1971. 

A Test Procedure for ithe Simulated Plant-Recod Metbod of Life Analysis, 
Journal of the American Statistical Association, September, 1970. 

Modeling the Behavior of Property Records, paper presented at the Iowa 
State University Conference on Public Utility Valuation and the Rate Making 
Process, May, 1970. 

A Technique for Simulating the Retinment Experience of Limited-Life 
Industrial Property, paper presented at the National Conference of Electric 
and Gas Utility Accountants, May, 1969. 

How Dependable am Simulated Plant-Record Estimates?, paper presented at 
the Iowa Stat0 University Conference on Public Utility Valuation and the Rate 
Making Process, April. 1968. 

Expwt Opinion Alabama Public Service Commission, Docket No. 18488, General Telephone 
Company of the Southeast; testimony concerning engineering economy study 
techniques. 

Alabama Public Service Commission, Docket No. 20208, General Telephone 
Company of the South; testimony concerning the equal-life group procedure 
and remaining-life technique. 

Alberta Energy and Utlities Board, Application No. 1250392, Aquila Networks 
Canada; rebuttal testimony supporting proposed depreciation rates. 

Alberta Energy and Utities Board, Case No. RE95081, Edmonton Power 
Inc.; rebuttal evidence concerning appropriate depreciation rates. 

Alberta Energy and Utilities Board, 199912000 General Tariff Application, 
Edmonton Power Inc.; direct and rebuttal evidence concerning appropriate 
depreciation rates. 

Arizona Corporation Cornmission, Docket No- T-010518-97-0689, U S West 
Communications, Inc.; testimony concerning appropriate depreciation rates. 

Arizona Corporation Commission, Docket No. G-1032A-02-0598, Citizens 
Communications Company; testimony supporting proposed depreciation 
rates. 
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Arizona Corporation Commission, Docket No. E 4 1  35A-03-0437, Arizona 
Public Service Company; rebuttal testimony supporting net salvage rates. 

Arizona State Board of Equalization, Docket No. 6302-07-2, Arizona Public 
Service Company; testimony concerning valuation and assessment of 
contributions in aid of construction. 

California Public Utilities Commission, Case Nos. A.92-06-040,92-06-042, 
GTE Cafifomia Incorporated; rebuttal testimony supporting depreciation study 
techniques. 

Public Utilities Commission of the State of Colorado, Application No. 36883- 
Reopened. U S WEST Communications; testimony concerning equaHife 
group procedure. 

State of Connecticut Department of Public Utility Control, Docket No. 05-03- 
?7, The Southern Connecticut Gas Company; testimony supporting 
recommended depreciation rates. 

Delaware Public Service Commission, Docket No. 81-8, Diamond State 
Telephone Company; testimony concerning the amortization of inside wiring. 

Delaware Public Service Commission, Docket No. 82-32, Diamond State 
Telephone Company; testimony concerning the equal-life group procedure 
and remaining-life technique. 

Public Service Commission of the District of Columbia, Formal Case No, 842, 
District of Columbia Natural Gas; testimony concerning depreciation rates. 

Public Service Commission of the District of Columbia, Formal Case No. 
1016, Washington Gas Light Company - District of Columbia; testimony 
supporting proposed depreciation rates. 

Federal Communications Commission, Prescription of Revised Depreciation 
Rates for AT&T Communications; statement concerning depreciation, 
regulation and competition. 

Federal Communications Commission, Petition for Modification of FCC 
Depreciation Prescription Practices for AT&T; statement concerning 
alignment of depreciation expense used for financial reporting and regulatory 
purposes. 

Federal Communications Commission, Docket No. 99-1 17, Bell Atlantic; 
affidavit concerning revenue requirement and capital recovery implications of 
omitted plant retirements. 
Federal Energy Regulatory Commission. Docket No. ER95-267-000, New 
England Power Company; testimony supporting proposed depreciation rates. 

Federal Energy Regulatory Commission, Docket No. RP89-248, Mississippi 
River Transmission Corporation; rebuttal testimony concerning 
appropriateness of net salvage component in depreciation rates. 

Federal Energy Regulatory Commission, Docket No. ER91-565. New England 
Power Company; testimony supporting proposed depreciation rates. 

Federal Energy Regulatory Commission, Docket No. ER78-291, Northern 
States Power Company; testimony concerning rate of return and general 
financial requirements. 

Federal Energy Regulatory Commission, Docket Nos. RP80-97 and RP85-54, 
Tennessee Gas Pipeline Company; testimony concerning offshore plant 
depreciation rates. 
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Federal Power Commission, Docket No. E-8252, Northern States Power 
Company; testimony concerning general financial requirements and 
measurements of financial performance. 

Federal Power Commission, Docket No. E-9148, Northern States Power 
Company; testimony concerning general financial requirements and 
measurements of financial pertomance. 
Federal Power Commission, Docket No. ER76-818, Northern States Power 
Company; testimony concerning rate of return and general financial 
requirements . 
Federal Power Commission, Docket No. RP74-80, Northern Natural Gas 
Company; testimony concerning depreciation expense. 

Public Utilities Commission of the State of Hawaii, Docket No. 004309, The 
Gas Company; testimony supporting proposed depreciation rates. 

Public Utilities Commission of the State of Hawaii, Docket No. 94-0298, GTE 
Hawaiian Telephone Company Incorporated; testimony concerning the need 
for shortened service fives and disclosure of asset impairment losses. 

Idaho Pubiic Utilities Cornmission, Case No. U-1 OOZ-59, General Telephone 
Company of the Northwest, Inc.; testimony concerning the remaining-life 
technique and the equal-life group procedure. 

llfinois Commerce Commission, Case No. 04-0476. Illinois Power Company, 
testimony supporting proposed depreciation rates. 

Illinois Commerce Commission, Docket No. 94-0481, Citizens Utilities 
Company of Illinois; rebuttal testimony concerning applications of the 
Simulated Plant-Record method of life analysis. I 

Iowa State Commerce Commission, Oocket No. RPU 8247, North Central 
Public Service Company; testimony on depreciation rates. 
Iowa State Commerce Commission, Docket No. RPU 84-34, General 
TeJephone Company of the Midwest; testimony concerning the remaininglife 
technique and the equal-life group procedure. 

. 

lowa State Utilities Board, Docket No. OPU-86-2, Northwestern Bell 
Telephone Company; testimony concerning capital recovery in competition. 

Iowa State Utilities Board, Docket No. RPU-84-7, Northwestern Bell 
Telephone Company; testimony concerning the deduction of a reserve 
deficiency from the rate base. 

lowa State Utilities Board, Docket No. DPU-88-6, U S WEST 
Communications; testimony concerning depreciation subject to refund. 
Iowa State Utilities Board, Docket No. RPU-90-9, Central Telephone 
Company of Iowa; testimony concerning depreciation rates. 

Iowa State Utilities Board, Docket No. RPU-93-9, U S WEST 
Communications; testimony concerning principles of depreciation accounting 
and abandonment of FASB 71. 

Iowa State Utilities Board, Docket No. DPU-96-1, U S WEST 
Communications; testimony concerning principles of depreciation accounting 
and abandonment of FASB 71 - 
Iowa State Utilities 6oard, Docket No. RPU-05-2, Aquila Networks; testimony 
supporting recommended depreciation rates. 
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Kansas Corporation Commission, Docket No. 04-AQLE-1065-RTS, 
testimony supporting proposed depreciation fates. 

Kansas Corporation Commission, Docket No. O3-KGSG-602-RTSl Kansas 
Gas Senrice, a Division of ONEOK, Inc., rebuttal testimony supporting net 
salvage rates. 

Kentucky Public Service Commission, Case No. 97-224, Jackson Purchase 
Electric Cooperative Corporation; rebuttal testimony supporting proposed 
depreciation rates. 

Maryland Public Service Commission, Case No. 8485, Baltimore Gas and 
Electric Company; testimony supporting proposed depreciation rates. 

Maryland Public Service Commission, Case No. 7689, Washington Gas Light 
Company; testimony concerning life analysis and net salvage. 

Maryland PuMc Service Commission, Case No. 8960, Washington Gas Light 
Company; testimony supporting proposed depreciation rates. 

Massachusetts Department of Public Utilities, Case No. DPU 91-52, 
Massadwsetts Electric Company; testimony supporting proposed 
depreciation rates which include a net salvage ismponent. 

Michigan Public Service Commission, Case No. U13899, Michigan 
Consolidated Gas Company, testimony concerning service life estimates. 

Michigan Public Service Commission, Case No. U-13393, Aquila Networks - 
MGU; testimony supporting proposed depreciation fates. 

Michigan Public Senrice Commission, Case No. U-12395, Michigan Gas 
Utilities; testimony supporting proposed depreciation rates including 
amortization accounting and redistribution of recorded reserves. 

Michigan Public Service Cornmission, Case No. U-6587, General Telephone 
Company of Michigan; testimony concerning use of a theoretical depreciation 
resenre with the remaining-life technique. 

Michigan Public Service Commission, Case No. U-7134, General Telephone 
Company of Michigan; testimony concerning the equal-life group depreciation 
procedure. 
Minnesota District Court. In Re: Northern States Power Company v. Ronald 
G. Blank, et. a/. File No. 394126; testimony concerning depreciation and 
engineering economics. 
Minnesota Public Service Commission, Docket No. E41 1, Northern States 
Power Company; testimony concerning rate of return and general financial 
requirements. 
Minnesota Public Service Commission, Docket No. E-1086, Northern States 
Power Company; testimony concerning depreciation rates. 
Minnesota Public Service Cornmission, Docket No. G-1015, Narthern States 
Power Company; testimony concerning rate of return and general financial 
requirements. 

Public Service Commission of the State of Missouri, Case No. ER-2001-672, 
Missouri Public Service, a division of Utilicorp United kc.; surrebuttal 
testimony regarding Computation of income tax expense. 

Public Service Cornmission of the State of Missouri. Case No. T0-82-3, 
Southwestern Bell Telephone Company; rebuttal testimony concerning the 
rernaining-life technique and the equal-life group procedure. 
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Public Service Commission of the State of Missouri, Case No. GO-97-79, 
Laclede Gas Company: rebuttal testimony concerning adequacy of database 
for conducting depreciation studies. 

Public Service Commission of the State of Missouri, Case No. GR-99-33 5, 
Laclede Gas Company; rebuttal testimony concerning treatment of net 
salvage in development of depreciation rates. 

Public Service Commission of the State of Missouri, Case No. HR-2004-0024, 
Aquila Inc. dlblal Aquila Networks4 & P, testimony suppoFting depreciation rates. 

Pubiic Service Commission of the State of Missouri, Case No. ER-2004-0034, 
Aquila Inc. d/b/a/ Aquda Neiw0h-L & P and Aquila NeWorbfvIPS, testimony 
suppotting depreciation rates. 

Public Service Commission of the State of Misswri, Case No. GR-2004-0072, 
Aquiia Inc. d/b/a Aquifa Networks-L & P and Aquila Networks-MPS, testimony 
supporting depreciation rates. 

Public Service Commission of the State of Montana, Docket No. 88.2.5, 
Mountain State Telephone and Telegraph Company; rebuttal testimony 
concerning the equal-life group procedure and amortization of reserve 
imbalances. 

Montana Public Service Commission, Docket No. D95.9.128, The Montana 
Power Company; testimony supporting proposed depreciation rates. 

Public Service Commission of Nevada, Docket No. 92-7002, Central 
Telephone Com pany-Nevada; testimony supporting proposed depreciation 
rates. 

Public Service Commission of Nevada, Docket No. 91-5054, Central 
Telephone Corn pany-Nevada; testimony supporting proposed depreciation 
rates. 

New Hampshire Public Utilities Commission, Docket No. DR95-169, Granite 
State Electric Company; testimony supporting proposed net salvage rates. 

New Jersey Board of Public Utilities, Docket No. GR 87060552, New Jersey 
Natural Gas Company; testimony concerning depreciation rates. 
New Jersey Board of Regulatory Commissioners, Docket No. GR93040114J, 
New Jersey Natural Gas Company; testimony concerning depreciation rates. 
North Carolina Utilities Commission, Docket No. E-7, SUB 487, Duke Power 
Company; rebuttal testimony concerning proposed depreciation rates. 

North Carolina Utilities Commission, Docket No. P-19, SUB 207, Generaf 
Telephone Company of the South; rebuttal testimony concerning the equal- 
life group depreciation procedure. 

North Dakota Public Service Commission, Case No. 8860, Northern States 
Power Company; testimony concerning general financial requirements. 

North Dakota Public Service Commission, Case No. 9634, Northern States 
Power Company; testimony concerning rate of return and general financial 
requirements. 

North Dakota Public Service Commission, Case No. 9666, Northern States 
Power Company; testimony concerning rate of return and general financial 
requirements. 

North Dakota Public Service Commission, Case No. 9741, Northern States 
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Power Company; testimony concerning rate of return and general financial 
requirements. 

Ontario Energy Board, E.B.R.O. 385, Tecumseh Gas Storage Limited; 
testimony concerning depreciation rates. 

Ontario Energy Board, E.B.R.O. 388, Union Gas Limited; testimony 
concerning depreciation rates. 

Ontario Energy Board, E.B.R.O. 456, Union Gas Limited; testimony 
concerning depreciation rates. 

Ontario Energy Board, E.B.R.O. 476-03, Union Gas Limited; testimony 
concerning depreciation rates. 

Public Utilities Commission of Ohio, Case No. 81383-TP-AIf3, General 
Telephone Company of Ohio; testimony in support of the remaining-life 
technique. 

Public Utilities Commission of Ohio, Case No. 82-886-TP-Alf3, General 
Telephone Company of Ohio; testimony concerning the remaining-life 
technique and the equal-life group procedure. 

Public Utilities Commission of Ohio, Case No. 84-1026-TPdlRI General 
Telephone Company of Ohio; testimony in support of the equaklife group 
procedure and the remaining-Me technique. 

Public Utilities Cornmission of Ohio, Case No. 81-1433, The Ohio Bell 
Telephone Company; testimony concerning the rernaining-life technique and 
the equal-life group procedure. 

Public Utilities Commission of Ohio, Case No. 83-300-TP-AIRI The Ohio Bell 
Tefephone Company; testimony concerning straight-line age-Me depreciation. 

Public Utilities Commission of Ohio, Case No. 84-1435-TP-AIR, The Ohio Bell 
Telephone Company; testimony in support of test period depreciation 
expense. 

Public Utilities Commission of Oregon, Docket No. UM 204, GTE of the 
Northwest; testimony concerning the theory and practice of depreciation 
accounting under public utifity regulation. 

Public Utilities Commission of Oregon, Docket No. UM 840, GTE Northwest 
Incorporated; rebuttal testimony concerning principles of capital recovery. 
Pennsylvania Public Utifity Cornmission, Docket No. R-80061235, The Bell 
Telephone Company of Pennsylvania: testimony concerning the proper 
depreciation reserve to be used with an original cost rate base. 

Pennsylvania Public Utility Commission, Docket No. R-811512, General 
Telephone Company of Pennsylvania; testimony concerning the proper 
depreciation reserve to be used with an original cost rate base. 

Pennsylvania Public Utility Commission, Docket No. R-811819, The Bell 
Telephone Company of Pennsylvania; testimony concerning the proper 
depreciation reserve to be used with an original cost rate base. 

Pennsylvania Public Util'Q Commission, Docket No. R-822109, General 
Telephone Company of Pennsylvania; testimony in support of the remaining- 
life technique. 

Pennsylvania Public Utility Commission, Docket No. R-850229, General 
Telephone Company of Pennsylvania; testimony in support of the remaining- 
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life technique and the proper depreciation reserve to be used with an original 
cost rate base. 

Pennsylvania Public U t i l i  Commission, Docket No. C-860923, The Bell 
Telephone Company of Pennsylvania; testimony concerning capital recovery 
under competition. 

Rhode Island Public Utilities Commission, Docket No. 2290, The Narragansett 
Electric Company; testimony supporting proposed net salvage rates and 
depreciation rates. 

South Carolina Public Service Commission, Docket No. 91-216-E, Duke 
Power Company; testimony supporting proposed depreciation rates. 

Public Utilities Commission of the State of South Dakota, Case No. F-3062, 
Northern States Power Company; testimony concerning general financial 
requirements and measurements of financial performance. 
Public Utilities Commission of the State of South Dakota, Case No. F-3188, 
Northern States Power Company; testimony concerning rate of return and 
general financial requirements. 

Securities and Exchange Commission, File No. 3-5749, Northern Slates 
Power Company; testimony concerning the financial and ratemaking 
implications of an affiliation with Lake Superior District Power Company. 

Tennessee Public Service Commission, Docket No. 89-1 1041, United Inter- 
Mountain Telephone Company; testimony concerning depreciation principles 
and capital recovery under competition. 

State of Vermont Public Service 6oard, Docket No. 6596, Citizens 
Communications Company - Vermont Electric Division, testimony supporting 
recommended depreciation rates. 

State of Vermont Public Service Board, Docket No. 6946 and 6988. Central 
Vermont Public Service Corporation, testimony supporting net salvage rates. 

Commonwealth of Virginia State Corporation Commission, Case No. PUE- 
2002-00364, Washington Gas Light Company; testimony supporting proposed 
depreciation rates. 

Public Service Commission of Wisconsin, Docket No. 2180-DT-3, General 
Tefephone Company of Wisconsin; testimony concerning the equal-life group 
depreciation procedure, 

0t)ter a m u ~ n g  Moran Towing Corporation. In Re: Barge TEXAS-97 CIV. 2272 (ADS) and 
Tug HEIDE MOWN - 97 CIV. 1947 (ADS), United States District Court. 
Southern District of New York. 

John Reigre, et ai. v. Baltimore Gas & Electric Co., et al., Case No. C-2007- 
73230-04, Circuit Court for Anne Arundel County, Maryland. 
SR International Business Insurance Co. vs. WTC Properties et. al., 01,CV-9291 
(JSM) and other related cases. 

BellSouth Telecommunications, Inc. v. Citizens Utilities Company d/b/a/ 
Louisiana Gas Service Company, CA No. 95-2207, United States District 
Court, Eastern District of Louisiana. 

Affidavit on behatf of Continental Cablevision, Inc. and its operating cable 
television systems regarding basic broadcast tier and equipment and 
installation cost-of-service rate justification. 
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Faculty 

Office of Chief Counsel, Internal Revenue Service. In Re: Kansas City 
Southern Railway Co., et. at. Docket Nos. 971-72, 974-72, and 4788-73. 

Office of Chief Counsel, Internal Revenue Sewice. In Re: Northern Pacific 
Railway Co., Docket No. 4489-69. 

United States Department of Justice. In Re: Bodington Northern lnc. v. United 
States, Ct. CI. No. 30-72. 

Depreciation Programs for public utility commissions, companies, and 
consultants, sponsored by Depreciation Programs, fnc., in cooperation with 
Western Michigan University. (W80 - 1999) 

United States Telephone Association (USTA), Depreciation Training Seminar, 
November 1999. 

Depreciation Advocacy Workshop, a threeday team-training workshop on 
preparation, presentation, and defense of contested depreciation issues, 
sponsored by Gilbert Associates, Inc., October, 3979. 

Corporate Economics Course, Employee Education Program, Northern States 
Power Company. (1968 - 1979) 

Perspectives of Top Financial Executives, Course No. 5-300, University of 
Minnesota, September, 1978. 

Depreciation Programs for public utility commissions. Companies, and 
consultants, joinff y sponsored by Western Michigan University and Michigan 
Technological University, 1973. 

Prokssional Advisory Committee to the Institute for Study of Regulation, sponsored by the 
American University and The University of Missouri-Columbia. 

American Economic Association. 

American Gas Association - Edison Electric Institute Depreciation Accounting 
Committee. 

Board of Directors, Iowa State Regulatory Conference. 
Edison Electric Institute, Energy Analysis Division, Economic Advisory 
committee, 1976-1980. 

Financial Management Association. 

The Institute of Electrical and Electronics Engineers, Inc., Power Engineering 
Society, Engineering and Planning Economics Working Group. 

Midwest Finance Association. 

Society of Depreciation Professionals (Founding Member and Chairman, 
Policy Committee 

MOderakw Depreciation Open Forum, Iowa State University Regulatory Conference, May 
1991. 

The Quantification of Risk and Uncertainty in Engineering Economic Studies, 
Iowa State University Regulatory Conference, May 1989. 

Plant Replacement Decisions with Added Revenue from New Service 
Offerings, Iowa State University Regulatory Conference, May 1988. 

Economic Depreciation, towa State University Regulatoty conference, May 
1987. 
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Opposing Views on the Use of Customer Discount Rates in Revenue 
Requirement Comparisons, Iowa State University Reguiatory Conference, 
May 1986. 

Cost of Capital Consequences of Depreciation Policy, Iowa State University 
Regulatory Conference, May 1985. 

Concepts of Economic Depreciation, Iowa State University Regulatory 
Conference, May 1984. 

Ratemaking Treatment of Large Capacity Additions, Iowa State University 
Regulatory Conference, May 1983. 

The Economics of Excess Capacity, Iowa State University Regulatory 
Conference, May 1982. 

New Developments in Engineering Economics, Iowa State University 
Regulatory Conference, May 1980. 

Training in Engineering Economy, Iowa State University Regulatory 
Conference, May 1979. 

The Real Time Problem of Capital Recovery. Missouri Public Service 
Commission, Regulatory Information Systems Conference, September 1974. 

Depreciation Studies for Cooperatives and Small Utilities. TELERGEE CFO 
and Controllers Conference, November, 2004. 

Finding the "D" in RCNLD (Valuation Apptications of Depreciation), Society of 
Depreciation Professionals Annual Meeting, September 2001. 

Capital Asset and Depreciation Accounting, City of Edmonton Value 
Engineering Workshop, April 2001. 

A Valuation View of Economic Depreciation, Society of Depreciation 
Professionals Annual Meeting, October 1999. 

Capital Recovery in a Changing Regulatory Environment, Pennsylvania 
Electric Association Financial-Accounting Conference, May 1999. 

Depreciation Theory and Practice, Southern Natural Gas Company 
Accounting and Regulatory Seminar, March 1999. 

Depreciation Theory Applied to Special Franchise Property, New York Office 
of Real Property Services, March 1999. 

Capital Recovery in a Changing Regulatory Environment, PowerPlan 
Consultants Annual Client Forum, November 7998. 

Economic Depreciation, AGA Accounting Services Committee and €El 
Property Accounting and Valuation Committee, May 1998. 

Discontinuation of Application of FASB Statement No. 71, Southern Natural 
Gas Company Accounting Seminar, April 1998. 

Forecasting in Depreciation, Society of Depreciation Professionals Annual 
Meeting, September 1997. 

Economic Depreciation In Response to Competitive Market Pricing, 1997 
TELUS Depreciation Conference, June 1997. 

Valuation of Special Franchise Property, City of New York, Department of 
Finance Valuation Seminar, March 1997. 

Depreciation Implications of FAS Exposure Draft 158-8, -I996 TLG 
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Decommissioning Conference, October 1996. 

Why €mnemic Depreciation?, American Gas Association Depreciatm 
Accounting Committee Meeting, August 1995. 

The Theory of Economic Depreciation, Society of Depreciation Professionals 
Annual Meeting, November 1994. 

Vintage Depreciation Issues, G & T Accounting and Finance Association 
Conference, June 1994. 

Pricing and Depreciation Strategies for Segmented Markets (Regulated and 
Competitive), Iowa State Regulatoory Conference, May 199Q. 

Principles and Practices of Depreciation Accounting, Canadian Electrical 
Association and Nova Scotia Power Electric Utility Regulatory Seminar, 
December 1989. 

Principles and Practices of Depreciation Accounting, Duke Power Accounting 
Seminar, September 1989. 

The Theory and Practice of Depreciation Accounting Under Public Utility 
Regulation. GTE Capital Recovery Managers Conference, February 1989. 

Valuation.Methods for Regulated Utiiities, GTE Capital Recovery Managers 
Conference, January 1988. 

Depreciation Principles and Practices fur REA Burrowers, NRECA 1985 
National Accounting and Finance Conference, September 1985. 

Depreciation Principles and Practices for REA Borrowers, Kentucky 
Association of Electric Cooperatives, Inc., Summer Accountants Association 
Meeting, June 1985. 

Considerations in Conducting a Depreciation Study, NRECA 1984 National 
Accounting and Finance Conference, October 1984. 

Software for Conducting Depreciation Studies on a Personal Computer, 
United States Independent Telephone Association, September 1984. 

Depreciation-An Assessment of Current Practices, NRECA 1983 National 
Accounting and Finance Conference, September 1983 

Depreciation-An Assessment of Current Practices, REA National Field 
Conference, September 1983. 

An Overview of Depreciation Systems, Iowa State Commerce Commission, 
October 1982. 

Depreciation Practices for Gas Utilities, Regulatory Committee of the 
Canadian Gas Association, September 1981. 

Practice, Theory, and Needed Research on Capital Investment Decisions in 
the Energy Supply Industry, workshop, sponsored by Michigan State 
University and the Electric Power Research Institute, November 1977. 

Depreciation Concepts Under Regulation, Public Utilities Conference, 
sponsored by The University of Texas at Dallas, July 1976. 

Electric Utility Economics, Mid-Continent Area Power Pool, May 1974. 

The Society of Sigma Xi. 

Professional Achievement Citation in Engineering, Iowa State University, 
1993. 

Honors and 
AWaldS 
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EXECUTIVE SUMMARY 

~NTRODUCTION 
This report presents the findings and recommendations developed in a 2005 

Technical Update of depreciation rates for Arizona Public Service Company 
(APS) prepared by Foster Associates, Inc. Parameters (;.e., projection curves, pro- 
jection fives and future net salvage rates) used in the update were accepted by the 
Arizona Corporation Commission (ACC) pursuant to a settlement agreement in 
Docket No. E-OI345A-03-0437 (Decision No. 67744, dated April 7,2005). Age 
distributions of surviving pIant at December 31, 2004 were used in the 2005 up- 
date to derive composite service life statistics and computed or theoretical depre- 
ciation reserves. 

Foster Associates is a public utility economic consdting firm headquartered 
in Bethesda, Maryland offering economic research and consulting services on is- 
sues and problems arising &om governmental regulation of business. Areas of 
specialization supported by our Fort Myers office include property service-life 
forecasting, depreciation estimation, and valuation of industrial property. 

Foster Associates has undertaken numerous depreciation engagements for 
both public and privatefy owned business entities, including detailed statistical fife 
studies, analyses of required net salvage rates, and the selection of depreciation 
systems that Will most nearly achieve the goals of depreciation accounting under 
the constraints of either government regulation or competitive market pricing. 
Foster Associates is widely recognized for industry leadership in the development 
of depreciation systems, life analysis techniques and computer software for con- 
ducting depreciation and valuation studies. 

The purpose of a technicd update is to adjust depreciation rates for changes 
in the variables associated with a remaining-life accrual rate. The variables for a 
plant account include the age distribution of surviving plant, the recorded depre- 
ciation reserve and the average net salvage rate used in the calculation of a theo- 
retical reserve. A technical update retains the parameters developed andor ap- 
proved in the most recent h l l  depreciation study and adjusts depreciation rates for 
subsequent changes in pIant, reserves and realized net salvage activity. 

The principal findings &om the 2005 review are summarized in the attached 
statements. Statement A provides a comparative summary of present and proposed 
annual depreciation rates for each rate category. Statement B provides a compari- 
son of present and proposed annual depreciation accruals. Statement C provides a 
comparison of the computed and redistributed depreciation reserve for each rate 
category. Statement D provides a summary of the components used to obtain a 
weighted-average net salvage rate for each plant account. Statement E provides a 
computation of the estimated future net salvage rate for steam production facili- 
ties. Statement F contains the computation of terminal dismantkment costs for 
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steam production facilities. Statement G provides a comparative summary of pre- 
sent and proposed parameters and statistics including projection life, projection 
curve, average service life, average remaining life, and average and future net sal- 
vage rates. 

SCOPE OF STUDY 
Unlike a full depreciation study in which service life and net salvage parame- 

ters are estimated fiom a blending of quantitative aridyses and idormed judg- 
ment, the current study retains the parameters accepted in Docket No, E41345A- 
034437 and provides an update of depreciation rates based on account age distri- 
butions and reserve balances at December 31,2004. 

The principal activities undertaken in the course of conducting the 2005 
Technical Update included: 

Collection of plant data; . Reconciliation of data to the official records of the Company; 
Computation of future net salvage rates for steam production 
facilities; . Rebalancing of depreciation reserves; and . Development of adjusted accrud rates for each rate category. 

DEPRECIATION SYSTEM 
A depreciation rate is formed by combining the elements of a depreciation 

system. A depreciation system is composed of a method, a procedure and a tech- 
nique. A depreciation method (e.g., straight-line) describes the component of the 
system that determines the acceleration or deceleration of depreciation accruals in 
relation to either time or use. A depreciation procedure (e.g., vintage group) iden- 
tifies tbe level of grouping or sub-grouping of assets within a plant category. The 
level of grouping dictates the weighting used to obtain composite life statistics for 
an account. A depreciation technique (e.g., remaining-life) describes the life sta- 
tistic used in the system. 

APS is currently using a depreciation system composed of &e straight-line 
method, broad group procedure, and remaining-life technique for all plant catego- 
ries. The present system was accepted by the ACC in Docket No. E-01345A-03- 
0437 Without comment as to the appropriateness of the system or a consideration 
of alternative systems. Accordingly, depreciation rates in the 2005 update were 
developed using the currently approved system. 
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PROPOSED DEPRECIATION RATES 
Table 1 provides a summary of the changes in annual rat& and accruals re- 

sulting from the 2005 TechnicaI Update. Rates proposed for each primary account 
include an allowance €or net salvage. 

Functim 
Acaual Rate 2005 Annualized Accxual 

Present Proposed Difference Present pmposed Difference 
A 

Produdion 
Steam 
Nuclear 
other 

Transmission 
Distribution 
General Plant 

C lx-0 E f W-F. 

3.34% 3.83% 0.49% $45,731,277 $52,392,026 $6,660,749 
295% 278% -0.17% 70,195,368 66,186,908 (4,008,460) 
2.93% 293% 0.mo 6,039,806 6,030,434 (9,372) 
1.55% 1.12% -0.43% 685,384 496,457 (188,927) 
2.43% 247% o.oQo/o 81,502,058 62,773,852 1,271,794 
5.30% 5.75% 0.45% 17,462,319 18,958,703 1,496.384 

Total Utility 0.06% $221,616,212 $226,838,380 $5,222,168 
Table 1. Present and Proposed Rates and Accruals 

Adjustments developed in the technical update produce a composite deprecia- 
tion rate of 2.95 percent. Depreciation expense is presently accrued at an equiva- 
lent rate of 2.89 percent. The proposed change in the composite depreciation rate 
represents an increase of 0.06 percentage pohts. 

A continued application of rates cunently approved would provide annual 
depreciation expense of $221,616,212 compared with an annual expense of 
$226,838,380 using the rates developed in the update. The proposed expense in- 
crease of $5,222,168 is largely attributable to: a) a change in the mix of plant in- 
vestments among primary accounts; b) changes in the age distributions of surviv- 
ing plant; and e) plant additions tu Four Corners generating station. 

PAGE 3 



STUDY PROCEDURE 

INTRODUCTION 
Unlike a full depreciation study in which projection curves, projection lives 

and future net salvage rates are estimated from a statistical analysis of recorded re- 
tirements and net salvage realized in the past, a technical update generally retains 
the parameters currently used by the utility and adjusts depreciation rates for 
known and measurable changes in the age distributions of surviving plant, depre- 
ciation reserves, and average net salvage rates due to the passage of time. A tech- 
nical update is intended to align depreciation rates With the accounting year the 
rates will become effective. 

SCOPE 

principal activities: 
The steps involved in preparing a technical update can be grouped into five 

. Data collection; . Calculation of service life statistics; . Computation of average net salvage rates; 
8 Rebalancing of depreciation reserves; and 
a Devetopment of accrual rates, 

The scope of the 2005 update for APS included a consideration of each of 
these tasks as described below. 

DATA COLLECTION 
The database used in the 2005 update was provided to Foster Associates in an 

electronic format containing plant and reserve activity over the period 1972-2004 
and age distributions of surviving plant at December 31, 2004. Data used in the 
update were limited to the age distributions of surviving plant. Depreciation rates 
currentty used by APS were developed using a broad-group procedure. The reai- 
ked life of surviving vintages derived from the dollar-years of service provided 
by each vintage is not relevant to an update of broad-group depreciation rates. 
Therefore, plant transactions recorded in prior activity years were not used in the 
update. 

Reserve transactions recorded in prior activity years were aIso not used in the 
2005 update. Depreciation rates currently used by APS were derived without con- 
sideration of the distinction between average and firture net salvage rates. The as- 
sumed equivalency between average and future net salvage rates was retained in 
the 2005 update without introducing prior realized net salvage amounts in the 
computation of average net salvage rates. 
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CALCULATION OF SERWCE LIFE STATISTICS 
The composite remaining life and average service life of a plant category used 

in the calculation of depreciation rates me derived &om a tabular arrangement of 
the age distribution of surviving plant and related statistics. The format of such a 
table is called a generation arrangement. 

The age distribution of surviving plant is a column of numbers showing the 
dollar amount of investment remaining in service at the beginning of a study year 
h rn  each of the vintages instalIed in prior years. The sum of an age distribution is 
the total plant in service for a plant category. The source of data used to construct 
an age distribution is a company’s Continuing Property Record (CPR). 

Statistics for each vintage ( ie . ,  average service life and remaining life) con- 
tained in a generation arrangement are derived from a mathematical fhction 
called a survivor curve. The survivor curve most descriptive of the forces of re- 
tirement acting upon a plant category is identified from a statistical analysis of 
past retirement experience, coupied with a consideration of how these forces are 
likely to change in the future. The collection of past retirements used in the statis- 
tical analysis can be viewed as a random sample from an unknown parent popula- 
tion. The objective of a life analysis is to estimate the parameters (Le., mean ser- 
vice life and dispersion characteristics) of the parent population. The mean service 
life of the population which best describes the timing of past and future retire- 
ments is called a projection @e and the survivor curve selected to describe the 
forces of retirement acting upon the popdation is called a projection curve. A 
technical update generally retains the service life parameters estimated in a full 
depreciation study. Statistics for each vintage, however, are updated to reflect 
known and measurable changes in the age distributions of surviving plant. 

COMPUTATION OF AVERAGE NET SALVAGE RATES 
Estimates of the net salvage rates applicable to future retirements are derived 

in a full depreciation study fiom an analysis of gross salvage and removal expense 
raiized in the past and a consideration of hture expectations which may dictate a 
departure from historical indications. Future net salvage rates adopted from such 
an analysis are retained as fixed parameters in a technical update. 

The average net salvage rate for an account or plant h c t i o n  is derived fiom 
a direct dollar weighting of a) historical retirements with historical (or realized) 
net salvage rates and b) hture retirements {Le., surviving plant) with the estimated 
hture net salvage rate. Average net salvage rates will change, therefore, as addi- 
tional years of retirement and net sdvage activity become available and as subse- 
quent plant additions alter the weighting of f ibre  net salvage estimates. 

As noted earlier, depreciation rates currently used by A P S  were derived with- 
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out consideration of the distinction between average and future net salvage rates. 
The assumed equivalency between average and future net salvage rates was re- 
tained in the 2005 update without introducing prior realized net saivage amounts 
in the computation of average net salvage rates. 

Although arguably beyond the scope of a technical update, future net salvage 
rates for steam production facilities were adjusted in the 2005 update for esti- 
mated terminal dismantlement costs, The treatment of dismantlement costs in 
prior studies (and in the depreciation rates currently used by APS) reflects an as- 
sumption that interim and future net salvage rates will be equal. This assumption 
was relaxed in the 2005 update by: a) retaining an interim net salvage rate of -20 
percent; and b) adjusting terminal dismantlement costs to reflect costs per kW es- 
timated in dismantling studies conducted in 2002 for the Navajo and Four Comers 
generating stations. An inflation rate of three percent was used to escalate 2002 
dollars to estimated years of final retirement. Statement F provides if computation 
of terminal dismantlement costs used in Statement E to derive future net sdvage 
rates for steam production facilities. The retained equivalency of average and fb- 
ture net salvage rates is shown in Statement D. 

REBALANCING OF DEPRECIATION RESERVES 
Although reserve records are typically maintained by various account classifi- 

cations, the total reserve for a company is the most important measure of the 
status of the company’s depreciation practices and procedures. If a company has 
not previously conducted statistical life studies or considered retirement disper- 
sion in setting depreciation rates, it is likely that some accounts will be overdepre- 
ciated and other accounts wil be underdepreciated relative to a calculated theo- 
retical reserve. Differences between theoretical and recorded reserves will also 
arise as a normal occurrence when service lives, dispersion patterns and net sal- 
vage estimates are changed in the course of depteciation reviews. It is appropriate, 
therefore, and consistent with group depreciation theory to periodically redistrib- 
ute recorded reserves among the various primary accounts based upon the most 
recent estimates of retirement dispersion and net salvage rates. 

A rebalancing of recorded reserves is consistent with the objectives of a tech- 
nical update and is considered appropriate for APS. Depreciation rates adopted in 
Docket No. E-01345A-034437 were derived fiom rebalanced reserves obtained 
from a set of parameters different from those used in the formulation of the settled 
remaining-life accrual rates. Reserve imbalances amortized in the settled rates are 
therefore inconsistent with the realigned depreciation reserves. The rebalancing of 
reserves undertaken in the 2005 update will reestablish consistency between 
measured reserve imbalances and the parameters used in the formulation of up- 
dated remaining-life accrual rates. 
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A redistribution of the recorded reserve was achieved for APS by multiplying 
the calculated reserve €or each primary account within a function (or plant loca- 
tion) by the ratio of the function (or location) total recorded reserve to the function 
(or location) total calculated reserve. The sum of the redistributed reserves within 
a function (or location) is, therefore, equal to the function (or location) total re- 
corded depreciation reserve before the redistribution. 

Statement C provides a comparison of the recorded, computed and rebalanced 
reserves for A P S  at December 31, 2004. The recorded reserve was 
$3,114,473,674, or 50.0 percent of the depreciable plant investment. The come- 
sponding computed reserve is $2,771,955,374 or 48.0 percent of the depreciable 
plant investment. A proportionate amount of the measured reserve excess of 
$342,5 18,300 will be amortized over the composite weighted-average remaining 
Iife of each rate category. 

DEVELOPMENT OF ACCRUAL RATES 
The goal or objective of depreciation accounting is cost allocation over the 

economic life of an asset in proportion to the consumption of service potential. 
Ideally, the cost of m asset-which represents the cost of obtaining a bundle of 
service units-should be allocated to future periods of operation in proportion to 
the amount of service potential expended during an accounting interval. The ser- 
vice potential of an asset is the present value of future net revenue (Le., revenue 
less expenses exclusive of depreciation and other non-cash expenses) or cash in- 
flows attributable to the use of that asset alone. 

Depreciation rates currently used by A P S  were developed using a system 
composed of the straight-line method, broad-group procedure, remaining-life 
technique. Depreciation rates proposed in the update were developed using the 
currently approved system. 
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STATEMENTS 

1 NTRODUCTION 
This section provides a comparative summary of depreciation rates, annual 

depreciation a c c d s ,  recorded and computed depreciation reserves, and present 
and proposed service life and net salvage parameters for APS. The content of 
these statements is briefly described below. 

Statement A provides a comparative summary of present and 
proposed annual depreciation rates for calendar year 2005 us- 
ing the straight-line method, broad goup procedure, remain- 
ing-life technique. 
Statement B provides a comparison of present and proposed 
annualized depreciation accruals for calendar year 2005 based 
upon the rates developed in Statement A. 
Statement C provides a comparison of recorded and computed 
reserves for each rate category and sets forth the computations . 
used to redistribute recorded reserves among primary plant 
accounts. 
Statement D provides a summary of the components wed to 
obtain a weighted average net salvage rate for each rate cate- 
gory. 
Statement E provides a computation of the estimated future 
net salvage rate for steam production facilities. 
Statement F contains the computation of terminal dismantle- 
ment costs for steam production facilities. 
Statement G provides a comparative summary of present and 
proposed parameters including projection life, projection 
curve and future net salvage rates. The statement also con- 
tains present and proposed statistics including average service 
life, average remaining life, and average net salvage rates. 

Present depreciation accruals shown on Statement B are the product of plant 
investments (Column B) and the present depreciation rates (Column D) shown on 
Statement A. These are the effective rates used by APS for the mix of investments 
recorded on December 3 1, 2004. Similarly, proposed depreciation accruals shown 
on Statement B are the product of plant investments and proposed depreciation 
rates (Column H) shown on Statement A. Proposed accrual rates shown on State- 
ment A are given by: 

1 .O - Resewe Ratio - Future Net Salvage Rate 
Remaining Life 

Accrual Rate = 
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AREONA PUBLIC SERVICE COMPANY 
Comparison of Present and Proposed Accrual Rates 

Present: BG Procedure / RL Technique 
Proposed: BG Procedure 1 RL Technique 

Statement A 

Present 
Rem. Net A m a t  I Accaunt Description Life Salvage Rate Lie SalvaQe Ratio Rate 

A 

STEAM PRODUCTION 
31 1.00 Structures and Improvements 
312.00 Boiler Plant Equipment 
314.00 Turbogenerator Units 
315.00 Accessory Electric Equipment 
316.00 Misc. Power PIant Equipment 

NUCLEAR PRODUCTION 
321 .OO Structures and Improvements 
322.00 Reactor Pfant Equipment 
322.10 Steam Generators 
323.00 Tubo$eneratot Units 
324.00 Accessory Electric Equipment 
325.00 Misc. Power Plant Equipment 

Total Nuclear Production Plant 
OTHER PRODUCTION 
341.00 Structures and Improvements 
342.00 Fuel Holders, Products and Accessories 
343.00 Prime Movers 
344.00 Generators and Devices 
345.00 Accessory Electric Equipment 
346.00 Misc. Power Plant Equipment 

Total Other Production Plant 
TOTAL PRODUCVON PLANT 

Total Steam Production Plant 

TRANSMISSION 
352.00 Structures and lmprovements 
353.00 Station Equipment 
354.00 Towers and Fixtures 
355.00 Poles and Fmres -Wood 
356.00 Overhead Conductors and Devices 

Total Tansmisslon Plant 
DlSYRlBUTlON 
361.00 Structures and Improvements 
362.00 Station Equipment 
364.00 Poles, Towers and Fixtures -Wood 
364.10 Poles, Towers and Fixtures - Steel 
365. W Overhead Conductors and Devices 
366.00 Underground Conduit 
367.00 Underground Conductors and Devices 
368.00 Line Transformers 
369.00 Services 
370.00 Meters 
370.10 Meters - Electronic 
371 .OO Installations on Customers' Premises 
373.00 Street Lighting and Signal Systems 

Total Distribution Plant 

B C 0 

2.96% 
3.52% 
3.00% 
2.71% 
4.21% 
33K -- 
2.60% 
2.86% 
8.39% 
2.90% 
2.78% 
3.59% 

T E ? T  -- 

2.71% 
2.87% 
1.25% 
3.59% 
2.27% 
2.56% 

73% 
3.08% 

-- 

35.20 -5.0% 1.70% 

38.30 -35.0% 2.08% 
38.50 -35.0% 2.72% 
38.50 -35.0% 2.32% -mmr 

45.70 1.52% 

-- 

33.10 
36.90 
30.90 
46.60 
47.70 
82.40 
22.90 
24.60 
27.90 
21 .a0 
23.30 
45.00 
25.90 

-10.0% 

-10.0% 
-5.0% 
-10.0% 
-5.0% 
-5.0% 
-5.0% 

-10.0% 

-20.0% 
-20.0% 

2.10% 

2.64% 
2.03% 
1.99% 
1.20% 
3.18% 
2.30% 
2.60% 
2.84% 
3.61 96 
2.33% 
3.10% 

-273% 

2.04*/0 

E F G H 

18.47 -18.7% 50.17% 3.75% 
15.64 -18.8% 57.35% 3.97% 
17.74 -20.6% 57.01% 3.64% 
20.34 -19.2% 60.07% 2.95% 
16.90 -21.1% 43.49% 4.60% 
16.64;19;2% 56.2/% -3zx 
20.63 45.97% 2.62% 
19.58 -0.2% 44.69% 2.84% 
1.71 95.73% 2.17% 
19.08 -0.4% 45.83% 286% 
18.99 -0.5% 49.17% 2.70% 
17.27 4.8% 43.01% 3.35% 

-0.2w 4 6 . m  

18.52 4.8% 48.33% 2.43% 

11.58 83.08% 1.45% 

i 9.53 40.77% 2.40% 
16.90 52.37% 2.71% 

17.92 50.02% 3.15% 

22.27 -5.0% 39.18% 2.78% 

17.27 -1.4% 36.00% 3.55% 

17.35 46.10% 7am 

21.69 -5.0% 110.65% -0.26% 
39.98 55.57% 1.11% 
42.49 -35.0% 73.33% 1.45% 
18.51 -15.0% 142.m0 -1.46% 
37.51 -35.0% 79.90% 1.47% 

39.97 T 56.57% -73% 

33.18 
36.73 
29.41 
46.78 
46.65 
82.10 
22.28 
23.63 
26.72 
21.24 
23.06 
45.48 
24.32 

-3nT 

-10.0% 

-10.0% 
-5.0% 
-10.0% 
-5.0% 
-5.0% 
-5.0% 

-10.0% 

-20.0% 
-20.0% 

7 3 7 % -  

38.78% 
22.?8yo 
33.37% 
9.08% 

17.69% 
6.39% 
32.66% 
48.43% 
41.02% 
35.92% 
15.18% 
14.56% 
49.15% 

. 3'0 

2.15% 
2.12% 
2.61 % 
2.05% 
1.98% 
1.20% 
3.25% 
2.39% 
2.58% 
3.02% 
3.68% 
2.32% 
2.91% 

2.41% 

PAGE 9 



ARKONA PlJBLlC SERVICE COMPANY 
Comparison of Present and Proposed Accrual Rates 

Present BG Procedure / R t  Technique 
Proposed: BG Procedure I RL Technique 

Statement A 

Present Proposed (at December 31,2004) 
Rem. Net Accrual Rem. Net Reserve Accrual 

Account Description Life Salvage Rate Me Salvage Ratio Rate I 
A a C D E F 0 ti 

GENERAL 
390.00 Structures and Improvements 
391.00 Office Furn. and Equip. - Furniture 
391.1 0 Office Furn. and Equip. - PC Equipment 
391.20 Office Fum. and Equip. - Other 
393.00 Stores Equipment 
394.00 Tools, Shop and Garage Equipment 
395.00 Laboratory Equipment 
397.00 Communication Equipment 
398." Miscellaneous Equipment - Hydrogen 
398.00 MiscelLneous Equipment 

Total General 
TOTAL UTlLlTY 

STEAM PRODUCTION (EY UNIT) 
Cholla 
31 1.00 Structures and Improvements 
312.00 Boiler Plant Equipment 
314.00 Turbogenerator Units 
315.00 Accessory Electric Equipment 
316.00 Misc. Power Plant Equipment 

Cholla Unit 1 
31 1.00 Structures and Improvements 
312.00 Boiler Plant Equipment 
314.00 Turbogenetator Units 
315.00 Accessory Electric Equipment 
316.00 Misc. Power Plant Equipment 

Total Cholla Unit I 
Cholla Unit 2 
31 1 .OO Structures and Improvements 
312.00 Boiler Plant Equipment 
314.00 Turbogenerator Units 
315.00 Accessory Electric Equipment 
316.00 Misc. Power Plant Equipment 

Total Cholla Unit 2 
Cholla Unit 3 
31 1 .00 Structures and Improvements 
312.00 Boiler Plant Equipment 
314.00 Turbogenerator Units 
315.00 Accessory Electric Equipment 
316.00 Misc. Power Plant Equipment 

Total Chofla Unit 3 
Cholla Common 
31 1 00 Structures and Improvements 
312.00 Boiler Plant Equipment 
314.00 Turbogenerator Units 
315.00 Accessory Electric Equipment 
316.00 Misc. Power Plant Equipment 

Total Cholla 

Total Cholla Common 

30.70 
10.10 
5.30 

14.80 
2.80 

13.70 
12.m 
12.00 

16.60 - 

-15.0% 2.93% 
4.16% 

11.43% 
4.17% 

4.67% 
5.07% 
4.74% 

2.89% 

29.54 
12.23 
4.28 

13.44 
2.14 

12.20 
11.99 
11.53 
2.50 

20.91 
11.41 

22.24 

-1 5.0% 28.07% 
39.00% 
46.69% 
39.06% 
89.66% 
39.16% 
40.21% 
39.47% 
50.20% 
12.93% 

-;4.7% 36.88% 
-5.9% 40.55% 

2.94% 
4.99% 

12.46% 
4.53% 
4.03% 
4.99% 
4.99% 
5.25% 

19.92% 
4.16% 

7 7 5 %  
2.95% 

2.27% 27.11 -19.2% 57.24% 2.28% 
2.78% 19.78 -19.4% 63.40% 2.03% 
2.63% 24.85 -19.9% 49.55% 2.81% 
2.33% 24.71 -19.4% 61.20% 2.35% 
3.38% 20.65 -19.2% 48.43% 3.42% 

7 % % - 2 1 . S 9 ; 1 9 . 5 % ~ r n  -- 
14.00 .20.0% 2.44% 11.97 -75.6% 84.63% 2.60% 
13.40 -20.0% 3.98% 11.20 -16.3% 68.47% 4.27% 
14.00 -20.0% 3.46% 11.90 -15.8% 74.05% 3.44% 
13.90 -2O.OYo 3.20% 11.86 -15.9% 75.87% 3.38% 
13.50 -20.0% 5.08% 11.63 -16.1% 56.79% 5.10% 

7rm-r 11.a4 Tm%- 70.74% 3.9796 -- 

29.00 -20.0% 2.69% 26.78 -18.1% 49.48% 2.56% 
22.00 -20.0% 2.65% 20.46 -19.0% 65.37% 2.62% 
27.50 -20.0% 2.39% 25.56 -18.3% 59.67% 2.29% 
26.80 -20.0% 2.26% 25.09 -18.4% 62.7t% 2.22% 
22.~1 -20.0% 2.97% 20.74 -19.1% 56.37% 3.02% 

- 2 x K  -ms;8.8om 63.58% TSm -I__. 

29.90 -20.0% 2.20% 27.97 -21.7% 58.20% 2.27% 
22.90 -20.0% 2.62% 21.56 -20.9% 62.35% 2.72% 
29.70 -20.0% 2.60% 28.16 -21.8% 37.15% 3.01% 
28.50 -20.0% 2.30% 26.87 -21.5% 58.38% 2.35% 
23.80 -20.0% 3.02% 21.91 -20.8% 53.53% 3.07% 

733?r24.25-27.2%55:38%7T7B?T -- 

29.90 -20.0% 2.23% 28.01 -18.9% 56.45% 2.23% 
24.80 -20.0% 2.82% 23.38 -19.3% 50.89% 2.93% 
29.00 -20.0% 2.30% 27.18 -19.0% 58.21% 2.24% 
28.70 -20.0% 2.33% 27.19 -19.0% 50.96% 2.50% 
25.80 -20.0% 3.32% 24.23 -19.3% 38.04% 3.35% 

52.31% 
-___. 
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ARIZONA PUBLIC SERVICE COMPANY 
Comparison of Present and Proposed Accrual Rates 

Present: BG Procedure I RL Technique 
Proposed: BG Procedure I RL Technique 

Statement A 

Present Proposed (at December 31, 2004) 
Rem. Net Accrual Rem. Net Reserve Accrual 

Account Description Life Sahrage Rate Life Sahrage Ratio Rate 
A B C 0 E F 0 H 

Four Comers 
31 1 .OO Structures and Improvements 
312.00 Boiler Plant Equipment 
314.00 Turbogenerator Units 
315.00 Accessory Electsic Equipment 
316.00 Misc. Power Plant Equipment 

Total Four Corners 
Four Corners Unlts 1-3 
311.00 Structures and Improvements 
312.00 Boiler Plant Equipment 
314.00 Turbogenerator Units 
315.00 Accessory Eiecbic Equipment 
316.00 Mkc. Power Plant Equipment 

Total Four Comers Units 1-3 
Four Corners Units 4-6 
31 1 .OO Structures and Improvements 
312.00 Boiler Plant Equipment 
314.00 Turbogenerator Units 
315.00 Accw%y Ektric Equipment 
316.00 Misc. Power Plant Equipment 

Total Four Corners Units 4-6 
Four Corners Common 
31 1 .OO Structures and Improvements 
312.00 Boiler Plant Equipment 
314.00 Turbogenerator Units 
31 5.00 Accessory Electric Equipment 
316.00 Misc. Power Plant Equipment 

Total Four Corners Common 
Navalo Units 1-3 
311.00 Structures and Improvements 
312.00 Boiler Plant Equipment 
314.00 Turbogenerator Units 
3t 5.00 Accessory Electric Equipment 
316.00 Misc. Power Plant Equipment 

Total Navajo Units 1-3 
Ocotlllo Units 1-2 
31 1 .OO Structures and Improvements 
312.00 Boiler Plant Equipment 
314.00 Turbogenerator Units 
31 5.00 Accessory Electric Equipment 
316.00 Misc. Power Plant Equipment 

Saguaro Units 1-2 
31 1 .OO Structures and Improvements 
312.00 Boiler Plant Equipment 
314.00 Turbogenerator Units 
315.0Q Accessory Uectric Equipment 
316.00 Misc. Power Plant Equipment 

Total Saguaro Units 1-2 

Total OctillO Units 1-2 

3.49% 13.52 -18.5% 42.70% 5.54% 
4.13% 12.87 -18.7% 53.27% 5.01% 
3.50% 13.24 -17.8% 53.95% 4.79% 
3.70% 14.61 -19.3% 55.04% 4.36% 
4.72% 15.90 -21.7% 41.99% 4.96% 

~13118-1B.3o/C-3-z- i%7.980/0  -- 
13.30 -20.0% 4.02% 11.39 -14.1% 36.62% 6.80% 
12.70 -20.0% 4.04% 10.76 -14.8% 50.84% 5.94% 
13.10 -20.0% 3.96% 11.08 -14.5% 53.98% 5.46% 
13.20 -20.0% 4.68% 11.21 -14.3% 53.65% 5.41% 
13.10 -20.0% 7.53% 11.15 -14.4% 29.52% 7.61% 

Ti%?g-Tm-1917%79.f20m5T96% -- 
26.80 -20.0% 2.40% 24.80 -26.8% !i7.08% 2.81% 
22.10 -20.0% 2.82% 20.40 -24.1% 57.62% 3.26% 
26.30 -20.0% 2.70% 24.09 -26.4% 50.68% 3.14% 
25.90 -2Q.Q% 2.51% 24.24 -26.4% 50.75% 3.12% 
23.00 -20.0% 3.37% 20.22 -23.8% 49.96% 3.65% 

56.30% 3122'16 I_- 

26.80 -20.0% 2.37% 24.71 -29.0% 51.89% 3.12% 
22.80 -20.0% 2.39% 19.62 -25.3% 63.41% 3.15% 
23.30 -20.0% 1.79% 21.73 -26.4% 81.01% 2.09% 
21.00 -20.0% 1.85% 20.44 -25.2% 79.18% 2.25% 
23.20 -20.0% 3.33% 21.37 -25.8% 47.46% 3.67% -mm- mTiGi?r  5~.96%-333% 
-- 

22.80 -20.0% 3.29% 20.78 -14.5% 44.27% 3.38% 
20.60 -20.0% 3.55% 18.52 -15.8% 48.18% 3.65% 
22.00 -20.0% 2.76% 20.00 -14.9% 57.66% 2.86% 
22.00 -20.0% 2.82% 19.88 -15.1% 56.77% 2.93% 
20.20 -20.0% 3.74% 18.57 -15.9% 40.79% 4.04% 

19.00 48.96% 55oo/a -- 
17.10 -20.0% 3.80% 15.05 -37.9% 61.04% 5.11% 
15.20 -20.0% 3.02% 12.89 32.9% 77.61% 4.29% 
16.80 -20.0% 2.76% 14.30 -36.1% 78.82% 4.01% 
16.30 -20.096 2.2W0 13.90 -35.0% 77.01% 4.17% 
16.20 -20.0% 5.24% 14.61 -36.0% 29.79% 7.32% 

--34;7% 71.81% 
-- 

11.30 -20.0% 3.42% 9.28 -29.0% 72.94% 6.04% 
11.10 -20.0% 4.69% 8.61 -27.0% 79.46% 5.61% 
11.20 -20.W0 3.44% 9.15 -20.8% 85.64% 4.72% 
11.20 -20.OD/* 2.79% 8.99 -28.5% 89.22% 4.37% -. - 
10.90 -20.0% 7.16% 8.96 -20.4% 55.15% 8.18% 

TFfK8.87;28.3%80.06%Ei.44x -- 
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ARIZONA PUBLIC SERVICE COMPANY 
Comparison of Present and Proposed Accrual Rates 

Present: BG Procedure I RL Technique 
Proposed: 8G Procedure I RL Technique 

Statement A 

Present Proposed (at December 31,2004) 
Rem. Net Accrual Rem. Net Reserve Accfual 

I Account Description Life SJvage Rate Life Salvage Ratio Rate 1 
A B C D E F 0 tl 

NUCLEAR PRODUCTION (BY UNIT) 
Palo Verde 
321 .M) Structures and Improvements 
322.00 Reactor Plant Equipment 
322.10 Steam Generators 
323.00 Turbogenerafor Units 
324.00 Accessory Electric Equipment 
325.00 Mic. Power Plant Equipment 

Palo Verde Unit 1 
321 .M) Structures and Improvements 
322.00 Reactor Plant Equipment 
322.10 Steam Generators 
323.00 Turbogenerator Units 
324.00 Accessory Electric Equipment 
325.00 Misc. Power Plant Equipment 

Total Palo Verde Unit 1 
Palo Verde Unit 2 
321.00 Structures and Improvements 
322.00 Reactor Plant Equipment 
322.1 0 Steam Generators 
323.00 Turbogenerafor Units 
324.00 Accessory Electric Equipment 
325.00 Misc. Power Plant Equipment 

Total Palo Verde Unit 2 
Palo Verde Unit 3 
321 .OO Structures and Improvements 
322.00 Reactor Plant Equipment 
322.10 Steam Geneiatars 
323.00 Turbogenerator Units 
324.00 Accessory Electric Equipment 
325.00 Misc. Power Phnt Equipment 

Total Palo Verde Unit 3 
Palo Verde Water Reclamation 
321.00 Structures and lmprovements 
322.00 Reactor Plant Equlpment 
322.10 Steam Generators 
323.00 Turbogenerator Units 
324.00 Accessory Electric Equipment 
325.00 Mic. Power Plant Equipment 

Palo Verde Common 
321.00 Structures and Improvements 
322.00 Reactor Plant Equipment 
322.10 Steam Generators 
323.00 Turbogenerator Units 
324.00 Accessory Electric Equipment 
325.00 Misc. Power Plant Equipment 

Total Palo Verde Common 

Total Palo Verde 

Total Palo Verde Water Reclamation 

2.00% 20.63 45.97% 2.62% 
2.86% 19.50 -0.2% 44.69% 2.84% 

2.90% 19.08 -0.4% 45.03% 2.06% 
2-70% 18.99 -0.5% 49.17% 2.70% 

8.39% 1.71 95.73% 2.17% 

21.20 2.68% 18.78 50.61% 2.63% 

3.00 -17.0% 9.09% 1.00 98.53% 1.47% 
20.60 -2.0% 2.88% 18.37 -0.2% 49.47%' 2.76% 

19.90 -2.0% 2.93% 17.01 4.4% 49.80% 2.84% 
20.00 -2.0% 2.79% 17.80 -0.4% 52.35% 2.70% 
17.70 -2.0% 3.52% 15.87 -0.8% 40.80% 3.28% - n m r m = ~ m  -_L_ 

46.20% 2.73% 22.00 
21-50 -2.0% 2.83% 19.32 -0.2% 38.02% 3.22% 

20.80 -20% 2.87% 18.74 -0.4% 41.76% 3.13% 

2.55% 19.70 

1.00 -17.0% 17.01% 

20.90 -2.PA 2.78% 98.73 -0.5O-6 48.96% 2.86% 
18.70 -2.0% 3.69% 16.82 4.7% 39.57% 3.63% 

T i E % 1 9 T B 6 - 7 m K - - - T m K ~  -- 
23.30 2.59% 21.58 45.56% 2.52% 

5.00 -17.0% 7.63% 250 92.71% 292% 
22.60 -2.0% 2.05% 21.03 -0.3% 44.21% 2.67% 

21.80 -2.0% 2.09% 20.33 -0.4% 44.80% 2.73% 
22.10 -2.0% 2.77% 20.40 -0.5% 47.03% 2.62% 
19.20 -2.0% 3.51% 17.00 -0.0% 43.64% 3.20% 

- E B ! & - X V ~ ~  -- 
23.20 2.56% 21.55 42.72% 2.66% 
23.00 -2.0'16 4.18% 21.36 -0.2% 13.25% 4.07% 

22.00 -2.0% 3.04% 20.51 -0.4% 37.40% 3.07% 

19.50 -2.0% 3.63% 18.15 -0.8% 38.20% 3.45% 
21.53 0.0% 42.68% 

-- 
23.20 2.58% 21.59 43.59% 2.61% 
22.60 -2.0% 2.91% 21.05 -0.3% 42.59% 2.74% 

22.20 -2.0% 3.32% 20.63 -0.4% 35.04% 3.13% 
22.00 -2.0% 2.78% 20.36 -0.5% 45.05% 2.68% 
19.40 -2.0% 3.62% 10.04 -0.8% 40.98% 3.3% 

20.42) 42.99% 
-- 
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ARIZONA PUBLIC SERVICE COMPANY 
Comparison of Present and Proposed Accrual Rates 

Present: BG Procedure / RL Technique 
Proposed: BG Procedure I RL Technique 

Statement A 

Present Proposed (at December 31, 2004) 
Rem. Net Accrual Rem. Net Reserve Accrual 

Account Description Life Salvage Rate Life Salvage Ratio Rate 
A 0 C b E F 0 n 

OTHER PRODUCTION (BY UNIT) 
Douglas CT 
341.00 Structures and Improvements 
342.00 Fuel Holden, Products and Accessories 
343.00 Prime Movers 
344.00 Generators and Devices 
345.00 Accessory Electric Equipment 
346.00 Misc. Pawet Piant Equipment 

Total Douglas CT 
Ocotillo CT Units 1-2 
341.00 Structures and Improvements 
342.00 Fuel Holders, moducts and Accessories 
343.00 Prime Movers 
344.00 Generators and Devices 
345.00 Accessory Eledric Equipment 
346.00 Misc. Power Plant Equipment 

Total Ocotillo CT Units 1-2 

13.90 
14.00 
14.20 
9.70 

13.10 
13.80 - 
14.50 
14.00 
14.10 
13.60 
13.20 

-5.0% 1.01% 
-5.0% 2.31% 

0.65% 
0.17% 
0.86% 
1.90% 

T E § %  

-5.0% 2.40% 
-5.0% 2.36% 

1.06% 
3.33% 
1 .OB% 

14.00 1.74% Tu?% -- 
Saguaro Cf Units 1-2 
341.00 Structures and Improvements 14.40 -5.0% 4.77% 
342.00 Fuel Holders, Products and Accesso~ies 14.00 -5.0% 1.92% 
343.00 Prime Movers 13.80 1.29% 
344.00 Generators and Devices 13.00 3.09% 
345.00 Accesson Electric Eauioment 13.40 1.42% 
346.00 Misc. P&r Plant Equipment 

Total Saguaro CT Units 1-2 
14.10 3.41 % --mX -- 

Solar Units 
341.00 Strudures and Improvements ’ 3.60 
342.00 Fuel Holders, Products and Accessories 
343.00 Prime Movers 
344.00 Generators and Devices 7.80 6.74% 
345.00 Accessory Electric Equipment 9.90 7.71% 

12.01 -5.0% 96.08% 0.74% 
12.08 -5.0% 80.67% 2.01% 
11.65 91.77% 0.71% 

11.06 90.19% 0.89% 
11.86 78.04% 1.85% 

9 2 . 3 H  0169% 

8.41 9a.9wo 0.12% 

12.12 -5.0% 75.23% 2.46% 
12.11 -5.0% 77.54% 2.27% 
11.73 83.82% 1.a~~ 
11.60 61.21% 3.34% 
11.29 80.92% 1.69% 
11.81 76.69% 1.97% 

773iTa.4%--?3mrlm 

12.34 
12.00 
11.77 
10.88 
11.28 
12.00 

7 7 3 i T  

2.03 

11.50 
7.56 
7.86 

-5.0% 44.74% 4.88% 
-5.0% 83.06%. 1.83% 

83.03% 1.44% 
60.02% 3.679/0 

59.00% 3.42% 
84.83% 1.34% 

;II;B% 73.64% -235%- 

121.49% -f0.59% 

6.09% 8.17% 
54.10% 6.OT% 
50.45% 6.30% 

T i w K T -  7zzF!r5.68% -- 346.00 Misc. Power Plant Equipment 
Total Solar Units 

West Phoenix 
341.00 Structures and Improvements 
34200 Fuel Holders, Products and Accessories 
343.00 Prime Movers 
344.00 Generators and Devices 
345.00 Accesswy Electric Equipment 
346.00 Misc. Power Plant Equipment 

Total West Phsonix 
West Phoenix CT Units 1-2 
341 .00 Structures and Improvements 
342.00 Fuel Holders, Products and Accessories 
343.00 Prime Movers 
344.00 Generators and Devices 
345.00 Accessory Electric Equipment 
346.00 Misc. Power Plant Equipment 

Total West Ploenlx CT Units 1-2 

2.38% 
3.200h 
2.07% 
3.24% 
2.64x 
2,69% 
33w -- 

14.20 -5.0% 1.61°/b 
14.00 -5.0% 1.92% 
14.20 2.07% 
12.30 1 .80% 
13.20 1.18% 
14.10 3.33% 

73EK -- 

24.31 -5.0% 43.23% 2.51% 
24.77 -5.0% 26.12% 3.15% 

23.01 -1.9% 25.79% 3.28% 
1 1.86 72.42% 2.33% 

23.25 33.87% 2.7% 
20.03 43.10% 2.80% 

31.12% -- 
12.12 -5.0% 85.24% 1.63% 
12.03 -5.0% 82.07% 1.91% 
11.86 72.42% 2.33% 
10.75 68.68% 2.91% 
1 1.27 83.49% 1.46% 
12.02 57.98% 3.50% 

7.1.49 72.[6% 
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ARIZONA PUBLIC SERVICE COMPANY 
Comparison of Present and Proposed Accrual Rates 

ffi Procedure I RL Technique 
Proposed: BG Procedure I RL Technique 

i 

Statement A 

Present Proposed (at December 31,2004) 
Rem. Net Accrual Rem. Net Reserve Accrual 

I Account Description Life Salvage Rate Life Salvage Ratio Rate 

346.00 Misc. P&er Plant Equipment 
Total West Phoenlx CC U h b  1-3 

26.60 2.47% 24.26 38.00% 2.56% 
- 3 z K 2 4 . 3 5 ~ 7 z i 7 7 % - ~  -- 

Yucca CT Units 1.4 

342.00 Fuel Holders, Products and Accessories 12.90 -5.0% 1.28% 11.00 -5.0% 94.51% 0.95% 
343.00 Prime Movers 14.20 0.55% 1o.m 93.27% 0.62% 
344.00 Generators and Devices 11.60 1.64% 9-09 87.36% 1-39?! 
345.00 access or^ Electric Eaubment 73.00 1.24% 10.37 87.09% 1.24% 

341.00 Structures and Improvements 13.40 -5.0% 4.16% 11.35 -5.0% 61.13% 3.87% 

346.00 Misc. P&r Plant Eiuiprnent 
Total Yucca CT Units 1-4 

13.20 1.23% 10.90 80.29% 1.81% 77m- ~~'~~ 

-- 
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ARIZONA PUBLIC SERVICE COMPANY 
Comparison of Present and Proposed Accruals 

Present BG Procedure I RL Technique 
Proposed: BG Procedure / RL Technique 

Statement B 

I 12131104 I 
Plant 2005 Annualized A m a l  

Account Description Investment Present proposed Difference 
A a C D E=DC 

STEAM PRODUCTION 
31 1.00 Stmctures and Improvements 
312.00 Boiler Plant Equipment 
314.00 Turbogenerator Units 
315.00 Accessory Electric Equipment 
316.00 Misc. Power Plant Equipment 

Total Steam Production Plant 
NUCLEAR PRODUCTION 
321.00 Structures and Improvements 
322.00 Reactor Plant Equipment 
322.10 Steam Generators 
323.00 Turbogenerator Units 
324.00 Accessory Electric Equipment 
325.00 Misc. Power Plant Equipment 

Total Nuclear Production Plant 

$131,870,408 $3,902,247 $4,939,665 $1,037,418 
837,866,945 29,500.044 33,265,700 3,765.656 
201,179,564 6,040,327 7,332.245 1,291,918 
138,223,358 3,742,018 4,071.592 329,574 
60,433,389 2,546,641 2,782,824 236,183 

$1,369,5G664 $45 1 3  735 277 $52,392,026 

$640,003,980 $16,629,867 $16,763,507 $133,640 
939,061,294 26,844,521 26,663,549 (180,972) 
52,865,345 4,434,434 l', 145.606 (3,288,828) 

342,424.222 9,933.350 9,796,470 (1 36,880) 
272.624.619 7,581.450 7.365529 (215.921 f 
132,963;906 4,771,746 

$2,379,943,366 $70 ,195,368 
OTHER PRODUCTION 
341.00 Structures and Improvements $10,180,396 $275,443 $247,818 ($27,625) 
342.00 Fuel Holders, Products and Accessories 26,096,001 749,643 725,004 (24,639) 
343.00 Prime Movers 
344.00 Generators and Devices 
345.00 Accessory Electric Equipment 
346.00 Misc. Power Plant Equipment 

Total Other Production Plant 
TOTAL PRODUCTION PLANT 

TRANSMISSION 
352.00 Structures and Improvements 
353.00 Station Equipment 
354.00 Towers and Fixtures 
355.00 Poles and Fuctures - Wood 
356.00 Overhead Conductors and Devices 

DISlRt3UTION 
361 .00 Structures and Improvements 
362.00 Station Equipment 
364.00 Poles, Towers and Fixtures -Wood 
364.10 Poles, Towers and Fixtures - Steel 
365.00 Overhead Conductors and Devices 
366.00 Underground Conduit 
367.00 Underground Conductors and Devices 
368.00 Line Transformers 
369.00 Services 
370.00 Meters 
370.1 0 Meters - Electronic 
371.00 Installations on Customers' Premises 
373.00 Street Lighting and Signal Systems 

Total Transmission Plant 

Yotal Distribution Plant 

32,466,268 406,130 469,913 .63,783 
'l 11,753,87l 4,017,508 3,963,121 (54,387) 
19,867,012 451,140 476,544 25,404 
5,460,622 139,942 148,034 8,092 

$205,824.1 70 I ,  $66,030,434 ($93372) 
$3,955,341.200 $121,966.451 $124,609,368 $2,642,917 

$95,935 $1,631 ($249) ($1,880) 
42,249,917 642,199 468,974 (I 73,225) 
1,329,316 27,650 19,275 (8.375) 

11,064 301 (162) (463) 

$685,384 E491.6l7 .45 --7mK8% 13,603 

$30,704,475 
242,575,593 
296,506,680 
73,766,423 

233,951,705 
509,266,861 
908,715,823 
537.581,653 
268,098,185 
91,949,592 
65,427,927 
31,927,745 

$644,794 
4,948,542 
7,827,776 
1,497,458 
4,655,639 
6.1 1 1,202 

28.897.163 
12,361,378 
6,970,553 
2,6? 1,368 
2,361,948 

743,916 

' $660,146 
5,142,603 
7,738,824 
1,512,212 
4,632,244 
6,111,202 

29,533,264 
12,848,202 
6,916,933 
2,776,878 
2,407,748 

740.724 

$15,352 
194,061 
(88,952) 
14,754 

(23,395) 

636,101 
483,824 
(53,620) 
165,510 
45,800 
(3.192) 

60,236,149 1,867.321 
$3,350,708,811 
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ARIZONA PUBLIC SERVICE COMPANY 
Comparison of Present and Proposed Accruals 

Present BG Procedure 1 RL Technique 
Proposed: BG Procedure / RL Technique 

Statement B 

12/31/04 
- Piant 2005 Annualized Accrual 

Account Description Investment Present Proposed Dierence 
A B C D E=DC 

GENERAL 

391.00 Office Furn. and Equip. - Furniture 31,890,832 1,326,659 1,591,353 264,694 
390.00 Structures and Improvements $103,793,496 $3,041.149 $3,051,529 $10,380 

391.10 Office Fum. and Equip. - PC Equipment 49,510,133 5,659,008 6,168,963 509.955 
391.20 Office Furn. and Equip. - Other 
393.00 Stores Equipment 
394.00 Tools. Shop and Garage Equipment 
395.00 Laboratory Equipment 
397.00 Communication Equipment 
398." Miscellaneous Equipment - Hydrogen 
398.00 Miscehneous Equipment 

Total General 
TOTAL UTILITY 

STEAM PRODUCTION (BY UNU) 
Cholfa 
31 1 .OO Structures and Improvements 
312.00 Boiler Ptant Equipment 
314.00 Turbogenerator Units 
315.00 Accesso~y Electric Equipment 
316.00 Misc. Power Plant Equipment 

Cholla Unit 1 
31 1 .OO Structures and Improvements 
312.00 Boiler Plant Equipment 
314.00 Turbogenerator Units 
315.00 Accessory Electric Equipment 
346.00 Misc. Power Plant Equipment 

Total Cholla Unit I 
Cholla Unit 2 
31 1 .OO Structures and Improvements 
312.00 Boiler Plant Equipment 
31 4.00 Turbogenerator Units 
315.00 Accessory Electric Equipment 
316.00 Misc. Power Plant Equipment 

Total ChoIla Unit 2 
Cholfa Unit 3 
31 1 .OO Structures and Improvements 
312.00 Boiler Plant Equipment 
314.00 Turbogenerator Units 
31 5.00 Accessory Eledric Equipment 
316.00 Misc. Power Plant Equipment 

Total Cholfa Unlt 3 
Cholla Common 
311.00 Structures and Improvements 
312.00 Boiler Plant Equipment 
314.00 Turbogenerator Units 
315.00 Accessory Electric Equipment 
316.00 Misc. Power Plant Equipment 

Total Cholla 

Total Cholla Common 

9,016,492 375,988 408.447 32,459 

14,047,955 647,611 700,993 53,382 
1,609,510 81,602 80.315 (1,287) 

109,319,204 5181,730 5,739,258 5!3,528 
4.904.21 1 980.842 976.91 9 13.923) 

i ,235,839 59,691 59,691 

4,356,614 1 67.730 1811235 
, ,  

$7,680,006,850 $221,616,212 $226,838,380 $5,222,168 

$53,689,761 $9,221,222 $1.225.028 $3.806 
299,852,771 8,323,190 8,490,406 167,216 
85.609.508 2,251.696 2.406.285 154.589 
82I574; 161 1,926.680 11941 $57 14:an 
20,057,407 677,442 6B5,125 7,683 

$44,400.230 $14748,401 $348,171 

$2,116.308 $51,638 $55,024 $3,386 
27,464,546 1,093,089 1,172,736 79,647 
10.355.816 358.311 356.240 12.0711 . .  
41790;621 153.300 1611923 8,623 
2,432,224 123,557 124,043 486 

I ,  t ,  I .  $ 9 0 , ~  

$4,866,784 $130,916 $1 24,590 (8,326) 
144,102,635 3,818,720 3,775,489 (43.231) 
29,198,775 697,851 668,652 (29,199) 
42.759.226 966.359 949.255 I1 7.1041 
5;232;429 155,403 58,019 

$5,769,249 I ,  

$9,637,296 $212,021 $218,767 $6,746 
103,136,479 2,702,176 2,805,312 103,136 
45,423,639 l.lS1.015 1,367,252 186,237 
30,15237 693,509 708,585 15.076 
4,319,200 130,440 132,599 2,159 

I ,  $5,232,515 $313,354 

$37,069,373 $826.647 $826,647 
25,149,111 709,205 736,869 27,664 

4,871.767 113,512 121,794 8.282 
631,278 14.519 14,141 (378) 
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4 

Four Corners 
31 1.00 Structures and Improvements 
312.00 Boiler Plant Equipment 
314.00 Turbogenerator Units 
315.00 Accessory Electric Equipment 
316.00 Msc. Power Rant Equipment 

Total Four Corners 
Four Corners Units 1-3 
31 I .OO Structures and Improvements 
312.00 Boiler Plant Equipment 
314.00 Turbogenerator Units 
315.00 A ~ s s o r y  Electric Equipment 
31 6.00 Misc. Power Plant Equipment 

Total Four Corners Units 1-3 
Four Corners Units 4-6 
31 1 .OO Structures and Improvements 
312.00 Boiler Plant Equipment 
324.00 Turbogenerator Units 
315.09 Accessory Electric Equipment 
316.00 Misc. Power Plant Equipment 

Totai Four Corners Unlts 4-6 
Four Comers Common 
31 1 .M3 Structures and Improvements 
312.00 Boiler PIani Equipment 
314.00 Turbogenerator Units 
315.00 Amssory Electric Equipment 
316.00 Misc. Power Plant Equipment 

Total Four Comers Common 
Navaio Units 1-3 
31 1 .Qo Structures and Improvements 
31 2.00 Boiler Plant Equipment 
314.00 Turbogenerator Units 
315.00 Accessory Electric Equipment 
316.00 Misc. Power Plant Equipment 

Ocotfllo Units 1-2 
31 1 .OO Structures and Improvements 
312.00 Boifer Plant Equipment 
314.00 Turbogenerator Units 
315.00 Accessory Efectn'c Equipment 
316.00 Misc. Power Plant Equipment 

Saquaro Units 1-2 
31 1 .OO Structures and Improvements 
312.00 Boiler Plant Equipment 
314.00 Turbogenerator Units 
315.00 Accessory Electric Equipment 
316.00 Misc. Power Plant Equipment 

Totaf Saguaro Units 1-2 

TOUI Navajo Units 1 3  

Total Ochillo Units 1-2 

Statement 6 

12/31/04 I 
Plant 2005 Annualized Accrual 

Investment Present Proposed Difference 
B C I) E=DC 

$43,005,911 $1,500,545 $2,380,556 $080,013 
335,046,039 13,842.074 16,769,459 2,927,385 
59.1 58.016 2,120.544 2.831.863 711.319 
29,825,484 1,104,477 1,301;339 1!461862 
t7,243,295 813,8C6 855.859 42,053 

$24,139,078 

$29,002,681 $1,165,908 $1,972,182 $806,274 
218,326,908 10,567,022 12,968,618 2,401,596 
42,777,597 1,693,993 2,335,657 . 641,664 
17,232.29'1 806,471 932,267 125,796 
5,676,014 427,404 431,945 4,541 

$313,015,491 $3,9f9,871 

$9,201,539 $220,837 $258,563 $37,726 
1 t 2,898,782 3,183,746 3,680,500 496.754 
24,652,943 395,629 460,102 64,473 
9,853,384 247,320 307,426 60,106 
3,029,198 102,084 1 10,566 8,482 

$1 49,635,846 $4,149,616 $4.81 7,157 6667,541 

$4,801,691 $1 13,800 $149,813 $36,013 
3,820,349 91,306 120,341 29,035 
1,727,476 30,922 36,104 5,182 
2,739.009 50,686 61,646 10.960 
8,538,083 284,318 313,348 29,030 

$571,032 $681,28 $110,220 

$28,391,046 $934,065 $959,617 $25,552 
156,202,698 5,545,196 5,701,398 156,202 
24,699.305 681,701 706,400 24,699 
20,448,549 576,649 599,142 22.493 
14,618,062 546,716 590,570 43,854 

$244,359,660 168,284,327 $8,557,127 $nZ,800- 

$3,792,708 $144,123 8193,807 $49.684 
24,174.530 730,071 1,037,088 307.017 
15,372.486 424,28 1 616.437 192.156 
2,670,248 58,745 11 11349 52,.604 
5,258,871 275,565 384,949 109,384 

$1,632,785 $2,343,630 $7ld;sa5- 

$2,990,982 $102,292 $1 80,655 $78,363 
22,590,899 1,059,513 1,267,349 207,836 
16,340,249 562,105 771,260 209,155 
2,704,916 75,467 118,205 42,738 
3,255,754 233,112 266,321 33.209 

I 1  $2,032,489 2 1 1  60- W1,301 
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ARIZONA PUBLIC SERVICE COMPANY 
Comparison of Present and Proposed Acenrals 

Present: BO Procedure I RL Technique 
Proposed: BG Procedure I RL Technique 

Statement B 

I 12/31/04 I 

A 

NUCLEAR PRODUCTION (BY Ufffr) 
Palo Verde 
321 .OO Structures and Improvements 
322.00 Reactor Plant Equipment 
322.10 Steam Generators 
323.00 Turbogenerator Units 
324.00 Accessory Electric Equipment 
325.00 Misc. Power Plant Equipment 

total Palo Verde 

Plant 2005 Annualized Accrual 
Account Description 1 nvestment Present Proposed Difference 

0 C 0 E = D c  

$840,003,980 $16,629,867 $16,763,507 $133,640 
939,061,294 26,844,521 26,663,549 (180,972) 
52,865,345 4,434,434 1,145,606 (3,288,828) 

342,424,222 9,933,350 9,796,470 (1 36JW 
272.624.61 9 7.581.450 7.365.529 (21 5.921) 
132;963;906 4i7711746 

$2,379,943,366 $7 0,195,368 
Palo Verde Untt 1 
321 .OO Structures and lmprovements 
322.00 Reactor Plant Eqiipment 
322.10 Steam Generators 
323.00 Turbogenerator Units 
324.00 Accessory Electric Equipment 
325.00 Misc. Power Plant Equipment 

Total Palo Verde Unit 1 
Palo Verde Unit 2 
321.00 Structures and Improvements 
322.00 Reactor Plant Equipment 
322.10 Stearn Generators 
323.00 Turbogenerator Units 
324.00 Accessory E M c  Equipment 
325.00 Misc. Power Plant Equipment 

Total Palo Verde Unit 2 
Pato Verde Unit 3 
321.00 Structures gnd Improvements 
322.00 Reactor Plant Equipment 
322.1 0 Steam Generators 
323.00 Turbogenerator Units 
324.00 Accessory Electric Equipment 
325.00 Misc. Power Plant Equipment 

Total Palo Verde Unit 3 
palo Verde Water Reclamation 
321 -00 Structures and Improvements 
322.00 Reactor Plant Equipment 
322.10 Steam Generators 
323.00 Turbogenerator Units 
324.00 Accessory Electric Equipment 
325.00 Misc. Power Plant Equipment 

Palo Verde Common 
321 .OO Structures and Improvements 
322.00 Reactor Plant Equipment 
322.10 Steam Generators 
323.00 Turbogenerator Units 
324.00 Accessory Electric Equipment 
325.00 Misc. Power Plant Equipment 

Total Palo Verde Common 

Total Palo Verde Water Reciamation 

$154,544,487 $4,141,792 $4,064,520 ' ($77,272) 
361,739,876 10,418.108 9.984.021 (434,087) 
27,45257 1 2,495,439 403,553 (2,091,886) 

118,250,432 3,464,738 3,358,312 (1 06,426) 
114,359,460 3,190,629 3,087,705 (1 02,924) 
29,942,323 1,053,970 982,108 71 062 

$21,880,219 $806289,149 $24 * I  764 6t6 

$90,520,213 $2,300,265 $2,471,202 $162.937 
226,227,486 6.402.238 7,284,525 882,287 

78,129,616 2,242,320 2,445,457 203,137 
50.01 1.285 1.390.314 t ,430.323 40.009 

$160,291,956 $4,151,562 $4,039,357 ($112,205) 
323,919,702 9,231,712 8.648.656 (583.056) 
25,412,774 7,938,995 742,053 (1  If 96,9421 

144,585,131 4,178,510 3,947,174 (231,336) 
89,504,541 2,479,276 2, 345,019 (1 34,257) 

1:5:3 ($2,jzz:yE. 
27,547,817 

l 9  I 

$128,265,752 $3,283,603 $3,411,069 $1 28,266 
133,326 5,573 5,426 (147) 

235,152 7,149 7.219 70 

$108,381,572 S,744,645 $2,776,559 $31,914 
27,040,904 786,890 740,921 (45,969) 

1,223,891 40.633 38,308 (2,325) 
18.749.333 521,231 502.482 (18.749) 
48,686,482 1,762,451 1,616.39: $k3:#3# 

$2D2,082,182 $5,855,050 $5,674.66 
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ARIZONA PUBLIC SERVICE COMPANY 
Comparison of Present and Proposed Accruals 

Present: BG Procedure I RL Technique 
Praposed: 8G Procedun I RL Technique 

12/31/04 
Plant 2005 Annualized Accrual I 

Investment Present Proposed D i r e n w  - 

Statement 6 

Account Oesctiptio~ 

OTHER PRODUCTION (BY UNIT) 
Douglas C f  
341.00 Structures and Improvements 
342.00 Fuel Holders, Products and Accessories 
343.00 Prime Movers 
344.00 Generators and Devices 
345.00 Accessory Electric Equipment 
346.00 Misc. Power Plant Equipment 

Ocotlllo CT Units 1-2 
341 -00 Structures and Improvements 
342.00 Fuel Holders, Products and Accessories 
343.00 Prime Movers 
344.00 Generators and Devices 
345.00 Accessory Electric Equipment 
346.00 Misc. Power Plant Equipment 

Totat Ocotillo CT Units 1-2 
Saguaro CT Units 1-2 
341 .OO Structures and Improvements 
342.00 Fuel Holders, Products and Accessories 
343.00 Prime Movers 
344.00 Generators and Devices 
345.00 Accessory Electric Equipment 
346.00 Misc. Power Plant Equipment 

Total Saguaro Cf Units 1-2 
Solar Units 
341.00 Structures and Improvements 
342.00 Fuel Holders, Products and Accessories 
343.00 Prime Movers 
344.00 Generators and Devices 
345.00 Accessory Electric Equipment 
346.00 Misc. Power Plant Equipment 

West Phoenix 
341 .OO Structures and fmprovements 
342.00 Fuel Holders, Products and Accessories 
343.00 Prime Movers 
344.00 Generators and Devices 
345.00 Accessory Electric Equipment 
346.00 Misc. Power Plant Equipment 

A 

Total Douglas CT 

Total Solar Units 

Total West Pheonix 

$4,562 $46 $34 ($42) 
137.759 3.182 2,769 (413) 

1,101,449 7,159 7,820 661 
551,765 938 662 (276) 
353.277 3.038 3.144 
ai91 3 777 

* *  $15,140 

$430,899 
719,859 

6,540,275 
6.424.357 
115901924 

558,648 
$1 6,264,962 

$1,380,611 
1,304,977 
8.047,527 
4,001,509 

$10.342 
16,989 
69.327 

2 13.931 
17,182 
9,720 

f33/,491 

$65,855 
25,056 

103,813 
123,647 

% l O , W  
16,341 
90,256 

214,574 
26,887 
11,005 

S369,GW 

$67,374 
23,881 

115,884 
146.855 

$258 
(648) 

20.929 
643 

9,705 
1,285 

$32,?72 

$1,519 
(1,175) 
12,071 
23.208 

1,626,802 23,101 21,799 (1;302) 
790,906 26,970 27,049 79 

$1 7,152,332 $368.442 $402,842 $34,400 

$352.259 

20,596 
14,326,036 

166,465 

m,a65,356 

$7,550,035 
20,688.419 
8,794,167 

01,091.743 

($37,304) 

1,683 
965.575 869,590 
12.834 10,487 

$978,409 $&44,456 

$179,980 $389,233 
662,880 65 1,186 
182,039 204,904 

2,625.538 2,656.957 

$9,253 
(1 1,694) 
22,865 
31.419 

13.957.323 368,049 387.29 1 19:242 
3.590.505 96,575 100341 31966 

$135,672,192 I ,  $15,051 
West Phoenix CT Units 1-2 
341 .OO Structures and Improvements $510,951 $8,226 $8,329 $1 03 

343.00 Prime Movers 8,794, f67 162,039 204,904 22,865 
344.00 Generators and Devices 4,889,963 a8,uig 142,298 54,279 
345.00 Accessory Electric Equipment 1,557,744 18,381 22,743 4,362 
346.00 Misc. Power Plant Equipment 917,431 30.550 32,110 1.560 

Total West Ploenix CT Units 1-2 $18,107,789 $354,8 16 $437,841 $83,025 

342.00 Fuel Holders, Products and Accessories 1,437,533 27,601 27,457 ($44) 
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ARIZONA PUBLIC SERVICE COMPANY 
Cornparisan of Present and Proposed Accruals 

Present: BG Procedure I RL Technique 
Proposed: BG Procedure I RL Technique 

Statement B 

I 12/31/04 I 
Piant 2005 Annualized Accrual 

Account Description Investment Present Proposed Difference 
A 0 c D E-04 

West Phoenix CC Units 1.3 
341.00 Structures and Improvements $7,039,084 $171,754 $1 80,904 $9,150 
342.00 Fuel Holders, Produds and Accessories 19,250,886 635,279 623,729 (1 1,550) 
343.00 Prime Moves 
344.00 Generators and Devices 76,201,780 2,537,5t9 2,514,659 (22,860) 
345.00 ACCESSQV Electric Equipment 12,3W,!39 349,660 364,540 14,880 
346.00 Misc. Power Plant Equipment 2,673,074 66,025 68,431 2406 

t$m TQtaI west Phoenix cc Units 1-3 
Yucca CT Unb 1-4 
341.00 Structures and Improvements $462,030 $?9,220 $17,881 ($1,339) 
342.00 Fuel Holders, Products and Accessories 3,244,987 41,536 30,827 (f0,709) 
343.00 Prime Movers 
344.00 Generators and Devices 

7,962,254 43,792 49,366 5,574 
5.358.461 87.879 74.483 (13.3961 

345.00 Ac~essory Electric Equipment 211721221 261936 261936 
346.00 Misc. Power Plant Equipment 479,650 5,900 8.682 2,782 

Total Yucca CT Units 1-4 $19,679,603 $225,263 $208.1 15 ($1 7,088) 
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ARIZONA PUBLIC SERVICE COMPANY 
DismanUement Costs 
Steam Production 

Statement F 

Capacity Cost per Distributed Inflation Year Trended A m a l  
Unit (Mw) kW 2002Cost Plant cost Rate Spent Cost Rate 
A 0 C D=B'C*lWO E F G H I J=UE 

1 110 40.00 $4,400,000 $47,159.515 $3,784,444 3.00% 2017 $6,072,921 12.9% 
2 245 40.00 9,800,000 226,159,849 8,428,988 3.00% 2033 2.1,705,342 9.6% 
3 260 40.00 10,400,000 192,669.161 8,945,049 3.00% 2035 24,437,025 12.7% 
C 75,795,083 3,441,520 3.00% 2035 9,401,906 12.4% 

615 $24,600,000 $541,783,608 $24,600,000 - - $61,617,194 11.4% 

glJl& 

Allocated to Common: 3,441,520 
Allocated to Units: $21,158,480 

Four Cornea 
1 -3 560 47.00 $26,320,000 $313,015,491 $25,144,575 3.00% 2016 $39,174,428 12.5% 
4-5 222 47.00 fO.434,OOo 149,635,846 9,968,028 3.00% 2031 24,195.020 16.2% - C 21,627,408 1,641,397 3.00% 2031 3,984,102 18.4% 

782 $36,754,000 $484,278,745 $38,754,000 - - $67,353,556 13.9% 
CUIocated to Common: 1,641,397 

Allocated to Units: $35.1 12,603 

Navaio 
1-3 315 39.00 $12,285,000 $244,359,660 $12,285,000 3.00% 2026 $25,722,062 10.5% 
C 

315 $12,285,000 $244,359,660 $1 2,285,ooO $25,722,062 10.5% 
-- 

Allocated to Common: 
Allocated to Units: $12,285,000 

Ocotillo 
1-2 220 40.00 $ s , ~ ~ ~ , ~ O O  $51,268,851 $8,800,000 3.00% 2020 $15.430.853 30.1% 
C 

220 58,800.000 $51,268.851 $8,800,000 $15,430,853 30.1% 
-- 

Allocated to Common: 
Allocated to Units: $8,800,000 

Saguaro 

C 
1-2 210 40.00 ~,4oo,ooo w7,~82,800 ~,40o,ooo 3.00% 2014 $12,335,6a3 25.8% 

-- 
210 $8,40o,ooo ~ 7 , s a z , a o o  S,~OO,OOO $12,335,683 25.8% 

Allocated to Common: 
Allocated to Units: $8,400,000 

Palo Verde 
3.00% 2024 1 1243 $806,289,149 

2 1335 471,587,065 3.00% 2025 
3 1247 771,261,921 3.00% 2027 

WR 128,723,049 3.00% 2027 -- 3.00% 2027 C 202,082,182 
3825 $2,379,943,366 

Allocated to WR: 
Allocated to Common: 

Allocatectto Units: 
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EXECUTIVE SUMMARY 

I NTROD UCT~O N 
This report presents the findings and recommendations developed in a 2005 

Technical Update of depreciation rates prepared by Foster Associates, Inc., for 
certain Pinnacle West Energy Corporation generating units (PWEC Units) ac- 
quired by Arizona Public Service Company. Parameters (i.e., projection curves, 
projection fives and hture net salvage rates) used in the update were accepted by 
the Arizona Corporation Commission (ACC) pursuant to a settlement agreement 
in Docket No. E-01345A-03-0437 (Decision No. 67744, dated April 7, 2005). 
Age distributions of surviving plant at December 31,2004 were used in the 2005 
update to derive composite service life statistics and computed or theoretical de- 
preciation reserves. 

Foster Associates is a public utility economic consulting firm headquartered 
in Bethesda, Maryland offering economic research and consulting services on is- 
sues and problems arising from governmental regulation of business. Areas of 
specialization supported by om Fort Myers office incIude property service-life 
forecasting, depreciation estimation, and valuation of industrial property. 

Foster Associates has undertaken numerous depreciation engagements for 
both public and privately owned business entities, including detailed statistical life 
studies, analyses of required net salvage rates, and the selection of depreciation 
systems that will most nearly achieve the goals of depreciation accounting under 
the constraints of either government regulation or competitive market pricing. 
Foster Associates is widely recognized for industry leadership in the development 
of depreciation systems, life analysis techniques and computer software for con- 
ducting depreciation and valuation studies. 

The purpose of a technical update is to adjust depreciation rates for changes 
in the variables associated with a remaining-life accrual rate. The variables for a 
plant account include the age distribution of surviving plant, the recorded depre- 
ciation reserve and the average net salvage rate used in the calculation of a theo- 
retical reserve. A technical update retains the parameters developed mdor  ap- 
proved in the most recent full depreciation study and adjusts depreciation rates for 
subsequent changes in plant, reserves and realized net salvage activity. 

The principal findings from the 2005 review are summarized in the attached 
statements. Statement A provides a comparative summary of present and proposed 
annual depreciation rates for each rate category. Statement B provides a compari- 
son of present and proposed annual depreciation accruals. Statement C provides a 
comparison of the computed and redistributed depreciation reserve for each rate 
category. Statement D provides a summary of the components used to obtain a 
weighted-average net salvage rate for each plant account. Statement E provides a 
comparative summary of present and proposed parameters and statistics including 
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projection life, projection curve, average service life, average remaining life, and 
average and fi~ture net salvage rates. 

SCOPE OF STUDY 
Unlike a full depreciation study in which service life and net salvage parame- 

ters are estimated fiom a blending of quantitative analyses and informed judg- 
ment, the current study retains the parameters accepted in Docket No. E41345A- 
03-0437 and provides an update of depreciation rates based on account age distri- 
butions and reserve balances at December 3 1,2004. 

The principal activities undertaken in the course of conducting the 2005 
Technical Update included: 

Collection of plant data; 
Reconciliation of data to the official records of the Company; 
Rebalancing of depreciation reserves; and 
Development of adjusted accrual rates for each rate category. 

DEPRECJATIO N SYSTEM 
A depreciation rate is formed by combining the elements of a depreciation 

system. A depreciation system is composed of a method, a procedure and a tech- 
nique. A depreciation method (e.g., straight-line) describes the component of the 
system that determines the acceleration or deceleration of depreciation accruals in 
relation to either time or use. A depreciation procedure (e.g., vintage group) iden- 
tifies the level of grouping or sub-grouping of assets within a plant category. The 
level of grouping dictates the weighting used to obtain composite fife statistics for 
an account. A depreciation technique (e.g., remaining-life) describes the life sta- 
tistic used in the system. 

The depreciation system currently used for PWEC Units is composed of the 
straight-line method, broad group procedure, and remaining-life technique for all 
plant categories. The present system was accepted by the ACC in Docket No. E- 
01345A-03-0437 without comment as to the appropriateness of the system or a 
consideration of alternative systems. Accordingly, depreciation rates in the 2005 
update were developed using the currently approved system. 

PROPOSED DEPRECIATION RATES 
Table 1 provides a summary of the changes in annual rates and accruals re- 

sulting from the 2005 Technical Update. Rates proposed for each primary account 
include an allowance for net salvage. 
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Accrual Rate 2005 Annualized Accrual 
Function Present Proposed Difference Present Proposed Difference 

Pmduction 2.92% 2.71% -0.21% $28,002,769 $26,066,384 ($1,936,385) 

A 0 C bC-6 E F GrFI 

Transmission 1.83% 1.73% -0.10% 787,163 742,858 (44,305) 

I Total Utility 2.87% 2.67% -0.20% $28,789,932 $26,809,242 (51,980,690) 1 

Adjustments developed in the technical update produce a composite deprecia- 
tion rate of 2.67 percent. Depreciation expense is presently accrued at an equiva- 
lent rate of 2.87 percent. The proposed change in the composite depreciation rate 
represents a reduction of 0.20 percentage points. 

A continued application of rates currently approved would provide annual 
depreciation expense of $28,789,932 compared with an annual expense of 
$26,809,242 using the rates developed in the update. The proposed expense de- 
crease of $1,980,690 is largely attributable to: a) a change in the mix of plant in- 
vestments among primary accounts; b) changes in the age distributions of surviv- 
ing plant; and c) the estimition of parameters for West Phoenix Unit 5. 

Table 1. Present and Proposed Rates and Accruals I 
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STUDY PROCEDURE 

INTRODUCTION 
Unlike a full depreciation study in which projection curves, projection lives 

and future net salvage rates are estimated from a statistical analysis of recorded re- 
tirements and net salvage realized in the past, a technical update generally retains 
the parameters currently used by the utility and adjusts depreciation rates for 
known and measurable changes in the age distributions of surviving plant, depre- 
ciation reserves, and average net salvage rates due to the passage of time. A tech- 
nical update is intended to align depreciation rates with the accounting year the 
rates will become effective. 

SCOPE 

principal activities: 
The steps involved in preparing a technical update can be grouped into five 

Data collection; . Calculation of service life statistics; 
Computation of average net salvage rates; 
Rebalancing of depreciation reserves; and 

9 Development of accrual rates. 
The scope of the 2005 update €or PWEC Units included a consideration of 

each of these tasks as described below. 

DATA COLLECTION 
The database used in the 2005 update was provided to Foster Associates in an 

electronic format containing plant arid reserve activity over the. period 2001-2004 
and age distributions of surviving plant at December 31, 2004. Data used in the 
update were limited to the age distributions of surviving plant. Depreciation rates 
currently used by for PWEC Units were developed using a broad-group proce- 
dure. The realized life of surviving vintages derived from the dollar-years of ser- 
vice provided by each vintage is not relevant to an update of broad-oup depre- 
ciation rates. Therefore, plant transactions recorded in prior activity years were not 
used in the update. 

Reserve transactions recorded in prior activity years were also not used in the 
2005 update. Depreciation rates currently used for PWEC Units were derived 
without consideration of the distinction between average and future net salvage 
rates. The assumed equivalency between average and future net salvage rates was 
retained in the 2005 update without introducing prior realized net salvage amounts 
in the computation of average net salvage rates. 
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CALCULATION OF SERVICE LIFE STATISTICS 
The composite remaining life and average service life of a plant category used 

in the calcuIation of depreciation rates are derived from a tabular arrangement of 
the age distribution of surviving plant and related statistics. The format of such a 
table is called a generation arrangement. 

The age distribution of surviving plant is a column of numbers showing the 
dollar amount of investment remaining in service at the beginning of a study year 
from each of the vintages installed in prior years. The s u m  of an age distribution is 
the total plant in service for a plant category. The source of data used to construct 
an age distribution is a company’s Continuing Property Record (CPR). 

Statistics for each vintage (ie. ,  average service life and remaining life) con- 
tained in a generation arrangement are derived from a mathematical function 
called a survivor curve. The survivor curve most descriptive of the forces of re- 
tirement acting upon a plant category is identified from a statistical analysis of 
past retirement experience, coupled with a consideration of how these forces are 
likely to change in the future. The collection of past retirements used in the statis- 
tical analysis can be viewed as a random sample fiom an unknown parent popula- 
tion. The objective of a life analysis is to estimate the parameters ( ie . ,  mean ser- 
vice life and dispersion characteristics) of the parent population. The mean service 
life of the population which best describes the t h i n g  of past and future retire- 
ments is called aprojection Zqe and the survivor curve selected to describe the 
forces of retirement acting upon the population is called a projection curve. A 
technical update generally retains the service life parameters estimated in a full 
depreciation study. Statistics for each vintage, however, are updated to reflect 
known and measurable changes in the age distributions of surviving plant. 

COMPUTATION OF AVERAGE NET SALVAGE RATES 
Estimates of net salvage rates applicable to future retirements are derived in a 

full depreciation study from an analysis of gross salvage and removal expense re- 
alized in the past and a consideration of future expectations that may dictate a de- 
parture from historical indications. Future net salvage rates adopted from such an 
analysis are retained as fixed parameters in a technical update. 

The average net salvage rate for an account or plant function is derived from 
a direct dollar weighting of a) historical retirements with historical (or realized) 
net salvage rates and b) fbture retirements fie., surviving plant) with the estimated 
future net salvage rate. Average net salvage rates WilI change, therefore, as addi- 
tional years of retirement and net salvage activity become available and as subse- 
quent plant additions alter the weighting of future net salvage estimates. 

As noted earlier, Depreciation rates currently used by PWEC were derived 
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without consideration of the distinction between average and future net salvage 
rates. The assumed equivalency between average and future net salvage rates was 
retained in the 2005 update without introducing prior realized net salvage amounts 
in the computation of average net salvage rates. The retained equivalency of aver- 
age and future net salvage rates is shown in Statement D. 

REBALANCING OF DEPRECIATION RESERVES 
Although reserve records are typically maintained by various account classifi- 

cations, the total reserve for a company is the most important measure of the 
status of the company's depreciation practices and procedures. If a company has 
not previousIy conducted statistical life studies or considered retirement disper- 
sion in setting depreciation rates, it is likely that some accounts will be overdepre- 
ciated and other accounts will be underdepreciated relative to a calcdated theo- 
retical reserve. Differences between theoretical and recorded reserves will also 
arise as a normal occurrence when service lives, dispersion patterns and net sal- 
vage estimates are changed in the course of depreciation reviews. It is appropriate, 
therefore, and consistent with group depreciation theory to periodically redistrib- 
ute recorded reserves among the various primary accounts based upon the most 
recent estimates of retirement dispersion and net salvage rates. 

Axebalancing of recorded reserves is consistent with the objectives of a tech- 
nical update and is considered appropriate for PWEC Units. Depreciation rates 
adopted in Docket No. E-01345A-034437 were derived fiom rebalanced re- 
serves obtained fiom a set of parameters different fiom those used in the formula- 
tion of the settled remaining-life accrual rates. Reserve imbalances amortized in 
the settled rates are therefore inconsistent with the realigned depreciation reserves. 
The rebalancing of reserves undertaken in the 2005 update will reestablish consis- 
tency between measured reserve imbalances and the parameters used in the for- 
mulation of updated remaining-life accrual rates. 

A redistribution of the recorded reserve was achieved for PWEC Units by 
multiplying the calculated reserve for each primary account within a function (or 
plant location) by the ratio of the function (or location) total recorded reserve to 
the function (or location) total calculated reserve. The s u m  of the redistributed re- 
serves within a function (or location) is, therefore, equal to the h c t i o n  (or loca- 
tion) total recorded depreciation reserve before the redistribution. 

Statement C provides a comparison of the recorded, computed and rebalanced 
reserves for PWEC at December 31,2004. The recorded reserve was $87,128,993, 
or 8.7 percent of the depreciable plant investment. The corresponding computed 
reserve is $33,816,272 or 3.4 percent of the depreciable plant investment. A pro- 
portionate amount of the measured reserve excess of $53,312,721 will be amor- 
tized over the composite weighted-average remaining life of each rate category. 
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DEVELOPMENT OF ACCRUAL RATES 
The goal or objective of depreciation accounting is cost allocation over the 

economic life of an asset in proportion to the consumption of service potential. 
Ideally, the cost of an asset-which represents the cost of obtaining a bundle of 
service units-should be allocated to future periods of operation in proportion to 
the amount of service potential expended during an accounting interval. The ser- 
vice potential of an asset is the present value of future net revenue ( ie . ,  revenue 
less expenses exclusive of depreciation and other non-cash expenses) or cash in- 
flows attributable to the use of that asset alone. 

Depreciation rates currently used for PWEC Units were developed using a 
system composed of the straight-line method, broad-group procedure, remaining- 
life technique. Depreciation rates proposed in the update were deveIoped using the 
currently approved system. 
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STATEMENTS 

INTRODUCTION 
This section provides a comparative summary of depreciation rates, annual 

depreciation accruals, recorded and computed depreciation reserves, and present 
and proposed service life and net salvage paraheters for PWEC Units. The con- 
tent of these statements is briefly described below. 

rn Statement A provides a comparative summary of present and 
proposed annual depreciation rates for calendar year 2005 us- 
ing the straight-line method, broad group procedure, remain- 
ing-life technique. 
Statement B provides a comparison of present and proposed 
annualized depreciation accruals for calendar year 2005 based 
upon the rates developed in Statement A. 
Statement C provides a comparison of recorded and computed 
reserves for each rate category and sets forth the computations 
used to redistribute recorded reserves among primary plant 
accounts. 
Statement D provides a summary of the components used to 
obtain a weighted average net salvage rate for each rate cate- 
gory- 
Statement E provides a comparative summary of present and 
proposed parameters including projection life, projection 
curve and future net salvage rates. The statement also con- 
tains present and proposed statistics including average service 
life, average remaining life, and average net salvage rates. 

, 

Present depreciation accruals shown on Statement 3 are the product of plant 
investments (CoIumn B) and the present depreciation rates (Column D) shown on 
Statement A. These are the effective rates used €or PWEC Units for the mix of in- 
vestments recorded on December 3 1, 2004. Similarly, proposed depreciation ac- 
cruals shown on Statement B are the product of plant investments and proposed 
depreciation rates (Column H) shown on Statement A. Proposed accrual rates 
shown on Statement A are given by: 

1 .O - Reserve Ratio - Future Net Saivage Rate 
Remaining Life 

Accrual Rate = 
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PWEC UNITS 
Comparison of Present and Proposed Accrual Rates 

Present: BG Procedure I RL Technique 
Proposed: BG Procedure I RL Technique 

Statement A 

Present Proposed (at December 31,2004) 

Account Description Life Salvage Rate Life Salvage Ratio Rate 
Rem. Net Accrual Rem. Net Reserve Accrual 

I 
A 0 c D E F 0 H 

OTHER PRODUCTION 
341 .OO Structures and Improvements 2.89% 
342.00 Fuel Holders, Products and Accessories 2.1 4% 
343.00 Prime Movers 2.86% 
344.00 Generatom and Devices 2.96% 
345.00 Accessory Electric Equipment 2.98% 

2.14% 
TR.??T 

346.00 Misc. Power Plant Equipment 
Total Other Producdon Plant 

TRANSMISSION 
353.00 Station Equipment 1 .sox 
355.00 Poles and Fimtes -Wood 2.08%~ 
356.00 Overhead Conductors and Devices 

-- 

* Total Transmission Plant 
TOTAL UTILITY 2.87% 

OTHER PRODUCTION (BY UNIT) 
Redhawk CC Units 1-2 

342.00 Fuel HoIders, Products and Accessories 
341 .OO Structures and Improvements 34.03 -3.0% 2.95% 

343.00 Prime Movers 34.03 -3.0% 2.95% 
344.00 Generators and Devices 34.03 -3.0% 2.95% 
345.00 Accessory Electric Equipment 34.03 -3.0% 2.95% 

-n?X -- 346.00 Misc. Power Plant Equipment 
Total Redhawk CC Units 1-2 

Saguaro CT Unit 3 
341 .OO Structures and Improvements 
342.00 Fuel Holders, Products and Accessories 
343.00 Prime Movers 35.49 2.81% 
344.00 Generators and Devices 35.49 2.81% 
345.00 Accessory Electric Equipment 35.49 2.81% 

-2m-K 
346.00 Misc. Power Plant Equipment 

West Phoenix 

-- 
Total Saguaro C f  Unit 3 

341.00 Structures and Improvements 2.82% 
342.00 Fuel Holders, Prnducts and Accessories 2.14% 
343.00 Prime Movers 2.75% 
344.00 Generators and Devices 3.02% 
345.00 Accessory Electric Equipment 3.03% 

35AO 
46.34 
35.22 
34.04 
34.1 1 
46.63 
34.60 

55.02 
45.95 
52.54 

-5EiiT 
35.15 

-3.8% 
-5.0% 
-2.6% 
-2.4% 
-3.7% 
-5.0% 

7 5 3 %  

-1 5.0% 
-35.0% 
-1.7x 
-25.0% 

8.76% 2.72% 
12.74% 2.99% 
8.90% 2.66% 
8.60% 2.76% 
8.37% 2.80% 

8.74% 
9.28% 2.05% 

7.18% 1.68% 

12.55% 2.33% 

8.68% 2.67% 

10.21% 2.28% 

7.47% m 

33.94 -3.0% 9.75% 2.75% 

33.94 -3.0% 9.75% 2.75% 

33.94 -3.0% 9.75% 2.75% 
33.94 -3.0% 9.75% 2.75% 

33.91 -3.0% 9.15?fo 

33.54 8.86% 2.72% 
33.54 8.86% 2.72% 
33.54 8.86% 2.72% 

m- 8.86% - 2 7 X  

36.57 -5.0% 7.40% 2.67% 

36.98 -2.0% 7.84% 2.55% 
34.30 -2.0% 6.69% 2.78% 

46.34 6.0% 12.74% 1.99% 

34.41 -5.001~ 5.92% 2.88% 
2.14% 46.63 -5.0% 9.28% 2.05% 

35.fi9 7.29% 2.66K -- 346.00 Misc. Po& Plant Equipment 
Total West Pheonix 

West Phoenix CC Unit4 

342.00 Fuel Holders, Products and Accessories 48.32 -5.0% 2.14% 46.34 -5.0% 12.74% 1.99% 
341.00 Structures and Improvements 49.71 -5.0% 2.08% 47.72 -5.0% 12.46% 1.94% 

343.00 Prime Movers 46.94 -2.0% 2.14% 45.03 -2.0% 12.47% 1.99% 
344.00 Generators and Devices 35.47 -2.0% 2.87% 33.60 -2.0% 16.10% 2.56% 

48.32 -5.Q0i4 2.14% 46.63 -5.0% 9.28% 2.05% 
345.00 Accessory Electric Equipment 48.32 -5.0% 2.14% 47.20 -5.0% 1.91% 2.18% 

TZ% 42.48 -2.3% 13.18% 7 3 ~  -- 346.00 Misc. Power Plant Equipment 
Total West Ploenix CC Unit 4 
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PWEC UNITS 
Comparison of Present and Proposed A m a l  Rates 

Present BG Procedure I RL Technique 
Proposed: BG Procedure I RL Technique 

Present Proposed (at December 3 1,2004f , 

Rem. Net Accrual Rem. Net Reserve Accrual 
Account Description Life Salvage Rate Life Salvage Ratio Rate 

Statement A 

343.00 Prime Movers 
344.00 Generators and Devices 
345.00 Accessory Electric Equipment 
346.00 Misc. Power Plant Equipment 

Total West Phoenht CC Unit 5 
TRANSMISSION (BY UNIT) 
Redhawlc CC Units 1-2 
353.00 Station Equipment 
355.00 Poles and Fixture5 - Wood 
356.00 Overhead Conductors and Devices 

Total Redhawk CC Units 1-2 
Saguaro CT Unit 3 
353.00 Station Equipment 
355.00 Poles and Fxhrres -Wood 
356.00 Overhead Conductors and Devices 

Total Saguaro CT Unit 3 
West Phoenix 
353.00 Station Equipment 
355.00 Poles and Fixtures - Wood 
356.00 Overhead Conductois and Devices 

Total West Pheonix 
West Phoenix CC Unit 4 
353.00 Station Equipment 
355.00 Poles and Fixtures -Wood 
356.00 Overhead Conductors and Devices 

Total West Ploenix CC Unit 4 
West Phoenix CC Unit 5 
353.00 Station Equipment 
355.00 Poles and Fixtures -Wood 
356.00 Overhead Conductors and Devices 

Total West Phoenix CC Unit 5 

3.03% 34.37 -2.0% 5.77% 2.00% 
3.03% 34.37 -2.0% 5.77% 2.00% 
3.03% 34.37 -5.0% 5.94% 2.00% 

5.76% 
-- 

56.59 1.75% 54.95 7.47% 1.68% 
54.50 -15.0% 2.00% 45.95 -15.0% 10.21% 2.28% 
54.50 -35.0% 2.45% 52.54 -35.0% 12.55% 2.33% 

7 X K  54.39 -2ZZT 7.82% 77?% -- 

35.49 2.81% 54.95 8.25% 1.67% 

-Tin%-- 8.25% 
-- 

1.74% 55.35 5.71% 1.70% 

10.84% 1.65% 55.77 1.73% 54.14 

56.59 1.75% 55.77 3.91% 1.72% 

-i7mm- 3.91% 
-- 
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PWEC UNITS 
Comparison of Present and Proposed A m a f s  

Present BG Procedure / RL Technique 
Proposed: BG Procedure I RL Technique 

Statement 8 

I 12/31/04 I 
I Account Descriotion 

Plant 2005 Annualized Accrual 
Investment Present Prooosed Difference 

OTHER PRODUCTION 
341 .OO Structures and Improvements $40,104,209 $1,160,733 $1,089,316 ($71,417) 
342.00 Fuel Holders, Products and Accessories 4,135,109 88,491 82,289 (6,202) 
343.00 Prime Movers 399,447,583 11,437,064 10,629,666 (807,398) 
344.00 Generators and Devices 476,614,814 14.123.897 13.145.180 (978.71 7) 
345.00 Accassory Electric Equipment 40,055,435 1,192,405 1;119;761 ' c12;644j 
346.00 Misc. Power Plant Equipment 8,374 179 

Total Other Production Plant 1 1  $26.066, 
TRANSMISSION 
353.00 Station Equipment 
355.00 Poles and Fixfures -Wood 

$40,015,163 $719,213 $673,708 ($45.505) 
1,500,000 3 1.200 34.200 3.000 

356.00 Ovehead Conductors and Devices 1,500,000 361750 341950 ((&080; 
Total Transmission Plant 1 ,  7,165 $742,858 
TOTAL UTIUTY 

OTHER PRODUCTION (BY UNIT) 
Redhawk CC Units 1-2 
341.00 Structures and Improvements 
342.00 Fuel Holders, Products and Accessories 
343.00 Prime Movers 
344.00 Generators and Devices 
345.00 Accessory Electric Equipment 
346.00 Misc. Power Plant Equipment 

Total Redhawk CC Units 1-2 
Saguaro CT Unit 3 
341.00 Structures and Improvements 
342.00 Fuel Holders, Products and Accessories 
343.00 Prime Movers 
a4.00 Generators and Devices 
345.00 Accessory Electric Equipment 
346.00 Misc. Power Plant Equipment 

Total Saguaro CT Unlt 3 

$1.003,380,687 $28,789,932 $26,809.242 ($1,980,690) 

$23,274,636 $686,602 $640,052 ($46,550) 

221,481,610 6,533.707 6,090.744 (442,963) 
273,599,371 8.07 1,181 7,523.983 (547,198) 
25,524,567 752,975 701,926 (5 1,049) 

$543,880,184 $16 ,0~,465 ~14,956~05 ($1 , I  oaf 760) 

775.091 21,780 21,082 (698) 
33,8~,96a 952,505 921,998 (30,507) 

148,212 4,165 4,031 (1 34) 

$34.82027 f $978,450 $94i,111 ($3 1,339) 
West Phoenix 
341 .OO Structures and Improvements $16,829,573 $474,131 $449.264 ($24,867) 
342.00 Fuel Holders, Produds and Accessories 4,135,109 88,491 82,289 (6,202) 
343.00 Prime Movers 177,190,882 4,881,577 4,517,840 (363,737) 
344.00 Generators and Devices 169.118.475 5,100,211 4,699,199 (401,012) 
345.00 Accessory Electric Equipment 14,382.656 435,265 413,804 (21,461) 
346.00 Misc. Power Piant Equipment 0,374 179 

Total West Pheonix $381,665,069 $1 0,979,854 $10 
West Phoenix CC Unit 4 
341.00 Structures and Improvements $3,768,898 $78.393 $73.117 ($5.276) .- I , 

342.00 Fuel Holders, Products and Accessories 4,135,109 88,491 82,289 (6,2021 
343.00 Prime Movers 54,753,590 1,171,727 1,089,596 (82,131 ) 
344.W Generators and Devices 15,049,070 431,goa 385,256 (46,652) 
345.00 Accessory Electric Equipment 59.4 12 1,271 1,295 24 
346.00 Misc. Power Plant Equipment 8,374 179 

Total West Ploenix CC Unit 4 $77,774,453 $1 -771,969 $1,63 
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PWEC UNITS 
Comparison of Present and Proposed Accruals 

Present: BG Procedure I RL Technique 
Proposed: BG Procedure I RL Technique 

Statement 8 

r-- 12/31/114 I 
I Account Desaiotion 

Plant 2005 Annualized Accrual 
Investment Present Proposed Difference 

West Phoenix CC Unit 5 
341.00 Structures and Improvements 
342.00 Fuel Holders, Products and Accessories 
343.00 Prime Movers 
344.00 Generators and Devices 
345.00 Accessory Electric Equipment 
346.00 Misc. Power Plant Equipment 

TRANSMlSSlQN (BY UNIT) 
Redhawk CC Units 1-2 
353.00 Station Equipment 
,355.00 Poles and Fixtures -Wood 
356.00 Overhead Conductors and Devices 

Total Redhawk CC Units 1-2 
Saguaro CT Unit 3 
353.00 Station Equipment 
355.00 Poles and Fixtures -Wood 
356.00 Overhead Conductors and Devices 

Total Saguaro CT Unit 3 
West Phoenix 
353.00 Station Equipment 
355.00 Poles and Fixtures -Wood 
356.00 Overbead Conductors and Devices 

Total West Phoenix CC Unit 5 

Totat West Pheonix 
West Phoenix CC Unit 4 
353.00 Staiion EauiDment 
355.00 Poles and Fxtures - Wood 
356.00 Overhead Conductors and Devices 

Total West Ploenix CC Unit 4 

West Phoenix CC Unit 5 
353.00 Station Equipment 
355.00 Poles and Fixtures - Wood 
356.00 Overhead Conductors and Devices 

Total West Phoenix CC Unit 5 

$13,060,675 $395,738 $376,147 ($19,591) 

122,437,292 3,709,850 3,428,244 (281,606) 
154,069,405 4,668,303 4,313,943 (354,360) 
14,323,244 433,994 412,509 (21,4851 

1 ,  8 ,  ($6fi,@W- 

$30,683,150 $536.955 $515,477 ($21,478) 
1.500.000 31.200 34.200 3.000 

31,824,367 $51,265 $30.467 ($20,798) 

I ,  $51,265 $30,467 ( % 2 0 * r n  

$7,507,646 $130,993 $127.764 ($3,229) 

$'[27,764- 

$1,953,105 $33,789 $32,226 ($1,5631 

$1.953,105 $ W V  2. ($18563) 

$5,554,541 $97,204 $95.538 (SI ,666) 

$5,554,541 $97,204 $95.538 ($1,666) 

PAGE 12 



m 
Q) 'c: 
0 w 

m- 

PAGE 13 



L? 

0 

I" 

u) .- ? 
H 

u) 
al 'C 

0 u) 
u) 

- - 
N 
Y) 

PAGE 14 



P 

F 
B 

PAGE 15 



p 
1' ??@? 

I I 

PAGE 16 
I 



R ... c 
1 
ul 

/ -  

I 



PAGE 18 



fvJ p 
m m m  

PAGE 19 



w u  
0 CY 

I 
I 
F 
F 
I 
I 
I 
I 

I 

I 
I 
F 
6 
I 
I 
I 
I 
I 
I 

I 
I 
P 
F 
I 
I 
I 

PAGE 20 



I 

I 

1 

2 

3 

4 

5 

E 
c 
1 

I 

( 

11 

1 

1 

1 

1 

3 

21 

22 

23 

24 

25 

2E 

DIRECT TESTIMONY OF DAVID J. RUMOLO 

On Behalf of Arizona Public Sewice Company 

Docket No. E-01345A-05-0816 

I 

January 3 I ,  2006 



1 

2 

3 

4 

5 

6 

7 

8 

9 . 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

23 

24 

25 

26 

I . 

I1 . 

111 . 

rv. 
V . 

VI . 

VI1 . 

VI11 . 

Ix . 
X . 

XI . 
XI1 . 

XI11 . 

TABLE OF CONTENTS 

Introduction ............................................................................................................ 1 

Summary ................................................................................................................. -2 

Cos of Service Study .............................................................................................. 4 

Pro Forma Adjustments ......................................................................................... 8 

Specially-Handled Cost Items ................................................................................ 9 

"G" Schedules ............................................................................. ; ........................ 11 

Rate Design .......................................................................................................... 12 

Recovery of Other Cost Elements ......................................................................... 14 

Residential Rate Schedules .................................................................................. 16 

General Service Rate Schedules ........................................................................... 24 

'73"' Schedules ...................................................................................................... 31 

Schedule 3 - Line Extensions ............................................................................... 33 

Conclusion ............................................................................................................ 39 

Statement of Qualifications ........................................................................... Appendix A 

Schedule GJ ....................................................................................... Attachment DJR-I 

Schedule GE1 ...................................................................................... Attachment DJR-2 

Schedule GE2 .................................. i ................................................... Attachment DJR-3 

Schedule GE3 ...................................................................................... Attachment DJR-4 

April 1, 2005 Rate Annualization Pro Forma .................................... Attachment DJR-5 

E-303-4 Promotional Expense Pro Forma ........................................... Attachment DJR-6 

Service Schedule 1 Revenue Pro Forma ............................................. Attachment DJR-7 

DSMAC Plan of Administration ......................................................... Attachment DJR-8 

Rate Design Report ............................................................................. Attachment DJR-9 

TOU and SUREPAY Reports .......................................................... Attachment DJR - 10 

- I  . 



1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

23 

24 

25 

26 

I. 

Q* 
A. 

Q* 
A. 

Q. 

A. 

Q. 

A. 

DIRECT TESTIMONY OF DAVID J. RUMOLO 
ON BEHALF OF ARIZONA PUBLIC SERVICE COMPANY 

(Docket No. E-0134SA-05- 0816) 

NTRODUCTI ON 

PLEASE STATE YOUR NAME AND BUSINESS ADDRESS. 

My name is David Rumolo. My business address is 400 North Fifth Street, 

Phoenix, Arizona 85004. 

BY WHOM ARE YOU EMPLOYED AND WHAT IS YOUR POSITION? 

I am employed by Arizona Public Service Company (“APS” or Tompanf)  as 

Manager of Regulation and Pricing. I am responsible for the establishment and 

administration of APS tariffs and contract provisions that are under the 

jurisdiction of the Arizona Corporation Cornmission (“Commission”) or the 

Federal Energy Regulatory Commission (“FERC”). 

WOULD YOU DISCUSS YOUR EDUCATIONAL BACKGROUND AND 
BUSINESS EXPERJENCE? 

My background and experience are set forth in Appendix A to this testimony. 

ARIE YOU SPONSOEUNG ANY STANDARD FILING REQUIREMENTS 
(“SFR”) SCHEDULES? 

Yes. I am sponsoring required SFR Schedules G, and H, and portions of SFR 

Schedules B-1, B-2, C-1, and C-2, as well as the proposed rate schedules. 

Although not specifically required by the SFR, I am also sponsoring some 

additional schedules that have been designated as Schedule GJ (Attachment 

DJR-I), Schedule GEI (Attachment DJR-21, Schedule GE2 (Attachment DJR- 

3), and Schedule CE3 {Attachment DJR-4) and are attached to my testimony. 
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Q* 
A. 

Q- 

A. 

SUMhiARY 

WOULD YOU SUMMARIZE YOUR TESTIMONY? 

My testimony addresses two general areas. The first area discusses the cost-of- 

service study prepared to Functionalize, Classify, and then Allocate test year 

costs and revenues first between wholesale and retail customers and then to the 

various c!asses of retail service. It  is this cost allocation study that allows us to 

determine the rate of return produced by each class and subclass of customer, as 

well as the unit costs to provide service to each customer grouping. The second 

area discusses the proposed rate schedules and related service provisions which 

will recover the costs of providing service to our customers. 

WOULD YOU PLEASE SUMMARIZE THE PROPOSED FZESIDENTIAL 
RATE SCHEDULE CHANGES? 

We are proposing the following: 

Each residential rate schedule will be adjusted to improve cost tracking 

and reflect increased revenue requirements. The residential class base rate 

increase is comparable to the overall requested revenue increase of 21.14 

94,. The increases in Rate Schedules ET- 1 , ECT-1 R7 and E-I 2 are 24%, 

19.7% and 15.6% respectively. ! 

Frozen Rate Schedules E-10 and EC-1 will be eliminated, and customers 

wil l  select another raie option or be transferred to Schedule E-I2 or 

Schedule ECT-1R by default, as meters are exchanged. 

The discounts available under the low income and medical equipment 

rates, Rate Schedules E-3 and E-4 respectively, will remain unchanged 

fTom the levels found in Decision No. 67744. 
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Q* 

A. 

WOULD YOU PLEASE SUMMAFUZE THE PROPOSED CHANGES TO 
THE GENERAL SERVICE SCHEDULES? 

Yes, the most significant changes are: 

Q* 

A. 

a 

a 

0 

a 

0 

All rate schedules have increased charges to reflect increased revenue 

requirements. The majority of the increases reflects increased fuel and 

purchased power expenses and is reflected in the power supply 

component of the unbundled rates. 

Rate Schedule E-32 will be increased to reflect increased revenue 

requirements, especially higher energy costs. 

Rate Schedules E-34 and E-35 will be increased slightly more than the 

average overall rate increase proposed in this application because 

customers on these rates use large amounts of energy and thus are more 

impacted by increased fuel and purchased power expenses. 

Time of Use ("TOU'') Rate Schedules E-21, E-22, E-23, and E-24 will be 

eliminated and customers on those rates transferred to E-32TOU. 

Schedules E-38 and E-38-8T will be eliminated and customers on those 

rates transferred to Schedule E-221 in accordance with Decision No 

67744. 

The basis for computing the ene ra  portion of Schedule E-36 bills will 

change from system incremental cost to an index-based cost that is 

consistent with the computation of energy imbalances charges under the 

Company's OATT. 

ARE YOU PROPOSING ANY OTHER CHANGES TO THE APS 
TARIFF? 

Yes. I am proposing modifications to the APS line extension policy found in 

Service Schedule 3.  The primary modifications are to eliminate the existing 
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Q- 

A. 

Q- 

A. 

Q. 

$25,000 extension condition and to change the policy from one based on a 

footage allowance to an equipment-based allowance for residential extensions. 

COST-OF-SERVICE STUDY 

WAS AN EMBEDDED CLASS COST-OF-SERVICE STUDY USED IN 
THE DEVELOPMENT OF APS’ PROPOSED RATE SCHEDULES? 

Yes. An embedded and fully allocated cost-of-service study, with the hvelve- 

month period ending September 30, 2005 as the test period, was a major input 

for designing the proposed rates. The study results provided both rate of return 

for the customer classes as well as Functionalization, Classification, and 

Allocation of costs. 

WAS THE USE OF A TWELVE-MONTH TEST YEAR ENDING 
SEPTEMBER 30, 2005 SUITABLE FOR THIS COST-OF-SERVICE 
STUDY? 

Yes. The test year data provides the most recent calendar year financial and 

operational information, and is, therefore, consistent with the Company‘s 

reven,ue requirements. Although a future test year is more reflective of the 

period in which the proposed rates will be in effect, such a future test period is 

not generally used in Arizona. However, the Company’s analysis does include a 

number of pro forma adjustments to the test year to reflect known changes and 

to better match the costs and revenues with the period in which the proposed 

rates will be in effect, as well as other adjustments to normalize the test period. 

For example, wages and salaries are adjusted through a pro forma adjustment to 

account for current levels and emplpyee count. 

WHAT DO YOU MEAN BY NORMALIZING THE TEST YEAR 
INFORMATION? 
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Q- 

A. 

Q- 

A. 

Normalization refers to eliminating the effect of conditions or situations that 

would not ordinarily occur or be expected to occur in a normal test year, or that 

recur periodically but should .be averaged out over a period of years.. The 

purpose of normaiization is to produce a test year that will be more 

representative of conditions that wiIl exist during the period in which the 

proposed rates wiIl be in effect. 

HOW DO YOU TREAT PRO FORMA AND NORMALIZATION 

STUDY? 

Other A P S  witnesses’ testimony sponsor a number of pro forma adjustments that 

were incorporated into the adjusted test year cost-of-service study. Testimony of 

A P S  witnesses Chris Froggatt, Laura Rockenberger, and Peter Ewen list, by rate 

ADJUSTMENTS TO THE TEST YEAR LN YOUR COST-OF-SERVICE 

base and expense category, the monetized amount of each proposed pro forma 

adjustment. These amounts were then Functionalized. Classified, and Allocated 

to the retail and wholesale customer classes as part of the process in performing 

the cost-of-service study. The adjusted test year cost-of-service study reflects all 

the’ proposed pro forma ad.justments. 

WOULD YOU DISCUSS THE DEVELOPMENT OF THE EMBEDDED 
COST ALLOCATION STUDY? 

This study was prepared using industry accepted cost-of-service principles of 

Functi onal izat i on, Classification ~ and Allocat i on and is general I y consistent with 

historical APS practices. 

“Functjonalizaton” refers to the process of attributing a particular rate base or 

expense item to a particular function, nameiy Production, Transmission, or 

Distribution, in the provision of electric service. An easy and obvious example is 
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the assignment of the costs of building and operating the Company's power 

plants to the Production function. 

"Classification" refers to the process of determining the factor or factors that 

compel the magnitude of the cost. For example: if a cost is driven by the amount 

of energy consumed, it is classified as Energy; if a cost is driven by the rate at 

which energy is consumed, it is classified as Demand; or if a cost is driven by 

the number of customers taking service on the A P S  system irrespective of either 

demand or energy utilized, it is classified as Customer. 

"Allocation" occurs once a cost has been finctionalized and classified. This is 

the process in which allocation factors are applied to spread the costs to 

particular jurisdictions, customer classes, and rate schedules. A simple example 

is the allocation of energy related costs by kilowatt-hour ("kWh") consumption. 

In the cost-of-service study, the expense and rate base items that comprise A P S '  

costs were grouped into major categories, such as Plant in Service or Operating 

& Maintenance Expense. Each of these categories was first functionalized into 

Production, Transmission, or Distribution related costs, then classified as 

Demand, Energy, or Customer related. Allocation factors based on kilowatts, 

kilowatt-hours, and number of customers were then developed so that 

allocations of the functionalized and classified costs could be made to the 

federal and state jurisdictions and to the various retail customer classes and sub- 

classes. When necessary, procedures were used to reflect unusual or changing 

circumstances, as discussed later in my testimony. 

WHAT BASIS IS USED TO ALLOCATE FUNCTlONALIZED COSTS 
BETWEEN JURISDlCTIONS AND AMONG CUSTOMER CLASSES? 
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Q.  

A. 

Q. 

Production-related and Transmission-related assets, and their associated costs, 

are generally designed and built to enable the Company to meet its system peak 

load. Therefore, they are allocated on the basis of the average of the system peak 

demands occurring in the months of June, July, August, and September (“4CP“). 

Distribution plant, unlike Production and Transmission plant is generally 

designed to meet a customer class’ peak load, which may or may not be 

coincident with the system peak load. Thus, allocations of costs related to 

Distribution substations and primary Distribution lines are made on the basis of 

non-coincident peak loads (‘‘NCP‘’). Allocations of costs related to Distribution 

transformers and secondary Distribution lines are made on the basis of the 

summation of the individual peak loads or demands of all customers within a 

particular customer class (“CNCP”). 

WHAT IS THE BASE OF THE “ALL OTHER” OR NON- 
JURISDICTION SEGMENT OF YOUR COST-OF-SERVICE STUDY? 

The “All Other” segment, which appears as a column in the cost-of-service 

study, represents the rate base, expenses, and revenues associated with service to 

long-term firm FERC jurisdictional resale customers that APS serves, as well as 

transmission services MS provides to a number of entities. Because APS plans 

and utilizes Company facilities in order to fulfill these obligations, we. have 

allocated and assigned a portion of A P S  Production, Transmission, and 

Distribution facilities to these non-jurisdictional customers in the same manner 

as we would to our classes of retail jurisdictional customers in preparing the 

cost-of-service study. 

WOULD YOU EXPLAIN THE USE OF REVENUE CREDITS TN THE 
COST-OF-SERVICE STUDY? 
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Q. 

A. 

IV 

Q. 

A. 

Q. 

A. 

In addition to the transactions described for inclusion in the All Other column 

depicted in the cost-of-service study, A P S  makes off-system sales to third-party 

entities. In order to be certain that the benefits of such transactions flow through 

to our retail customers, the revenues derived from these transactions, which 

more than cover the incremental costs associated with producing or acquiring 

the required energy, are allocated to all customers. Thus, the margin or profit 

that A P S  realizes from such non-retail transactions is attributed to each cIass 

through the Revenue Credit, which benefits all customers by lowering their 

otherwise determined revenue requirement. 

The somewhat opportunistic and non-firm short-term transactions that are 

included in Transmission for Others and a number of small items such as Rent 

kom Electric Property, Forfeited Discounts, Miscellaneous Service Revenues, 

sales to Rate Schedule E-36 customers, and Other Electric Revenues are also 

treated as Revenue Credits. 

IS THIS THE SAME REVENUE CREDIT TREATMENT USED BY THE 
comrssIoN IN PRIOR APS RATE PROCEEDINGS? 

Yes. 

PRO FORMA ADJUSTMENTS 
WERE YOU RESPONSIBLE FOR THE PREPARATION OF ANY. PRO 
FORMA ADJUSTMENTS? 

Yes. 

WERE YOU RESPONSIBLE FOR THE PREPARATION OF ANY PRO 
FORMA ADJUSTMENTS? 

Yes, I was responsible for preparing three pro forma adjustments. The first pro 

forma adjustment was to annualize the revenue A P S  receives from retail 

customers to reflect the change in retail rates that became effective April 1, 

8 



1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

23 

24 

25 

26 

V. 

Q- 

A. 

Q- 

A. 

2005. This was accomplished by taking test year billing determinants from our 

Customer Information System ("CIS") and applying the April 1, 2005 rates to 

those determinants. The revenue annualization proforma is summarized in 

Attachment DJR-5. 

The second pro fonna adjustment was an adjustment to test year operating 

expenses to reflect the increased promotional expenses for our low-income rate 

options. These promotional expenses are consistent with what was required by 

Decision No. 67744. This pro forma is shown on Attachment DJR-6. 

The third pro forma adjustment I developed was an income adjustment to reflect 

the increased revenue levels that resulted in changes in miscellaneous customer 

charges in accordance with Service Schedule I .  These customer charges are 

consistent with those authorized and approved in Decision No. 67744 and the 

pro forma adjustment to reflect them is shown on Attachment DJR-7. 

SPECLALLY-HANDLED COST ITEMS 

HAVE ANY SPECIALIZED PROCEDURES BEEN USED IN 
PERFORMING THIS COST ALLOCATJON STUDY? 

Yes. Consistent with the methods adopted in our last rate case, transmission- 

related costs were treated in a different manner. 

WOULD YOU EXPLAIN HOW TIiANSMISSTON COSTS WERE 

The revenue requirement for transmission services was computed based on the 

FERC jurisdictional rates found in the APS Open Access Transmission Tariff 

(OATT). 

TREATED IN THE COST-OF-SERVICE STUDY? 
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Q- 

A. 

The A P S  Scheduling Coordinator for Standard Offer customers is responsible 

for procuring transmission service, including ancillary services, and pays APS’ 

OATT rates for Transmission and Ancillary Services needed to deliver electric 

power and energy to A P S  retail customers. Since FERC has jurisdiction over 

setting transmission rates, we removed trammission rate base and expenses from 

the retail customer class. This was accomplished by allocating all transmission 

and ancillary service cost to the -‘All Other’‘ class in the cost-of-service study. 

Test year average OATT expense was determined by using the amount APS 

billed itself for retail network transmission service and ancillary services. The 

total OATT service charges were then divided by the corresponding OATT- 

billed kWh to determine the test year average OATT expense. 

ROW HAVE YOU HANDLED FRANCHISE FEES? 

The A P S  Rate Schedules currently in effect (approved in Decision No. 67744) 

exclude franchise fees. Historically, franchise fees were recovered in base rates 

but Decision No. 67744 unbundled franchise fees so that the fees are collected 

directly from customers through location-speci fic charges in a manner similar to 

transaction privilege taxes. For the purpose of the cost-of-service study, 

expenses associated with Franchise Fees and associated revenues have been 

excluded. 

HAVE YOU CALCULATED THE COSTS, RATE BASE, AND RATE OF 
RETURN BASED ON THE ADJUSTED TEST YEAR? 

Yes. In addition to establishing the Production, Transmission, and Distribution 

hnctions and the Demand, Energy, and Customer classifications for each class 

of retail business, the rate of return for each class under test year and proposed 

10 
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Q* 
A. 

Q- 

A. 

Rate Schedules appear in the SFR “G” Schedules associated with this 

application. 

‘‘CY S CKEDULE S 

MR. RUMOLO, WOULD YOU DESCRIBE THE SFR “G” SCHEDULES? 

Yes. The following is a summary of these Schedules: 

SFR Schedule G-1 shows the rate-of-return at existing rates by customer 

class, based on the adjusted test year cost-of-service study. 

SFR Schedule G-2 is similar to Schedule G-1, except this Schedule 

reflects returns by class that would result under A P S ’  proposed rates. 

SFR Schedule G-3 shows the $ and % amount of adjusted Rate Base 

allocated to each retail customer ciass. 

SFR Schedule G-4 shows the amount of operating expenses allocated to 

each retail customer class. 

SFR Schedule G-5 shows the amount of fimctionalized adjusted Rate 

Base allocated to ACC jurisdictional customers. 

SFR Schedule (3-6 shows the amount of functionalized adjusted 

operating expense allocated to the ACC jurisdictional customers. 

SFR Schedule G-7 lists the allocation factors used in preparing the test 

year cost-of-service study. 

DO YOU HAVE ANY ADDITIONAL SCHEDULES RELATED TO THE 

Yes. The following filed additional Schedules relate to the study: 

COST-OF-SERVICE STUDY THAT YOU ARE SPONSORING? 

Schedule GJ is a summary of the cost-of-service study showing the 

jurisdictional separation of Rate Base costs, revenues, and operating 

expenses. 
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A. 

VII. 

Q. 

A. 

Schedule GEI is a summary of the cost-of-service study showing, by 

retail customer class, the allocation of total ACC allocated rate base costs, 

revenues, and operating expenses and the rate-of-return for each major 

customer class. 

Schedule GE2 is a summary of the cost-of-service study showing, by 

each General Service sub-class, the allocation of rate base costs, 

revenues, and operating expenses and the rate-of-return. 

Schedule GE3 is a summary cost-of-service study showing, by each 

Residential sub-class, the allocation of rate base costs, revenues, and 

operating expenses and the rate-of-return. 

BASED ON THE RESULTS OF YOUR ADJUSTED TEST YEAR COST- 
OF-SERVICE STUDY, WHAT CONCLUSIONS HAVE YOU MADE? 

I believe it is apparent from the ”G”, GJ, and GE Schedules that there are 

disparities in the rates of return that the different customer classes are providing 

to the Company. Although the disparities have decreased due to the rate designs 

implemented as a result of the settlement reached in our last case, the residential 

class continues to provide a lower rate of return than the general service class. 

Specifically, under current rates and adjusted operating expenses, the residential 

class rate of return is 1.52% while the general service class rate of return is 

3.9 1 %. Overall, the retail rate of return under current rates is 2.59% based on an 

adjusted original cost rate base. This is significantly below cost of service. 

RATE DESIGN 

WOULD YOU DESCRIBE THE OVERALL OBJECTIVES OF THE 
PROPOSED RATE DESIGNS? 

In the A P S  rate case and settlement that resulted in Decision No. 67744, A P S ’  

retail rates were significantly modified. The principal modification- was to 
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unbundle the retail rates in accordance with the objectives established by the 

Commission in the Commission‘s Electric Competition Rules. We also strove to 

improve the rate designs by improving cost trachng, offering additional rate 

options and improving rate clarity. In this case, we are building on the 

improvements established in Decision No. 67744. 

WOULD YOU EXPLAIN WHAT YOU MEAN BY “IMPROVE THE 
COST TRACKING OF THE VARIOUS ELEMENTS OF OUR RATE 
SCHEDULES?” 

Historically, many rate changes were made on the basis of “across the board“ 

percentage changes as a result of rate case settlements. This resulted in wine 

rate distortions that took our rates away from tracking costs, both as to rate level 

and rate design. In our last case, the process of unbundling our retail rates 

identified instances in which our rates were obviously not following costs. 

While the last case made improvements in that regard, the proposed rates in this 

case continue to address this concern. 

WOULD YOU DESCRIBE THE PROCESS USED TO DEVELOP THE 
PROPOSED U T E S ?  

The starting point in the rate design process is the cost-of-service study 

discussed earlier in my testimony. The cost-of-service study allocates the costs 

of providing service to each of the major classes of customers, as well as various 

sub-classes and rate schedules. If the cost-of-service study was the only 

determinant for setting rates, each rate classification would recover APS‘ 

proposed rate of return, and all rate schedules would be expressed in the form of 

unit costs and expressed as Demand Charges, Energy Charges, and Customer 

Charges. However, many other considerations were taken into account in 

designing the proposed rates, which resulted in individual rate schedules that 
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differ from the overall proposed rate of return and rate designs that differ in 

appearance and application. 

OTHER THAN THE COST-OF-SERVICE STUDY, WHAT OTHER 
FACTORS WElRE CONSIDERED WHEN DESIGNING THE PROPOSED 
RATES? 

We considered several other factors. Among the most important were rate 

stability and continuity. For this reason, the major classes of customers- 

Residential, General Service, Irrigation, Street Lighting, and Dusk to Dawn- 

have each been given a percentage increase that is approximately the same as 

the overall requested increase, even though strict adherence to the results of the 

cost-of-service study would indicate higher increases are supportable. In 

addition, the individual rate schedules have been designed to depart from strict 

cost-of-service adherence as necessary, so that differences in the increases that 

individual customers will experience will be moderated to the extent we believe 

reasonable. An additional consideration in developing the proposed rate 

schedules was customer understandability and ease of administration. In other 

words, we attempted to simpliFy the specific rate schedules and the presentation 

of the tariff in general. Consideration of these factors is in conformance with the 

traditional aspects of rate design. 

vm. RECOVERY OF OTHER COST ELEMENTS 

Q. 

A. 

ARE THERE ANY COST ELEMENTS THAT RECEIVE RECOVERY 
TREATMENT OUTSIDE OF THE BASE RATE SCHEDULES? 

Yes. Decision No. 67744 authorized a series of adjustment clauses including the 

Power Supply Adjustment (“PSA”), the Demand Side Management Adjustment 

Clause (“DSMAC”), the Transmission Cost Adjuster (“TCA’‘), the 

Environmental Portfolio Surcharge (“EPS- l”)? the Competition Rules 
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Q. 

A. 

Q. 
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Compliance Charge ("CRCC"), the Returning Customer Direct Assignment 

Charge ("RCDAC"), and the System Benefits Adjustment Charge ("SBAC"). 

Regulatory Assessments, sales/transaction privilege taxes, and franchise fees are 

also charged outside of base rates. 

ARE YOU PROPOSING ANY ADDITIONAL ADSUSTORS OR 
SURCHARGES IN THIS APPLICATION? 

Yes. In this application, we have requested approval of an Environmental 

Improvement Charge ("EIC"). The purpose of the charge is to provide a hnding 

mechanism for investments that will reduce emissions associated with burning 

fossil fuels at our power plants. This proposed charge is discussed in detail in the 

testimony of APS Witness Gregory Delizio. 

DOES THlS APPLICATION IMPACT THE PSA THAT WAS APPROVED 
IN DECISION NO. 67744? 

Yes. The calculations found in the PSA were based on a Base Rate Power 

Supply Cost of $0.020743 per kWh, as approved in Decision No. 67744. The 

proposed new Base Rate Power Supply Cost is $0.03 I 904 per kWh, as discussed 

in detail in the testimony of APS Witness Peter Ewen. A description of other 

requested PSA changes is found in the testimony of APS Witness Don Robinson. 

DOES THlS APPLICATION IMPACT ANY OF THE OTHER 
ADJUSTERS THAT WERE APPROVED IN DECISION NO. 67744? 

Yes. We are proposing a change in the Demand Side Management Adjustment 

Charge. The current methodology does not provide for interest earnings on the 

account balance. Since recovery of DSM expenditures is in arrears, it is 

appropriate to include an interest charge. We propose the unrecovered DSM cost 

accrue interest using the one-year Nominal Treasury Constant Maturities rate 

that is contained in the Federal Reserve Statistical Release H- 15 or its successor 
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publication. This is the same rate that is used in the PSA and for customer 

deposits. A revised Plan of Administration is attached and marked Attachment 

DJR-8. 

RESIDENTIAL RATE SCHEDULES 

WOULD YOU PLEASE GlVE A GENERAL DESCRIPTION OF THE 
EXISTING RESIDENTIAL RETAIL RATE SCHEDULES? 

Currently, A P S  has seven active residential rate schedules. In addition, two new 

schedules were filed with the Commission prior to this application and are 

pending Commission action. Two of the rate schedules are for special pro,mms 

that AF'S actively supports. Schedule E-3 provides discounts for qualifying low- 

income customers. Schedule E-4 provides a discounted rate to customers who 

must use electricity for medical care equipment. These discounts were increased 

by Decision No. 67744. 

We .currently have three non time-of-use ("TUU") differentiated Rate Schedules 

(E-10, E-12, and EC-I). Rate Schedules E-10 and EC-1 were frozen by the 

Commission in previous proceedings and have not been available to new 

customers for over 10 years. In accordance with Decision No. 67744, these 

frozen Schedules will be eliminated. We also have two active TOU Rate 

Schedules. Schedule ET- 1 is a time differentiated energy rate schedule. 

Schedule ECT-IR is time differentiated and also includes a metered demand 

charge. In September 2005, we filed an application with the Commission to 

introduce two new TOU rate scheduies, designated Rate Schedule ET-2 and 

Rate Schedule ECT-2. These schedules offer alternative on-peak pricing time 

periods and have been filed as experimental rate schedules to allow for 

examination of both customer interest and customer demand response. 
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Q. 

A. 

WOULD YOU PLEASE DESCRIBE THE PROVISIONS OF DECISION 
NO. 67744 THAT WERE APPLICABLE TO RESDENTIAL RETAIL 
RATE SCKEDULES? 

Decision No. 67744 had several provisions of importance to residential 

customers. As I noted earlier, we unbundled the Standard Offer rate schedules in 

our Iast rate case to comply with the Competition Rules. Decision No. 67744 

impacted residential customers as fOlIOW5: 1) Frozen Schedules EC-I and E-10 

were continued but are to be eliminated in A P S ’  next rate case, 2) APS was 

required to study rate designs that encourage energy efficiency, discourage 

wasteful and uneconomic use of energy and reduce peak demand, 3) A P S  was 

ordered to file additional TOU rate schedules with different peak schedules, 4) 

AF’S was ordered to evaluate the break points and tier pricing in Schedule E-12 

in the next rate, and 5) A P S  was directed to evaluate SurePay and examine the 

possibility of providing discounts to customers who participate in SurePay. 

WOULD YOU PLEASE DESCRIBE APS’ COMPLIANCE WITH TKE 
REQUIREMENTS OF DECISION NO. 67744 AS APPLICABLE TO 
FtESIDENTIAL CUSTOMERS. 

In this Application, we are implementing the elimination of Schedules EC-1 and 

E-IO. We have prepared a report (Attachment DJR-9) that: 1) examines rate 

design alternatives that encourage energy efficiency; and 2) evaluates the 

breakpoints and rate in Schedule E-12. On October 7, 2005, we filed two other 

reports with Commission Staff in accordance with Decision No. 67744. The 

reports examined: 1) the issue of TOU rate schedules and rate designs that 

encourage rate flexibility; and 2) the possibility of providing discounts to 

customers who participate in SurePay. These reports and the October 7, 2005 

transmittal letter are Attachment DJR-IO to my testimony. As noted previously, 

we recently filed an application for approval of two additional residential TOU 
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rate schedules. These rate schedules are based on on-peak pricing time periods 

of 1290 P.M. to 7:OO P.M. on weekdays, weekends are off-peak, and the 

holidays recopized by the National Electric Reliability Council ("NERC") are 

off-peak. 

PLEASE SUMMARIZE THJ3 RESULTS OF THE REPORT THAT YOU 
FILED AND BOW IT lMPACTS THE RATE SCf-IEDULES FOUND IN 
THIS RATE SCHEDULE APPLICATION. 

On the topic of rate designs that encourage energy efficiency: we have 

concluded that we are leaders in the industry in many aspects. For example, our 

non-TOU residential rates are inclining block rates that have the effect of 

charging more for higher consumption levels. We have the greatest percentage 

of residential customers on TOU rates than almost any other utility nationally 

and we are one of the few utilities that offer residentiaI rates with an explicit 

demand charge. The rate designs for general service customers that were 

implemented in our last case provide strong demand conservation price signals 

because of cost-based pricing. Because of the nature of our customer base and 

metering limitations, we do not believe it i s  appropriate to mandate TOU pricing 

for general service customers. The rate designs that we are proposing in this 

application provide strong price signals. This case is being driven chiefly by the 

rapid increase in fuel and energy costs. Because of this, our proposed rate 

designs appropriately recover these increased energy costs through the energy 

charges. 

Our analysis also concludes that our current blocks in Schedule E-12 are 

appropriate. This conclusion is based on a review of bill frequency analyses and 

the pricing implications of alternative block sizes. Lowering the initial block in 

the rate would have the effect of shifting consumption to higher priced blocks 
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and shift revenue recovery to the second tier. The net benefits of lowering the 

block size of the first tier and lowefig the price for the first tier would be 

limited to customers whose marginal usage is at or near the block limit. Also, 

some customers served on Rate Schedule E-12 also receive discounts under 

Schedule E-3. Shifting the cost recovery to the second rate tier would adversely 

impact those customers since many of the customers receiving the discount 

purchase significant energy in the second tier of the rate. 

PLEASE SUMMARIZE THE RESULTS OF THE REPORTS THAT YOU 

THE APS SUREPAY PROGRAM. 
FILED IN OCTOBER R~EGARDMG TOU RATE FLEXIBILITY AND 

The study regarding the potential of providing additional flexibility in our TOU 

programs concluded that we have significant obstacles to overcome before rate 

flexibility can be offered on a widespread basis. First, we have approximately 

400,000 customers on TOU rate schedules. To accommodate changes in TOU 

rate schedules, meters must be re-programed or replaced. Current technology 

does not allow us to reprogram meters in the field with our meter reading 

equipment. The meters can only be ,field programmed with laptop computers 

which is not a practical solution. However, we are investigating new 

technologies that may allow us to have greater flexibility in the future. For 

example, we are in the process of rolling out an advanced metering system 

(‘‘Ah4S”) pilot. This system uses radio frequency and cell phone technology to 

read meters and gather customer information. Because of s o h a r e  flexibility in 

the AMs, it wi!l be easier in the future to provide customers rate options as AMS 

is rolled out. S o h a r e  limitations also affect the number of rate options that we 

can offer. A change in rate structures necessitates changes in many computer 

systems ranging from the meter-reading system, to the software used by the 
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A. 

customer call center to provide information to customers, to the bill printing 

systems, to the APS website. These software changes are expensive to 

implement and require significant resource commitments for coding and testing 

sofixrare. changes. However, as indicated earlier, we have filed an application 

with the Commission to request approval for two new experimental TOU rate 

schedules that will provide rate options with alternative TOU time periods. 

Customer reaction to these new rate offerings will be one indicator whether we 

will expand the experiment to a broader group of customers. 

Our review of the SurePay program leads us to the conclusion that offering 

discounts to encourage participation is not warranted. We currently offer, two 

automatic payment options to customers. SurePay authorizes a customer's bank 

to transfer funds to A P S .  AutoPay is an on-line version of SurePay in which the 

customer will get an e-mail notification when the fund transfers occur. AutoPay 

customers can print a paper copy of their bill from A.PS.COM if the customer so 

desires. We do not believe that a discount is required to encourage participation 

since we have a high level of participation in the automatic payment programs 

even when compared to companies that offer financial inducements. Also, our 

analysis indicates that many of the inducements offered by other companies are 

not cost effective and result in cost shifiing from customers who participate to 

customers who do not elect to participate. 

WOULD YOU PLEASE DESCRIBE THE PROPOSED RESIDENTIAL 
RATE SCHEDULES? 

As described earfier in my testimony, the changes proposed for the.residentia1 

rate schedules are refinements of the changes that were made in the last case. 

This rate application is being driven primarily by increases in the cost of 
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generation resources including fuel, purchased power expense, and the inclusion 

of new generation in rate base. Therefore, the proposed rate changes primarily 

influence the power supply element of our unbundled rate schedules. We have 

also included the impact of the energy eficiency demand side management 

programs on expected sales volumes through a slight reduction in billing 

determinants used to develop the proposed rates. 

PLEASE DESCRJBE THE PROPOSED CHANGES TO RESLDENTlAL 

The only changes we are proposing at this time are increases in the revenue 

levels produced by the rates, with most of the increase reflected in the 

generation component. We are also modifjling the winter-summer rate 

differentials to better reflect the higher energy costs APS faces in the summer 

months. The basic unbundled structure of the rates will not be changed. The 

proposed base rate increase for the residential customer class is approximately 

21.1%. On a rate schedule basis, the proposed increases for Schedules ET-1, 

ECT-IR, and E-12 are 24.5%, 19.7% and 15.6% respectively, excluding 

customers who are transferring to these schedules from cancelled schedules. 

These increases are computed based on total schedule results excluding the EIC. 

Individual customers may experience changes higher or lower than the schedule 

averages depending on individual consumption patterns. 

RATE SCHEDULES ET-1, ECT-1R AND E-12. 

WHAT ARE YOUR INTENTIONS FOR FROZEN U T E  SCHEDULE 

We will eliminate frozen Rate Schedule EC-1 as provided for in Decision No. 

67744. Rate Schedule EC-1 customers would be transferred to Rate Schedule 

EC-1 AND ITS CUSTOMERS? 

ECT-IR unless they choose an alternative rate schedule. Rate Schedule ECT-IR 

has been selected as the default rate schedule as both rate schedules have 
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A. 

explicitly billed demand components, and many customers currently on Rate 

Schedule EC-I are managing their demand through load controllers or timers. 

These customers are familiar ,with demand-based rates and the potential for 

saving money by actively managing their peak load. Rate ScheduIe ECT-IR 

encourages customers who are actively managing demand to continue to do so 

with the addition of a TOU element. Therefore, we believe that the transition 

from Rate Schedule EC-1 to Rate Schedule ECT-IR would provide. the best 

continuity for the Rate Schedule EC-1 customers as the default rate, should the 

customer not select from the available rate schedules on their own. 

IR this application, we have also included a revised Rate Schedule EC-I which 

wiIl be used during the transition until all customers are transferred to other 

schedules. A transition period is required because of the potential requirement 

for meter changes. For example, if an EC-I customer moves to Rate Schedule 

ECT-lR, a meter exchange may be required. Although meter exchanges may not 

be required on all 22,000 customers currently on Rate Schedule EC-1, we 

anticipate a large number of exchanges will be required. 

IS A TRANSITION PERlOD REQUIRED FOR THE ELIMINATION OF 

No, since our basic assumption is that E-10 customers will transition to Rate 

Schedule E-12, meter exchanges will likely not be necessary in most instances. 

RATE SCHEDULE E-lo? 

However: if a Schedule E-10 customer selects another schedule such as Rate 

Schedule ET-1, it may be necessary to exchange meters and that exchange will 

be worked in our normal meter exchange process. The customer would be billed 

on the default rate until the meter exchange occurs. 
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PLEASE DESCRIBE HOW E-10 AND EC-1 CUSTOMERS WILL BE 
INFORMED OF THEIR NEW RATE OPTIONS ONCE THESE RATES 
ARE ELIMINATED. 

A P S  would like to explore, with the Commission Staff, various opportunities to 

proactively inform and educate E-10 and EC-I customers about their rate 

options once these rates are eliminated. Our initial thought would be to inform 

customers of this change through A.PS.COM and through bill inserts targeted 

towards the E- 10 and EC- 1 rate codes. Key components of our message should 

inform them of the option to choose an alternative residential rate schedule once 

these rates are eIiminated, and describe the actions needed by them to make their 

rate selection. However, our message will also need to inform them that no 

action by a certain date will cause them to be placed on the appropriate default 

rate.as I described earlier in my testimony. 

WHAT TIF A CUSTOMXR IS PLACED ON A DEFAULT RATE AND 
LATER WANTS TO SELECTANOTHER RATE OPTION? 

If a customer is placed on a default rate as a result of E-IO or EC-1 being 

eliminated, they vilill be able to subsequently select another rate option. 

DOES THIS APPLICATION AFFECT THE EXPERIMENTAL TOU 
RATES THAT A P S  FILED OW SEPTEMBER 22,2005? 

Yes. Schedules ET-2 and ECT-2 that were filed in September were based on 

costs and revenues that were developed in the Settlement Agreement and 

Decision No. 67744. We are filing revisions to the new rates in this application 

that reflect the results of the latest cost-of-service study. At the time of the 

writing of this testimony, the Commission has not yet acted on the application 

for approval of the new rates, therefore, revenue impacts cannot be calculated. 

However, the concepts behind the modifications found in this application are 
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24 

consistent with the original rate design, Le., if a11 ET-1 customers moved to ET-2 

the move would be revenue neutral. 

WOULD YOU PLEASE SUMMARIZE THE PROPOSED RESIDENTIAL 
FWTE SCHEDULE CHANGES? 

We are proposing the following: 

Each residential rate schedule has been designed to improve cost 

Rate Schedule EC- 1 will be eliminated and customers will select another 

tracking. 

0 

rate option or be transferred to Rate Schedule ECT-1R by default, as 

meters are exchanged. The interim rate that will be applied during the 

transition will be an increase of approximately 26 % compared to EC-I 

and is comparable to the increase the customers will experience when 

moved to Rate Schedule ECT-.lR. 

0 Rate Schedule E- 10 will be eliminated. Customers will have the option to 

choose another rate, or will be transferred to Schedule E-12 by default if 

no choice is made. 

Rate Schedules E- 12, ET- 1, ECT-I R, ET-2 and ECT-2 wiil be increased 

to reflect increased revenue requirements. 

0 The discounts available under the low income and medical equipment 

rates, Rate Schedules E-3 and E-4 respectively, will remain unchanged 

earn the levels found in Decision No. 67744. 

GENEELAL SERVICE RATE SCHEDULES 

WOULD YOU PLEASE DESCRIBE APS' GENERAL SERVICE RATE 
SCHEDULES? 

APS has eleven general service rate schedules. These are used'for serving our 

commercial and industrial loads as well as specialized applications. There are 
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five TOU schedules, one schedule for unmetered service, one schedule for 

athletic stadiums and arenas, a seasonal schedule, schedules for partial 

requirements service and schedules for dusk-to-dawn and street lighting 

services. There are two demand based, non-TOU differentiated schedules. 

Approximately 95% of our general service custcmers are served on Rate 

Schedule E-32. Rate Schedule E-34 and TOU Rate Schedule E-35 are available 

for customers whose loads exceed three megawatts. 

WOULD YOU PLEASE SUMMARIZE THE ASPECTS OF DECISION 
NO. 67744 THAT PERTAIN TO APS’ GENERAL SERVICE RATE 
SCHEDULES? 

Decision No. 67744 provided that Rate Schedules E-21, E-22, E-23 and E-24, 

would be eliminated in the next A P S  rate proceeding. These were introduced 

many years ago as experimental TOU schedules. It is proposed that these 

customers be transferred to Rate Schedule E-32TOU. Rate Schedule E-20, a 

TOU schedule that is applicable to houses of worship, was frozen to new 

customers. New customers would take service on Rate Schedule E-32TOU or 

another general service rate schedule of their choice. Decision No. 67744 also 

provided for the elimination of Rate Schedules E-38 and E-38-8T in the next 

A P S  rate proceeding. We propose that customers currently on these schedules be 

transferred to Rate Schedule E-221. Decision No. 67744 also required that we 

examine rate designs that would encourage energy efficiency and reduce peak 

demand. These topics have been addressed in the report described earlier in my 

testimony. 

WOULD YOU PLEASE DESCRIBE THE PROPOSED RATE 
SCHEDULE E-32? 
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Rate Schedule E-32 was extensively modified in the last A P S  rate proceeding. In 

this Application, we are proposing the basic rate structure developed in the last 

case be retained. The charges in the schedule have been increased to reflect 

increased revenue requirements. The cost emphasis is shifted to high energy use 

customers to reflect the dramatically increased energy costs that APS is 

incurring to serve its customers. This will also encourage energy conservation 

through an energy-driven price signal. 

HAVE YOU MODIFIED RATE SCHEDULE E-32R? 

Rate Schedule E-32R provides for partial requirements customers taking service 

under Rate Schedule E-32. Therefore, the changes proposed for Rate Schedule 

E-32 impact customers served under Rate Schedule E-32R. 

WOULD YOU PLEASE DESCRIBE THE PROPOSED CHANGES TO 
THE GENERAL SERVICE TOU SCHEDULES? 

Yes. Decision No. 67744 directed that Rate Schedules E-21, E-22, E-23 and E- 

24 be eliminated in the next MS rate proceeding and that customers be 

transferred to Rate Schedule E-32TOU. Customers have been notified of that 

change and will be notified in conjunction with this application. The design of 

Kate Schedule E-32TOU has been modified to replace the existing ”excess 

capacity” charge with an off-peak demand charge. The rate has been designed so 

that customers who shift demand to off-peak hours can realize significant 

savjngs. However, some customers who are on existing general service TOU 

rates and have not made shifts in consumption patterns may transfer to Rate 

Schedule E-32. Currently there are approximately 240 customers on Rate 

Schedules E-2 1, E-22, E-23 and E-24 combined. 
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A. 

WOULD YOU PLEASE DESCRIBE THE PROPOSED CHANGES TO 

Yes. Rate Schedules E-34 and E-35 are the rate schedules that are applicable to 

APS' largest customers, Le., general service customers with loads over 3 MW. 

We are not proposing changes to the basic rate structure for Schedule E-34. The 

bil f ing charges have been increased to reflect increased revenue requirements 

and most of the increase is in the generation component of the unbundled rate to 

reflect higher generation, purchased power and fuel expenses. Schedule E-3 5 

billing charges have also been increased to reflect increased revenue 

requirements. The structure of Schedule E-35 has been modified to substitute an 

off-peak charge for the '&excess capacity" charge that currently exists. This 

change was made to simplify rate calculations and improve rate clarity. We have 

also modified the metering charge found in these two schedules for new 

transmission voltage customers. Transmission voltage metering installations for 

customers served at higher voltages &e., greater than 69 kV) are site specifid. 

Rather than attempting to develop an average cost for universal appiication, we 

propose that the charge be based on the carrying cost of the investment. A fixed 

charge rate will be applied to the actual installed cost of the metering system. 

The charge wrill be identified in the service contract between A P S  and the 

customer. 

ARE YOU PROPOSING CHANGES TO THE STREET LTGHTING AND 
DUSK TO DAWN LIGHTING SCHEDULES? 

In our last case, we reformatted Rate Schedule E-47 (Dusk to Dawn) and Rate 

Schedule E-58 (Street Lighting) to improve cost tracking. Because customers on 

these rate schedules often request different combinations of poles, arms, and 

fixtures, we developed a mcnu format for these rate schedules. Subject to certain 

RATE SCHEDULES E-34 AND E-35? 
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physicaYconstruction limitations, custoiners are able to select the lighting 

system that best fits their needs. The menu system makes it easier to add new 

poles or fixtures to the schedules, as they become available. In this case, we are 

continuing the menu structure but increasing the charges to reflect higher 

revenue requirements. 

DOES APS PROVIDE STREET LIGHTING SERVICE ON RATE 

Yes,  Rate Schedule E-59 is used to provide energy service for government- 

owned street lighting systems. Under Rate Schedule E-59, APS has no 

responsibility for operations, maintenance, or replacement of street light poles or 

fixtures. There is als6 a series of "Share the Light" schedules for street lighting 

services in Ajo, Camp Verde, and other areas. The charges for these special 

SCHEDULES OTHER THAN E-%? 

schedules are based on Rate Schedule E-58. 

WHAT ARE THE PROPOSED CHANGES FOR THESE STREET 
LIGHTING RATE SCHEDULES? 

A P S  proposes to increase the overall charges under the street lighting rate 

schedules at approximately the same level as our overall requested increase. 

ARE THERE ANY OTHER LIGHTING RELATED RATE SCHEDULES 
IN THE APS TARIFF? 

Rate Schedule E-67 is used to provide energy service to the City of Phoenix for 

various non-street lighting systems. It was originally based OR an old contract 

that has long since expired. Because the level of this Rate Schedule and its 

return is substandard, we propose that it be increased by a larger average percent 

increase than the overall increase that A P S  is requesting in this rate case. This 

requested 34% increase will still not bring the rate schedule up to the average 

rate'of return paid by our other retail customers. 
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WOULD YOU PLEASE DESCRIBE ANY OTHER PROPOSED 
CHANGES FOR GENERAL SERVICE CUSTOMERS? 

We propose that charges under Rate Schedule E-40 for service to Agricultural 

Wind Machines and charges under frozen Rate Schedule E-51 for service to 

certain cogenerators and small power producers be increased by the same 

overall percentage as is being requested in this application. Partial Requirements 

Service Rate Schedules E-52 and E-55 currently have no customers being served 

on them and no increase is proposed at this time. However, these rate schedules 

may be replaced in the hture as a result of the current proceedings on 

distributed generation. We have also added language to the general service rate 

schedules that describes power factor requirements. This language was moved to 

the rate schedules from Schedule 1. Power factor minimum requirement for 

customers served at distribution voltage continues to be 90% lagging. For 

transmission voltage customers, the power factor requirement corresponds to the 

OATT power factor requirement which is 95% lagging to 95% leading. 

ARE YOU PROPOSING ANY CHANGES FOR RATE SCHEDULE E-36? 

We are proposing a change in the method used to compute the energy 

consumption portion of the bill for customers on Rate Schedule E-36. Currently, 

the energy charge is computed based on the system incremental cost of power 

supplies in the hour that the E-36 customer is consuming energy. At the time that 

the Rate Schedule E-36 was originally developed, system incremental cost was 

also used in computing energy imbalance charges for customers who take 

service under the FERC approved OATT. Earlier this year, the energy imbalance 

charge in the OATT was modified and accepted by FERC. The charge is now 

based on the average hourly cost at the three major trading hubs that influence 

the Arizona market; Palo Verde, Four Corners, and Mead. Therefore, we are 
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Q* 

A. 

proposing to use the trading hub indices to caIculate the energy component of 

the biIl for E-36 customers so that the methodology is consistent with the OATT 

energy imbalance calculation. Currently, we have only four customers on Rate 

Schedule E-36. The new energy price calculation would result in lower bills to 

E-36 customers based on a test year analysis. 

WOULD YOU PLEASE SUMMARIZE TRE PROPOSED CHANGES TO 
THE GENERAL SERVICE SCHEDULES? 

Yes, the changes are as follows: 

All rate schedules have increased charges to reflect increased revenue 

requirements. The majority of the increases is due to increased fuel and 

purchased power expenses and is reflected in the power supply 

component of the unbundled rates. Rates were developed with 

consideration of the impacts on energy sales due to energy efficiency 

demand side management programs. 

TOU Rate Schedules E-21, E-22, E-23, and E-24 will be eliminated and 

customers transferred to E-32TOU. 

Rate Schedule E-30 for Unmetered Service will be increased to better 

reflect costs. 

Rate Schedule E-32 will be increased to reflect increased revenue 

requirements, especially higher energy costs. 

Rate Schedules E-34 and E-35 will be increased approximately 24.6 YO 

and 24.9% respectively which reflects cost of service and increased fuel 

and purchased power expenses. 

Rate Schedule E-53 for service to Athletic Fields and Rate Schedule E-54 

for Seasonal Service are used in conjunction with other applicable 

general service rate schedules and no stand alone changes to these rate 
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XI. 

Q. 
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schedules are proposed. 

e Rate Schedules E-38 and E-38-8T will be eliminated and customers 

transferred to Rate Schedule E-221 in accordance with Decision No. 

67744. 

The basis for computing the energy portion of Rate Schedule E-36 will 

change from system incremental cost to an index-based cost that is 

consistent with the computation of energy imbalance charges under the 

APS OATT. 

ARE YOU PROPOSING ANY OTHER RATE SCHEDULE CHANGES? 

Yes. We are eliminating schedules that are no longer required. Schedule EPR-3 

is a frozen purchase rate schedule for qualifying facilities and there are no 

longer any customers on the schedule. Solar 1 is being cancelled as it is a frozen 

schedule and there are no longer any customers taking service under the 

schedule. As discussed in the testimony of A P S  Witness Ed Fox, we are freezing 

the Solar Partners program that is described in Schedule SP-I. We are also 

eliminating the direct access rate schedules that were put in effect as a result of 

the 1999 Settlement Agreement. Since APS unbundled rates as a result of the 

2004 Settlement Ageement (Decision No. 67744), separate direct access rates 

are no longer necessary and are conhsing. No customers are served under the 

old direct access rates so there is no revenue impact resulting from the rate 

schedule elimination. 

"H" SCHEDULES 

WOULD YOU DESCRIBE THE "H" SCHEDULES BEING SPONSORED 
BY YOU? 
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A. 

Q. 

A. 

Q. 
A. 

The “H” Schedules are a series of sum&es  that present an anafysis of the 

impacts of the proposed rate schedules. 

WOULD YOU PLEASE DESCRIBE SCHEDULE H-l? 

Schedule .H-1 provides a summary of the revenue impact on each major 

customer classification, e.g., Residential, General Service, Irrigation, etc. This 

schedule compares the revenue generated under the proposed rate schedules 

with the revenue generated under present rate schedules. 

To develop the data found in the column entitled “Present Rate Schedules,” we 

began with actual revenue f?om the test year, but then made a series of 

normalization adjustments to that data. The adjustments were made to reflect 

normal weather, the year-end number of customers, energy conservation and the 

rate schedule increases that became effective in April, 2005. The purpose of 

these adjustments was to enable us to compare existing and proposed rate 

schedules on an “apples-to-apples” basis. 

WOULD YOU DESCRIBE THE INFORMATION FOUND IN 

Schedule H-2 presents the information found in Schedule H-1 in a more detailed 

SCHEDULE E-2? 

format. The comparisons of current and proposed revenue are shown by 

schedule whereas Schedule H-1 data is presented on a class basis. Schedule H-1 

is actually a summary of the data found in Schedule H-2. 

WOULD YOU PLEASE DESCRIBE SCHEDULE H-3? 

Schedule H-3 presents comparisons of the specifics of each rate schedule. These 

specifics include details such as the basic service charge, billing blocks, energy 

charges, and demand charges. Although our proposed rate schedules have been 
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Q- 
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functionally unbundled, the information shown on Schedule H-3 is presented on 

a bundled basis to allow for easier comparisons since all customers today 

effectively purchase a bundled product from APS. 

WOULD YOU PLEASE DESCRIBE SCHEDULE H-4? 

Schedule H-4 presents a typical bi11 comparison for our major rate schedules 

under existing and proposed rates. Bill comparisons are presented for varying 

levels of consumption and for seasons, when applicable. We have included an 

additional column to show the impact on bills of the proposed Environmental 

Improvement Charge (ETC). The “add-ons” of sales tax, franchise fees, and 

Regulatory Assessment have not been included in the bill comparisons. 

WOULD YOU PLEASE DESCRIBE SCHEDULE H-5? 

Schedule H-5 presents a series of bill frequency analyses for major schedules. 

This information includes the number of bills and energy consumed based on 

blocks of consumption levels. 

SCHEDULE 3 - LIFE EXTENSIONS 

WHAT IS SCHEDULE 3? 

Schedule 3 is APS’ line extension policy. The current policy indudes three main 

eiements that define conditions governing residential Iine extensions. These 

elements are: (1) a footage allowance for residential extensions; (2) a revenue 

test for extensions when the construction cost is under $25,000; and (3) an 

economic feasibility analysis for extensions when the cost exceeds $25,000 or 

that are not subject to the footage allowance or revenue test. Also, when I refer 

to ”residential” customers,. I mean individual residential premises as opposed to 

subdivision developers. Line extensions for residential subdivisions being 
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constructed by developers are currently evaIuated under the revenue test or an 

economic feasibility analysis. 

PLEASE DESCRIBE THE CHANGES THAT ARE PROPOSED IN THE 
POLICY. 

Under the footage allowance portion of the current extmsion policy, permanent 

residential customers are provided with a 1,000-foot free constructicm 

allowance. If the cwtoiner’s extension exceeds 1,000 feet but is less than 2,000 

feet, or the construction cost exceeds $25,000, the policy requires that the 

customer sign an extension agreement and provide a refundable advance. Under 

our proposed new policy, the footage basis is eliminated and permanent 

residential customers will be given a dollar-based equipment allowance. If the 

construction cost of the extension exceeds the allowance, the customer will be 

required to make a refundable advance. 

HOW DOES THE CURRENT APS POLICY COMPARE WITH 
LNDUSTRY TRENDS? 

I am currently the Chairman of the Edison Electric Institute’s Economic 

Regulation and Competition Committee, and the topic of fine extension policies 

is an agenda item at almost every semi-annual meeting. We have extensive 

discussions regarding the application and administration of line extension 

palicies and, almost universaIIy, utility companies struggle with developing 

policies that are fair to new customers, existing customers and the companies. 

Tracking the terms of numerous extension contracts and administering extension 

policies on a uniform basis are difficult issues that most utilities face. Utilities 

are moving from footage-based policies to construction-allowance based 

policies in order to improve extension policy administration and more correctly 

recover costs. The construction allowance approach recognizes that construction 
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costs for individual customer locations can vary wideiy. A P S  believes that our 

proposed change is more equitable and is consistent with the current trends in 

the industry. When we compared our current footage based policy with other 

companies, we found that the 1000-foot allowance is extremely generous to new 

customers and correspondingly detrimental to existing customers. 

YOU DESCRIBE THE CURRENT POLICY AS “GENEROUS.” WOULD 
YOU PLEASE EXPLAIN THAT COMMENT? 

Yes. The purpose of a line extension policy is to prevent shifting of cost burdens 

3 

fi-om a customer who requires an extension to other customers. For example, for 

APS, the average net embedded distribution plant investment, excluding 

substation plant investment, for residential customers is approximately $1,500. 

Since our rates are based on a rate of return on rate and operating costs, the 

distribution component of retail rates is designed to recover costs associated 

with that average distribution plant investment. Our rates are not geographic 

based nor are they based on the costs of serving a specific customer. They are 

based on average costs. Thus, if the investment to serve a specific customer 

exceeds the average cost, and the specific customer pays average rates and does 

not make a contribution to offset the higher investment, all other customers must 

subsidize the higher cost customer. 

ARE THERE OTHER REASONS SUPPORTING A CHANGE TO A 
CONSTRUCTION ALLOWANCE? 

The primary reason to convert to a construction allowance approach is to 

recognize that construction costs can vary significantly for each individual 

extension. The Company’s service territory is very diverse. There are densely 

populated areas, rural areas, desert areas and mountainous areas. Because of this 

diversity, and to also recognize that some extensions are overhead while others 
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are underground, an aIIowance based on a fixed investment amount is more fair. 

Under a footage allowance-based approach, the cost of a short, very expensive 

extension results in an unfair burden on the rest of the Company’s customers. 

WHAT IS THE PROPOSED CONSTRUCTION ALLOWANCE UNDER 
APS’ REVISED LINE EXTENSION POLICY? 

APS is proposing a residential extension allowance of $5,000 per permanent 

residential customer in a single family home. 

HOW WAS THIS AMOUNT DETERMINED? 

APS examined several approaches. In other states that have adopted the 

construction allowance approach, the allowance is based on the average net 

embedded distribution investment per customer based on a cost-of-service study. 

The underlying theory is that this average is the investment on which retail rates 

are designed. For APS, the average net embedded investment, excluding 

substation plant investment, for residential customers is approximately $1,500. 

We also analyzed the average plant investment from a reproduction cost basis 

and determined that value to be approximately $2,700. We elected to apply a 

much higher ($5,000) allowance for several reasons. First, this aflowance 

.equates to the cost of a typical 500-feet underground extension, which is 

comparable to the allowance provided by other Arizona utilities. Second, we 

wanted to ease the transition from the current 1000-foott allowance. Today, the 

construction costs for a 1000-foot overhead extension is in excess of $10,000. 

Thus, simply converting the existing footage allowance to an equivalent 

construction allowance would not solve the problem of excessive investment 

needed to serve one customer and would not accurately capture average 

em bedded costs. 
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UNDER YOUR PROPOSED POLICY, WILL CUSTOMER ADVANCES 
BE ELIGIBLE FOR REFUNDS? 

Yes. For example, let us assume that the cost of an extension is $22,000. The 

customer receives a $5,000 equipment allowance and will advance A P S  

$1 7,000. Let us now assume a second customer requests service from the same 

extension and the cost to add that second customer is $2,000. Since the second 

customer used only $2,000 of his $5,000 allowance, the original customer will 

receive a refund of $3,000. Rehnds will be made up to five years from the date 

the original extension is energized and in no case will the refunds exceed the 

original advance. Customers will be provided an “Advance Certificate” which 

can be presented to the Company to request a refknd when other customers 

connect to the original extension. 

ARE YOU PROPOSING ANY OTHER CHANGES FOR INDIVIDUAL 
RESIDENTIAL LINE EXTENSTONS? 

Yes. As I noted previously, our existing policy changes when the estimated cost 

of an extension exceeds $25,000. If the threshold is exceeded, the extension is 

made based on an economic feasibility study, and the customer contribution can 

be significantly more than if the extension was less than $25,000 since the 

customer does not have the benefit of the 1000 foot. extension. In our proposed 

policy, the $25,000 threshold is eliminated for residential extensions. Thus, all 

residential customers will be entitled to the same equipment allowance. 

HOW WulL THE LINE EXTENSION POLICY BE APPLIED TO 
RESIDENTIAL REAL ESTATE SUBDIVISIONS? 

Currently, we perform an economic study for residential subdivisions that 

compares expected revenue levels with investment and determines how many 

homes must be constructed for the investment to be economic. For most 
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developers that have a track record of successfblly developing projects, no 

customer advances are required. We propose that we will continue to evaluate 

subdivisions in this manner but incorporate our residential equipment allowance 

concept in lieu of performing studies. For example, if a subdivision has 200 lots, 

the developer will be credited with $5,000 per lot or $1,000,000 to cover the 

investment in local and back-bone facilities. Should the estimated cost for the 

subdivision exceed that allowance, a non-refundable contribution in aid of 

construction will be required. Developers without a proven track record in the 

A P S  service territory will be required to advance the estimated costs to serve the 

subdivision and will receive refunds based on the $5,000 equipment allowance 

as permanent customers establish service with A P S .  The $5,000 allowance is 

applicable to developments with single family housing. Developers will be 

provided a $500 allowance per unit for developments comprised of owner 

occupied multifamily units such as condominiums and townhouses. 

HOW WILL THE EXTENSION POLICY BE APPLIED TO NON- 
FWSIDENTIAL APPLICATIONS? 

We will continue to use a revenue test for non-residential extensions where the 

construction cost does not exceed $25,000 and an economic feasibility based 

analysis for extensions when the cost exceeds $25,000. The revenue test is based 

on a simple relationship between expected revenue &om a customer and the 

extension cost. Currently, if six times the customer's expected annual 

distribution revenue is more than the cost of the extension less nonrefundable 

contributions, the extension is provided for free. If expected revenue does not 

meet the revenue test, an advance is received from the customer. The economic 

feasibility-based analysis is a more exhaustive approach that entails examining 

the return on investment for a particular extension. 
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A. 

Q- 
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ARE THERE ANY OTHER CHANGES PROPOSED FOR THE LINE 
EXTENSION POLICY? 

Yes, we have made minor clarifying changes to the schedule. For example, 

language was added that corresponds to changes in Schedule 1 regarding master 

metering applications. 

CONCLUSION 

WOULD YOU STATE YOUR GENERAL CONCLUSIONS AS TO 
PRICING MATTERS IN THIS PROCEEDING? 

The cost-of-service study indicates that A P S '  current rate schedules produce 

rates of return that vary greatly from each other and from the overall average 

and required rate of return. In addition, the rate designs stray greatIy from the 

unit Demand, Energy, and Customer costs of providing service to our customers. 

The rate schedules being proposed in this proceeding will meet APS' revenue 

requirement, better track costs, and have been simplified for better customer 

understanding and administration. 

DOES THAT CONCLUDE YOUR DIRECT TESTIMONY? 

Yes it does. 
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Appendix A 

Statement of Quaiifhations 

David J. Rumolo 

David J. Rumolo is Arizona Public Service Company’s Manager of State 

Pricing. He has over 32 years experience in the electric utility business as a consultant 

and utility professional. Mr. Rurnolo holds Bachelor of Science Degrees in Electrical 

Engineering and Business (Finance as an area of emphasis) from the University of 

Colorado. He is a registered professional engineer in the states of Arizona, CaIifornia, 

and New Mexico. 

Mr. Rumolo’s areas of expertise include utility Rate Schedule design; embedded 

and marginal cost analysis; formulation of utility service policies; contract development 

and negotiation; utility valuation analyses; and evaluation of utility revenue 

requirements. Mr. Rumolo has testified on utility matters before state regulatory bodies 

in the states of Arizona, Colorado, Florida, and Wyoming and before judicial bodies in 

the states of Arizona and California. Mr. Rumolo is also experienced in the many 

aspects of electric utility planning and design including preparation of long range 

resource plans; transmission and distribution system long range planning; system 

protection analyses; and reliability assessments. 

Mr. Rumolo has held his current position at Arizona Public Service Company 

for approximately three years. Prior to assuming that position, he served as the 

Manager of Transmission and Market Structure Assessment for Pinnacle West Energy 

Corporation (“PWEC”). Before joining PWEC, Mr. Rurnolo had a 15-year career as a 

consultant with Resource Management International. Inc., where he provided utility 

Rate Schedule and engineering consulting services to utility clients across the United 
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Stakes and overseas. He began his career providing consulting services to utility clients 

when he joined the firm of Miner and Miner Consulting Engineers in Greeley, 

Colorado where he became the Manager of Planning and Rate Schedules. He later 

became a partner in Electrical Systems Consultants where he focused on cost of service 

and Rate Schedule analyses, as well as transmission and distribution planning. . 
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Demand Side ManaPement Adjustmenf Charge Plan for Administration 

General Descri~tion 

Section VII of the Settlement Agreement approved by the Atizona Corporation 
Commission (“Commission”) Decision No. 67744 provides for the establishment of a 
Demand-Side Management Adjustment Charge (“DSMAC”). The Arizona Public 
Service Company (“Company”) is obligated under the Settlement Agreement to spend 
$30 million ($10 million annually) in base rates and at least another $18 million (an 
average of $6 million annually) during calendar years 2005 - 2007, with the latter 
amounts to be recovered by the DSMAC, on approved eligible Demand Side 
Management (“DSM’) related items. 

For purposes of implementing the Settlement Agreement, eligible DSM-related items 
include energy-efficiency DSM programs; a performance incentive; and low income bill 
assistance. These terms are defined in the Settlement Agreement. Energy-efficiency 
DSM is defined as the planning, implementation, and evaluation of programs that reduce 
the use of electricity by means of energy-eficiency products, services, or practices. The 
DSMAC charge is applied to Standard Offer or Direct Access customer’s bills as a 
monthly kilowanhour or kilowatt demand charge. The charge is initially set at zero and 
will be reset annually, on March lst, beginning iri 2006. The change to the charge will be 
effective in billing cycle 1 of the March revenue month and wiIl not be prorated. 

All DSM programs must be approved before the Company may include their costs in any 
determination of the total DSM costs incurred. The Company may apply the program 
costs incurred after December 3 1,2004 but prior to the effective date of Decision No. 
67744 to the annual $10 million base rate DSM allowance and to the additional spending 
on eligible DSM-related items provided for in the Settlement Agreement. These costs 
must be from programs already approved by Staff, or the Commission. 

The Company may request Commission approval for DSM program costs and 
performance incentives that exceed the $16 million ($48 million over three years) level. 
Such additional DSM programs may include demand-side response and additional energy 
efficiency programs and the costs and incentives that will be recovered through the 
DSMAC. 

Base Rate DSM Descriutiun 

The Company may phase in its DSM spending from the base rate allowance funding. 
However, the Company is required to expend at least $30 million on approved energy- 
efficiency DSM programs over the initial three years after a Commission order 
authorizing this program. After the initial three-year period, the Company is required to 
spend at least $10 million of the base rate DSM funds annually on approved energy- 
efficiency DSM programs. If the Company does not expend during calendar years 2005 
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through 2007 at least $30 million (in total) of the base rate allowance for approved and 
eligible DSM-related items, the unspent amount of the $30 million will be credited to the 
balance for the DSMAC. The Company is obligated to spend at least $13 million on 
approved and eligible DSM-related items during 2005 with the spending obligation to be 
pro-rated to the date that the Commission approves the Final 2005 DSM Plan. In no 
event will such pro-ration reduce the Company’s 2005 obligation below the annual $10 
million base rate DSM allowance. 

Performance Incentives 

The Company will be permitted to earn, and recover, performance incentives based on a 
share of the net economic benefits (benefits minus costs) from the energy-efficiency 
DSM programs approved in accordance with the Settlement Agreement. Such 
performance incentives will be capped at 10% of the total amount of DSM spending, 
inclusive of the program incentives, provided for in the Settlement Agreement (e.g., $1.6 
million out of the $16 million average annual spending or $4.8 million over the initial 
three-year period). Any such performance incentive collected by the Company during a 
test year will be considered as a credit against the Company’s test year base revenue 
requirement. . 

For residential billing purposes, the DSMAC and the EPS Surcharge adjustor are 
combined and will appear on customer bilk as the “Environmental Benefits Surcharge.” 
For the billing of general service and other non-residential customers, the Company may, 
but is not required to, provide for such combined billing of the EPS and DSM adjustment 
mechanisms. In any event, each such adjustor shall have separate rate schedules and will 
be kept separate in the Company’s books, records, and reports to the Commission. 

Allowable Costs, 

The DSMAC will recover: (1) all costs (whether capitalized or expensed) associated with 
pre-approved energy-efficient DSM programs in excess of the $10 million built into base 
rates; and (2) performance incentives as described above. The DSMAC may also recover 
approved DSM program costs and performance incentives that exceed $ I6 million 
annually ($48 million over three years). Such additional DSM programs may include 
demand-side response and additional energy-efficiency programs. The types of 
allowable costs are as follows: 

A. Program Costs Allowable expenses will include: program 
development, implementation, promotion, 
administrative and general, monitoring/meterhg 
costs, advertising, educational expenditures, 
incentives, research and development, data 
collection (such as end-use), tracking systems, 
demonstration facilities and a11 other activities 
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B. Perfimnance Incentives 

Cus torner Particbation 

required to design and implement cost effective 
energy efficient DSM for DSM Programs that are 
pre-approved and are not in base rates. For those 
DSM programs that generate revenue, the revenue 
will be credited back to the DSMAC. 

Represents a share of the net economic benefits 
(benefits minus costs). Performance Incentives 
cannot exceed 10% of the total amount of DSM 
spending inclusive of the program incentive. 

Direct access customers shall be eligible to participate in the Company DSM programs. 
Any customer who can demonstrate an active DSM program and whose single site usage 
is twenty MW or greater may file a petition with the Commission for exemption from the 
DSM adjustor. The public shall have 20 days to comment on such petition. In 
considering any petition pursuant to this paragraph, the Commission may consider the 
comments received and any other information that is relevant to the customer's request. 

DSMAC Calculations 

Before March I st, beginning in 2006, the Company will file a request with supporting 
documentation to revise its DSMAC. The DSMAC will be recomputed annually. 

AI1 required and approved spending on eligible DSM-related items above the annual $10 
million base rate allowance will be recovered by the Company only on an "after-the-fact" 
basis through the DSM adjustment mechanism. DSMAC Schedules 1 through 4 shall be 
used to document DSMAC calculations. 

The per-kWh charge for the year will be calculated by dividing the DSMAC recoverable 
costs by the number of kWh used by customers in the previous calendar year. General 
Service customers that are demand billed will pay a per k W  charge instead of a per kWh 
charge. General Service customers that are not demand billed shall pay the DSMAC on a 
per kWh basis. To calculate the per kW charge, the recoverable costs shall first be 
allocated to the General Service class based upon the number of kWh consumed by that 
class. The remainder of the recoverable costs allocated to the General Service class shall 
then be divided by the kW billing determinants for the demand billed customers in that 
class to determine the per kW DSM adjustor charge. The DSM adjustor will be applied 
to both Standard Offer and Direct Access customers With the exception of solar rates 
Solar-1, Solar-2 and SP-I. 

DSMAC Schedules 

The recoverable annual costs and incentives from approved programs above the base rate 
cost allowance will be listed on Schedule 1. Schedule 2 lists actual revenues received by 
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the Company through imposition of the DSMAC on customer bills. The Balancing 
Account computation (Schedule 3) contains the development of the recoverable costs for 
each year’s DSMAC. Each year, the Un-Recovered DSM Cost accrues interest using the 
one-year Nominal Treasury Constant Maturities rate that is contained in the Federal 
Reserve Statistical Release H-15 or its successor publication. Schedule 4 is an example 
ofthe DSMAC demand and energy charge calculations. 



ARIZONA PUBLIC SERWCE COMPANY 
O S M C  Schedule I 

Example DSM Adjustment 
Recoverabbe Cost6 

Charge Perlod XXXXXXX I ,  XXXX through XXXXXXX 31, XXXX 
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2006 2007 
tine 
No. 2005 

1 Recoverabh Pmgram and incentive Costs above the Base Rate allowance S 100.00D 5 5,000,000 $11.000,000 
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ARIZONA PUBLIC SERWCE COMPANY 
DSMAC Sehsduk 2 

Example DSM Adjustment 
ACTUAL DSM Adjustment Charge Revenues 

Charge Period )(XXXXXX 1, xx)(x through XXXXXXX 31, Xxa 

ACtUal Effective 
Actual EffdVI3 Retail G.S. DSM Adj. 
Retail DSM MI. Revenue Monthly M h b  Revenue Revenue 

Line Energy Energy Charge Fram DSM Mi. Demand Demand Charge From DSM Adj. From DSM Adj. 
No. Mlhs Sales (kwh) S per kWh Enemy Charge (kWj SperkW DemendCharge Chemes 

1 Jari-FebO5 3,048.197,MIO 5 - s  4,166,667 E - 6  - 5  
2 Mar-DecOS '19,305.074.000 S - s  20,833,333 S - S  - s  

22.353,271,000 S 25,000.000 5 - 5  

3 Jan-Feb06 3.109.160.940 5 - s  4.250.0DD $ - s  - 5  
4 Mar- Dec06 19,691,175,480 5 0.000005 5 98,456 21,250.ODD 5 0.002000 S 42,500 S 140,956 

98.456 25,5DO,OM) s 42,500 S 140.956 22.800,336,420 s 

5 Jan-FebO7 3,171.344.159 S 0.000005 5 15.857 2.'167,$00 5 0.002000 S 4,335 8 20.192 
6 Mar- Dec07 20,064,998,990 S D.000220 E 4,418.700 23,642,500 S 0.088000 5 2,098,140 S 6.516.840 

25.256343.148 $ 4.434.556 26,oto.ooo $ 2,102.475 5 6,537,031 



ARIZONA PUBLIC SERVICE COMPANY 
DSMAC Schedule 3 

Example DSM Adjustment 
Batancfng Account Computation 

Charge Period XXXXXXX t, XXXX through XxXxxXX 31, Mxx 
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Line 
No. 2005 2006 2w)7 

. I Recoverable Program and Incentive Costs above the Base Rate allowance (Sa. 1) C 10D.OOD L 5,000,000 $11.000.000 
2 Less DSM Revenue recovered from effective D S W C  (Sch. 2) 6 - $ 140,356 6 6,537,031 
3 Un-Recovered DSM Cosh (Line 1 - Line 2) f 100,000 C 4,859,044 5 4,462,969 

4 Annual Interest Q 3.33% 

5 Total DSMAC Recoverable Costs (Forward to Sch. 4) 

) f 

$ 103,330 5 5,020,850 t 4,611,585 
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ARiZONA PUBUC SERVICE COMPANY 
DSMAC Sehedute 4 

Example CaJcuMJan d the Dsas Adjustment Charge 
Charge Perlod XXXXXXX 1, YYYY through XXXXXXX 31, YYYY 

tine 
No. 
I Total DSMAC Recoverable Costs (Sch. 3, Line 5) 

2005 2006 2007 
$103,330 S5.020.850 94,611,585 

0 
2 Retaii kWh Sales m Period (Sch. 2) 22,353,271,000 22,800,336,420 23,256,343,148 

3 DSM Adjustment Charge per kWh to be Applied in Following Year (Line 1/Line 2) $ 0.000005 $ 0.000220 $ O.OODl98 

4 kWh Sales for General Service Customers with Demand-Based B i k  10.000,000,000 10.2W,OOD,OOO 10,404.000,000 
5 kW Billing Determinants for General Service Customers with Demand-Based Bills 25,000.000 25,500,000 26,010.000 

6 Revenue for G.S. Customers with Demand-Based Bills (Line 3'Lin&) t50,MX) $2,244,000 12,059,992 

7 Monthly DSM Ad]. Charge per kW to be Applied in Following Year (Line 6/Line 5) $ 0.002MM $ 0.088000 S 0.079200 
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A P S  Irivestigation into Rate Designs 
Conducive to Conservation and DSM 

Executive Sarnmam 

Arizona Public Service (“APS” or “Company”) conducted an assessment of various retail pricing 
concepts that codd be conducive to encouraging conservation and peak demand reduction while 
meeting other key rate design criteria This study was performed in accordance with Decision ’ 

No. 67744’ of the Arizona Corporation Commission (“ACC”). 

The study assessed the Company’s situation concerning the customers and electric loads that we 
are committed to serve, both now and in tbe fi~ture, and the generation resources and costs 
necessary to serve our customers. This evahacon outlined key issue5 concerning our system 
lo& and r e p ~ r c e ~  and provided direction and focus for the types of pricing designs that could 
potentially help address those issues. The key issues include the following: 

A. APSSystemNeeds 

1, The Company is facing high load growth, especidly during peak times. APS’ 
load growth is nearly three times the national average. 

2. The summer daily peak is broad, lasting f?om late m o d g  to well into the 
evening. Peak day hourly loads in the early to mid evening are still within 90% of 
the peak how. 

The winter peak is low relative to the summer. Winter peaks are typically 40% to 
50% lower than the summer. 

3. 

4. Annual system load factor is relatively low. This is driven by low energy usage in 
the wk ie r  relative to the summer as well as a low daily off-peak usage relative to 
peak usage, fur both the winter and summer XESORS. Low load factors are 
generally considered to be more expensive to serve, in terms of average cost per 
k3ilo~atthour (k Wh), since generation, transmission and distribution capacity fixed 
costs necessary IO serve the peak load are spread over fewer kWhs compared wifh 
high load factor cases. 

5 .  While the APS system load remains high over a number of hours during the peak 
day, the number of critical days or hours with extremely high Imds or high short- 
term energy costs is moderate. 

B. Pricing Concepts Evaluated 

The pricing study fmwd on evduating pricing concepts that could (1 ) help manage 
peak growth by reducing summer peak usage, (2) improve the system load factor by 

* APS Rate Settlement Section VI[, Paragraph 57. 

3 of 59 
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reducing summer peak use or shifting load from on-peak to off-peak during the summer 
season, (3) encourage energy efficiency or (4) focus the intended customer load response 
to critical days and hours. As a result, the study investigated the foflowing pricing 
concepts: 

Residential inciiniing block rates 
Residential tirne+f-use rates 
General Service tirne-of-use rates 
Mandatory vs. Voluntary Rates 

m Other Demand Response Programs such as critical peak pricing and demand 
bidding prograns 

Each pricing Mncept was evaluated based on the following criteria; industry experience, 
potential customer acceptance and participation, potential impacts on the system peak and 
overaJl ann& load shape, and program implementation costs. 

C Conclusions 

Inclining Block Rates - Residential 

inclining block rates establish prices for blocks of monthly energy consumption and 
increase the price for the higher biocks. The objective is to encourage energy 
conservation by placing a higher price OR the highest marginal usage, which is presumed 
to be for some discretionary purpose. The Company currently has over 479,000 or 56% 
of total residentid customers on inclining block rates, which are the standard residential 
rates. The conclusions reached are: 

1. APS should mintah the defined usage levels for the pricing blocks at their 
' 

current levels, which ate 0-400 k W h  per month for Tier 1 prices, 40 1-800 for Tier 
2 prices, and greater than 800 kWh per month or Tier 3 prices. A redudion in the 
block usage structure to 0-350 kWh per month for Tier I and 35 1-750 kWh per 
month for Tier 2 would likely provide only limited impacts on energy 
conservation, could liriut the benefits of the pricing change for some low and 
moderate-use customers, &d would create an inconsistency with the blocks for 
the low income and medical discount programs. 

2. Changing the pricing structure for Rate Schedule E- I2 by shifting cast emphasis 
from the price of the lowest usage block (Tier I )  and raising the prke of the 
highest usage block (Tier 3) should be done with moderation becam the Tier 3 
price is already high in relation to the Tier I price. 

Time-of-Use Rates - Residential 

Time-of-use rates (TOU) determine daily and seasonal time periods for pricing 
electricity, which include peak, off-peak and sometimes shoulder periods. Energy and/or 
demand charges are determjned for each of these time periods. Currently APS offers hvo 
residentid TOU rates: Time Advantage (ET-I), which includes peak and off-peak energy 
charges; and Combined Advantage (ECT-'-1R) which includes both time differentiated 

- _-  ... 
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demand and energy charges. Over 357,000 APS residentid customers, or 40Yi of total, 
are currently participatjng in a TOU rate, On September 22,2005, A P S  filed im 
Application with the,Commission to obtain approval for two new experimental 
residential TOU rates. Schedule ET-2 paraIiels the exiting TOU schedule ET-1 and ECT- 
2 paraiiels the features of ECT-I R. Thew new schedules provide for longer off-peak 
periods than the existing TOU rates and dso incowrate holidays in the off-peak periods. 
Both new rates have timedifferentiated charges. ECT-2 will dso have a demand charge 
applied to the peak period. Customer reaction to these new rate offerings will be one 
indicator whether the experiment will be expanded to a broader group of customers- 

Time-of-Use Rates - General Service 

Time-of-use rates have been used widely by numerous utilities for geenerd service 
customers. For the purposes of this report, genera! service refers to commercial and 
industrial customers with demands typically less than 3,000 kW. TOU rates encompass 
a variety of pricing designs which use a combination of demand and energy charges for 
peak and off-peak periods. TOU rates are referred to 8s static demand response rates 
because both the; peak and off peak prices and time periods are established in the tarif€ 
and cannot be varied to react to temporary changes in hourly energy costs or loads. The 
Company’s, new general serviw TOU rate, E3270U, was implemented in April, 2005. 
Thus, it is too saon to assess the potential customer acceptance and load impacts. 
However, the rate is consistent with other general service TOU rates offered by other 
utilities in terms of the rate structure, price ratios for on- and &peak periods, and on- 
peak hours. The Company will undertake the following: 

1. Continue to implement the current general service tie-of-use rare as designed 
with the potential for minor design adjustments to make the rate more customer 
friendly. As discussed below, the rate structure, charges, and peak time period is 
consistent with current TOU pricing concepts and tariffs offered by many other 
utilities. 

2. Monitor customer participation in Schedule E-32 TOU. Examine h e  load 
patterns of customers who opt for the new rale fo determine if the desired gods of 
reduction in on-peak demand and on-peak energy conservation are being realized. 

Mandatow vs. Voiuntarv Rates 

Voluntary demand rates are generally considered to be favorable because; rhey avoid fie 
negative image of mandatory rates, they avoid adverse impacts on inelastic customers, 
they maintain market discipline for providing better programs, and they can result in 
better target marketing of programs to specific customer groups. 

After considering the various issues, it is not recommended that APS move to mandatory 
general service TOU rate5 largely due to the negative image of forcing customers to 
participate in a rate or program. Some of this is a gene& concern that many customers 
may not be able to respond to time-differentiated prices. Therefore, forcing all customers 
on a demand response rate wouid have adverse and, in some cases, unintended 
consequences for particular customers or u o er groups. 

5 
6*74 
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Other Demand Resnonse Promms 

1.  Critical Peak Pricing 

Critical Peak Pricing [CPP) options arc fairly new and are typically targeted to 
commercia) and industrial (C&I) customers. However, there have beena few 
residential programs or experiments. CPP combines timesf-use pricing with an 
additional on-peak higher price period, which is selectively applied by the utility 
during periods of high energy costs or reliability issues. 

2. Demand Bidding Programs 

Demand bidding programs are being tested by some utilities for commercial and 
industrial customers. These programs dIow a customer to bid potentia1 load 
reduction, typically the day before a critical event, for ztn incentive based on a 
predetermined price. For some programs, participants are not required to bid into 
any particular critical event or even reduce their load BS bid. Other programs 
require customers to “deliver” their load reductions as bid or face penalties. 
These demand response programs are fairly new and there are still many 
uncertainties concerning customer acceptance, potential load impacts and 
implementation costs. 

Based OR the uncertainty at this time of the potential pdcipation and 
implementation issues including costs, tbe Company will undertake the following: 

The Company will continue to monitor critical peak prking and demand 
bidding programs to assess pricing designs, program best practices, and 
customer participation and load impacts. 

The Campiny wilFfUrther assess program‘imptementation costs, , 

especially communication infrastructure, data handling and billing systems 
to bctter assess the costhenefit. 

Implementation of New Pricing Concepts 

Section I of this report discusses metering, meter reading and billing system limitations that must 
be addressed in order to implement new pricing concepts. For example, because of the market 
penetration of residential TOU pricing, even a modest change to the existing rate structure such 
as altering off-peak pricing hours could be a significant undertaking because of the need to 
reprogram meters that are currently installed. APS is investigating new technologk, including a 

option flexibility in the future. 

’ 

. pilot Advance Metering System (AMs), that, if proven successful, will provide for greater rate 

.. . 9 . _ . .  - 
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A P S  Investigation into Rate Designs 
Conducive to Conservation and DSM 

SECTION r 
Company Peak Load Shape and Load Factor 

Overview 

APS serves more than 1,000,000 customers in 1 1 of Arizona’s 15 counties, including the 
Phoenix Metro area h August 2005, the APS system load demand peaked at 7,000 M W  With 
associated annual energy of approximately 30,500 GWh. 

Estoncdly, growth in APS’ service tenitory has been about three times the mtional average. In 
2004, the APS customer base increasedby 3.7% or approximately 35,000 customers and retail 
energy d e s  increased by 3.2%. Currently the Company is projecthg an average mud gr~wth 
rale of approximately 3.9% for peak demand through 2009, and 4.6% for energy sales over this 
period. 

h d  system load factar, which is the relatioaship between peak demand and overdI energy 
usage, was 52% in 2004. This means that for every 100 MW of consumption during the annual 
peak hour, APS customers used only 52 MW per hour on average in all of the other hours of the 

6 .  

Y W .  

The summer peak load is typically 40% to 50% or 2,000 MW higher than the winter peak. In 
addition the Company’s high loads are concenaated into a relatively small number of hours on 
an anoual basis. For example, in 2004 there were only 25 hours in which loads were within 5% 
of the system peak, 87 hours within i O?? of system peak 

APS owns a portfolio of generation technologies that include steam turbines and combustion 
turbime engines fueled by nuclear, coal, gas and oil. The mix of generation comprises of 7 1 % 
baseload capacity and 29% peaking capacity. 

Peak Day Load Shape 

Summer Peak 

Figure 1 displays the APS system peak day load for 2004. in addition, Table I shows hourly 
information for the highest 10 peak days in 2004, As shown, the summer peak for APS’ retail 
load typically occurs between 3:OO and 6:OO p.m. The load kegins to ramp up at 9:OO am. By 
1200 p.m. the bad is within 10% or 500 MWs ofthe daily peak- The load remiiinS high, 
within1 (I??@ of the dajly peak, though 8:OO P.R. and falls off after 9;OO p.m. The load from 6:QO 
to 790 is typically 95% of the daily peak; the load From 7:OO to 8:50 is 91% of the daily peak. 

.... . ... - 
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Winter Peak 4 
The Winter peak for APS' retail load typically occurs at 7:OO to'8:OO a.m. in one of the cold 
months (December - February). The daily load famps up at 6:OO a.m. and falls o f f  after 9:OO 
am. Afternaon usage picks up at 6:OO p.m, reaching 90% of the daily peak, and falls off &er 
9:oO p.m. 

In some years, hot tempemws in March or April can cause daily loads to rival some of the cold 
days i0 December and January. In 2004, for example, 5 of the top 10 "winter" clay5 were in 
March and Apd. However, the usage patterns for these days resemble the summer peak days. 
In any case, winter loads are sigaificantly lower than summer loads. Typically, the winter peak 
is 40% or 2,000 MW lower than the summer peak. 

Figure 9. APS System Peak Day 2004 
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& System b a d  Factor 

Table 2 compares the aanual system load factors for A P S  and other regional utiIities for 2000- 
2003. The system load factor represents the relationship between usage during the system 
md peak hour and the usage during aU other hours of the year. A low load factor means that 
customers demand a lot of load during the peak hour, but don't use very much energy on average I 

during other times of the year. Due to OUT high summer peak, APS' annual system Ioad factor 
has been relatively low as compared to load factors of other electric systems in otber western 
states. 

Tal %) 

EPE 61.4 67.5 64.8 1. 65.4 
LO WP 55.0 55.2 59.5 1 55.7 

t 1 

NPC 47.6 I 47.5 1 47.2 I 47-2 
PAC I 68.1 I 68.8 1 73.7 I 72.2 1 

I 

PGBE . 56.8 I 56.6 f 57.5 [ 55 -6 

PGE I 67.3 67.0 65.8 1 65.3 
PNM 64.8 68.4 69.5 I 67.0 

PSC I 59.0 62.0 I 61.6 61.1 

1 57.8 
SOGE 57.8 1 60.9 1 66.6 64.8 t 
PSE 61.5 64.0 1 61.7 61.6 
SCE 55.7 1 57.6 1 60.2 

I 

SMUD 43.0 I 41.5 1 45.0 1 43.5 I 
I 1 

SPP I 66.9 I 67.8 I 71.0 1 69.7 n 
I 

SRP I 49.4 I 50.8 f 51.8 I 52.4 
TEP 50.4 I 53.1 I 56.7 1 55.6 I 

Another perspective of the APS system load factor is presented in Table 3, which shows the 
number of hours that the system hourly demand reached a certain percentage of the annual 
system peak demand. For example, in 2004, there were only 87 hours during which time the 
system hourly load was quat to, or higher than, 9Wh of the annual peak. The implication is that 
pealung capacity is always required to meet the'custorncr demand for energy for a short period of 
time. 

9 of 59 
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a Customer Load Diversity 

The APS system load shape is the result of various diversified usage patterns generated by 
. <;ustamers’ end uses of electricity in different climate zones. An end use is met by an appIiance 

(residential usage) or equipment (comercialhdustrd applications). For example, an air 
conditioner is used to supply space cooling (an end use) in a residential home:Each electric 
appliance or equipment imposes a pattern of varying hourly demand on the system, that is, it has 
its own load shape. 

lndjvidd end use (or appliance) load shapes are vastiy diversified that the s u m  oftheir 
individual hourly consumptions results ia a total load shape that is significantly different from 
the end-use load shapes. Most important is the peak hourly demand OR the utility’s total system. 
The peak hourly demand of the total load shape is significantly lower than the sum of the 
individual peak hourly demands. 

An example of the diversity of customers’ end-use loads is demonstrated in Table 4, using load 
research data from August, 2004. 

The APS service temtory covers the high-country area ( F l a g s t ,  the Phoenix Valley and the 
low-desert area (Yuma) which contribute to the system diversity due to the natural diversity in 
weather patterns among the various locales. 

Diversity can also be viewed on a much larger system perspective, that is, diversity among 
different utilities. Utilities in the Desert Southwest area typically peak in the summer whereas 
those in the Northwest a m i  typically peak in the winter. This diversity in system peaks allows 
opportunities for seasonal energy exchanges. An example of this opportunity is the contract 
between APS and PacifiCorp, which was consummated in 1990 to take advantage of the 
diversity between APS (summer peaking) and PacifiCorp (winter peaking). 

Generation Resources 

Peaking Capacity Reauirements 

’ Figure 2 shows the projected Load Duration Curve (LDC) for the year 2005. Plotted against the 
2005 LDC is the expected energy to be dispatched fiom APS’ current mix of generation capacity 
including baseload nuclear/coal, gas-fired combined cycle and peaking plants. It can be seen that .r) . the system was designed for optimal eficiency with peaking capacity being dispatched when 

10 
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system hourly demand is higher than 65% of annual peak demand. This dso depicts the 
requirements for peaking capacity to meet the peak demand of the system. Figure 2 shows the 
need of about 2,200 Mw ofpeakrng capacity in 2005. Currently, APS has about 1,800 MW of 
gs-fited peaking capacity installed. Reserve requirements are not included in the peaking 
capacity estimate. 

Figure 2 

2005 LOAD & RESOURCE BALANCE 
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Key Findings 

1. The Company is facing high growth, especially during peak times. 

. 2. The summer daiiy peak is broad, lasting fiom late morning to well into the 
evening. . 

3. The winter peak is low relative to the summer. Winter peaks are typicaiIy 40% 
lower than the summer. 

4. System load factor is relatively low. Thk is driven by low energy usage in the 
winter relative to the summer as well as a low daily off-peak usage relative to 

generally considered to be more expensive to serve, in terms of average cost, as 
generation, transmission and distribution capacity costs necessary to serve the 
peak are spread over fewer megawatt hours (MWH) of overall energy use. 

. peak usage, €or both the winter and summer seasons. Low load factors are 

5.  While the system load remains high over a number of hours during the peak day, 
the number of critical days or hours with extremely high loads or high short-term 
energy costs is moderate. 
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lmplications for Pricing Design 

Reflecting the characteristics of the APS system, this study focuses on evaluating pricing 
concepts that could potentially: . .  

. 
' 

Help manage peak growth by reducing summer peak usage. 
Improve the system load facfor by reducing summer peak use or shifting load 
from the peak to off pe'ak during the sumrner season. 
Focus the htended load response to critical days and hours. 

Pricing Design Reviewed 

To encourage or enable custorners'to change their usage pattems in order to lower overall costs, 
pricing should be designed to send price signals that are more reflective of costs or capacity 
constraints in specific periods of time or in specific situations. Typically this means lowering 
consumption during peak periods, especially during times of very high costs or system 
constraints. However, it can also me& increasing consumption in o f f - p d  periods with 
relatively low energy costs, especially by shifting load fiom peak to off-peak 
can improve system load factor and thereby potentially lower average costs. It can also increase 
consumer welfare by providing customers with the derived benefits of electricity when costs are 

The latter 

low. 3 - 

Rates may be static or dynamic. Static prices, such as time-of-use (TOW rates, have peak and 
of€-@ prices that are pre-determined and set in rate tariffs. D y d c  prices by contrast can 
change contemporaneously with changing cost or reliability conditions. Examples of dynamic 
pricing include critical peak pricing, real-time pricing (RTP), or various demand-bidding 
programs. Critical peak pricing is a TOU rate with a critical period price that is only applied 
during select days of the year with high costs or 'tow reliability. Dynamic prices typically 
involve on-going interaction between the utility or control area operator and the customer such ,as 
the communication of prices, notification of critical periods, submission of load bids;and in . 
Some cases direct control of customas' loads by thc utility. 

Inclining block rates establish prices for blocks of monthly energy consumption and increase the 
price for the higher blocks. The objective is to encourage energy conservation by placing a 
higher price on the marginal usage, which is presumed to be for some discrctionary purpose. 
These rates also attempt to protect customers by setting a lower price on the lowest consumption 
block, which is presumed to for necessities. Inclining Mock rates are generally considered to be 
conservation rates, but have been considered by some to be a type of demand response pricing as 
Will be discussed later. 

- . .. 
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The pricing study includes an assessment of: 

Residential inclining block rates 
a Residential time-of-use rates 
b General service timesf-use 

Mandatory vs. Voluntary Rates 
Demand response Programs 
o Real time pricing and 
D Demand bidding programs 

Each rate was evaluated in terms of how it helped to address the Company’s load and resource 
issues, industry experience, potential participation, impacts on system peak and energy, and 
program implementation costs. industry assessments of these pricing concepts also address 
issues of mandatory versus voluntary rates and potential revenue erosion from new rates. 

Implementation of New Pricing Concepts 

Implementing new pricing concepts requires changes to metering, the customer information and 
billing system, the metering infomation system and related programs. These systems and 
numerous subsystems interrelate to capture metered data, ensure that the customer is on the 
correct rate with the correct meter, calculate the bill, present the bill, allow for re-bills and 
corrections, schedule meter and service changes, provide customer service information and 
screens to advise customers about rate options, allow customers to assess rate options through 
the internet, post the revenue to the general ledger, and many other functions. Most importantly, 
any new rates that are structurallr difierent from current rates require significant systems testing 
to ensure that the data is correctly captured, billing is accurate and that the programming changes 
do not adversely impact any other part of the systems. 

3 

Several of the key systems that require modifications for implementing new rate schedules are 
metering, the customer information and billing system, the customer service software interface, 
AT’S.COM and the meter infomation system. Two of the key systems are described below. . 

Additional discussion on this topic can be found in the report on TOU flexibility that was 
provided to the Commission in October, 2005. 

. 

Meterka technolow 
APS’ current meter reading system does not support the capability of reprogramming meters in 
the field with the hand held “probe” device that is used to read the meters. RXle software 
support that enabled field programming was once available, it is no longer supported by the 
current vendor. Therefore, meter programming must be performed at the manufacturer, at thc 
utility’s meter shop, or in the field using a computer loaded with each meter vendor’s software. 
The latter option is not practical for handing a significant number of customers due to the time 
required to reprogram each meter. 

Because of the limitation of our current meter reading system, changing time-of-use 
characteristics, such as the on-peak hours for an existing rate schedule would require replacing 
the meters of dl of the current customers on the rate schedule. In addition to being very costly, 9 

. .. 
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4 such a massive meter change out could oniy occur over a long period of time. k i n g  the 
transition period, meter record keeping would be very challenging since the links between the 
meter which is curreatly in use at a customer’s residence and the appropriate rate schedule must 
be maintained. For example, if the customer has already migrated to the rate schedule with new 
TOU periods and experiences a meter failure, the APS meter semice personnel must have the 
correct replacement meter available in inventory. 

Another issue concerns the potential need for a meter change when a customer switches between 
standard and TOU rate schedules. Many customers quire a meter change to accommodate a 
switch in rate schedules. Some customers have meters that are pre-programmed to be able to bill 
both standard and TOU rate schedules. In this case, tbc customer would not typically require a 
meter replacement if the customer switched between a standard rate schedule and one of APS’ 
current TOU rate schedufes. 

’ 

However, this flexibility erodes as new TOU rates with different on-peak hours and other 
characteristics are introduced. For example, while a meter can be pre-programmed to be able to 
bill both a standard rate and a TOU rate, it cannot be pre-programmed to be able to bill both a 
TOU rate schedule with a 9A.M. to 9 P.M. on-peak period and one with a noon-7 P.M. on-peak 
period. This is because the billing determinants for the standard rate are nested in (or captured 
by) the TOU billing infomation However, the billing detenninants for the two TOU rate 
scheddes, namely the on-@ and off-peak kWh, are distinct and cannot be simultaneously 
captured by the same meter. Rate switches between the alternative TOU rate schedules would 
require the meter to be re-programmed with the new rate schedule. 

APS is reviewing several metering alternatives that may add flexibility for changing TOU rates 
in the future. These included implementing an alternate meter reading system, implementing an 
advanced metering system (AMs)  and using interval data recording meters (IDR). These 
alternatives are not mutually exclusive and a combination of the new technologies will likely be 
implemented. 

Customer Information System [CIS) 
CIS is the mainframe software application that handles all billing, customer data, and customer 
information processing. In order to implement new rate offerings, CIS requites programming 
changes to ensure that the customer account is maintained properly with the current rate 
schedule, meter and other relevant information, and that the bill is calculated and presented 
accurately. This requires changes to various tables, service plans, scrccns, reference tables, bill 
calculation, bill statements, rate comparison features, order processing, E-bill, service account 
maintenance, new business cases, new reports, and related subsystems. 

If a.new rate schedule involves changing the basic structure of ?he rate calculation, it requires 
extensive programming of the basic CIS data base and related tables and code. New rate 
schedules and met& types have to be tested to ensure that the billing information is correctly 
extracted from the meter and uploaded to the CIS system. AIso,dd data structures and relations 
must be maintained so that rebilling of customers, if ever needed, can occur. In summary, rate 
structure changes such as new pricing concepts cannot be handled by CIS without considede 
investment in programming and testing. 
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SECTIONU 

Ioclininp Block Pricing - Residential 

Overview 

Inciining block rates establish prices for blocks of monthly energy consumption and increase the 
price for the higher blocks of consumption. 

Variations include baseline pricing and inverted pricing for peak time energy usage or demand. 
For @-period inverted-block rates, prices increase with energy usage or demand during peak 
periods, but are constant or decline with usage during off-peak periods. Under baseline pricing, 
prices increase for usage above a baseline level for basic and necessary services. 

Currently the Compariy offers inclining block rates as the standard, non-time-of-use rate for 
residential customers. The inclining block rates are Rate Schedule E- 10, which is frozen to new 
customers, and Rate Schedule E-12, which is the standard, non-TOU option for residentid 
customers. As shown in Table 5 ,  over 479,000 customers or 56% of total customers are 
participating in bcfhing-block rates. Both rates divide the monthly energy consumption into 
three blocks: 0 to 400 kWh, 40 I to 800 k W, and above 800 kWh. The current energy charges 
for each block for the summer season are shown in Table 6. 

Table 6 Residential Inclining Block Rates 
Summer Energy Charges by Block (Cents per kWh) 

Industry Experience 

A review of standard residential rates for select utilities showed a mix of flat (energy charges do 
not vary with usage), declining block or inclining block prices. The review included major 
utilities in the South, West, and Midwest which were likely to have substantial summer loads. 
Utilities in the Northeast were not reviewed because they were presumed to be more winter 
peaking and because many states in the region have active retail competition and have required 
utilities to divest generation assets. California utilities generally have an inclining block .4) 
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structure for standard residential rates, which were instituted a few years ago and modified as a 
response to the energy crisis. The California rates will be discussed separately. 

Table 7 compares APS’ standard residential rate E-1 2 with other standard residentid rates. Out 
of the 25 utilities reviewed, 10 have inclining block rates for standard residential service, 15 have 
either flat or declining block rates. The inclining block rates generally have two or three tiers, 
with the upper limit of the first tier ranging from 200 to 1,000 kWh per month. By comparison, 
the first tier of APS’ E-12 rate ends at 400 kWh per month. For rates With three tiers, the u~per 
Iiait of the second tier ranges &om 800 to 1300 k W h  per month. APS’ second tier limit js 800 
kWh per month. APS generally has a more aggressive tiered- pricing structure compared with 
other utilities. As shown, the comparative price ratio of the highest to lowest tiers for the APS E- 
12 rate is 1.63, meaning that the last tier price is 63% higher than the first tier. This is second 
only to Georgia Power with a 1.70 ratio, and they have a much higher starting point for the last 
tier- 1,100 kWh.versus 800 kWh for APS.  The remaining 23 utilities have high-to-low tier 
price ratios ranging from 1.04 to 1.34. 

California Baseline Indining Muck Rates 
California utilities implemented inching block rates several years ago with a first energy usage 

. tier designed to provide customers a baseline level of service. The baseline allowance was 

16 of 59 16 



._ -. .. .. 

Attachment DJR-9 

calcnlated according to geagraphic&climate regions. Additional baseline allowance was 
typically added for aklectric homes and for qualified medical needs. For example, the baseline 
usage For SCE customers varies from 10.0 to 47.6 k W h  per day, which is an average of 300 to 
1400 kwh per month, for the summer season, depending on the region. Usage above the 
baseline amount is charged according to three additional tiered prices with the tiers defined as 
101% to 130% of baseline usage, 131% to 200% of baseline and over 200% of baseline. As a 
response to the energy crisis of 2000-2002, pricing of the inclining block rates became more 
aggressive. Tiered energy prices range &om approximately I 1.75 cents per k Wh for Summer 
he l ine  usage and 17.34 cents per k W h  for the highest tier (exclusive of other charges). These 
prices can vary somewhat depending on the proportion of generation that comes horn the utilities 
retained generation versus the amount that was procured for SCE customers by California during 
the energy crisis. The ratio of the price of the highest tier to the lowest tier is 1.48 for the 
summer season, which is less than A P S ’  ratio of 1.63 for Rate Schedule E- 12. 

Analysis and Issues 

Pursuant to Decision No. 67744, APS investigated potential changes to the tier usage levels and 
prices for Rate Schedule E-12. Specifically we evaluated the potential implications of (1) 
lowering the first tier usage limit fiom 400 to 350 kWh per month, (2) lowering the second tier 
usage limit from 800 to 750 k W h  per month, (3) lowering the energy price for the first tier usage 
and (4) raising the price for the highest tier usage. The potential benefits of these proposed 
changes are presumably to encourage additional energy conservation by shifting the average 
customer’s marginal monthly usage into the highest tier and to raising the price of the highest 
tier. The rate modification could also potentidly provide bill savings for the lower-usage 
customers. Each of these changes is assessed below. 

Assessment of Proposal to Lower the Usage Limit and Price for Tier 1 

Lowering the usage limit of Tier 1 from 400 to 350 kwb per month can help to reduce the 
potential revenue loss from lowering the Tier 1 price. However, the change could cause 
unintended consequences for some customers. Specifically, while this proposed change would 
lower the price for usage in the 0-350 kWh block, it would significantly raise the price for the 
350 to 400 k W h  block by shifting this usage to the Tier 2 price. Therefore, customers at the 350 
to 400 k W h  usage levei could be harmed fiom this change. 
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As shown in Table 8, there are over 17,000 customers on average rith summer monthly usage 
between 350 and 400 kWh per month. Currently their summer energy cost is $0.07570 per kWh 
for all of their consumption. Under the change, the energy pnce for the first 350 kWh of . 

consumption would be reduced somewhat, but the 350 to 400 consumption would be increased 
significantly from $0.07570 to $0. i 0556 kwh shifting it to Tier 2 pricing. For example, under 

' the current rate E-12 a customer consuming 400 kWh per month would pay $3028 for base 
energy charges (excluding the basic service charge and other taxes and fees). If the first block is 
changed to 0-350 and the Tier 1 price is reduced by 5%, then on net this customer's bill would 
actually increase. 

Table 9 impact from Tier 1 Changes 
Impact of the 0-350 Tier 1 Block and a 5% reduction in Tier 1 

The decrease in the Tier 1 price a u l d  be structured to be large enough to avoid a bill increase for 
this group of customers. For example, a 7% decrease in the Tier 1 price would result in a 
reduction in monthly base energy charges of 1.2% for the customer consuming 400 k W h  per 
month. But even so, their savings is far lower than the 7% reduction for customers consumhg ' 

below 350 kwh per month. The point of the example is that lowering the Tier 1 block horn 0- 
400 to 0-350 kWh per month can unintentionally harm or greatly reduce the benefiu for 
customers consuming at or slightly above the~block iimk 

Furthennore, as shown in Table 10, many of APS' E-12 customers receiving E-3 low income 
discounts could fall into his category. In fact, over 3 8% of low income customers are typicdy 
billed at the second pricing tier, 401 -800 kWh per month, and could be af€ected by the lower 
block limit. The low income information points to another benefit of keeping tbe lower block 
limit at 400 kWh per month, which is to maintain consistency with the block levels for the E-3 
low income discounts. 
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Table 10 .E-12 Customers with Low Income Discount 
K 

I Pricing T i r  I Bills per Summer I Average Customers 
0400 1 24,333 I 4,056 1 25.3% - 

401-800 1 36,738 I 6,123 1 ' 38.2% 
801-1200 I 19,510 1 3,252 1 20.3% 

E-3 discount. 2004 Data 

Additionally, it is difficult to target the benefits of a Tier I price reductian to lower use 
customers because larger use customers would also receive a price reduction for their Tier I 
consumption. As shown in Table 1 I ,  43% of all summer consumption for rate E- I2 was billed 
under the first pricing tier. However, lower usage customers with monthly consumption of 0400 
kWh, who were billed solely under Tier 1 pricing, comprised only 8% of total consumption. The 
implication is that in order to grant a price discount for the 8% lower-usage consumption, a price 
discount must also' be given to 43% of total consumption. This would include the 19.6% Tier I 
usage for the.largest customers with monthly consumption greater than 800 kWh per month. 

Table 11 E-12 Percent Total Summer 
w- 

2CU4 data 

In addition, some of the low-usage customers may not necessarily be low income. While APS 
has not studied this issue in depth, some.of the data suggests that some of the low-usage accounts 
could be second homes that have limited consumption during the summer. Table 12 shows that. 
roughly 806,000 summer bills or 134,000 average customers consume at or below 400 k W h  per 
month (numbers ddved  by adding the 0-350 kWh and 350400 k W h  blocks). However, over 
12,800 of these customers consumed 0 k W h  and roughly 69,000 consumed less than 200 k W h  
per month during the summer season. This 0-200 kWh group could include some low income 
customers, but it could also represent some other type of account, such as a second home. As 
shown in the Rate Scheduie E-3 discount data in Table 9, low income customers are more Iikely 
to &e above 400 kWh per month. 

Table 12 E-32 Rate, Bills and kwh for Summer Season' 

2004 data 

The impIications are that lowering the Tier 1 price could help some \ow income customers, but it 
is difficult to target the help to those customers. The price change would also reduce the Tier 1 
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usage for all Rate Schedule E-1 2 customers and could provide the largest benefit to customers 
with second homes or other rypes of accounts that would not warrant a subsidy from other 
customers. In addition some low income customas use more than 800 kWh per month and 
could in fact be hurt by this proposed change. 

Assessment of Lowering the Usage Limit for Tier 2 and Raising the Price for Tier 3 

Lowering the usage limit on the second block from 800 to 750 kWh per month, would not likely 
have a meanhgfbl impact on energy conservatioa. Agah, the apparent motivation of the 
proposed change was to move the average summer consumption of 770 kWh p a  month to the 
upper tier, subjecting it to the higher block pricing and, therefore, maximizing the 
encouragement of energy conservation. However, in this case, the average consumption across 
all customers for the summer season is not very relevant because the tiered pricing is applied to 
the tiered usage of each customer in each month. Average consumption i s  eKected by Iow-usage 

none of which would be impacted by this proposed change. 
' customers, high-usage customers, and even variations in monthly usage for a given customer, 

In other words, lowering the second tier usage limit would only change the marginal price signal 
for customers using between 750 and 800 k W b  in a given month, and only for their last 
increment of usage above 750 kWh. Refening back to Table 12, this group comprises coughly 
12,964 average customers and 60,302 MWH for the summer season, which is approximately 3% 
of both total customers and fota! energy for E-1 2. Furthermore, a large percent of E-I 2 
customers and consumption are already being billed at the highest tier (over 800 kWh). In fact, 
over 157,000 customers, or 38% of total E-I 2 customers and 1,3251 85 M W ,  or 30% of total, 
are billed in the highest priced tier over the summer peiod. 

Raising the price of the highest tier could encourage energy conservation, but this potential 
impact is not well understood in the industry. As discussed later in this report, most of the 
studies have concluded that residential customers on average respond to higher price signals. 
However, the analysis has largely been in the context of customers Educing or shifting peak- 
period consumption in response to time-of-use rates, real time pricing or, more recently, critical 
peak pricing. 

Furthermore, one of the well understood short-comings of inclining block rates is that while they 
are presumed to encourage some conservation, they do not necessarily encowage conservation at 
the right time. They do not send timedifferentiated pdce signals to ensure that the energy 
reduction is taking place during peak periods, when it is needed. So while they may be usefil for 
pricing storable commodities such as water, they have limited benefits for managing electrkity 
loads, especially the high peak growth that the Company is facing. 

Conclusions 

I. Any pricing change for rate E-1 2 should be moderate because the tier 3 price is 
already high in relation to the Tier 1 price. 

2. The defined usage Ievels for the pricing blocks at their current Jeyels, which are 0- 
400 kWh per month for Tier 1 prices, 401 -800 kWh for Tier 2 prices, and greater 
than 800 kWh or Tier 3 prices should be maintained. A reduction in the block 
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usage structure to 0-350 kWh for Tier 1 and 301-750 k W h  for Tier 2 would likely 
provide only limited impacts on energy conservation, could limit the benefits of 
the pricing change for some low and moderate-0% customers, and would create . 
an inconsistency with the blocks for the low income and m e d i d  discount 
programs. 

21 of 59 21 



Attach men t D J R-9 

SECTION m 
Time of Use Pricing - Residential 

Overview 

Time of use rates have energy andor demand charges which vary by time periods, both by time 
of day and season. Typically, these rates arc static, that is, the charges and designated hours for 
peak and off-peak periods are determined and set in !he tariff and cannot be flexibly changed to 
respond to changes in system costs or rekbility, 

Industry Experience 

Time-of-use rate p r o g m  were reviewed for major utilities in the South, West and Midwest, 
which have significant Summer peaks. States with active deregulation were generaliy not 
included in the analysis because many have divested generation and are changing the structure of 
standard offer service prices based on competitive issues. The results are summarized in Table 
13. Of the 25 programs reviewed, 20 rates ha’d time-differentiated energy charges, 4 had time 
differentiated demand and energy charges, and 1 rate had a time differentiated demand charge 
and a ff at energy charge. 

For the TOU energy rates, most (85%) were structured as a two-part rate, which incfudes a peak 
and off-peak energy charge for each season. Three-part rates include charges for a peak period, 
shoulder period and off-peak period. The on-peak hours vaty considerably by utility, ranging 
from 5 hrs to 14 hrs. For the two-part rates, 41% had a s w e r  peak period of 8 hours or less, 
50% were between 9 and 12 hours; and 9% were greater than 12 hours. Three-part rates had 
summer peak periods ranging from 5,to 7 hours and combined peak and shoulder hours of 7 to1 1 
hours. By comparison, APS’ current TOU rates fdl into the middle group with a 12 hour 
summer peak period. 
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Table 1 

UTII\TY, STATE 

SDGE - CA 
SMW-CA 

Alabama Power - AB 
TEP-AZ 

Midrlmerican - JOWA 

Dominion - VA 

PSC - co 

1.7 shoulderloff 

The levels of charges for various pricing periods also vary considerably by utiIity. As shown, the 
ratio of peak to off-peak energy charges for various TOU rates ranges from 1.1 to 6.4 for two- 
part energy rates, most of which are below 3.5. Again, a 3.5 ratio means that the peak period 
price is 3.5 times the off-peak price. For the two-part energy rates, 44% had pealdoff-peak ratios 
below 3.0,31% had ratios between 3.0 and 3.9, and 25% were 4.0 and above. By comparison 
APS’ two-part energy rate has a ratio of 3.1. . 

Peak to off-peak price ratios for three-part rates m g e d  from 2.5 to 9.3, while ratios of shoulder 
to off-peak prices ranged from 1.7 to 2.9. The 9.3 ratio for Alabama Power is likefy to be an 
outlier driven by an extremely low off-peak energy charge of 1 .S cents per kWh. 

TOU rates which include both timedifferentiated demand and energy charges generally have 
lower &off-peak energy price ratios, because on-peak revenue is also collected through a 
demand charge. Energy price ratios for this rate struchtre ranged from 1.4 to 2.7. APS’ 
comparative rate has a ratio of 1.78. Note that the on-peak time periods are typically fairty long 
for these rates - 12 hours or above. 

Participation in residential TOU rates has generally been low. As shown in Table 14, APS by far 
ranks high h t e a s  of participation compared with other utility TUU programs. A recent n w e y  
of TOU and demand response programs confirmed this result, finding +at participation in YOU 
rates and other types of residential demand response programs is generally low, usually ranging 
from almost zero to 3% of eligible customers. The s w e y  also reported that TOU programs are 
not generally expanding, due to lack of customer interest or changing regulatory cir~ur~stances? 

’ Set Summit Blue Utility Survey Draft Report 2005 pg 6-7. 
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2w4 data. Numbers reflect rates reviewd above 

Assessment of Potential New TOU Pricing Options 

Pursuant to Decision No. 67744, the Company investigated the potential for offering two new 
time-of-use rates, one with tirne-differentiated energy charges, and one with demand and energy 
charges, both of which have shorter on-peak horn and a higher ratio of summer peak to off-peak 
prices compared with current rates. Proposed rates were filed with the Commission on 
September 22,2005. The Company also performed a TOW Flexibility Study that was submitted 
to the Commission on October 7,2005. These reports addressed the metering and bilIing system 
limitations that must be addressed before new TOU pricing options can be implemented. 

Potential Peak and Energy Impacts 

Load impact studies have generally found that residential customers are responsive to TOU 
prices although the results varied considerably depending on the utility, customer characteristics, 
rate structure, and, most importantly, the methodology used. ' 

p e  results of impact studies are generalfy reported as either direct percentage reductions in 
energy usage over a specified peak period or by elasticity values, which measm the percentage 
change in energy usage in response to a percentage change in prices. 

Elasticities for these purposes are generally expressed as either own-price eIasticity or the 
elasticity of substitution. Own-price elasticity measures the percent change in consumption 
caused by a percentage change in price. In this context, it measures the percentage reduction in 
peak-period energy usage for a percentage increase in peak-period price. For example, if the 
awn-price elasticity was 0.15, then a 100% increase in the peak period price would result in a 
15% reduction in energy usage during the peak period. The elasticity value is actually 4.15, but 
the negative is typically dropped because it is generally understood that an increase in price WiII 
lead to a decrease in usage. 

The elasticity of substitution measures how much energy is shified to the off-peak period in 
response to a change in the ratio of peak to off-peak prices. It calculates the percent change in 
h e  ratio of pck to off-peak energy usage relative to a percentage change of the ratio of on, to 
off-peak prices. For example, an elasticity of substitution of 0.15 means that if the ratio of on, to 
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off-peak prices increased by loo%, then the ratio of peak to off-peak energy consumption would 
decrease by 15%. The peak period load impacts can then be derived from the elasticity 
information. 

The impact of residential time-of-use pricing has been estimated in numerous studies over the 
last 30 years. Efasticities of substitution have ranged fiom almost zero to 0.37 fiom these 
various experiments. Some of the studies date back to the 1970’s and 1980’s using data fiom a 
series of TOU experiments sponsored by the (now) Department of Energy st a number of 
utilities. One review of these experiments found that tbe elasticity of substitution was f a y  
mnsistent across the utiiities With typical values in the range of 0.14. Elasticity estimates for 
TOU rates which also incorporate critical peak pricing are typically higher as reviewed and will 
be discussed below. A summary of several of the more prominent findings for TOU rates 
(without critical peak pricing) is provided in Table 15. Estimated reductions in peak period 
energy usage derived from these elasticities ranged from very low to over 7%. 

The California Statewide Pricing Pilot 
Recently, the California Energy Commission (CEC) conducted a study of demand response rates, 
including residential TOU rates. In the experiment, nearly 1,600 residential and small 
commercial customers were placed on one of several TOU and critical peak pricing plans. In 
addition a control group of over 800 customers remained on their. standard baseline rate, which 
was typically m inclining block rate. Treatment groups for each rate were also placed on several 
different price ievels to be abie to derive the relationship between usage and price (demand 
curves) for each raw. Furthermore, the sampie was structured for four different climate zones, 
with zone 4 being the hottest and most comparable to much of the APS service territory. 

The California experiment found that residential customers were somewhat responsive to 
demand response rates. The substitution elasticities are shown in Table 15. Notice that the 
customer responsive to TOU rates varied considerably from 2003 to 2004. In 2003 the estimated 
reduction in peak period usage for TOU customers for zone 4 during the hottest months of the 
summer was 6.73%. In 2004, the measured response for &e m e  goup of customers was only 
0.4%. The study offers several issues with the sample size and estimation methodology as 
potential explanations for this dramatic difference. 

The study suggests that an alternative estimate of TOU response cm be made by Using the 
response results for the critical peak price during normal weekdays. The critical peak prke 
{CPP-F) had a high price during declared critical days, but had a normal TOU structure during 
normal weekdays. Both the response to the critical price as well as the normal TOU price were .. 
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4 estimated for this customer group. And because the sample sizes were relatively large, the study 
recornmends that it may provide a better estimate of response to TOU rates. 

I Rate 1 Elasticity I peak period 1 
I I usage 3 

0.4% 1 Sub 0.018 I .. ~ .. 1 A,... 

Estimatiner the Load lmpacts of New TOU Rates Usint-z Data from the California Study 
hpact  &mates using response ~ 5 u l t s  &om other studies can potentially be inaccurate for 
several reasons. First, eIasticities are point estimates - they me'aurc responses of new prices in 
relation to the existing baseline rates. If baseline prices or new prices differ from those used in 
the bornwed data, the results may not be comparable. Also, the customer response depends on a 

such as air conditioning, electric water heating and pool p u p s .  

The California SPP study provides several advantages that allow reasonable estimates using their 
borrowed data First, the Cdifomia study not ody estimated the load impact from the various 
experimental rates, but they also estimated demand functions for each of these pricing structures. 
Demand functions specify the relationship of peak usage to price over a range of prices, which 
better allow applying the data to rate levels not considered in the study. Also 8s discussed, tbe 
Califontia study performed tbc analysis for four different climate zones. Zone 4 is most 
comparable to APS with higher summer temperatures and higher satcuatjons of air conditioning. 

The prime target for new TOU rates are customers who are currently participating in one of the 
current TOU rates or new customers who would have chosen one of the existing TOU rates. 
'These customers aIready have a propensity for tirnc-of-use and the proposed new raks 
considered jn'the study are similar in m c t u r e  to the existing rates, but with shorter peak hours 
and ahigher ratio of peak to off-peak prices. The current APS TOU energy rate ( E t - I ) ,  has a 
peakloff-peak price ratio of approximately 3;I. So the price response for the new TOU (ET-2) 
energy rate will be the incremental shifting from going to 8 higher price ratio and from reducing 
the peak period from 12 hours to 7 hours. 

To the extent that the baseline rate for some participants would be one of the inclining block 
rates such as Rate Schedule E-12, the impacts would measure tbe to& shifting of energy use 
from the peak to off-peak period relative io their baseline usage panem. 

. 
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TheModel 
The California study estimated demand hct ions for the various rates using the constant 
elasticity of substitution model, which is well developed and widely used in demand response 
studies. This method first models the ratio of peak to of€-jmk usage as a function of the ratio of 
peak to off-peak prices and other terms. Next, the system models daily electricity usage as a 
hct ion of the daily price of electricity and other variables. Many studies omit the second 
element and thus assume that TOU rates have no impact on overall energy consumption, ody the 
allocation of usage to peak and off-peak periods. 

Impact Estimate Results 
The California estimates and APS estimates based their adapted model to include both the 
hourly-shifting and daily usage equations. APS data was substituted and the California 
substitution eiasticities were used to estimate a reasonable range of potential peak period energy 
reductions from the time periods in tbe new energy based TOU rate recently developed by APS. 

The results reflect the incremental impact of current TOU (ET-]) customers moving to the new 
TOU energy rate. This was performed with two cases: case 1 used the elasticity estimates from 
the California critical peak price for normal days; case 2 used the TOU elasticity estimate from 
2003. The results, provided in Table 1 7, show potential reductions in summer peak-pwiod 
energy consumption of 1.3 to I .8 percent. 

Resulting from cusromers switching f?om ET-] to the new TOU ener@;y rate. 

Although the TOU peak hours were included in the analysis, the model probably does not fully 
account for the peak impact due to the change in the peak period from 12 hours to 7 hours. In 
addition some of the participants could be customers currently on an inclining block rate, such as 
E-12, rather than a TOU rate. In this case the potential impacts, while not specifically estimated, 
would be higher, perhaps more in line with the California findings of 6% to 7% peak period 
impact Therefore, a reasonable overall range of expected reductions in peak-period energy 
usage would be from 2% to 5%. 

~ 
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General Service Time-of-Use 

Overview 

Time-of-use rates have been used GdeIy by numerous utilities for general service customers. 
For our pup'ses, general service refers to commercial and industrial customers with demands 
typically less than 3,000 kW, As summarizd below, TOU rates encompass a variety of pricing 
designs which use a combination of demand and energy charges for peak and off-peak periods. 
TOU rates are referred to as static demand response rates because both the peak and off-peak 
prices and time periods arc established in a tariff and cannot be varied to react to temporary 
changes in hourly energy costs or loads. 

Advantages 

I. Time-of-use rates have been mund for a number of years, are typicaIly not very 
compiicated and, therefore, should require less customer education compared with 
dynamic demand response rates. 

Time-of-use rates can support a number of rate designs including both demand 
and energy charges. 

Time-of-use rates are less costly to implement than dynamic demand response 
rates such as critical peak pricing and demand bidding programs, which require 
customer communications, remote metering, and more complicated data handling, 
billing, and settlement systems. 

2. 

3. 

Disadvantages 

I .  The potential load response of commercia? and industrial customers to time-of-use 
rates is not well understood and can vary considerably across utility studies 
depending on the customer mix. Time-of-use rates also suffer from the same sort 
of customer reaction to the criticai peak pricing, which is that many customers 
report having a hard time consistently responding to peak price signals due to the 
nature or their business and end-use loads. 

. 

2. General service customers are very diverse in their overall usage patterns, their 
end-uses, operating hours, and dtimateiy their potential responsiveness to TOU 
rates. 

3. 

. 

TOU rates are static, they cannot be changed on a daily basis as costs and loads 
fluctuate. Therefore, it is more difficult to fine tune the price signals sent to 
customers and match them with actual Company needs at any point in time. 
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a Conclusions 

1. Continue to implement the current general service tie-of-use rate as designed. 
The rate is newly implemented in April 2004, so it is too soon to tell whether the 
cunent rate design wiIl be successful in attracting customers and providing 
beneficial load shifting or reduction. Furthermore, as discussed below, the rate 
struc*e, charges, and peak t h e  period is consistent with current TOU pricing 
concepts and tariffs offered by many other utilities. 

Keep the current summer on-peak time period, which i s  weekdays 1 I am to 9 pm. 
This keeps a level of diversity compared to the proposed shortened time periods 
of the new residential TOU rates. The mncem is that system load is stiU within 
1O?A of the system peak hour of 7 to 8 p.m. As a result, if too much load is 
shified to this how, it could create in a system peak in the later hour, rather than 
reducing the peak. 

2. 

3 .  Monitor participation and load patterns for customers obtaining service under 
Rate Schedule E-3210U. 

APS General Service Customers 

Cuncntly, APS has over 105,000 general service customers taking service under Rate Schedules 
E-32 and E-30. These customers have demands under 3,000 kW and as a group consume nearly 
f 1 rnilIion MWH per year, which is approximately 43% of total retail energy sales. Most of OUT 

general service customers are commercial customers, As shown in Tables I8a and 1 Bb, only 3% 
of general service customers and 7.4% of revenue are categorized as industrial customers. Of the 
commerciaI customers, office and retail loads are the most sign%cant, comprising over 42% of 
total generat service annual energy COWUJII~~~OQ. 

2004 Data, Custorncrs C. 3,000 kW demand 
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Table 18b APS General Service Customers 

The majority of general service customers have demands below IO0 kW, However, customers 
With demands greater than IO0 kW consume most of the energy. For example, as shown in 
Table 19 for the 2004 peak month, 98,000 out of the I 04,000 general service customers were 
below 100 kW demand. However, nearly 65% of the monthly energy was caasumed by 
customers with demands greater than 100 kW. In addition the customer’s load factor, which is 
the relationship between usage during the peak hour and usage in other hours, increases with 
size. b a d  factors can be expressed on a monthly or annual basis and can be based on a 
customer’s individual peak or their usage during the hour coincident with the system peak. A 
higher monthly load factor means that usage is more consistent across the different hours in the 
period. As shown, load factors for the peak month, based on the customer’s individual peak 
usage, range from 21 YO for customers with demands less than 20 kW to 63% for customers with 
demands between 1,000 and 3,000 kW. Similarly, the load factors based on the coincident peak 
usage range from 40.5% to 75.3% respectively. 

$ 

Table 19 E-32. E-30 General Service Customers and Usage - 2004 Peak Month 
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Comparison of TOU Rates 4 
HistoncalIy, the Company offered TOU rates for various general service customer segments on 
an expenmental basis. However, in April 2005 the Company implemented a new TOU rate 
available to all general service customers. The new rate, E32-TOU, combines demand and 
energy charges for on-peak and off-peak periods. The tariff is split for customers fiom 0 to 20 
kW demand and customers above 20 kW. For the latter group, the summer on-peak demand 
charge for secondary service is $15.1 12 per kW for the first $00 kW and $10.887 for each 
additional kW. Summer base energy charges are 4.815 cents per k W h  on-peak and 3.815 cents 
per k W h  off-peak. The rate also has a residual demand charge if the customer creates a new 
peak in the off-peak perjod. There are currently only a few customers enrolled on the rate. The 
on-peak hours weekdays from 1 f am. to 9 p.m. year round. APS also offers a TOU rate, 
designated E-35, €or large general service customers (over 3 MW). 

. 

A comparison of general service time-of-use rates for select utilities is summarized in Table 20. 
The comparison includes major utilities in the South, West, and Midwest with substantid 
summer loads; states with predominately cold climates and active retail competition were 
excluded. As shown, utilities generally use several rate designs for general service time-of-use. 
The majority of the utilities included in the comparison, including APS, use a combination of 
demand and energy charges for the peak and off-peak periods. Some utilities use 2-part or 3-part 
energy rates, without demand charges. 

. 

The APS E32-TOU rate uses a combination of on-peak and off-peak demand and energy . 

lower than all-enerm TOU rates. So a key incentive for customers 10 reduce or shift their usage 
during peak periods is to avoid the peak demand charge. As shown, the ratio of peak to off-peak 
energy prices for the demand and 2-part energy rates range Corn 1.0 to 2.2 for the utilities 
compared. APS’ ratio of I .3 is fairly typical for this group. Also notice that the daily on-peak 
hours are fairly long far this group of rates, ranging from 8 to 16 hours. 

9 . chkgs .  UDder this rate design, the ratio of peak to off-peak energy charges,is typically much 

(1) Combines peak. NCP, and shoulder demand charges. 
(2) Includes base energy charges and fuel adjustor. 
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(I) Combines peak, NCP, and shoulder demand charges. 
(2) lndudes base energy charges and fuel adjustor. 

The demand and 3-part energy rates typicaliy have a higher ration of ordoff-peak energy prices, 
ranging here from 1.3 to 5.6, These rates have a shorter “super peak“ period lasting 5 to 7 hours, 
but a long overall peak and shoulder period of 9 to 16 hours. The energy only rates have the 
hjghest odoff-peak prici ratios ranging from 3.3 to 6.9. The high price ratio for Alabama Power 
is driven by a very Iow off-peak energy price, which is probably impacted by the glut of new 
whoIes.de power plants jn the region. 

As can be seen, APS’ new TOU rate for general service customers is consistent with those of 
comparative utilities in terms of rate stfllcture, price ratios and peak hours. In particular, APS’ 
general approach of wing on-peak demand c h g e s  as a primary driver for customers to shift 
load to off-peak periods is similar to the approach taken by most of the comparative general 
service rates. 
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Voluntary versus Maadatorv'Rates 

In various jurisdictions, analysts and policy makers have debated whether the new rates should 
be mandatory, voluntary, or established as the default rate. Thelatter option would 
automatically place customers on the rate, but dlow them to opt-out to another rate option. 

Aside h r n  a few large general service (LGS) time-of-use rates and some provider of last resort 
rates for large customers, TOU rates have generally been offered on a voluntary basis. Major 
new initiatives today such as the California Statewide Pricing Pilot (SPP) and the New England 
Demand Response Initiative (NEDRI) follow in that trend. A recent survey of rate offerings 
~ t io t ia l ly  confirmed this result and found that all of the rates in their survey were provided on a 
voluntary basis: A report on TOU pricing commissioned by the Idabo PUC concluded that 
TOU rates have generally not ken mandated or established as the default rate for midentid 
customers. 5 

Arnuments in Favor of Mandatorv or Default Rates 
Mandatory or default demand response rates, including TOU, have been considered because of 
the potential for increasing participation, reducing revenue erosion, improving cost causality, and 
lowering marketing costs. 

One wncem is that customer inertia, or the propensity to stay put and not change rates, and risk 
avoidance is likely to keep participation low for voluntary d e a d  response rates. In addition, 
many of the customers that should be on the rate due to their low load factors or high coincident 
peak usage &e the very customers that are least likely to participate. This is due to the fact that 
these customers may have to shift.a lot of load to off-peak periods in order to save money or at 
least avoid losing money on the rate. 

Mandatory rates would obviously maximize participation by forcing all relevant customers on 
the program. Proponents asxert that this in turn would promote optimal capacity investment 
decisions. Default rates would increase participation initially as customers are phced on the rate, 
but not necessarily increase participation over time as customers can switch to another rate. 
Ineda would help to preserve participation over time in a default rate. However, customer's 
general level risk avoidance would tend to propel customers back to their old rate, before being 
placed on the default demand response rate. 

Revenue erosion, which is discussed more fully below, occurs from free riders - customers that 
save money on the rate without changing their usage pattern; and from load shifting - savhg 
money by changing usage patterns as a response to the rate. The former is also referred to as the 
self-selection problem as customers that can best take advantage of the rate whiIe doing the least 
will be most apt to participate in the rate. One of the advantages of a mandatory demand 
response rate is that it would reduce or eliminate the revenue erosion due to free riders, if it was 
designed to be revenue neutrd for the mandatory customer group. Revenue erosion would stili 

9 : Summit Blue 2003 
Christensen and Associates 2003 
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occur between rate cases from customers saving on their bill by conserving usage or shifting 
usage to lower cost periods. 

Proponents also argue that mandatory rates can better allocate costs to those customers who 
cause them. Lower load factor customers, who are more costly to serve, may currently be 
receiving an intra&ss subsidy fiorn customers with higher load factors. To the extent that this 
occurs with standard rates, mandatory demand response rates could better match rates With eo* 
causality. 

Finally, mandatory rates could lower some of the program costs such as the costs of initially 
acquiring the customers or the costs of certain incentives for participation. 

Arguments for Voluntary Rates 
Voluntary demand rates-arr: generally considered to be favorable because, they avoid the 
negative image of mandatory rates, they avoid adverse impacts on inelastic customers, they 
maintain market discipline for providing better p r o w s ,  and they can result in better target 
marketing of programs to specific customer groups. 

After considering the various issues, a general aversion to mandatory rates appears to persist, 
largely due to the negative image of forcing customers to participate in a rate or program. Some, 
of this is a general CORC~I-D that many customers may not be able to respond to time- 
differentiated prices. Therefore, forcing all customers on a demand response rate would have 
adverse and, in some cases, unintended consequences for particular customers or customer 
P U P S -  

In addition, some demand response rates or programs are not appropriate for all customers. For 
example, some rates involve load control or demand bidding approaches which require particular 
metering and communication equipment or customer equipment such as energy management 
systems. In a recent demand response pilot, the Sacramento Municipal Utility District (SMUD) 
found that 88% of interested, prospective participants had electrical or phone equipment that was 
incompatible with the Voluntary programs can effectively target potential padcipants 
to better manage program effectiveness and avoid the one-size-fits-all approach, which would 
pmbabfy be inherent in mandatory programs. 

Furthermore, voluntary programs have the discipline ofthe market as a check for p r o g m  
quality and effectiveness. Demand response programs must be effective and deliver value to 
customers in order to gain acceptance. 

Finally, while voluntary rates may increase some program costs such as cusiomer acquisition 
costs and incentives, they may lower othem. For example, many demand response rates involve 
metering, communication, education and training costs that increase with the level of 
parhipation. Mandatory rates would require an investmen! in these costs for all customers, not 
just the targeted participants. in addition, default rates could result in many customers switching 
back to their original rate, which would further increase the implementation costs. 

See SMUD presentation on CPP Pilot 2004. -- --. . . - -  
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In the M equation, stakebo~ciers from a variety of perspectives appear to continue to 
recommend that TOU and demand response rates should be provided on a voluntary basis, even 
for larger general service customers. For example, the working goup in the California CPP 
responsible for developing rates fw general service customers reached a general consensus that 
the demand response tariffs should be voluntary. In fact, they reported that no participant 
appeared to favor a mandatory requirement.’ 

’ 

Cokidering all of these issues, the Company concludes that any of the new rates considered 
fmm the results of this study should be piloted or implemented on a voluntary basis. 

Revenue Erosion 

AS discussed above, revenue erosion fiom TOU rates can be caused by either free ndcn - 
customers who Save money by migrating to a rate without changing usage; or customers 
conserving energy, dipping peak demand, or switching usage to lower price time periods. SO 
demand response rates can result in short-term net revenue loss for utilities, even if they lead to 
lower system costs over time. 

There are several approaches to help mitigate tbe potential revenue erosion between rate cases. 
These include rate design, multiple-part rates, recovery of net lost revenues, and mandatory rates. 

Mandatory rates can reduce or perhaps eliminate revenue erosion from free riders, but would not 
necessarily address the loss in revenue from customers conserving energy or shifting energy to 9 lower price time periods. 

Revenue erosion can occur from a new demand response rate if the rate is designed to be revenue 
neutral on a class basis - that is, the rate is designed to collect the same total revenue if the entire 
customer class moved on to the rate. In reality the entire class will not move on to the new rate, 
but only a subset of the customers who are more likely to benefit f?om the rate. Customers who 
would likely lose (pay more) will nut move to the new rate or stay on it for very long. Because 
there are no revenue increases from losers to make up for the customer savings from winners, the 
new rate will result in revenue erosion between rate cases. One approach to mitigate revenue 
erosion is to design the mte to be revenueneutral anticipating the subgroup that is likely $0 
participate. In the context of a rate case, the expected revenue reduction from the new rate 
would be made up by customers on standard rates, which are presumably more costly to serve. 
This approach also helps to reduce, but does not eliminate, free-riders. 

Ifa new demand response rate is introduced outside of a general rate case revenue erosion is 
more dificult to mitigate because standard rates cannot be increased to compensate far customer 
savings on the new rate. And as asserted above, the customer savings cannot be made up solely 
by the participants in the new rate, because there would not likely be any losers on the rate to 
compensate the winners. However, in this situation this approach can still be used to reduce fiee 
riders by designing the new rate so that most of the expected participants would have to change 
their usage pattern to be able to save money on the rate. 

.-.- .-’ California Energy Commission WorkingGmup 2 Repon, Novembcr 2002. . .. 
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Multiple part rates are another potential solution for reducing potential revenue erosion. This 
approach uses a rate design that combines elements of both stand& and demand response rates. 
The rate would price basic monthly usage according to a standard rate, but price the desired 
“responsive usage” according to a demand response rate. The responsive usage could be usage 
during critical hours in the month, in the case of two-part critical peak pricing, or a marginal 
usage above an allowed basehe usage in any hour, in the case of two-part real time pricing. 

4 

For example, Pacific Gas and Electric (PG&E)‘s proposed critical peak prices for residential and 
mall commercid customers layer on a high price during critical hours and a discount in other 
hours to the customer’s otherwise applicable standard tariff, which could be an inverted block or 
time-of-use rate. Furthermore, the critical peak surcharges and commensurate discounts for 
other periods onIy apply to their four month summer season. While the PG&E approach does 
not eliminate revenue erosion, it restricts the revenue in question to the critical usage and avoids 
any revenue erosion in the non-summer period when demand response is presumably not needed. 

Two-part real time prices typically establish a baseline hourly usage level which is purchased at 
embedded rates. Deviations in usage above or below this level are charged or credited according 
to a real-time hourly rate, whichk reflective of real-time energy prices plus adjustments. This 
approach preserves revenue €or most of the customer’s rnontbly usage, but sends a temporal . 

price signal for marginal coDSumption which is mare reflective of the marginal pices at that 
time. 

. 

The Company concludes that any pricing concept considered as a result of this study be designed 
. and implemented in a manner that addresses potential revenue erosion and that implementation 

costs be thoroughly addressed. For example, a mandatory TOU progam for general service 
customers would require that APS replace over 100,000 meters, a costly and lengthy proposition. 

3 
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Other Demand Response Promams 

Overview 

Critical Peak Pricing (CPP) combines time-of-use with an additional high price period, which is 
selectively applied by the utility during periods of high energy costs or reliability issues. 
Typically the customer is ~otified the day before, or in some cases the hour before, a critical 
period will be called. The critical hours in a critical day can be either variable or a fixed time 
period, e.g. 2 p.m. to 6 pm. Energy rates for critical periods can reach as high as 50 to 75 cents 
per kWh. The maximum critical days or hours allowed each year are usuafly limited by the 
tariff. Critical hours are typically capped at 100 critical hours or less per year. 

CPP programs are fairly new and are typically targeted to C&I customers: However, there have 
been a few residential programs or experiments including the California Statewide Pricing Pilot, 
a pilot by the Sacramento Municipal Utility District (SMUD) and a program offered by Gulf 
Power, which combines CPP with automatic appliance control. These two programs will be 
reviewed here dong with a CPP program proposed by PG&E as a result of the statewide pilot. 

While the residential pilot programs have indicated that targeted customers can respond to 
critical peak pricing, several important questions concerning the ultimate viability and value of 
critical peak pricing remain. 

First of all, customers need to be informed before critical peak events occur, and their usage 
during critical periods needs to be measured to properly apply the critical-peak charges. This can 
require substantial upgrades ro communication and metering equipment, inhtructure and 
related data handling and billing systems, which can be extremely expensive. For example, 
PG&E is proposing investments in advanced metering, communication, and billing system 
upgrades necessary to support critical peak pricing programs of over $1.46 billion. In addition 
several of the pilot programs indjcate h t  residentid critical peak pricing is most effective when 
combined with an appliance control progrm, which would require additional equipment and 
infrastructure Costs. 

The potential participation and customer acceptance is also uncertain, especially for residential 
customers. A key unresolved issue is whether the monthly bill savings fiam cnticd peak pricing 
programs is meaningfid to the customer. Unlike time-of-use programs, which have on and off- 
peak prices which appiy each day, critical peak prices only occur for a limited number of days 
each year. As a resuIt, the bill savings to the customer can be limited, especially for residential 
customers. In addition, some residential customers may not have electrical service equipment 
that is compatible with program requirements. This was an important issue €or the SMUD pilot 
program described below. 

The ultimate question is whether critical peak pricing programs can provide enough additional 
benefits compared with time-of-use programs to justify their high impternentation costs and 
program complexities. This question appeats to be unresolved at this point 9 - . .. -. .- . .. 
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Advantages 

' CPP pricing can offer customers more refined price signals compared with 
inclining block or time-of-use pricing, especially during the periods of high load 
or costs. 

The preliminary experience of CPP pilot programs have shown that residential 
customers generally respond to high critical peak prices by reducing usage during 
critical: periods. 

m Some commercial customers in California (20-200 kW demand) were also found 
to respond to critical peak pricingy especially with programmable air conditioning 
controls. 

CPP prices can be layered onto existing baseline rates in order to make the option 
available to a wider group of customers and to heIp address concern over 
potential revenue erosion. 

Disadvantages 

1) 
Preliminary results of the California pilot program suggest that many smaH and 
medium commercial customers may not be able io effectively respond to critical 
peak pricing. Fur those that did respond, much of the usage reduction during 
critical periods was due to air conditioning reductions through thermostat 
controts. This result may not be applicable to Arizona commercial customers 
during the extreme summer heat. 

While initid market research has reported interest in the programs, actual 
experience and participation for residential and small commercial customers has 
been modest to date, so long-run customer acceptance is somewhat unce~tain at 
this time. 

@ The costs of impiementing demand response p r o p s  can be very high due to the 
required advanced metering and communication systems as well as changes to 
billing, data handling, and customer information systems. 

Company Loads and Resource Impact 

Critical peak pricing could potentially provide advantages from a Company load perspective by 
sending more refined price signals to customers during periods of very high load or energy costs. 
As discussed in the Company Loads and Resource section of this report, APS' loads are typically 
at or above 90% of the peak hour for o d y  a small number of hours per year. For example, as 
shown in Table 21, in 2004 ody 87 hours were within this range. critical peak prices are 
designed to send relatively high price signals during the limited number of critical hours. 

. . .  _ .  
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Table 21 APS HourkLoads - Percent of An’nual Peak Hour 
I- 

*For “Own b a d ”  howly energy profile 

Load ‘Impacts 

While the CPP programs and experiments ate relatively new and limited, impact studies have 
generally found that residential customers respond to the critical prices as well as the tirne-of-use 
prices in the non-critical periods. Small and medium general service customers also =pond to 
critical prices, but have a limited response during non-cntical TOU peak periods. For example, 
the California Statewide Pricing Pilot estimated the reduction in usage by residential customers 
during critical hours to be f 3% to 1696, and 8% to 1 I %  dun‘ng wn-cntical TOU peak hours. For 
small and medium general service customers the pilot estimated critical period reductions to be 
6% to 9% and 1.5% to 2.4% for normal TOU peak hours. The customer response from the 
SMUD Piiot was similar to the CaIifornia pilot for residential customers. The Gulf Power 
program, which also included appliance control, estimated a 45% reduction in usage during 
critical hours in the summer. 1) 

Customer Acceptance - 
CriticaJ peak pricing progcams and experiments are relatively new and participation to date is 
limited. For example, Gulf Power’s residential CPP program, which is three yeas old, currently 
has 7,500 participants. At this time it is too early to be able to predict the potential market 
acccptance and participation for these programs. Marketing research for the California 
Statewide Pricing Pilot indicated interest in demand responsive rates for residential customers, 
iess so for small general service. However, actual participation may vary significantly from self- 
reported customer interest or intentions from surveys. 
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One of the challenges fur CPP progmms is to make the bill savings meaningful, especially if 
customers have to install equipment or incur other costs in order to effectively respond to the 
price. Typically the programs charge customers a high price for consumption during critical 
periods in exchange €or price discounts during other off-peak periods. But because the critical 
hours are limited, the compensating discounts in other hours are also limited. AS discussed 
below, the PG&E proposed residential program provides additionaI off-peak discounts in order 
to make the bill savings meaningful to targeted customers. 

Some customers, especially general service customers may perceive the CPP programs as new, 
unknown, and n'sky. The critical price looks very high, and the potential bill savings are 
uncertain. To address this, some programs offer a limited guarantee of savings. 

Some of the kssons learned fiam marketing research of program participants and non- 
participants in the California Statewide Pricing Pilot are summarized below for residential and 
general service customers below 200 kW of demand.' 

Residential customers 
Overall program satisfaction was high 

Customers like demand response rates because of bill savings and ability to 
manage loads. 

While savings levels have a significant effect on customer response, non-price 
rate features can also have a meaningful impact on customer willingness to 
participate in demand response rates. 

Estimates of potential customer participation into new demand response rates, 
based on customer reported interest and likely awareness levels, could be in the 
15% to 20% of totaI customers in an opt-in program. However, actual experience 
could vary significantly from survey results of self-reported customer interest and 
intentions. 

(I 85% of residential participants m the pilot program report making a change in 
their energy use in response to high energy prices. Of these, 1743% shifted 

. laundry use (depending on the specific rate option), 9 1 5 %  either turned off or 
used their electricity less, &d 2-14% shiftcd their pool pump usage. 

0 Potential participants are likely to be high energy users. 

If residential customers were placed on a demand response rate as their default 
rate, on an opt-out basis, a high percent would be expected to remain on the rate 
and not switch back to the standard rate or to another new rate option. 

' A Market Assessmenr of Time-Dif€erenriated Rates among Residential Customers in California. Momentum 
Market Intelfigence, December 2003. 
Customer Preferences Market Research - C&I, A Market' Assessment of Time-DjRercntiated Rates among Small 

. 

. fMedium Commercial & lndustrial Customers in California July 2004. 
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General Service Customers (0-200 kW) 
OveraIl program satisfaction was high, although lower for commercial and 
industrid customers compared with residential. 

Similar to residential customers, commercial customers like demand response 
rates because of bill wngs and ability to manage loads. 

Customers appear to wony more about having to make adjustments to electricity 
usage than they care about the savings they might experience. The information 
below shows the trade-of€ between the level of bill savings and the amount of 
effort (e.g. load shifting) necessary to achieve those savings. As shown, 
customers prefer low moderate savings coupled with low to moderate shifting 
required. The highest preferred scenario is 5% savings with no effort required. 

Table 23 Trade Off Between Customer Savings and Load Shifting 
Small and Medium C&l customers - California - 

Level of Customer Effort 
(e.g. bad Shing required Bill Savings Level Preference index 

Many commercial customers reported that they would not be able to shift or 
Educe energy usage during peak periods. They reported that the nature of the 
business does not allow them to change usage patterns, they cannot reduce air 
conditioning usage, or they don't have suficient end-uses t o  shift load. 

Some of the difficulties cited by higher use customers included: limited control 
over guest tenant electricity usage; their greatest demand occurs during the 
weekday afternoons; certain end-uses need to be kept running at all times; usage 
is based on demand of manufacturing process; cannot compromise comfort of 
customers, patients, students, or employees. 

The design of the on-peak periods and critical peak days are irnportant,drivers of 
the customer preference for a given pricing option, more important for many 
customers than the savings potential. 

Those currendy on a TOU rate tend to be more receptive to a new demand 
response rate, regardless of the specific details of that rate, 

_.  . .  
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Likely participants' in demand response rates tend to be larger customers with a 
bigher electricity costs as % of total operating costs (greater than 10% of total 
operating costs), 

. Among building types, hospitals, lodging and education customers appeared to be 
more inclined to accept critical peak pricing tkan other building types, with 
hospitals as the most likely target. 

AppIiance control packages have the potential to enhance customer participation 
if the packages offered focus on basic or moderate ControIs (rather than extensive 
controls), and if they offer customers the abifity to program the system to their 
own specifications and override any utility'controI. . 

Overall, there was little interest in signing up for a real time pricing pian. Only 
3% of respondents indicated a strong interest and 73% gave the concept a low 
rating 

Implemen tatioa Costs 

One of the major drawbacks of dynamic demand response pricing, such as critical peak pricing, 
is that it can r"quire an extensive investment in data handing, metering, billing, and 
CommUniCatjon systems. The rates typically require some type of advanced metering capable of 
recording the customers' usage during dynamic critical perhis. The programs also require a 
communication system to automatically acquire the interval load data for billing ptuposes. For 
critical peak pricing programs that include appliance control, the communication network must 
be two-way in order to notify the customer of a critical period and signal a load controller. 
Dynamic demand response rates can also require upgrades to data hkding, bilIing systems due 
to the increased data processing and storage requirements from the interval. data. 

3 

Large deployments of advanced metering are typically justified based on savings in operating 
cost and other benefits not related to dynamic pricing. However, such an investment is 
nevertheless necessary to implement dynamic pricing programs, such as cnticd peak pricing, for 
other than small pilot programs. 

For example, PG&E is proposing to implement over $1.46 bilIion in eipipment and systems 
necessary for their proposed demand response rates for residential and commercial customers. 
This includes the cost of purchasing and instatling advanced metering equipment for 2.5 million 
customers to be instailed oyer a 15 year period. It also includes over $80 million for significant 
upgrades to customer w e  and billing systems. PG&E justifies 90% ofthe project costs based on 
operating cost savings for meter reading, customer service, billing and other costs. The savings 
in energy and generation capacity costs from the dynamic rates are expected to cover the other 
10%. 
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California Statewide Pricing Pilot - Critical Peak Pricing 

Residential Customers 
The California pilot tested several different fme-of-use and critical peak-pricing structures on 
2,500 residential CUtomers in 2003 and 2004. The primary objectives of the pilot were to 
estimate tbe load impacts from the prices, and understand customer preferences for the rates and 
various program features. The pilot offered two types of Critical peak-prices where the peak 
price during critical hours was approximafeiy five times the standard tadTand six times the off- 
peak price. The CPP-F rate had a fixed time period for critical hours in Critical “event” days, 
which Was 2-7 pm weekdays. Critical days were restricted to 15 per year, and no mare than 3 
consecutive days. Notification of a critical day was made the day before. For the CPP-V rate the 
critical time period could vary on each critical day and notification could be made the day of the 
event. The experiment estimated a load reduction during critical hours of 13 to 16%. 

CPP-V customers ais0 had the option of receiving a programmable thermostatlappliance control 
device or other enabling equipment installed free of charge to help facilitate demand response to 
the rate. The CriticaI period price ranged from 50 to 75 cents per kWb tiered to total monthly 
usage level. This compares to normal peak prices of 23 cents to32 wnts and off-peak prices of 8 
cents to 16 cents per kwh. 

General Service (under 200 kW) 
The general service pilot was separated into two groups, 0-20 kW demand and 20-200 kW 
demand. All of the customers were in the SCE servicc temtory. The CPP-V rate was tested for 
two groups (1) the general population and (2) customers with central air conditioning, who had 
participated in a utility smart themostat program. Most of the general population bad air 
conditioning and about half had “smart thermostat” technoiogy. 

3 
C r k d  p b d s  could be called on weekdays from 12 noon to 6 p-m., although the duration of 
any Critical event could vary within this time period. Total critical hours are capped at 90 hours 
per year- Events could be triggered by system emergencies (IS0 stage 1 or higher), extreme 
temperature conditions, utility procurement requirements, or discretionary events for testing 
purposes. Customers are notified at least 4 hours before an event by land-line teiephone, pager, 
e-mail or cell phone. 

The 0-20 kW group had a relatively small reduction in peak period usage which was 6% during 
critical days and 1.5% on normal weekdays. The load reduction for the 20.200 group was 
somewhat larger - 9.1 % for critical days, 2.4% for normal wtekdays. The experiment also 
concluded that much of the response was due to the air conditioning thermostatfcontrol 
equipment Findings from the marketing research from the experiment are summarized above. 

PG&E Proposed Critical Peak Pricing 

PG&E has proposed to offer new critical peak pricing for residentid and smaU and medium 
commercial customers, less than 200 kW demand, as they implement sdvanced meterhg 
between 2006 and 2010. They are ais0 proposing other dynamic rates for larger C&I customers. 
PG&E’ CPP rates WiiI be offered on a voluntary, opt-in basis, and are designed as overfays lo 
customers’ current rates. In other words, a participating customer would pay ail charges on their 

. 
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standard tariff, but they would receive additional charges for consumption during cntical periods 
and credits for charges during non-critical periods. 

PG&E believes that this approach provides several key advantages. Firsf it offers flexibility to 
change charges and credits as needed for a variety of rates without having to completely redesign 
each tan'& 'This is especially vaIwble since the potential customer acceptance is somewhat 
uncertain. Second, the approach allows the preservation of the existing inclining block and TOU 
rates. In fact, customers can choose either basic tariff and still be able to participate in critical 
peak pricing. Third, the overlay approach will help to preserve clsss4eveI revenue neutrality, 
although it will not eliminate potential revenue erosion. In other words, it does not create 
incentives for customers to switch rate schedules and thereby result in revenue erosion. There 
could stili be h e  riders who would naturaIty use Iess during critical peak periods and more 
dining other non-criticaI times, who would automatically Save from the CPP rate overlay, 
without changing their consumption pattems. Nevertheless, PG&E intends to match the 
revenues from charges and the credits for each rate group using Ioad research information. 
Furthermore, the charges and credits would be subject to annual updates based OR the actual load 
shapes for the groups of customers who participate over time. Mer the first two years of the 
program revenue-neutral adjustments to the standard rate5 are proposed to be made annuaUy, to 
avoid under of over collections (mismatches between the CPP charges and credits) on a forecast 
basis. 

PG&E designed the program to provide many customers with bill savings of 10% or more if they 
reduce their usage by 25% during critical periods. Although average savings are expected to be 
more in the range of 5%. In addition, PGE is offering customers bilI protection during the first 
summer of enrollment, where they are compensated if their actual critical perid charges exceed 
their credits. 

Residential Rate 
Again, the CPP rate overlays a critical period price and compensating credits during non-critkal 
hours over the customers existing baseline rate. Fifteen critical days can be called on a day- 
ahead basis each summer for a maximum of 75 hours. The critical period of 1-7 pm is fixed for 
event days. The critical peak price was derived by first assigning $45 per kW-year of summer 
season revenue responsihiIity for the CPP charge. The $45 divided by the 15 hours resuited in a 
recommended CPP charge of 60 cents per kWh. The credit for noncritical hours is 3 cents per 
kWh. An additional credit of 1 .O cent per k W h  was also applied to al! usage in the upper tiers 
(tier 3 and above) of the customer's baseline rate in the summer billing season to enhance 
customer savings and participation. 

Small and Medium Commercial {under 200 kW demand) 
The small and medium commercial critical peak price program operates similar to the residential 
pmgmm, except the critical hours are 2-6 p.m. for this group. The 15 day maximum number of 
critical days translates into a cap of 60 critical hours per year. The $45 capacity cost 
responsibility was spread across 60 critical hours each surnmer for a 75 cent per kWh charge and 
an offietting credit for non-critical hours of 2.7 cents per kWh. The proposed additional 
promotional credit is 0.5 cents per kWh for these customers. 
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Implementation costs 

PG&E is implementing the Advanced Metering Idrastructwe (AMI) project - $1.46 billion 
including $1.35 billion capital costs and $13 million in expense. It is projected that 90% of the 
costs Will be recovered by savings in meter reading costs, other ernployee-related expewes, 
avoided meter maintenance cost, improved outage restoration, avoided interval metering costs, 
call center savings, improved cash flow, and other benefits such as reduced energy theft. The 
project cost estimate includes the AMI system, meters and data handling systems, 
communication infrastructure, and significant refiubishment of tbe CIS /biIIing system. 

SMUD Critical Peak Pricing Experiment 

In 2003 the Sacramento Municipal Utility District (SMUD) conducted a pilot program for 
residential critical peak pricing. They installed advanced metering and appliance control 
equipment for a sample of 78 customers. The pilot, which operated during the summer of 2003, 
combined critical peak pricing with automatic control of air conditioning, electric water heating 
and pool pump motors. The metering, communication and control equipment included advanced 
metering, communication gateway, load control relay and a thermostat controller. While the 
customer could program end-uses to automatically respond during critical periods, they could 
also ovemde the control system and continue to consume energy during those times. 

The program included a four part critical peak price effective for the summer bilIing season. 
Energy prices ranged from 7.03 cents per k W h  during ”low load” periods in the summer to 27 
cents per k W h  during critical periods. Critical periods were triggered by a combination of high 
temperature (above 95 degrees F) and high system load (above 2,100 MW). Critical periods 
could also be called if whoiesale prices exceeded $9OfMwh or in case of a system emergency. 

9 
Required utility systems included a head end information processing system, an on-line system 
for providing customer load information, and billing infrastructure and sofnvare, communication 
system to and from the home, an online critical peak event scheduling, and load profiling. 

The.program required the customer to have compatible electric service and specific end-uses. 
For example, the program required central air conditioning, but zoned and variable speed 
systcms were not compatible with the control system and therefore didn’t qualify. 

SMUD conducted customer training OR how to program &e fhermostit and control system and 
how to access the on-line energy usage data. 

Findines 
In a presentation made in June of 2004, SMUD reported the foIlowing infomation regarding 
their pilot program: 

All of the critical periods during the 2003 summer pilot were triggered by 
temperature and load. 

The customer acquisition process for the pilot appeared to be challenging. The 
results reported that 88% of responding customer’s service panels were 

45 of 59 45 



Attachment DJR-9 

incompatible with the program equipment. Other customers had ineligible end- 
uses or an inaccessible phone line. AII-in4 the utility sent 30,000 direct mail 
soficitations, called over 4,000 customers, received initial agreements with 570 
customers, screened out all but 177 eligible customers and installed 78 systems. 

9 Customers did respond by reducing consumption in both the critical period by 
0.54 kW per customer per hour, which is 16% on average. They also reduced 
load during some'of &e other higher non-critical periods of the four-part rate. For 
example, SMUD reports that participants reduced usage in the highest non-critical 

. time-of-use period by 1 1 %. Customers increased usage slightly during the low- 
load period, but overdl reduced peak Ioad rather than shift load to off-peak 
periods. Overall energy savings was 4% over the summer season. 

9 Many customers made investments in energy efficient equipment after enrolling 
h the program. Many of the changes were low cost items, such as purchasing 
compact fluorescent bulbs, but 40% of the customers reported to make higher 
price equipment changes such as replacing windows, repairing ducts, replacing 
refrigerators or replacing air conditioners. 

Customers reported that they responded to critical and high periods by reducing 
the use of major appliances such as air conditioners, washers and dryers, and 
cooking. However, 60% of participants reported that they temporarily over-rode 
the control settings. In addition, despite training, 44% of customers reported 
having difficulty programming or operating the thennostat. 

9 Participants tended to be higher energy users (1 565 kWh per month), living in 
larger homes (2300 Sqfl) and had someone home during the summer peak hours. 

The pifot infrastructure, administration and maintenance were expensive. 
Equipment installation was complicated. 

Gulf Power Criticai Peak Pricing Program 

In Florida, Gulf Power offers residential critical peak pricing combined with controi of major 
appliances through a communications gateway and programmabIe thermostadcontrolIer. The 
program is called the Advanced Energy Management Good Cents Select (AEM) program. The 
four-part rate combines a three-part TOU rate with a critical period price which is callable by the 
utility. The program enables customers to respond automatically to high and critical price periods 
by controlling their air conditioning, heating, water heating, and pool pumps. 

The TOU summer hours are 1 p.m. to 6-p.m. peak (high price period), 6 am. to 1 p.m. and 6 p.m. 
to 1 1 p.m. shodder (medium cost periods), and I I p.m. to 6 am. off-peak (low cost hours). The 
medium price also applies fiom 6 am. to 11 p.m. on weekends. The critical hours are 
determined by the utility and are capped at 1% of total annual hours. Participants are notified by 
electronic signal at least one half hour before a critical hour is called. Prices for the various 
periods are shown below (effective 4/f /05) compared with the standard residential energy 
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charge. The tariff also requires an additional monthly charge of $4.95 for the thermostat and 
communications equipment. 

Table 24 GPU CPP Energy Prices by Time Period 
Period 

EQ uiprnent Requirements 
The program requires an electronic control module to program the operations of the end-uses and 
a conynunications gateway module which is added to the meter. It enables communication 
between the utility and the control module to alert o€ critical periods and the system components 
to interrupt demand. It also records energy usage for transmittal to the utility. The utility 
communicates with the gateway through use of a paging signal. Billing information is later 
retrieved via the land-line public switched telephone network Signals are passed from the 
gateway to the controlled end-uses over the house’s internal wiring and to and from the 
controller over the existing thermostat wiring. 

In addition the customer has certain requirements including touch-tone phone service, HVAC 
compatible with the energy management equipmenf, electric wiring conducive to power Iine 
carrier, located in area with certain paging strength, compatible existing metering equipment. 9 
Load Impact 
Gulf Power estimated the reduction in load during critical hours to be 2.1 kW per home on 
average, which is a 45% reduction in critical how usage. 

ImDIementation Costs 
GuIf Power reports that the average equipmenf and installation cost for the metering, 
communication and control equipment on the customer site is approximatefy $600 per borne. 

Other costs included the communication infrastructure and the required changes to the 
CISBiIling Systcm. The latter was not extensive in Gulf Power’ case. As a part of Southern 
Company, they use Southern’s billing platform, which had been recently rehbished before the 
CPP program was implemented. The updated CIS system was able to accommodate the billing 
of the CPP program with moderate changes. 

Participation 
The program has been in operation for 3 years and the current participation (2005) ki 7,500 
customers. They plan to exp*d the program offering to the multi-family segment later this year. 
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0 Medium and Large General Service Demand Response -RTP 

Demand response programs reviewed for medium and large size general service customers 
include critical peak pricing and demand bidding programs. Again, critical peak pricing is 
basically a hybrid of a timeaf-use rate with a critical price added, which can be called at the 
discretional of the utility for a limited number of hours each year. Demand bidding programs 
offer incentives for custo~aers to bid load reductions typkally a day in advance. A customer’s 
overall usage is billed according to their otherwise applicable tariff along with the incentives. 
Some utilities also offer real time pricing programs which bill part of the customer’s load based 
on short-run marginal production costs. Real time pricing (RTP) is not formally considered as an 
option in thk study primarily because, from APS perspective, critical peak pricing can provide 
many of the same benefits as real time pricing, with less costly program administmtion, and 
witbout subjecting customers to the risks of facing hourly marginal energy prices. In addition, 
rrtany real time pricing programs have been focused on industrial load growth, rather than peak 
demand and energy reduction, which is the focus of this study. However, this study dots 
consider some of the lessons learned from real-time pricing programs as they apply to the other 
demand response programs considered. 

, 

Advantages 

1. Dynamic demand response programs can heIp match customer load reductions to 
periods when it is most needed by the utility to respond to high system loads or 
costs. 

2. Demand response can also send price signals to customers that are more reflective 
of short-term energy costs, as they vary across days and hours. 

3. Demand bidding programs have the advantage of allowing the utility to adjust’ 
both the hourly prices and the critical hours as needed. 

4. Communication methods between the utility and the customer have improved 
including new software to better facilitate notification and confirmation processes, 
web-hased interfaces, and more use of wireless communications including 2-way 
paging and mail. 

5. Some C&I customers have been shown to reduce their usage in response to 
critical peak pricing and demand bidding programs. 

6 .  Critical peak pricing programs are reasonably straight farward to operate, they do 
not require any customer confiation or complicated settlement process. The 
lariffs are similar to TOU prices and can be overlaid over standard baseline tariffs. 

7. Customers could interface demand response rates with energy management 
systems, which are used fairly widely in certain C&I segments, to better automate 
response. However, actual automated response to these programs appears to be 
limited. 
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Disadvantages @ 

'P 

1. 

2. 

3. 

4. 

5 .  

6.  

Demand bidding and critical peak pricing programs are relatively new, so there is 
limited experience to access customer acceptance, load impacts, or other key 
program issues. 

The overall customer savings from these programs could potentially be relatively 
low, especially if the number of critical events is limited due to stable prices or 
program constraints. This potential low savings could limit customer interest and 
active participation. 

Inactivity caused by stable prices and a low number of critical events could create 
complacency among participants and loss of a dependable customer response 
when a critical event is actually called. Some programs provide system tests and 
other readiness activities to address this issue. 

Demand bidding programs require a higher ]eve1 of program administration 
compared with TOU or CPP rates including notification, receipt and acceptance 
of bids; forecasting and posting day ahead houriy energy prices; estimating 
customer baseline loads and settling actual load reductions for each customer. 

Implementation costs can be high and can include metering costs, communication 
and data handling systems, and potential changes to CIS and billing systems. 

Typically the customer is not obligated to reduce load during critical events, 
which could make the expected load reduction less certain. None of the CPP 
programs reviewed require the participating customer to actually reduce load 
during critical events; the only penalty is the high critical period price. A few 
demand bidding programs require customers to homr bids that have been 
accepted, but others do not 

Lessons Learned from Real-Time Pricing 

There are currently abut  70 RTP programs offered by utilities. Some are Iegacy programs that 
have been operating since the 80's and early ~ O ' S ,  others are new programs which are largely 
part ofelectric restructuring and the revamping of standard offer prices. Lessons learned from 
the non-restructuring programs include the following results. 

# 

Program participation, in general is law. A survey of 43 RTP programs in 2004 found that a 
total of 2,700 non-residential customers, representing more than I I ,000 MW of peak demand, 
wen enrolled in the RTP programs. However, most of these participants were associated With a 
couple of large programs. Only three programs had more than 100 non-residential participants 
or more than 500 MW enrolled, one-third of the programs had no participants. Another third had 
fewer than 25 participants, less than 50 MW, and less than 1% of the utility's system load 
e m  1 led. 
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In addition, participation has been declining for most programs. Over the last several years 50% 
of all RTP programs lost 25% or more of their customers. Only two programs had increased 
participation. 

RTP programs can facc somewhat of a “catch 22” in terns of program participation. When 
wholesale energy prices become high and votatile, customers face substantial price risk which 
can lirnit participation. m e n  prices are stable, opportunities for savings are lower, so customers 
can lose interest in the program. Utilities attempted to address the risk issue by designing two 
part tariffs, where a customer’s baseline usage was billed according to the otherwise applicable 
tariff and only incremental changes in usage were subjected to market prices. Some utilities also 
offered risk management products such as caps, collars, and contracts for differences to address 
the price risk issue. 

Some customers respond dramatically to real-time prices. However, this appears to be limited to 
certain types of customers including industrial customers with flexible manufacturhg schedules 
and customers with flexible use of on-site generation. A substantial number of participants are 
not price responsive. Some R P  program mangers believe that many program participants 
expected to realize bill savjngs solely by purchasing load at marginal cost based prices, without 
responding to these prices on an hourly or daily basis. Overail peak impacts reported by 
program managers range &om 12-33% reduction in participants’ aggregate peak demand. 

Critical Peak Pricing - Large Genera1 Service 

CaIifornia CPP Programs 

The critical peak prices for larger general service customers offered by PG&E and SCE, and San 
Diego Gas and Electric (SDG&E) include increased prices during critical periods compensated 
by reduced prices at other times. Eli‘giblecustomers had to have demands above 200 kW for 
SCE and PG&E, above 100 kW for SDG&E. 

For SCE, critical events could occur during the summer season between 12 noon and 6 p.rn., 
weekdays. The critical days were limited to 12 days per year. Events could be triggered by a 
number of factors including high system demand, low generation supply, high market prices, 
high temperature or system emergency testing. Customers are notified one day prior to an event 
starting at 3:OO p.m. Notification is made by telephone, email, or pager. There is no obligation 
to reduce load during an event and no penalties, other than the high critical price, for non- 
response. 

The PG&E program is similar to SCE except that their program operates year round and 
notification is made by 5:OO p.m. the day prior to an event. The SCE program also operates year 
round, notification is given by 4:OO p.m. the prior day and the critical period begins at I I :OO am. 

For SCE, the critical period for each event is split into two high-price periods: from 12 noon to 
3:OO p.m. where prices are approximately 2 times the n o d  on-peak rate of the customers 
otherwise applicabIe tariff and from 3:OO to 6:OO p.m. where prices are 6.7 times the normal on- 
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peak rate. For compensation the rate during non-critical periods is 9.5% less than the normal 4 rate. 

For PG&E, the energy rate during high period is 5 times the otherwise applicable rate, the 
moderate pice period is 3 times the normal rate. For compensation, normat on-peak rates are 
reduced by 22%, shoulder rates by 3%. 

SDG&E's energy rates are 10.0 times the normal rate fiom 11 am. to 3 p.m. and 3.8 times the 
normal rate for CPP Period 2. For compensation, the CPP rates are about 9.5 percent lower than 
the n o d  energy rates during non-critical times in the summer. 

Potential Customer Bill Savings 

The California utilities conducted rate analyses to determine whether eligibie customers would 
pay more or less on the CPP rate than on their noma] rate, assuming their previous year's pattern 
of energy usage with load shifting ranging from 0 to 20 percent. For PG&E and SCE about 50% 
of eligible customers would save under the CPP rates without making any changes to their usage 
patterns. Kowever, of these, 75% wouid save less than I % per year. At the other end of the 
spectrum about 99% of customers would save, assuming a 20% load reduction during critical 
periods. But again, of these, 75% would save Jess than f -6% per year. For SDG&E, about 75 
percent would save assuming a 10% reduction; 3 -8% of these customers would save less than 2% 
per Y W .  

$ Participation 

Program penetration levels for the 2004 Californiacritical peak pricing and demand bidding 
p m g m  are sunimarized in Table 24. The participating customers represent 4.7% of eligible 
customers, 8% of non-coincident demand and I 1 % of energy from eligible customers. 

Participation in the California critical peak pricing programs was relatively low. Only 1.1% of 
eligible customers participated from the three utilities. Participation was somewhat higher 
(3.1%) €or customers with demands between 1,000 and 2,000 kW demand. Participation was 

. highest for institutional c0mm~rcia.l customers and some industrial and transportation customers. 

- Table 24 Participation in California Demand Response Pilot ~ Programs 
Demand Total Demand 1 -. . ., I CrjkaJPeak 1 - .  . 

office I 1  52 
RetaiUGrocery 3 167 
Institutinn=' 63 
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a PGE, SDGE. SCE 2004 

Load Impacts 

The CaIifomia pilot did not estimate demand models or elasticities for medium and large general 
service customers. Instead the pilot measured actual hourly consumption during critical days for 
each participant and compared it with estimated hourly consumption that might have occurred 
without the critical peak prices. This was accomplished using a variety of “representative day” 
techniques for estimating load using hourly consumption information prior to the critical event. 
The results varied significantly by customer type and utility and are, therefore, difficult to 
translate to an estimate of total potential reduction for general service customers. For example, 
bpacts for PG&E customers ranged ffom 2% to 16% load reduction across the various criticaI 
periods. Impacts for SDG&E customers were 10% to 19%. While impacts for SCE ranged from 
42% to 66% across the events. The latter result is primarily driven by the high response of one 
large customer. The three utilities are currently using an impact estimate of 15% during critical 
periods. 

Demand Bidding Programs 

Demand bidding programs allow a customer to bid potentid load reduction, typically the day 
before a critical event, for an incentive based on a predetermined price. For some programs 
participants are not required to bid into any particular critical event or even reduce their load as 
bid. Other programs rcquire customers to *deliver” their load reductions as bid or face penaities. 

Catifornia Demand Bidding Program Pilot 

As part of the pricing pilot California experimented with a demand bidding program for general 
service with loads greater than 200 kW demand. The utilities had already installed interval 
metering for all customers in this hgeted group so implementation mists were not a’sjgnifjcant 
factor. 

In the p r o m  cuskmers submit bids to curtail usage during critical periods, which last for no 
more than 4 hours between 12 noon and 8 p.m. on critical days. A bid must be for at least 100 
kW of load reduction for at least two consecutive hours. The customer’s compensation equals 
the estimated load reduction times a predetermined price, e q d  to the utility’s projected hourly 
energy costs. 

The program tested two types of events. Day-ahead events were called by the utility when its 
projected hourly energy costs exceed $0.1 YkWh. Day-Of events could be called for reliability 
issues. There is no limit to the number of critical events that can be called by the utility. 

Each customer’s estimated load reduction during critical events is calculated by subtracting their 
actual metered usage from as estimate of what the load would have been without the curtailment 
Several “typical day” estimation methods were tested in the program evaluation. While there 9 . 
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W ~ S  no penalty for non-compliance, the customer is only paid for 50 to 150% of their bid @ curtailment. 

Since the pilot; SCE implemented a new demand bidding tariff, with some changes based on 
lessons learned from the pilot. They dropped the daysf  events for lack of participation - many 
customers reported that it did not ailow enough time to respond. 

Critical events under the new program are triggered when the California IS0 forecasted a 
reliability problem or when the IS0 load exceeds 43,000 MW for the next day. The incentive 
was increased to equal the forecasted hourly market price plus I O  cents per kWh. 

Participation 

Customer participation in the California demand bidding pilot is summarized in Table 24. 
Overall, 763’ customers participated from the three utilities, which represented 3.8% of eiigible 
customers. However, this includes 286 small to medium size customers who were erroneously 
enrolled in the SCE prograrn without having the ability io meet the 100 kW bid minimum. 
Participating customers included retail and grocery stores, industrial customers and some 
institutional customers, which was primariiy municipal water pumping accounts. 

The program evaluation suggested that participation may have been small because of the modest 
level of potential bill savings, which was typically in the order of 1 percent, for participating 
customers relative to any perceived risks or customer implementation costs.’ 

For example, the utilities estimated that customer savings from 1 MW of load reduction over 4 
events would be about $2,400 for day ahead events and $8,000 for day-of events. Based on 12 
events, the savings would increase to $7,200 for day ahead events and $24,000 for day-of events. 
At the lower end of the spectrum, for a 100 kW reduction over 4 day ahcad events the customer’s 
bill savings would be $240, savings would increase to $800 for 4 day-of events, $720 for 12 day 
ahead events, and $2,400 for 12 day-of events. 

* 
Potential Load Impacts 

Estimates of peak reduction from a demand bidding program can be obtained througb the bid 
settlement process for each customer. ?his settlement process compares each custamer’s actual 
metered load during the critical event to an estimate of what the load would have been absent thc 
program. The latter is performed using a function of the customer’s hourly metered load profile 
in the days prior to the critical event. 

The average estimated foad impacts varied across the three utilities. The average customer load 
reduction during PG&E’ single day ahead was estimated to be 17 percent. The load impacts for 
SCE customers who submitted bids ranged from 12 to 50 percent. Estimated peak-load 
reductions for SDGBrE customers were 19 to 28 percent. The utilities report that they are 
currently using an estimate of 15 percent load impact for the demand bidding program for 
planing and reporting purposes. I * 
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0 , However, as with the CPP impacts, because of the limited events, the dominance of a few large 
customers, and the low level of actual.customer bidding, the California demand bidding pilots 
did not produce a reliable overall impact estimate that could be used for future program p l d n g .  

Key fmdings from California Critical Peak Pricing and Demand Biddiag Pilot Programs 

P'articipation was relatively low for both the CPP and demand bidding programs, 
especially if you eliminate the smaller customers who enrolled in the SCE 
demand bidding program. Participation was highest for certain industrial 
customers and inStitutiona1 water pumping customers. 

The monetary incentive to customers to reduce load in both programs was 
relatively s m d ,  which was typicaHy in the range of 0.4 to 2 percent of the 
customer's annual bill- Marketing research indicated that most customers were 
typically.unwiIling to make Ioad reductions for savings in this range, especidfy if 
the program is perceived to involve financial nsks or implementation casts. 

Some program participants (26%) reported that they experienced negative impacts 
on their employee comfort or productivity and experienced complaints from staff. 

0 Overall, most of the participants in both pilot programs reported that they 
intended to participate in the programs the following summer. 

Some farger general service customers did respond to critical peak pricing, 
however, the impact is uncertain and varied widely by customer type. Few 
critical events occurred during the pilot so red impact of CPP and DB programs is 
difficult to determine. AIfhough many part~cipants report that they would respond 
by reducing load during another critical event, some customers report dificulty in 
being able IO respond to critical events. 

Follow-up marketing research indicated that 80 percent of participants in the 
critical peak pricing programs reported that they took at least one action to reduce 
load during a critical event. 84 percent reported that they were either somewhat 
or very likely to take responsive actions during future critical events. 

.The day of notification did not allow many customers enough time to react to a 
critical event. As a result, PG&E cancelled this program option. 

' The utilities reported low levels of bidding for critical events. Only 27 percent of 
program participants reported placing at least one bid However, 75% reported 
being somewhat or very likely to place bids for future critical events. 

9 Despite multiple channels for notifying customers of critical events, utilities 
experienced difficulty in reaching the appropriate contact for some customers. 
Similarly, some customers who did not place bids during a critical event reported 
that the responsible person was not availabIe to place the bid in time. h fact, half 
of customers surveyed in follow-up marketing research said that the notification 

. 
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timefiarne, which allows an hour to place a bid &a being notified of an event, 
makes it  less likely that they would place a bid. 

Conclusions 

1. The Company wiIl continue to monitor critical peak pricing and demand bidding 
programs to assess pricing designs, program best practices, and customer 
participation and load impacts. 

2. Further assess program implementation costs, espetiaIIy communication 
infrastructure, data handling and billing systems to better assess the costhenefit. 
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David J. R u m b  Tel. 602-250-3933 M a l  Station 9708 

Regulation and Pricing e-rnall D&id.Romob@aps.mrn Phoenix, Arkma 85072-3999 
Manager Fax 602-25B3003 PO.BOx 53999 

October 7,2005 

Mr. Ernes Johnson 
Director, Utilities Division 
Arizona Corporation Commission 
1200 West Washington 
Phoenix, Arizona 85007 

RE: Flexibility Study for Time-of-use Rates, Cost Benefit Analysis of Surepay 

Dear Mr. Johnson: 

Pursuant to Decision 67744 @‘age 3 1, line 23) Arizona Public Service submits the attached 
documents: (1) a study which examines flexibility in changing MS’ OD- and off-peak‘time 
periods and other characteristics for its time-of-use rates and (2) a cost-benefit analysis of 
SurePay, APS’ automatic payment program, which explores the possibility of offering a 
discount to participating customers. 

If you have any questions please feel fiee to call me at 602-250-3933. 

Manager ’ 
Regulation and Pricing 

Attachment 
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cc: Brian Bozo,  Compliance Enforcement 



DJR 10 
2 OF12 

I 

ANZONA PUBLIC SERVICE COMPANY 

Time-of-Use Flexibility Study 

nvTRODUcTION 
Decision No. 67744 (Page 3 1, line 23) required Arizona Public Service ( A P S )  to examine flexibiity in 
changrng APS' on- and off-peak time periods and otha characxeristics for its timeof-use (TOIJ) rates. 
One of the greatest challenges to providing flexibility in the A P S  residential TOU program is a result of 
the success of the current progm. APS.' residential TOU program is one the largest in the country in 
both absolute numbers and expressad as a percentage of residential cllstomer base. Chxuging any of the 
rate characteristics, such as moaifying the on-peak hours or adding holidays to the off-peak period for all 
existing customers requires a tirne extensive effort and significant expense to implement the necessary 
metering and system changes 

This study discusses the technofogy and system challenges that must bt addressed to increase flexibility 
by introducing rate options with d i f f i g  time periods- The study also discusm the TOU rate options 
kit were filed witb &e Commission on Septanber 22,2005 to provide customers with additional options 
and that will allow the Company to assess customer reactions to differing TOU pen'ods and on and off 
peak pricing differentials. These proposed rate schedules address many of the flexibility issues that have 
been &sed. Additionally, the study disc- projects that Bte currently under way h a t  examine d m e  
metering technologies that should provide more flexibility in the futun long term implementation of TOU 
rates. 

APS SYSTEM PEAK DAY PROFlLE 
Since the puIpose of TOU pricing is to provide customers with proper price signals to encourage 
eiectricity use during times when production costs are lower (Le. ofT-peak periods), it is important to 
undexstimd the nake of Aps' load shape. 

Due to air conditioning load, the APS system has a dominant sur~ylm 

generation capacity additions. ThC summe peak for U S '  retail load typically occurs between 3:OO and 
6:OO P.M., aod high Ioad levels continuc well into the night which is atypical compared 4th most 
utilities. The load begins to ramp up at 9:OO A.M. By noon, the load is within 10% or 500 MW of the 
daily retail peak. The load remains high, within 10% of the daily peak, through 8:OO P.M. and fdls 05 
signir;Cantly only afbr 900 P.M. More specifically, the load from 6:OO to 7:OO P.M. is typically 95% of 
the diiiiy peak; the load fiom 7:OO to 8:OO P.M. is 9 I% of the daiiy peak, Therefore, a significant shift in 
Ioad to the 7:OO P.M. to 9:OO P.M. period could have the potential to rncrcly shifk the system peak to this 
later period, rather than reduce the peak as intended. 

?he A P S  winter load shape is signifkantty different compared to summer. In addition to being 
approximately 35-40 % Iawer in magnitude, the winter season peak exhibits two peak periods with the 
morning peak being dominant. The winter peak for U S '  retail load typicdly occurs at 7:OO to 8:OO kU 
in one of the colder months @ccem&r - February). The daily load ramps up at 600 A.M. and falls off 
after 9:OO A.M. Afttmooa usage picks up at 6:OO P.M, reaching 90% of the daily peak, and falls of€ after 
9:OO P.M. However, in some years, hot temperatures in March or April can cattSe daily loads to rival 
some of the cold days in December and January. For example, in 2004,5 of tbe top I O  "winter" peak 

which drives the need for 
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days were in March and April. The usage patterns for these days resemble the summer peak days, not the 
Winter. In any casc, Winter peak demands are Significantly lower than szrmmef peak demands. Typically, 
the winter peak is 35% or 2,000 MW lower than the summer peak. Because the APS resource fleet has 
been designed to meet maximum s u m m ~  loads, winter peak loads can be g c n d y  met with lower cost 
resources. The benefit of encornaging customers to shift load to of€ peak periods drning &e winter is 
much lower than in the summer. 

CURRENT RESIDENTIAL TOURATES 
Currently APS offers two residentid time-of-use (“TOU”) rate schedules; Time Advantage (ET- I),  which 
includes peak and off-peak energy charges, and Combined Advantage (ECT-IR) which includes bath 
time diffkntiatrd demand and energy charges. The peak p a i d  for both rate schedules is wetkdays 9:OO 
A M  to 9:OO P.M. in both tbe sufnmex and winter seasons. These rates were introduced in 1982 and 1988 
I.espectively. 

As h w n  in Table 1, over 357,000 APS residential customers’m currently participating in a TOU rate, 
which represents over 40% of total residential customers. As discussed below, APS has recently proposed 
to implement two new experimental residential TOU rate schedules, ET-2 and ECT-2 that will offer rate 
altcrnativw to customers. At this point, it cazl not be determined whether the new TOU rates wiIl amact 
customers from non-time differentiated rates or customers on existing rats wiU transfer to the new rates. 

Table 1. Current Residential TOU Customers 

m-1 31 2,327 36.4 % 
I I 

ECT-1 R 45,045 52% 1 -  
Total Residential TOU 357,372 41.6% 

Total Residential 859,069 100.0% 

TOU RATE ALTERNATIVES 
On September 22,2005, A f S  filed art application to obtain approval for two new experimental residential 
TOU rates. Schedule ET-2 parallels most of the features of existing Schedule ET-1 and Scbedule ECT-2 
p d e l s  most of the f m s  of existing Schdde ECT- 1 R These new schedules provide for longer off- 
peak periods than the existing TOU rates and also incorporate holidays in the off-peak periods. Both new 
rate schedules have time-differultiated energy charges. ECT-2 will also have a demand charge appfied to 
the peak period. The new rate schedules will have on-peak hours of noon to 7 P.M for both the summer 
a& winter seasons. The relative on and off peak prices have changed compared to the existing schedules 
so that stronger price signals RE provided. Implementing these rates will require approximately seven 
months for system programming and testing once regulatory approval has been received. The 
implementation of these new experimental rates will provide customer behavior ieaming opportunities BS 
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idomation is developed on changes in consumption pat2mns and customer rkt ion  to price sign&. This 
will provide some indicators of the benefits of offering flexibility th~ough alternative TOU hours. 

TECLZNOLOGY AND WSTEM CHALLENGES 
Challenges regarding TDU program flexibility are not unique to APS. For example, &e recently enacted 
Federal magy act requires changes to daylight savings h e  @ST) for states that utilize DST. Utilities 
that have TOU programs BZC now trying to sort through issues related to TOU metering since existing 
meters are programmed to recognize the current DST calendar. 

Implementing new rate s & a c s  requires changes to metering, the customer infonnation and billing 
system, the metering inforhation system and related programs. These systans and numerous subsystems 
interrelate to capture metcred data, ensure that the  custom^ is on the corre.ct rate with the correct meter, 
calculate tbe bill, present the bill, allow for re-bills and m d o n s ,  schedule meter and service changes, 
provide customer service inform at or^ and scyeem 10 advise cllstomers about rate options, allow customers 
to assess mte options through the inkmet, post the revenue to the general ledger, and many other 
functions. Most importantly, my new rates that are structuraily different fiom current rates q u i r e  
signiscant systcxn testing to glsm hi the data is correctly captrrred, billing is accurate and that the 
programming c b g e s  do not adversely impact any othef part of the system. 

S e v d  of &e key system that require modifications for implementing new rate schedules are metering, 
the custolner irrformation and billirtB system, tht customer service s o h e  interface, AJ’S.COM and the 
meter infodion system. These systems are dcscn’bed below. 

METERZNG TECHNOLOGY 
APS’ currenl meter reading system does not fllpport the capability of rcprOgramnring meters in the field 
with the hand held “probe” device that is used to read the meters. While w f b m  suppart that enabled 
field programming was once available, it is no longer supported by &e current vendor. Therefore, meter 
propmmhg must be pcrfonatd at the manufacturer, at the utility’s meter shop, or in the field using a 
computer loadcd with ea& meter vendor’s software. The latter option is not practid for handling a 
signifiwt number of TOU customers due to the time required to reprogram each meter- 

Because of the limitittion of our current meter rearfing system, changing timeOf-use characteristics, .such 
as the on-peak hours or holidays for an existing rate schedule would requirt replacing the meters of all of 
the current customers on the rate schedule. Zn addition to being very costly, mcb a massive meter change 
aut could only occur over a long period of time. During the transition period, mctcr rtcard keeping would 
be very challenging since the links between the meter which is currently in usc ai a customer’s residence 
and the appropriate rate schedule must be maintained. For cxample, if the customer has already migrated 
to the rate schedule with new TOU periods and experimces a meter failrtre, the APS meter service 
pasomel must have the ~ o m c t  replacement meter available in inventory. 

Anotha issue concerns the potential need for a meter change when a CUstDmcr SCNitches between sbndard 
and TOU rate schedules. Many customers require a meter change to accomznodafe a switch in rate 
schedules. Some customers have metm that are prc-progmmmed to be able to bill both standard and 
TOU rate scheddes. In this case, the cubme? would not typically require a meter replacement if the 
customer switched between a standard rate schedule and one of A P S ’  current TOU rate schedules. 
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However, this flexibility erodes as new TOU rates with different on-peak horn and other characteristics 
are introdu~ed. For example, while a meter can be pre-prognunmed to be able to bill both a standard rate 
and a TOU rate, it cannot be pprogrammed to be able to bill both a TOU rate schedule with a 9 
AM. to 9 P.M. on-peak paiod and one with E noon-7 P . U  on-pesk period. This is because the billing 
det 
the billing debminants for the two TOU rate schedules, namely the oa-peak and off-peak kWh, are 
distinct and cannot be simultaneously captured by the same meter. 'Rate switches between the alternative 
TbU rate schedules would require the meter to be re-programmed with the new rate schedule. 

ts for the standard rate are nested in (or captured by) the TOU billing information. However. 

A P S  is reviewing several metering d e v e s  that may add flexibility for changing TOU rates in the 
futm. These included implcmcnthg an altcmate meter reading system, implementing an advanced 
metering system (AMs) and using interval data recording mders OR). These alternatives are not 
mutually exclusive and a combination of the new ttcbnologies will likely be implemented. 

New Meter Readinn System 
A P S  is performing an assessment of impIementing a new meter reading system that may be capable of 
reprogramming meters with a hand held &vice at metcr reading time. This would lower the cost and time 
requted to re-program meters, which would enhance the ability to implement new TOU rate schedules, 
enhance the ability to change existing TOU rate schedules, and lower the cost of customers switching 
between rak schedules. The assessment is in its initial phascs and tbe technology must be examined in 
greater detail to &tennine the technical feasibility and cost/benefits. 

Implementation of ii new meter reading system will entail replacing all meter rcading equipment including 
haadheld devices and related software. An attanate meter r d n g  system will require customer 
infbrmation system prog&g to coordinate and track meter programming changes. Extensive testiug 
of all systems is required to ensure data accuracy With the reprograx.mned meters. It Will also require 
some changes to the meter infbrmation ( M I S )  system, orders processing, and systems that upload and 
download meter reads. 

ImDlemcnt an Automated or Advanced Metenne System iAMQ 
APS is assessing the benefits of AMs including the ability to provide flexibility for changing time-of-use 
on-pcak time periods and other characteristics. The communication capabilities of the AMs provide 
remote meter programming, which would eliminate the need for meter changes or re-programming in the 
field in order to implement new TOU rate schedules, change cunent TOU rate schedules or accommodate 
customer switching between rate schedules. AMs Will also facilitate the development of innovative 
pricing mechanisms such as real time pricing (RTP). 

The AMs that APS is currently assessing consistS of "spoke" meters on each'home which communicate 
via radio hquwcy  technology to a "hub" meter 011 a home h the neighborhood, which in turn 
communicates with the central system via cellular modem. The system features two-way cosnmmications 
and data recording capability. The rate schedules are controlled by a database semer. APS is piloting 
AMs with 500 metcrs in the Metro Center area with plans to roll out the system to other areas next year. 
Implementation of AMs for the entire customer base will require a several year phase-in and will be 
capital intasive. 
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Exuand the use of IDR meters with communication cauabilitv 
hterval data recording meters (IDR) such as those used by APS for load research were evaluated as a 
potential solution for implementing new TOU rate schedules. However, most of the meters do not have 
communication capabilities nor is the data captured through the IDR generally used for billing purposes. 
In most cases, interval data arc caprtured by meter readers using a probe device. Alternatively, cellular 
communication capabilities can be used to ailow for remote meter reading. A P S  uses MV90 translation 
software to process the interval data. 

If suitable interval data could bt used to bill customers on TOU rate schedules, the need for a meter 
change for implementing new TOU rate schedules or when customers switch between TOU and standard 
rate schedules wodd be eh imted .  While APS currently bas the meters and systems to support IDR 
meter data, expanding this capability to implement TOU rates would require extensive upgrades in 
systems, data handling capabilities and communication capabilities. The use of IDR offers limited 
b f i t s  compared to other solutions and, therefore, is not being further explond at this time. 

Customer Information Svstem CCE) 
CIS is the rn-e s o b a r e  application that handles all billing, customer data, aud customer 
infomation processing. In order to implement new rate offerings, CIS quires programming cbanges to 
ensure that the customer account is maintained properly witb the current rate schedule, meter and other 
nlwant infomation, and tbat the bill is calculated and presented accurately. This requires changes to 
various tables, service plans, screms, ref- tables, bill calculation, bill statements, rate comparison 
features, order pmcessing, E-bill, service account maintenance, new business cases, new reports, and 
nlatd subsystems. 

Lf a new rate sc&duie involves changing the basic structure of the rate calculation, it requires extensive 
programmhg of the basic CIS data base and related tables and code. New rate schedules and meter types 
have to be tested to ensure that the b i lhg  information is correctly extracted f b m  the meter and uploaded 
to the CIS system. Also, old data structures and relations must be maintained so that rebilling of 
oustomem, if ever needed, catl occur, 

Even seasonal changes in TOU on-peak hours (c.g. different on-peak hours in summer and winter) are 
significant challenges for the CIS structure and the meter interface. 'Currently, the system is programmed 
to transition between s u ~ l l f ~ l e r  and winter seasons on the first bi lhg  cycle of the transition month in 
accordance with &e APS rate schedules. Creating winter on-peak hours merent  from the summer would 
require extensive re-programming and testing of CIS and creates meter intcrEace problems. Meter 
calendars arc hard programmed while meter read cycles have some limited flexibility. If winter and 
summer TUU periods are dif€mt,  tke meter calendar must be progxaxnmed with a hard date for the 
seasonal switch. For example, a meter would be programmed so that on April 30 the winter time periods 
are in effect but on May 1 the summer TOU periods become effective. However, meter reading occurs on 
a cycle basis so that the last day or so of a customer's "winter" consumption caa actually occur in the first 
days of May. Thus the meter programwing and bilIing cycles would not be synchronized. Alternatively, 
if the seasoflal transition for a TOU rate would occur on a finn date to coordinate with meter 
programming a massive re-writc of the existing CIS program appli..tions would be required including a 
system for prorating the bills during the seasonal transitions. In either case, implementing different winter 

5 
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and summer peak periods requires comprehensive b i ihg  component changes as well as database changes 
in some key areas of the system, which could impact thousands of l i e s  of propimming and entail 
significant testing. These significant base design changes to the system would q u i r e  not only 
considerable impact analysis and design time, but very involved and lengthy testing as well to ensure the 
changes work properly. In addition to the systems impactS, thcre would be business impacts, meter 
equipment ;mPacts, etc. with additional costs that would have to be considered. 

Customer Care Environment Software fCCE): 
changes in the CCE software, which is the interface used by customer Senice. personnel to advise 
customers an mtc options, switch customers to new rates, and maintaining customer accounts, are 
required each time new rate schedules me offered. When new rates tw implemented, the rate comparison 
function must be modified for the new schedules. hogramming changes need to be made to the relevant 
screens, windows, prompts and related informatioi to ensure that the calculations arc accurate and the 
windows and prompts arc functioning correctly. 

The service account maintenance function of the CCE performs numerous tasks such as determining 
whether a customer is eligible for a rate schedule. For example, in the case of the proposed experimental 
TOU rate schedules recently filed with the Arizona Corporation Commission, which is limited to certain 
cities in the Phoenix metro area, the CCE will determine customer eligibility based on location. Because 
the total participation for the proposed rates is capped, the CCE will also need the ability to easily 
discontinue thc availability of the rate schedule once the cap is nached. 

A.PS.COM 
AI'S.COM is the webbased tool for customers to be able to View rate schedule options and compare their 
monthly bill d e r  various options. Implementing new rate schedules requires this system to be updated 
wkh new screens, reference tables, infomation, orders and sample rate calculation bctions: 

Meter Information System 
MIS provides the logistics for lmkmgmeters/xnetex types to customer accounts and ensuring that the 
meta programs are c0nsi-t with the rate schedule. For example, when a new customer establishes 
service and is on a rate schedule such as EXT-IR, ME tracks the fact that the customer requires a TOU 
meter with demand registers and the CISMS linkage looks to ensure that demand data is being retrieved. 
Data in MIS ais0 is used to be sm that if a meter exchange ocuus, the correct mepr is installed at the 
customer's prcmise is installed. when ratc schedules are added that require metering with alternative 
TOU schedules, MIS must be modified so that the new meter types will be recognized. 

SUMMARY 
Because of the success of its xesidcntial TOU programs, A P S  faces challenges in changing certain 
characteristics of the rate schedules, such as the on-peak periods for summer and winter seasons. Some of 
thc resulting requirements for reprogramming o w  billing, customer Stnice and meter information 
systems are difficult to avoid or short cut These are large, integrated systems with a significant amount 
,of functonality. Furthermore, any changes to the systems must be thoroughly tested to ensure that 
customer accounts are billed and maintained accurately. 

6 
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Metering issues are also 8 significant challenge for changing TOU rate schedules or for implementing 
new TOU rates. APS is exploring several solutions to  add flexibility to this part of the challenge. Two 
potential solutions identified are to (I) implement a new meter reading system which would allow for the 
meters to be reprogmmmed in the field by meter readers with the Same probe device tlrat they use to read 
meters and (2) finther pursue automatic meter reading which wodd dlow for remote meter reading and 
programming. It is likely that a combination of these solutions will be implemented. A P S  believes that 
APS proposed experimental TOU rate options pending approval before the Commission will help the 
Company assess customers’ reactions and &si in evaluating the fbture expanded options th@ would 
benefit customers and the APS system. 

7 
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ARIZONA PUBLIC SERVICE COMPANY 

Analysis of SurePay Program 

INTRODUCTION 
hnsuant to Decision 67744 (Page 3 1, Line 28) APS has eramined the cost effectiveness 
of the SurePay program as well as the possibility of offering a discount to those 
customas that participate in Surepay. Surepay is the payment option that authorizes a 
customer’s bank to transfer the amount of the customer’s monthly bill fiom the 
customer‘s bank account to the customer’s APS account. In undertaking the Surepay 
analysis, APS also took into consideration AutoPay, the on-lime version of SurePay. 
AutoPay is another A P S  automatic payment program option available to aps.cam 
registered users with email access. AutoPay customers receive an e-mail notification 
telling the customer the amount of the bill and when payment will occur. AutoPay 
customers can view their written bill on line in lieu of receiving a mailed copy. 

ANALYSIS 
After examiniig APS’ automatic payment programs - Surepay and AutoPay, APS does 
not feel it is advantageous or cost effective to offer customers a discount for participating 
in these programs fur s e v d  reasons. 

C m t I y ,  there are 105,165 Residential SurePay customers and 9,447 CommerciaI and 
Industrial (C&I) SurePay customers. Total participation in the SurcPay program is 
I 14,612 customers for an 11 -9% market share. In addition, there are 27J3 1 Residential 
customers and 973 C&I Autopay cusfornefs. Total participation in the AutoPay program 
is 28,104 for a 2.9% rnarket share. APS has a total of 143,689 customers or 14.8% 
market share participating in A P S ’  automatic payment programs. Given APS’ current 
robust market share, offering a discount to entice customers to enroll is not needed. 

C%artwcll, a national market research p u p ,  recently published the research findings 
fiom the Chartwell’s Guide to Silf Presentment anci Payment 2005 report The report 
includes exclusive sweys  of 90 utilities. The report findings indicate 60 out of the 90 
utilities surveyed offer an automatic payment program. The average participation rate is 
8.1 % overall customer participation. This is far lower than A B ’  pmicipation rate of 
14.8%. Offaing any type of incentive to enroll in the program, whether it is a one-time 
enrollment incentive or an on-going incentive, such as a rccuning 1% discount, has not 
been needed to generate interest in APS’ automatic payment programs. These programs 
have been successfully sold on the benefits of participating in the programs. Tbese 
bcnefits include convenience, peace of mind, t h e  savings and cost savings. Salt River 
Project (SRP), which offers a 1% discount to participants in automatic payment, did not 
partkipate in the Chartwell study. However, its percentage of customers choosing 
automatic payments is believed to be in the 15-1 6% range - not signrficantly higher than 
APS’ 14.8%. 

The cost savings associated with the Company’s automatic payment programs are 
significantly below the I% discount that is currently being offered by SRP. Surepay and 
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AutoPay are APS' lcast expensive payment processing options. APS currently - 
experiences operating and cost of money savings of S.48 per month, or $5.76 annually 
b r n  each Surepay or Alltopay customer as shown in Attachment 1. The annuaI savings 
associated with these programs is approximately $820,000 per year. Whereas, a 1% 
discount to our 132,296 Residential Surepay and AutoPay customers, i.e. customers who 
are atready participating without financial inducemenf would cost $1,512,143 p u  year 
(assuminp an average Residential bill of f95.2Ymonth). A similar discount to ow 10,420 
C&I SurePay and Autopay customers would be $784,45 I per year (assumes average C&I 
biI1 of $627.36/montfr). T h e  totai cost of offering a 1% discount to existing SurePay and 
Autopay customers is estimated to be $2,296,594 per year. Thmfore, the cost of such a 
discount is signi.€kmtly more than the sayings. Currently, the cost savings generated by 
customers participating in APS' automatic payment programs are passed along to all Aps 
ratepayers. 

In addition, considerable efforts by APS Information Senices (IS) and Customer Service 
would be required to implement a discount for Surflay customers. Changes to A P S  
Customer Information System (CIS) would need to be implemented in order to provide 
the discount Such changes arc estimated to be at minimum $50,000. Ongoing 
monitoring and management would also be required to cnsurc that SurePay and AutoPay 
customers are receiving the discount. 

Based on current participation and the experience of SRP and others, it is unlikely that a 
discount will provide an incentbe to tbe majority of non-automatic payment propam 
users to enroll in the program. Non-users have very definite reasons for not doing so. 
These customers raise security and privacy issues as m o n s  for not participating in the 
program. They do not like the fact that APS would have access to their persod banking 
information. hother explanation customers give for not to phcipating in an ApS 
automatic payment program is account reconciliation. Some Don-users are afraid if they 
sign-up for Surepay or AutoPay they will forgct to record the payment withdrawal. Fear 
of potentia! errors such as incorrect amounts beiig debited or multiple unauthorized 
debits occurring also prevents customers from participating in an A P S  automatic payment 
program. Finally, many customers cboosc not participate in APS' automatic payment 
programs because they do not want to relinquish control. These customers do not want to 
have someone control when their bill is paid or the amount that is paid. Offering a 
discount for participation in Surepay or AutoPay as an incentive will not enticc the 
majority of these customers to enroll in the program. MomvG, since every additional 
customer on automatic payment would produce $0.48 per month in savings at 
(conservatively) between $0.95 (residential) and $627 (general sentice) per month in 
additional costs, a discount wodd not be cost effective even if it did produce significant 
customer participation. 

Finally, an essessment of the market reveals that very few utilities offer a discount or 
incentive for participation in an automatic payment program. When Chartwell asked 
respondents about incentives, only six out of the 90 utilities intcxviewed offered some 
trpe of incentive for participation in an automatic payment program 

2 
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_. SUMMARY 
Customer participation in APS' automatic p p e n t  programs c x d  the average 
participation of otber utilities without the need to off' a discouut. These convenient 
payment options also achieve cost reductions for all customers The APS review of the 
SurePayfAUtoPay program indicates that offering a 1 % discouut to those customers who 
pdupa tc  is not cost effective asd cannot be supported by savings realized for these 
p'ogmms. Based on these factors APS concludes that a diswunt offer is not needed. 
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I. 

Q. 
A. 

Q. 

A. 

Q- 
A. 

REBUTTAL TESTIMONY OF DAVID J. RUMOLO 
ON BEHALF OF ARIZONA PUBLIC SERVICE COMPANY 

(Docket No. E-01345A-05-0816) 

INTRODUCTION 

PLEASE STATE YOUR NAME. 
David J. Rumolo. 

ARE YOU THE S A M E  DAVID J. RUMOLO WHO SUBMITTED DIRECT 
TESTIMONY IN THIS CASE? 

Yes I am. 

WHAT IS THE PURPOSE OF YOUR REBUTTAL TESTIMONY? 

My rebuttal testimony addresses several areas. First, I comment on the non-rate 

design elements of the direct testimony filed by the Arizona Corporation 

Commission Staff (“Staff”) and the Residential Utility Consumer Office 

(“RUCO”) regarding cost of service allocations, pro forma adjustments, and the 

Demand Side Management (“DSM) Adjustment Mechanism. I sponsor an 

operating income adjustment to the Company’s Service Schedule 1. Second, I 

provide comments on the rate design recommendations of Staff, RUCO, 

Arizonans for Electric Choice and Competition (“AECC”), Kroger, Federal 

Executive Agencies (“FEA”), the Distributed Energy Alliance of Arizona 

(“DEAA”) and the Arizona Interfaith Coalition on Energy (“AICE”). Third, I am 

providing testimony regarding the phase out of frozen rates as provided for in 

Decision No. 67744. Fourth, my testimony discusses the concept of hook-up fees 

as a tool to finance system growth and includes a discussion of marginal costs. 

Fifth, I sponsor two alternative Plans of Administration for the Power Supply 

Adjustor (“PSA”) mechanism. These plans implement the modifications to the 

18S9821.3 - 1 -  



OI. 1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

23 

24 

25 

26 L 

II. 

Q. 
A. 

III. 

Q. 

PSA that are discussed in the testimony of A P S  witnesses Don Robinson, Pete 

Ewen, and also Staff Witness John Antonuk. Finally, I sponsor calculations that 

include determining the jurisdictional splits of revenue requirements that are 

discussed in the Rebuttal Testimony of A P S  witnesses Froggatt, and 

Rockenberger. 

SUMMARY 

WOULD YOU PLEASE SUMMARIZE YOUR REBUTTAL TESTIMONY? 

Yes. My rebuttal testimony compares production cost allocations proposed by 

Staff and energy allocation methods proposed by AECC with the methods used in 

the A P S  rate case filing. I conclude that the alternative methods shift cost 

responsibility between customer classes but when the alternatives are combined, 

the class revenue responsibilities are not that different from those proposed by 

A P S .  The alternative methods can shift cost responsibility within a class. My 

testimony notes that alternative rate designs proposed by intervenors can result in 

higher rate increases for lower load factor customers. My testimony rebuts rate 

design arguments of DEAA and note that some of DEAA's arguments simply 

cannot be factually supported. I also discuss the concept of hook-up fees and 

conclude that not only are such fees an expensive way to finance plant additions, 

but that this is a complicated issue and that such a policy decision should involve 

other parties who may not be participating in this rate case but who will be 

impacted by the policy. Therefore, I agree with Staff and RUCO that the hook-up 

fee discussion should occur in the context of generic workshops for all utilities. 

NON- RATE DESIGN TESTIMONY OF STAFF, RUCO AND 
INTERVENORS 

KAVE YOUR REVIEWED THE DIRECT TESTIMONY FILED BY ACC 
STAFF, RUCO AND INTERVENORS IN THIS CASE? 

1859821.3 - 2 -  
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Q. 

A. 

Q. 

A. 

Q. 
A. 

Yes, I have. 

DO YOU II[AvE ANY COMMENTS TO OFFER ON THE DIRECT 
TESTIMONY? 

Yes, I do. First, .I will address the testimony of Staff Witness Brosch regarding 

demand allocation methods. 

DOES STAFF WITNESS BROSCH PROPOSE UTILIZING A D E i ” D  
ALLOCATION METHOD THAT ALLOCATES PRODUCTION COSTS 
AMONG THE RETAIL CLASSES THAT IS DIFFERENT THAN 
PROPOSED BY A P S  IN ITS FILING? 

Yes. In our filing, APS allocated production demand based on a coincident peak 

method, specifically, the 4CP method that allocates capacity costs to each 

jurisdiction and to each customer class within the ACC jurisdiction based on the 

class contribution to the A P S  peak during the summer months. Staff Witness 

Brosch proposes the use of a “peak and average” method that allocates a portion 

of production capacity costs based on contribution to peak demand and a portion 

based on average demand. 

WI-IY DID APS ELECT TO USE THE 4CP METHOD? 

The use of the 4CP method in this case is consistent with its use in previous A p S  

retail rate cases and is consistent with the method that we were directed to use by 

the Federal Energy Regulatory Commission (“FERC”) in previous federal rate 

case litigation. Because of the magnitude of the requested revenue increase in this 

case, I was concerned that adopting an alternative demand allocation method for 

customer class allocations could introduce a higher degree of rate shock to some 

customers. 

HAVE YOU PERFORMED ANY ANALYSIS OF THE CUSTOMER CLASS 
ALLOCATION METHOD PROPOSED BY MR. BROSCH? 
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A. 

Q. 

A. 

Q. 
A. 

Yes. We compared the results of the cost of service study that was the basis of OUT 

filing with the results of a cost of study that utilized the 4CP method for the 

jurisdictional allocation, Le. the allocation of costs between retail and “all other” 

and then used the Peak and Average method for the allocation of production 

demand costs to the retail customer classes. 

WHAT WERE THE RESULTS OF YOUR COMPARISON OF THE TWO 
METHODS? 

The retail cost allocations shifted between customer classes when the Peak and 

Average method was used with more costs shifted to general service customers 

and reduced cost allocation to residential customers. More costs were also shifted 

to irrigation and lighting service customers. The results of the studies are 

presented in Attachment DJR- 1RB. 

WOULD YOU PLEASE EXPLAIN ATTACHMENT DJR-lRB? 

Yes. The exhibit compares the relative rates of return, based on the revenue 

requirements requested in APS filing for each customer class under a 4CP 

allocation method and the method proposed by Staff Witness Brosch. Required 

rate increases, again based on the APS requested overall increase (less the RES 

surcharge) of 2 1.1 %, if each customer class contributed allocated costs of service 

and earned the same rate of return, under the 4CP and 4CPPeak and Average 

methods are also displayed. For example, to achieve a levelized rate of return of 

8.73%, which is the requested jurisdiction rate of return on original cost rate base, 

the residential customer class would experience a 27.1% increase and the general 

service class would experience a 14.9% increase under the 4CP method. Under 

the 4CPPeak and Average method, the residential class would experience a 25.2 

% increase while the general service class would experience a 16.3 % increase. 
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Q- 
A. 

Q. 

A. 

Q. 

A. 

WHAT DID YOU CONCLUDE AS A RESULT OF YOUR COMPARISON? 

I concluded that, in this rate case, the two methods yield very similar results for 

the two largest customer classes, i-e. residential and general service. Within the 

general service class and for the irrigation and lighting classes, the 4CPReak and 

Average method for production demand allocation results in higher revenue 

requirements than the 4CP method. 

M HIS TESTIMONY, STAFF WITNESS DITTMER PROPOSES A $19,000 
ADJUSTMENT TO APS REVENUES RELATED TO A CHANGE IN 
SERVICE SCHEDULE 1 RELATED TO PAPERLESS BILLS. DO YOU 
AGREE WITH TEUTADJUSTMENT? 

Yes, I do. 

DO YOU H A . .  ANY COMMENTS ON THE DIRECT TESTIMONY OF 
RUCO’S WITNESSES? 
Yes. RUCO Witness D i u  Cortez (Direct testimony at pages 3 8-40) proposed to 

disallow the APS modification to the Demand Side Management (“DSM’) 

mechanism that would provide for interest accrual on the DSM spending in 

excess of the $10 million included in base rates. A P S  has requested the interest 

accrual for fbture recovery because the recovery of DSM expenditures in excess 

of the base amount occurs in years following the expenditures, thus A P S  incurs 

carrying costs until the recovery OCCLUS. Therefore, the recovery of interest on the 

un-recovered DSM costs is appropriate. While RUCO Witness Diaz Cortez is 

correct that interest accrual was not explicitly addressed by the parties to the 

settlement agreement approved in Decision No. 67744 (“Settlement Agreement”), 

the A P S  proposal is consistent with other adjustment mechanisms such as the PSA 

that were part of the Settlement Agreement. I believe that not including the 

interest component for this adjustment mechanism to be merely a drafting 

oversight. In any event, it is only reasonable for APS to collect interest associated 

18J9821.3 - 5 -  
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Iv. 

Q. 

A. 

Q. 

A. 

with DSM costs since A P S  is required to make DSM investments and then file for 

approval to collect the funds on an after-the-fact basis in the following year. 

RATE DESIGN TESTIMONY 

HAYE YOU REVIEWED THE RATE DESIGN TESTIMONY FILED BY 
STAFF AM) INTERWNORS ON SEPTEMBER 1,2006? 

Yes, I have. 

PLEASE PROVIDE A SUMMARY OF YOUR UNDERSTANDING OF THE 
TESTIMONY THAT WAS PROVIDED. 
My comments focus on the overall rate designs and general rate levels. 

Obviously, Staff, RUCO and others offer rate designs based on revenue levels that 

are lower than the revenue level that was requested by APS. In general, the 

testimony filed on September 1 focused on how the increased revenue 

requirement should be allocated to the customer classes. For example, AECC 

offers demand rate alternatives that recover additional revenue requirements 

thorough demand charges as compared to the APS proposed rate designs. AECC 

also recommends that A P S  adopt an energy allocation method that recognizes the 

hourly variations in energy costs. The witnesses €or Kroger and the FEA suggest 

demand rate alternatives similar to the alternatives recommended by AECC. 

These demand alternative proposals will produce relative rate increases for low 

load factor customers that will be higher than high load factor customers. 

Additionally, these witnesses that represent general service customers 

recommend that residential rates be increased more than the increases for the 

general service customers. 

Staff does not offer specific rate designs for all schedules but provide 

recommendations regarding rate modifications, service schedule modifications, 

1859827.3 - 6 -  
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Q- 

A. 

Q. 

A. 

Q. 

A. 

Q. 

A. 

and the phase-out of frozen rates. 

DOES APS OBJECT TO STAFF’S RECOMMENDATIONS REGARDING 
TBE PHASE OUT OF FROZEN RATE SCHEDULES? 

Staffs recommendations provide for a longer phase out period, one year for 

residential customers and six months for general service customers, than in the 

A P S  phase out plan. A P S  accepts Staffs recommendation for the longer time 

frame provided that the interim rates are revenue neutral compared to the rates to 

which the customer will be transferred. 

DO YOU H A , .  ANY OTHER COMMENTS ON STAFF’S PROPOSED 
RATE DESIGNS? 

Yes, Staff has recommended that the rate designs for the new residential time of 

use rates (Schedules ET-2 and ECT-2R) that were approved earlier this year be 

revenue neutral compared to Schedules ET-1 and ECT-1R. Any rate design 

alternatives proposed in this case should also be revenue neutral. We are gathering 

information on customers’ usage patterns as customers opt for these new rates but 

during the interim period, revenue neutrality should be maintained. 

DID STAFF HAVE ANY SPECIFIC RECOMMENDATIONS FOR THE 
GENERAL SERVICE RATE SCHEDULES? 

Yes, Staff suggested that the demand component of Schedule E-32 not be 

increased significantly. Staff also suggested that A P S  examine breaking up 

Schedule E-32 into usage divisions in its next rate case. I agree with these 

suggestions. 

STAFF HAS ALSO RECOMMENDED SOME CHANGES TO PROPOSED 
SCHEDULE 3. PLEASE COMMENT ON THOSE CHANGES. 

We agree with Staff‘s changes, except for the recommendation regarding the 

timing of field audits, and have incorporated changes into a revised schedule. 
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Field audits are required at the end of 18 months in the case of Residential 

Homebuilder Subdivision extensions since that time period determines if 

additional advances are required. For other types of extensions, advances are 

made at the time the extension agreement is executed. Therefore, the field audits 

are not needed. We have also increased the construction allowance for 

multifamily housing projects from $500 to $1000 per unit and modified the 

provisions for refunds in Residential Custom Home “Lot Sale” Development 

extensions to allow for refunds. The revised Schedule 3 is attached and marked 

Attachment DJR-2RB. The revised schedule also corrects formatting and 

typographic errors in the original document. A redlined version that compares the 

final document with the version found in the testimony of Staff Witness Erin 

Andreasen is attached as Attachment DJR-3RB. 

PLEASE COMMENT ON RUCO’S PROPOSED RATE DESIGNS. 

RUCO’s designs follow the rate designs that were a result of the Settlement 

Agreement and are generally an “across the board” approach. I believe that, 

because of the high energy costs that comprise a significant part of the increase 

requested in this case, an across the board approach will induce rate inequities 

that we attempted to eliminate in the process of rate unbundling. 

HAVE YOU PERFORMED AN ANALYSIS OFAECC’S 
RECOMMENDATION REGARDING THE USE OFAN HOURLY 
ALLOCATION FACTOR FOR THE FUEL AND PURCHASED POWER 
ELEMENT OF BASE RATES? 

Yes, we have. The results of that analysis are summarized in Attachment DJR - 

1RB. If retail rates were designed strictly based on cost of service and all 

customer classes earned the same rate of return, residential rates would increase 

by approximately 27.1 % based on the assumptions in the A P S  cost of service 
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study that utilized the 4CP production cost allocator. General Service rates would 

increase by approximately 14.9%. If the only change to the A P S  cost of service 

model was adoption of the AECC proposed energy allocator, residential rates 

would increase by 28.8% and general service rates would increase by 13.1%. 

HAVE YOU MODELED THE IMPACT OF COST OF SERVICE STUDY 
MODIFICATIONS RECOMMENDED BY STAFF AND AECC? 

Yes, we combined the change in the production demand allocation method 

recommended by Staff Witness Brosch with the AECC energy allocation method. 

The impact on the results of.the cost of service model for the combined 

recommendations is also found on Attachment DJR-1RB. It can be seen that, on a 

class basis, the two recommendations tend to offset each other and produce results 

similar to the A P S  original filing. Within the classes, the combined method tends 

to favor high load factor customers but the impact is less favorable than adopting 

the AECC energy allocation method alone. For example, in the A P S  base case, the 

required rate increase for large industrial customers served under Rate Schedule 

E-34 was 24.6 %. Adopting the Staff production plant method, the increase would 

be 3 1.9 %. The AECC modification to the study results in a required increase of 

21.4 %. Under the combined modification study, the required rate increase would 

be 28.8% for Schedule E-34. APS’ proposed rate increase for customers served 

under Schedule E-34 was 24.6% excluding the EIC. 

YOU MENTIONED THAT SOME OF THE RATE ALTERNATIVES 
PROPOSED BY INTERVENORS IN THIS CASE RESULT IN LOWER 
INCREASES FOR HIGH LOAD FACTOR CUSTOMERS. WHAT DO YOU 
MEAN BY LOAD FACTOR? 

Load factor is a measurement of peak demand to average hourly demand. For 

example, if a customer had a demand of 10 kW and used that demand level for 24 

hours per day for the entire month, the customer’s monthly load factor would be 
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100%. If the customer’s average demand was 5 kW, the monthly load factor 

would be 50%. 

HOW DOES LOAD FACTOR INFLUENCE A CUSTOMER’S BILL? 

If a customer is billed on a rate with an explicit demand charge such as Schedule 

E-32 for loads over 20 kW, higher load factors tend to result in a bill with lower 

average cents per kWh since the demand component of the bill gets spread over 

more kWh. For example, a customer with a 50 kW load and a 50 per cent load 

factor would consume 18,250 k w h .  A customer with a 50 kW load and a 30 per 

cent load factor would consume approximately 10,950 kWh. The demand charge 

for these two customers would be the same. But, as a percentage of the total bill, 

the demand component is higher for the low load factor customer. Therefore, in 

designing rates, the balance of revenue recovery between the demand and energy 

components of the rate can impact similarly sized customers differently. 

IN THE LAST APS RATE CASE THAT RESULTED IN THE 
SETTLEMENT AGREEMENT APPROVED IN DECISION NO. 67744, 
WAS THE RATE DESIGN EMPHASIS ON THE DEMAND OR ENERGY 
CHARGE COMPONENTS OF MOST RATES? 

The last case included generation additions that require recovery of capacity 

costs. These costs are recovered through increased demand charges. Also, in 

unbundling OUT retail rates, we modified the rates to better reflect cost of service 

including segregating capacity, energy, and customer components. This also 

tended to increase demand charges. As a result, customers with low load factors 

tended to experience greater percentage bill increases than customers with high 

load factors. In fact, some high load factor customers actually saw a bill reduction 

as a result of Decision No. 67744. The current rate case is largely driven by 

higher fuel costs which impacts the energy portion of rates. Therefore, the 
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increase tends to have greater impact on higher load factor customers. 

DO YOU HAVE ANY COMMENTS ON THE RATE DESIGN 
TESTIMONY OF KROGER WITNESS STEPHEN BARON? 

Kroger Witness Baron recommends acceptance of the APS 4CP allocation method 

for production plant. His testimony recommends that revenue increases for the 

generation and delivery components of Rate Schedule E-32 be split equally across 

the demand blocks for the delivery component and across demand and energy 

equally for the generation component. I disagree with these recommendations, 

especially on the generation component. Additionally, Mi. Baron claims that the 

cost of service study does not support the proposed APS change. I disagree with 

this statement. The cost of service study is based on increased fuel charges. Our 

base fuel charge has increased from slightly more than 2 cents per kWh to over 3 

cents per kWh. The increased fuel and purchased power expense account for 

approximately 16% of the total 2 1 % increase requested by APS in this case. 

Recovery of these increased energy costs through increased energy charges is 

appropriate and consistent with cost of service principles. 

FEA WITNESS GOINS RECOMMENDS INCREASING THE DISCOUNTS 
FOR PRIMARY AND TRANSMISSION VOLTAGE LEVEL CUSTOMERS. 
DO YOU AGREE WITH THIS RECOMMENDATION? 

Dr. Goins recornmendation is consistent with the results of the A P S  cost of 

service if that is the only consideration, and rates for all classes are set at equal 

rates of return. I do not disagree with the recommendation but it must be 

recognized that this recommendation results in slightly higher bills to customers 

who are not eligible for the discount. 
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DO YOU HAVE ANY COMMENTS ON TRE RATE DESIGN 
TESTIMONY OF DEAA WITNESS MURPHY? 

Yes. Generally, Mr. Murphy’s arguments are the same he made in the last APS 

rate case regarding his dislike for demand rates and cost-based rate making 

because his perception is that cost-based rates are a disincentive to distributed 

generation. He also is very selective in discussing the “Bonbright” principles on 

rate-making. I will agree with Mr. Murphy on one point. The A P S  rate designs for 

large partial requirements service customers are complex. APS Witness Greg 

DeLizio’s testimony provides a discussion regarding new, less complex partial 

requirements rates that A P S  is proposing to offer customers with Commission 

approval in this rate case. 

MR. MURPHY DISCUSSES A P S  GENERAL SERVICE RATES AND 
COMPARES THE RATES TO THE RATES OF SALT RIVER PROJECT 
(,,SRP”). WOULD YOU LIKE TO COMMENT ON HIS DISCUSSION? 

Yes. Mr. Murphy’s testimony excludes some important facts. A P S  has 

approximately 108,000 general service customers. Approximately 86,000 of those 

customers have loads under 20 kW. Rate Schedule E-32, as approved in the 

Settlement Agreement, provides that customers under 20 kW are billed on the 

basis of energy with capacity costs recovered in the energy charges. This is the 

exact concept that Mr. Murphy espouses and we apply it to 80% of ow general 

service customers. We also offer a time of use companion rate that has a similar 

rate design, Le. no explicit demand charge for customers under 20 kW. Mr. 

Murphy discusses the SRJ? Time of Use (“TOU”) rates in detail but he neglects to 

inform the Commission that the majority of SW’s general service customers are 

served under SRP Schedule E-36, which is a demandenergy rate for all 

customers. In fact, the SRP E-36 rate design is very similar to the A P S  rate design 

prior to Decision No. 67744. 
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Q. 

A. 

IN HIS TESTIMONY, MR. MURPHY ASSERTS THAT 96% OF NON- 
RESIDENTIAL CUSTOMERS HAVE PRICING THAT IS BASED ON 
DEMAND AND ENERGY BILLING UNITS. (TESTIMONY AT PG 6 

No, that is not correct. I believe that Mr. Murphy is suggesting that all general 

service customers served under Schedule E-32 are billed on demand. That is 

simply wrong. As I noted earlier in my testimony, 80% of our general service 

LINES 12-14). IS THAT CORRECT? 

customers are under 20 kW and are not billed based on demand. In the same 

testimony cite, Mr. Murphy states that over 8% of residential customers are billed 

on demandenergy billing determinants. While the correct number is under 8%, I 

will not argue the point. However, Mr, Murphy neglects to note an important fact. 

The 67,000 residential customers who are served on demandlenergy rates have 

opted for those rates voluntarilv. These customers understand capacity charges 

and are likely adopting measures to reduce demand. 

PLEASE COMMENT ON MR. MURPHY’S DISCUSSION OF THE 
“BONBRIGHT” PRINCIPLES. 
First, I wish to clarify a misconception that may be drawn from Mr. Murphy’s 

testimony. Therein, Mr. Murphy implies that the “Bonbright principles” are in 

order of importance (testimony at pg. 9 lines 6-7). The Bonbright text states, “The 

sequence of the eight items is not meant to suggest any order of relative 

importance.” (Principles of Public Utility Rates, James C. Bonbright, pg. 291). I 

will agree with Mr. Murphy that revenue stability is important to utilities. It is 

also important to customers because a financially stable and healthy utility has 

better access to capital markets. Mr. Murphy also cites “freedom from 

controversy” as one of the Bonbright principles, but he does not include the entire 

cite, which reads: [‘Freedom from controversies as to proper interpretation.” 

(Emphasis added.) I believe this to mean that rates are designed so they can be 

1859827.3 - 13- 
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Q. 

A. 

applied consistently across the customer base of similar customers. 

I also must point out that the Bonbright text recognizes that the “principles” can 

be somewhat ambiguous and overlapping and the text acknowledges there are 

three primary objectives. The three primary objectives are: 1) the revenue 

requirement objective; 2) a fair-cost apportionment objective; and 3) the optimum 

use objective under which rates are designed to discourage wasteful use while 

“promoting use that is economically justifiable in view of the relationships 

between costs incurred and benefits received.’’ 

I believe that the primary objectives yield rate designs as proposed by A P S  in 

which capacity costs are generally recovered through demand charges, energy 

costs through energy charges and customer-based costs through customer or basic 

service charges. I disagree with Mr. Murphy’s allegations that APS’ customers do 

not understand capacity charges. As 1 noted earlier, we have a significant number 

of residential customers who voluntarily participate in demand based rates, we 

work with our general service customers so that they understand demand charges 

and how they can proactively work to reduce demand, and in fact, the intervenors 

in this case who represent general service customers are endorsing demand 

charges that are higher than those proposed by APS. 

MR. MURPHYAND MR. TANNER OF AICE CLAIM THE APS IS 
ELIMINATING A SERIES OF RATES THAT COULD BE BENEFICIAL 
TO CERTAIN CUSTOMERS IN THIS CASE. IS THAT CLAIM 
CORRECT? 

No, it is not. First, we are not eliminating Schedule E-20 which is available only 

to houses of worship. That rate schedule was frozen as part of the Settlement 

Agreement in Decision No. 67744. The Settlement Agreement provided for the 

elimination of a series of already frozen, experimental, time of use rate Schedules 

1 as9821 3 - 1 4 -  
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Q. 

A. 

E-21, E-22, E-23 and E-24. This case implements the actions of the Commission 

in the last case. These rates were Iimited participation rates that were established 

on an experimental basis several years ago. We now offer Schedule E-32 TOU 

which is open to all customers who can take advantage of lower off peak prices. 

New houses of worship whose primary hours of operation are evenings or 

weekends can likely save relative to our standard general service rate schedule. 

DO YOU HAVE ANY FINAL COMMENTS REGARDING THE RATE 
DESIGN TESTIMONY SUBMITTED BY STAFF AND INTEVENORS IN 
THIS CASE? 
Disregarding the issue of overall revenue levels, I believe that the testimony is 

generally supportive of the rate designs currently used by A P S  and adjusted in 

this case. The testimony provides recommendations that “fine tune” the APS rate 

designs generally to the benefit of a targeted customer group. I believe that the 

testimony is supportive of the concept that rate design has as much “art” as 

science as long as the “art” is supported by reasonable cost of service principles. 

While adjusting the balance between demand and energy charges can be 

supported by cost of service analyses, I think the customer impact aspect of rate 

changes is also important. In that regard, I could support modifying Schedules E- 

34 and E-35 as suggested by AECC, Le., converting the transmission revenues to 

a capacity charge in lieu of the current energy charge but recovering the same 

revenue level, and adjusting the unbundled generation charge balance between 

capacity and energy. I do not support changing the E-32 rate design as proposed 

by AECC et al. As mentioned above, our rate unbundling and moving rates closer 

to cost of service increased demand charges for E-32 customers and low load 

factor customers experienced larger than average increases. The E-32 customer 

class is very non-homogeneous, and customers on the rate schedule range from 
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A. 

small users such as railroad crossing signals to very large commercial 

establishments and industrial users. The average load factor is under 40% and 

only 4% of customers have load factors greater than 70%. On the other hand, 

customers served under OUT industrial rate schedules, E-34 and E-3 5,  have 

average load factors of approximately 70% and tend to have much less load factor 

disparity than E-32 customers. Therefore, rate design changes tend to impact 

customers on a more equal basis. The E-32 rate design proposed by A P S  in this 

case tends to spread the increase on a more even basis across a broad customer 

group than then the revisions suggested by intervenors. 

FROZEN RATE ELIMINATION PLAN 

WOULD YOU PLEASE SUMMARIZE THE PROPOSED RESIDENTIAL 
RATE SCHEDULE CHANGES REGARDING ELIMINATION OF 
FROZEN RATE SCHEDULES? 
Decision No. 67744 provided for the elimination of frozen rate schedules in the 

next A P S  rate case and we are doing so in this case. A P S  has and will continue to 

communicate the proposed rate schedule changes to customers on frozen rates. 

Communications include bill notices and direct contact with affected customers. 

In my Direct Testimony, I described our plan for the frozen rate elimination. We 

proposed that customers on Schedule E-10 be transferred to Schedule E-12 if the 

customer does not opt for an alternative rate option. The default rate for Rate 

Schedule EC-1 customers will be Schedule ECT-IR. However, because most 

meters installed for Schedule EC- 1 customers cannot provide the time of use 

billing determinants required by Schedule ECT-lR, we proposed an interim 

Schedule EC-1 that would continue until meter exchanges take place. As I stated 

in my Direct Testimony in these proceedings, A P S  proposed transferring E-10 

customers to the E- 12 rate schedule and transferring EC-1 customer to ECT-1R if 
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Q* 

A. 
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the customer does not select an alternate rate within a six month period after the 

frozen rate schedules are eliminated. 

DO YOU PROPOSE ANY CHANGES OR UPDATES TO THE 
TRANSITION PLAN DESCRIBED IN YOUR DIRECT TESTIMONY? 

Yes. After in-house discussion with A P S  Customer Service personnel, it was 

agreed that the original plan could be more ‘customer fiiendly’ with the goal of 

easing or transitioning E-10 and EC- 1 customers to new rates. This revised plan 

includes requesting approval of an interim rate for customers on Schedule E-IO. 

HAS APS DESIGNED AN INTERIM RATE FOR CUSTOMERS ON THE 

Yes. An interim rate for E- 10 customers is attached as Attachment DJR-4RB. The 

interim rate was designed to collect the same revenue level as would be collected 

if the Schedule E-10 customers were transferred to Schedule E-12. 

FROZEN E-10 RATE? 

PLEASE DESCRIBE ANY ADDITIONAL DETAILS REGARDING THE 

Upon further examination of bill frequency and bill impact data, we believe that 

some Schedule E-1 0 customers might prefer to transfer to a TOU rate option. To 

aid E- 10 customers in the selection process and provide some guidance to 

customers that haven’t selected a rate during the transition period, APS proposes 

customers using more than 1,000 kWmonth  (calculated annual average) be 

placed on Schedule ET-1 as the default rate. ET-I, also known as the Time 

Advantage Rate, is our most commonly used residential TOU rate. For the 

Schedule EC-1 customers that haven’t selected a new rate, MS proposes that 

customers consuming more than 1,000 kWmonth  (annual average) be placed on 

Schedule ECT-1R. For E- 10 and EC- 1 customers using less than 1,000 

kWh/month (annua1 average), the default rate will be Schedule E-12. These rate 

E-10 AND EC-1 TRANSITION PLAN. 
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Q. 

A. 

Q.  

A. 

selections should result in the lowest rate impact due to elimination of the frozen 

rates. 

ARE THERE METERING IMPLICATIONS TO ELIMINATION OF 
FROZEN RATE SCHEDULES? 

Yes. A customer’s rate selection may require a meter exchange. For example, a 

meter exchange will likely be required if an E- 10 customer requests to be 

transferred to a TOU rate schedule. Similarly, a new meter will be required for 

Schedule EC-1 customers who select a TOU schedule. The need of meter 

exchanges is another factor in the need for a transition time period. 

ARE THERE TRANSITION PLANS FOR GENERAL SERVICE 
CUSTOMERS ON FROZEN TIME OF USE RATES? 

Yes. Customers on frozen experimental TOU rates E-2 1, E-22, E-23 and E-24 will 

receive a direct mail letter communicating the results of a rate comparison 

between E-32 and E-32 TOU. Customers will receive the letter within one month 

after the approval of the rate case. 

At least three times during the transition period following the approval of the rate 

case, APS will conduct an outbound phone call campaign to convey the results of 

the rate comparison and discuss features of each rate. At the end of the transition 

period, APS will again call to inform customers they have been defaulted to E-32 

TOU if the customer has not selected a new rate. 

APS IS ALSO ELIMINATIXG RATE SCHEDULE E-38. TO WHICH RATE 
WILL THOSE CUSTOMERS BE TRANSFERRED? 

At the time frozen rates are eliminated, customers on agricultural irrigation rates 

E-3 8 and the TOU option E-38-8T will be transferred to rate schedule E-22 1. E- 

221 is a Water Pumping Service TOU rate. E-38 and E-38-8T customers will be 

given a bill comparison if requested. They will also be provided information on 
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A. 

Q. 

A. 

E-32, E-32 TOU and E-22 1 at the aps.com website. 

EARLIER IN YOUR TESTIMONY YOU DESCRIBED CERTAIN 
MODIFICATIONS THAT STAFF HAS PROPOSED TO THE 
TRANSITION PLAN. DO YOU AGREE THAT STAFF’S PROPOSED 
MODIFICATIONS ARE BASED LARGELY ON THE PLAN PROPOSED 
BY APS? 
Yes, Staff proposed modifications consist of time extensions to the A P S  plan and 

APS is supportive of those modifications. 

HOOK-UP FEES 

SEVERAL COMMISSIONERS REQUESTED THAT APS EXAMTNE THE 

CAPITAL TO MEET GROWTH. HAVE YOU DONE SO? 

Yes, we have looked at the concept. However, hook-up fees have wide ranging 

ramifications, and we believe that if the Commission is considering the use of 

CONCEPT OF USING HOOK-UP FEES AS A METHOD OF RAISING 

hook-up fees by utilities, the examination should be done in the context of a 

generic workshop as suggested by RUCO Witness Diaz Cortez and Staff Witness 

Andreasen. This is an industry-wide issue that should involve at least gas, 

electric, telephone and water companies as well as those who would be impacted 

by such a significant change. 

HAVE YOU IDENTIFIED ISSUES THAT SHOULD BE ADDRESSED IN 
THE GENERIC WORKSHOPS? 
Yes. Among the significant policy issues that should be examined are: 1) what 

would be the impact on growth in the service territories of regulated entities vis-a- 

vis non-regulated utilities, and correspondingly the impact on government entities 

that rely on tax revenues from growth; 2) what would be the impact on housing 

affordability; 3) which capital expenditures (e.g., all distribution plant or only 

local facilities, generation plant, general plant) should be included in the hook-up 

fee computation; 4) what are the long term impacts on the financial health of 
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Q. 

A. 

regulated companies; 5 )  what are the short and long term rate impacts to 

customers; 6 )  should the amount of the hook-up fee include tax effects (Le. gross- 

up vs. self pay); 7) could existing customers be responsible for hook-up fees; and 

8) what would be the impact on homebuilders and the construction industry. The 

generic workshops should include all utilities, not just A P S .  

WOULD YOU PLEASE DESCRIBE WHAT IS MEANT BYA HOOK-UP 
FEE? 
It is important to understand the use of the term “hook-up fee.” It is used in 

several different contexts. In some instances, the term is used to describe a service 

initiation fee which is primarily an administrative cost. In the context of this 

testimony and the questions raised by the Commissioners, the term is used in the 

context of a capital addition funding mechanism. A hook-up fee is a means to 

provide capital for infrastructure additions. Hook-up fees are also sometimes 

called “impact fees” or “cost of development fees.” Typically, new customers pay 

a fee designed to recover the incremental or marginal investment required for the 

utility to provide service. Hook-up fees are often used by municipalities to fund 

water or wastewater system additions such as pipelines, water supplies or 

treatment plants. They are rarely used in the electric utility industry as a capital 

funding tool and to my knowledge, only by municipalities or other public power 

entities. 

PLEASE DESCRIBE THE TAX CONSEQUNCES OF CONTRIBUTED 
CAPITAL. 

When an investor-owned utility receives contributed capital, an immediate 

income tax liability is created because the payment is considered taxable income. 

So, for example, if hook-up fees generated $820 million over at ten year period 

(assuming $2,000 per customer, 42,000 customers per year), approximately $320 
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million would be paid in additional current income taxes leaving $500 million to 

fund capital projects. If the objective was to have the full $820 million available, 

the hook-up fee would need to be “grossed-up” to account for the tax liability to 

$1.34 billion. This would, of course, significantly raise the hook-up fee paid by 

customers. This $320 million tax impact actually reduces the Funds from 

Operations (“FFO”) which is a key fmancial indicator used by the investment 

community to assess the frnancial health ofAPS. 

WHY WOULD THE $82 MIILLION ANNUAL HOOK-UP FEE REVENUE 
REDUCE THE COMPANY’S FFO? 

It is my understanding that under Generally Accepted Accounting Principles 

(GAAP), funds received from contributions in aid of construction, hook-up fees 

etc., are booked to reduce capital expenditures. They are not booked as revenues 

to the Company. So, the $82 million per year would not directly flow into the 

calculation that determines the Company’s FFO. But the $30 million per year of 

increased current income taxes decreases the Company’s FFO. 

. 

HAS A P S  PERFORMED AMI ANALYSIS OF THE LONG TERM RATE 
lMPACTS OF’THE USE OF HOOK-UP FEES? 

Yes, our financial modeling group performed some preliminary analyses. 

Assuming hookup fees would generate $82 million annually, incremental rate 

impacts due to decreased debt and rate base would be very small, totaling an 

average of 0.3% per year over a ten year period. These rate impacts are more than 

offset by the cumulative cost of the hook-up fees. In my example, new customers 

would contribute $820 million to achieve $400 million in rate benefits over the 

ten-year period. Therefore, it appears that hook-up fees are an expensive vehicle 

for fmancing system improvements. 
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IF HOOK-UP FEES REPRESENT SUCH AN EXPENSWE WAY TO 
FINANCE NEW ADDITIONS, WHY ARE HOOK-UP FEES USED BY 
SMALL WATER UTILITES AM) MUNICIPALITIES? 
Hook-up fees are often used if a utility has limited access to capital markets such 

as in the case of small privately owned water companies. Customer or developer 

contributions may be the only readily available capital source for projects such as 

new water wells or treatment facilities. Municipal utilities, on the other hand, do 

not face the significant tax consequences of contributed capital that a utility such 

as APS would face. Also, private water companies often gross-up contributed 

capital to cover tax consequences. This make the hook-up fee more effective for 

the utility but even more expensive to consumers. 

IF THE COMMISSION WERE TO ORDER APS TO ADOPT A HOOK-UP 
FEE APPROACH, HOW COULD THE FEE BE DEVELOPED? 
There are many approaches to hook-up fee development and fee development 

would be a key element to be explored in workshops. For example, one of the 

first decisions is to identify the capital expenditures that would be the target of the 

hook-up fee. A P S  invests considerable capital each year in distribution facilities 

to meet customer growth. We also have increasing capital requirements for 

transmission plant and could have significant capital needs for generation plant 

additions or improvements as well as general plant additions such as computer 

systems and facilities. The basic concept behind typical hook-up fee analysis is 

based on some form of marginal or incremental cost analysis. For example, APS’ 

distribution capital expenditures for new customers are approximately $5,000 per 

meter set. However, new customers will pay rates that include an imbedded cost 

element. Therefore, it is reasonable to “credit” the incremental cost with the cost 

included in base rates. The average book investment is approximately $1,500 per 

customer. Therefore, the hook-up charge would be $3,500 per customer. Hook-up 

1059011.3 - 22 - 
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fees would be developed for each customer class. Residential hook-up fees would 

likely be a per customer charge. Because the general service customer group is 

very non-homogeneous, it is more difficult to state hook-up fees in terms of a per 

customer charge. General Service hook-up fees would likely be expressed in 

terms of connected kW load. The water system analogy utilizes service or meter 

size to determine hook-up fees for different types of customers. 

COULD HOOK-UP FEES BE APPLICABLE TO EXISTING 
CUSTOMERS? 

Typically, hook-up fees are applicable only to new service applications, e.g. a new 

subdivision or new home or business. I might add that it is not always easy to 

determine whether a customer is “newYy’ especially in the case of businesses. 

However, an argument could be made that a form of hook-up fee should be 

collected from existing customers who request a change of service or who change 

service locations. For example, if an existing home has a 200 ampere service and 

the customer is constructing a large addition that will require that the service be 

upgraded to 400 amperes, an impact fee could be assessed. 

YOU HAVE ONLY DISCUSSED THE APPLICATION OF HOOK-UP FEES 

CALCULATE HOOK-UP FEES TO FUND GENERATION RESOURCES? 
FOR THE WIRES PART OF THE: BUSINESS. HOW COULD YOU 

Generation marginal costs are typically developed based on the “peaker deferral 

method” which computes the cost of the next kW of peaking capacity or a 

generation planning approach. In either case, the marginal cost is developed on a 

per kilowatt basis. To develop a per customer hook-up, it would be necessary to 

assume a coincident peak load per customer class and convert the per kW 

marginal cost to a customer basis. For example, assume the next unit of 

generation required as a system resource has a cost of $2,200 per kW. The rate 
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base value of the existing generation fleet is approximately $480 per kW. 

Therefore, a hook-up charge for generation would be valued at approximately 

$1,720 per kW. The average residential customer's coincident peak demand is 

approximately 3.5 kW. Therefore, a generation cost hook-up fee would be 

approximately $6,000 per kW for new resources. When combined with the 

distribution facilities fee described above, the total hook-up fee for a customer 

could be $9,500. 

HOW COULD YOU DETER.MINE A HOOK-UP FEE FOR 
TRANSMISSION SYSTEM ADDITIONS? 

Because transmission charges are regulated by FERC, it may not be possible to 

include transmission system additions in a hook-up fee computation for retail 

customers. Many transmission system additions are made for reliability reasons, 

and it may be more appropriate to recover reliability project costs from all 

customers, not just new customers. 

H A .  YOU REVIEWED COMMISSIONER MAYES LETTER DATED 

Yes I have. Commissioner Mayes rakes some important issues regarding hook-up 

fees, and the generic workshop suggested by RUCO and Staff would be the best 

venue to discuss these points to allow for input from all stakeholders including all 

regulated utilities, homebuilders, and the general public. 

AUGUST 31,2006 REGARDING HOOK-UP FEES? 

IN HER AUGUST 31,2006 LETTER, COMMISSION MAYF23 ASKED 
SPECIF'IC QUESTIONS REGARDING HOOK-UP FEES. CAN YOU 
RESPOND? 
Yes, the first question asks about the facilities that were included or excluded in 

the $1,650 per residential customer and $4,900 per commercial customer 

budgetary estimates that were provided to Staff in a data request response. These 
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estimates are the direct costs for local facilities. Local facilities include the wires, 

poles, manholes, and switching cabinets within a subdivision or development. The 

budget estimates exclude backbone facilities such as main feeders, capacitor 

banks, duct banks, switching cabinets, substations, and engineering, inspection, 

warehousing and other overhead costs. 

The second question raised by Commissioner Mayes requested comments on the 

benefits and drawbacks of including generation costs in a hook-up fee. The 

primary benefit is that the hook-up fee is another source of capital available to the 

utility, albeit an expensive source. The largest drawbacks are the financial impact 

on the Company because of the tax consequences and the impact on customers 

due to the potential size of the generation element in the fee. Another drawback is 

that the generation element of the hook-up fee could vary depending on the 

resource acquisition cycle. The per kW cost of a base load generation unit is very 

different than a peaking unit so the period hook-up fee calculations could vary 
based on the next expected generation source. Staff Data request E M  4- 18 I asked 

for a hook-up fee for full costs of growth. We interpreted full costs to include 

generation and assumed the next unit of generation is a base load unit. Although 

retail competition exists in Arizona, utilities are the providers of last resort and 

therefore have responsibility to plan for and obtain adequate generation resources 

to meet that responsibility. Therefore, it may be appropriate to include the cost of 

generation in hook-up fees. 

Commissioner Mayes’ third question requested the impact of sample hook-up fees 

on the Company capital budget. As noted above, a $2,000 per customer hook-up 

fee would generate approximately $500 million after tax over a ten-year period. 

APS Witness Don Brandt notes in his Rebuttal Testimony that the non-generation 
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capital budget is approximately $8.6 billion over the next ten years. Finally, the 

letter asked about the issue of m a l  vs. subdivision development. We make no 

distinction in our rates or policies between rural and subdivision development, 

and in our service territory it often becomes difficult to distinguish between the 

two. Each has unique system planning and construction aspects. I believe it may 

be possible to distinguish between rural and subdivisions as far as hook-up fees 

but fkom a practical perspective, it may difficult to differentiate the two. For 

example, the local facilities cost for a subdivision in a rural area may be the same 

as an urban subdivision, but the backbone system improvements may be 

significantly more expensive. 

POWER SUPPLY ADJUSTMENT 

A P S  WITNESSES ROBINSON AND EWEN DISCUSS CHANGES TO THE 
POWER SUPPLY ADJUSTMENT MECHANISM. IFADOPTED, WOULD 
THESE CHANGES NECESSITATE MODIFICATIONS TO THE PLAN OF 
ADMINISTRATION? 
Yes. We have modified the currently approved PSA Plan of Administration 

(“POA”) to reflect proposed changes to the PSA. Attachment DJR-5 RB is a POA 

that encompasses the modifications to the PSA as proposed by APS and described 

in the testimony of A P S  Witness Robinson. Attachment DJR-6 RB is a Plan that 

reflects our understanding of the proposed PSA mechanism as described by Staff 

Witness John Antonuk and uses the assumptions regarding the proposal described 

by APS witnesses Don Robinson and Pete Ewen. 

JURISDICTIONAL CALCULATIONS 

WERE YOU RESPONSIBLE FOR JURISDICTIONAL ALLOCATIONS 
THAT ARE FOUND IN ATTACHMENTS TO THE REBUTTAL 
TESTIMONY OF OTHER A P S  WITNESSES? 

Yes. I am sponsoring the ACC jurisdictional columns on the Adjustments to 
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Schedules C- 1 and C-2 which are attached to A P S  Witness Froggatt's Rebuttal 

Testimony, as well as the ACC jurisdictional columns on the Adjustments to 

Schedules B-1, B-2, and B-3 which are attached to APS Witness Rockenberger's 

Rebuttal Testimony. These jurisdictional allocations have been calculated using 

the same factors that were used in APS' January 3 1,2006 filing and were 

presented in my Direct Testimony. 

CONCLUSIONS 

PLEASE SUMMARIZE THE CONCLUSIONS REACHED IN YOUR 
TESTIMONY. 
First, I note that the key issue of rate design changes is customer impact. While 

strictly adhering to cost of service principles for rate design may benefit one 

group of customers, it may negatively impact a larger group of customers. I do 

agree that the rate designs proposed by A P S  could be "fine tuned" by making 

some of the modifications such as collecting transmission costs through demand 

charges &om the largest customer. Cost of service is a valuable guide in rate 

design but it not the only factor to consider. Impacts on individual customer's 

bills should also be a significant consideration. Second, I believe that while hook- 

up fees .have fairly widespread usage by municipalities and small water 

companies, the tax consequences offset any advantages for taxable entities. This 

and several other aspects of hook-up fees can and should be addressed in the 

context of generic workshops involving all utilities 

DOES THIS CONCLUDE YOUR REBUTTAL TESTIMONY? 

Yes. 
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SERVICE SCHEDULE3 
CONDlTIONS GOVERNING EXTENSIONS OF 

ELECIlRIC DISTRIBUTION LXNES AND SERVICES 

Tbe following policy governs the extension Ofwerkead and underground electric facilities rated up to 
21kV tocustomerswhose requirancntSare deemed by Campanry tobe usual and reasonable in nature. 

DEFINlTI ONS 

a Backbone Ink&m&m means the electrical dktrktionEaCilities typically consisting of main 
thm-phasefaderlineb andlor cables, conduit dndbanks, manholes, switching cabinets and 
capacitorbanks. 

Conduit Only Designs mean a line exfension request w h e ~  the developer is only requesting the 
conduit layout and design to serve the project Locdt dis&iiution faditis such as transfoxmers 
and savi as will be installed at alater date when lot sales occur. 

b. 

e. Corpomte Business & Industrial Developments means atract of Iand which bas been divided into 
contiguous lots in which a developer offers i m p d  lots for sale and the purchaser of the lot is 
rcspnsiile for mmcfjtion afbnitdinp;s for . 1  and/or industrial use. Separate line 
extensions and equipment inmallations may be naxied to pmide senice to each permanent 
customer. 

d High Rise RsidenW meaos residential d t i - f h i l y  developments built with four or more 
floors, d y  using elevators hr aaxssing floors. 

e. Irrigation means watcr pumping service. Agdcultural pumping m c a ~ ~ ~  water pumping for i5u-m~ 
and fkm-related pumping nscd to gmw commercial a o p s  or crop-related activity. Non- 
agricuitural water pumping is pumping fir purposff othcr than the growing of commercial crops, 
such as golf course irrigation or municipal water web.  

f UaStaPianned Community Ddopment s  means developments that consist of a number of 
=Pw- parcels for diffeTtnt “Residential JhneImilder Suwivisions”. 
Devdopments may have a variety of usts including rcsidentjaI, ammend, ’ andpublicuse 
facilities. 

g. Mixed Use Residential Devehpmertts means buiidmgs that consist of both residential and 
commercial use, such as ahigh-xkc building wherc the i ist  level is fix commercial purposes and 
the upper floors an xe.sidenti8.L 

AC.C. No. rn 
canctling ACC. No. 3622 

Suvict Schaiuk 3 
Revision No. 9 

Effedive xxxx -& 2wx 
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sERvIcEscHEDuL;E3 
C O ~ ~ O N S  GOVERNING EXTENSIONS OF 

ELECIRIC DISTRJBUTION LWES AND SERVICES 
h CnstomHome'zotSale"Deveiopmentsmeansanytmctoftandthathas~ 

Fm applicant's estimated cost for a line extension 
First applicant allowance 
First applicant's advance 

applicant's estimated cost fos a latexal off the 

k Residenfial Single FamiIy means a h, or a mobile home pemanently afIixed to a lot or site. 

1. SystemImpronmentCostsmeansthemsisafsystemadditionsavcrandabovewhatisrequuad 
to serve the customer, where snch additions provide additional capacity for other arsbmers. 

$22,000 
s 5,000 
$17,000 

1.0 REsIDENElAL 

on@ extension 
sccond applicant's allowance 
Refimd to first applicant upon presentation of 
Advamc Certilicate and verification 

1.1.1 Residential wdensions will be made to new pc"nanent residentiat wbmcrs or 
groups of new permanent rwidcntiat customers. For pnrposes dthis section, a 

hoxnewillbecreditwfagainstthetotalconstructioncost,asdecerminedby 
Company. h y  additionai cost WiIlbe paidby the applicanf as a refidable 
adwm prior to Company extendiug W t i e s .  

"groupn shallbe defined as less thanfonrhoms. An allowance of $5,000 per 

s 3,000 
s 5.m 

s 2,000 

1.1.2 Where an advanceis reqwd,  Company will issue the applicant an Advance 
Certificate. E, within live (5 )  years ofissuang a lateral exknsion is made off 
the on& line extension, the applicant may present M e r  Advance 
Certificate to Company for a potential d u d .  Refunds will be issued when the 
Advaace W c a t e  is presented for payment and the connection of the 
s u b ~ a p p l i c a n t  hasbanvetiiiecl- In no event will refunds exceed the 
original advance. Refunds will be detamined as shown in the example: 

EXAMPLE: 

1.2 RESIDENTIAL HOMEBUILDER SUBDIVISIONS 

AC.C. No. xxxx 
Camding AC.C. No. 5611 

SmiccsrheQlk3 
Rnmicm No. 9 

m4vc: xxxx x, 200x 
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SERVICE SCHEDULE3 
CONDITIONS GOVERNING EXTENSIONS OF 

EIXCTRIC DISTRlBUTION LINES AND SERVXCES 
1.2.1 Extcmiim wili be made to nsidcntial Suwivisian devdopments dfour or 

numhomesinartvanrrofapplicationfwservicebypennaoentcnst~ 

Company, aperlot allowance ofS5,OOO may becredited against& total 
ctxlsm&Oll 

Anyadditional- ’011 cost in srccss ofthe pa lot aIlowanct willbe paid 
by applimnt as a ncm-rebndable comiMon in aid ofarnstructiOe 

pmvidedthe applignt(s) sign sand on^ Yfappmvedby 

dewmindby c!Qmply (mirms street light and system impmvement costs). 

A m ’  
which may include! a p p l i c a b l e ~ s y s t e m c w s t s  as 

1.2.2 

1 2 3  

1.2.4 

Campany reserves the right tope&xm afield audit as to thc number of 
penmanently wnneaed CUstDmefi within the development eighteen (18) 
months6romthecxtemon ’ agreement’sdondateandnqairesthe 
applicantto make amfmdable advance dthe tanstma ‘on costs less the 
appbble credit for the rmmber ofpermanen@ connected customers to date. 

Campany resemes the right to disallow the allowana dcollect  a N 1  advance 
ofthe constroction costs from the applicant based on the project scope, or 
location, or financial anrdition ofthe applicant, or where organizatonal 
~ u f t h e a p p ~ w m a n t s , a s d c t c r m i n a i b y ~ m p a n y .  Advancesare 
d .  to the rcfrmd pmvisionS in Section 4.2. 

l k  f b l l d g  provides examples of the application of the policy: 

EXAMPLE 1: 

The €allowing example illustrates a case in which the allowance is adequate to 
cwer the sabdivision’s umtmction costs. It is assumed tbat the applicant 
builds all of the brnes in the 18 month period. 

TotalAllowance 

EXGMPLE 2: 
Example #2 ill- a case in which the C o n  casts exceed the 
allowance and the applicant COmpIetes all homes in the subdivision The totaI 
construction cost exceeds the allowance by $150,000 and the applicant provides 
the non-refimdable c o n h i i o n  in aid of c~nshudion when the extension 
agreement is cxecutcd If the applicants completes all 100 homes within the 18 
month period after the wecution date of the extension agreement, no additional 
fundsarc a h c e d b y  the applicant. 

Total AUowance 

L AC.C. No. XIPX 
Canceling AC.C. No. 5622 

ScrvimScfrnlulc3 
Rcvirim No. 9 

IifEaiive: m x x K  2oox 
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CONDITZONS GOVERNING EXTENSIONS OF 
ELECTRIC DltsTRIBUTION LINES AND SERVXCES 

sERvIas&uLE3 

E s t i m a t e d c o ~ o n  
cost 
Numbcr ufHomes Planned 
PotentialAllowawx 

s6so,ooO 

100 
$500,000 

RdimdabIeAdVance 
Non Refrmdable I $150,000 
Contribution 
Assumcd Number of 
Completed Homes 
AUowance Credited (35 x 
SsooO) 
Potential Amount 
Remaining Eligible For 
Refund 

35 
$175,000 

$325,000 

Extensions will be made to residential "lot sale" custom home developments in advance 
af application for seMa by permanent customers, provided the applicant@) sign an 
extension agreement and make a refundable advance of the coIIsbDction cost associated 
with the installation of "backbone" iufmstmcture. The payment of the advance is due at 
the time the extension agreement is executed and subject to refund as specified in 
Section 4.1. 

1.3.1 Line extensions and/or equipment installations will be made for each 
permanent customer upon mpesc fix mk, and an allowance ofS5,OOO WiiI 
be credited against the construction cost for each installaton as determined by 
Company (minus SreeUight and system i m p m e n t s  costs). Any additional 
conmudon cost will be paid as a non-rcfimdable contribution in aid of 
constructjon 

ARIZONA PUBLIC SERVICE COMPANY AC.C. No. xxxx 
phoeari4Rritona Gnccling ACC. No. 5622 

servioc ScbeQIle 3 
Revision No. 9 

Effective: xxxxx. 200x 

Filed by: David J. Rum010 
Tic: Managa. Rcguldiffl and Ricing 
OrigirYr EffacriVe Dd+: Jmsnupy 3 1.1954 
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SERVICE SCHEDULE3 
CONDITIONS G0YER"G EXTENSIONS OF 

ELECTRIC DISTRJBUTION IJNES AND SERVICES 

rc/ 

1.4 

L 

1.3.3 Company will pmvlde %onduit onlf designs provided applicant makes anon- 
refrmdaMe contribrrtion in aid of 
esthatd cast of preparation, in addition to the costs for any materials, field 

'on in the amount equal to the 

swyandinspectionsthat~bereqrrired 

MASTEXpLA"Q)C O ~ D E V A X )  PMENT S 

1.4.1 Line wdensions aml equipment instahtion for badmom infrastructun to serve 
aMasterPlannedDevelopmentwiUbemadcin~ofapplicationfor 
suvia by permanent costomas. A per lot alIowance of $1,000 will be &ted 

-lightand system imprwnacnt costr). Any addit id cost wil l  be paid by 
applicant as a non-refundable conh i ion  at the time the extension agreement 
isexemted 

againstthebadcboneinfrastructnn cost as determinedby cQmpeny(minus 

Line extensions and equipment installations will be made for each residentd 
suwivision within the pIamed development in advance of application for 
semi= by permanent customers. The cost ofthe artensions and equipment 
installations &to pmvidc service will be used in determiningthe cost for 
the development A per lot allowance of S4,OOO wiIl be credited against the 
"subdivision" cost as determinwi by Company (minus 
impmvuncnt costs). Any additional cost will be paid as a non-rdundable 
contribution in aid of construction at the time the extension agreement is 
executed 

light and system 

1.4.2 Company reserves the right to disallow the d t  and collect a MI advance of 
thewnstrucn 'on costs frmn the applicant based on the projca scopc, or 
location, or financial condition of the applicaat, or where organizational 
structnreoflhe appricant warrants, as determinedby Company. Advances are 
subject to the refund pruvisions in Section 4.0. 

1.4.3 The residential exteLlSiOn examples pmvided in 1.2.4 wouldbe applicable to 
residential developments within a hbstfx Planned Community. E;bensions to 
multi-fkdy developments or commercial developments would be made in 
accordance with the applicable d o n s  of this Service Schedule. The 

ARIZONA PUBtlC SERVlCE C O W N  AC.C. No. xxxx 
t%aix,Ariuxla Canaling A.C.C. No. 5622 
F i i b y  thvidI.Rumalo Savice Schcdnlc 3 
Tie:  ~ r r m ~ ,  ~eguldicraurd  icing Revision No. 9 

ImCLiW! zux & 2Mlx Ori@ Eff..m Date Jamury 31,1954 
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SERYICE S&DULE3 
CO”IONS Go-G EXTENSIONS OF 

ELECTRIC DISTRIBUTION LINES AND SERVICES 
following example ibhates the policy application for the entin project 

Contn‘brrtion 

Esa‘matedSubdinisionCost 
Number afHomes 
TotalAUowana 
Non-Refundable 
Cmmibumn 

b w  

$6OO,OOO 
200 

$800,OOo 

so 

L 

EXAMPLE 4: 

Number ofHomes 
PotentialAllawance 
Number ofHomes 
PotentialAllawance 
RefmdableAhncc 
Non Refmdable I $1,500,000 

1.5.1 

1.5.2 

1.5-3 

ExtensionS wi l l  be made to multi-hnily aparbnent, condominim or 
townhouse developments in advana ofapplication for seMce by permanent 
costamers If ayproved by Company, a per amtpkted unit allowancz ofS1,MHl 
may be credited against the topal cmGmction axt, including any applicable 
ixxkbne- costs as detcrmineaby the company, (minlls street light 
and impmvement costs). Any additional cost will bc paid as a non- 
refundable cmtri ion in aid of amstnrction at the time the extension 
agreement is executed. 

Company resem the right to perform a field audit as to the number of 
permanently connected customers w i t h  the dewtopment eighteen (1 8) 
months from the extension agreement’s exeation date and require the 
applicant to make a ndimdable advance of the constmction costs Less the 
applicable crcdit for the number of permanently alIulccted customers to date 

Company reserves the right to disallow the credit and collect a fdl advance 
from the applicant based on the project scope, or location, or hancial 
condition, or where organhtional structure ofthe applicant warrants, as 
dettrmined by Company. Advances arc subject to the rcfhnd provisions in 
Section 4.0. 

1.6 HIGH RISE A.ND MIXED USE RESIDENTIAL DEVELOPMENTS 

1.6.1 Extensions will be made to high rise and mixed use developments where the 
residential units art privately owned and either individually metered or master 

L 
~~ ~ ~ 

ARIZONA PUBLIC SERVICE COMPANY 

Filrdby: DavidJ. I(lrmo(o 
Till=: Maruga. Rsyktjon md Pricing 
Original Effective D.re: Jsmrary 31,1954 

I%oaci&Amooa 
ACE. No. x)rxx 

cnnctlingAC.C. No. 3622 
saviccscbedul+3 

Rcvisim No. 9 
Eflktive: xxxx x, 2wx 
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SERVICE &ULE 3 
COlyDITIolvS GOVERNING EXTENSIONS OF 

ELECTRKC DISTRIBUTIONLDNES AND SERVICE3 
metered in accordance with Section 6.12.3. 

Am 
1.6.2 

1.6.3 

1.6.4 

2.0 PON-RESDDENTIAL 

2. I 

2.2 

2.3 

Gmedservicelinc Qdensionsandequipmentinstallatums . willbemadetoall 
appliants not mGeting the definition of Residential or as prodcd for in Section 2.4, or 
Section 3.0 ofthis !khcdde. G e n d  Sffvialine extensions and esUipment 
installations wiUbe madt on thebasis OfEconomic Fcasiity or on a rc~lutbasis as 
d e s u i i  in sccbion 2.2. "Eumomic Fcasiity", as used in this policy, shall mean a 
det ' t i o n b y C n m p a n y t h a t t h e ~  annual revenuebasedon campany's then 
currentfy effective rate for distn'bution sayicc (acldng taxes, ngulatory asses4nent 
and othcr ad@WzUs) less the cost afservicepruvides an adcqnak rate ofrebunon the 
innstment madc by Company to serve the customer. Extensions that an ecommically 
feasible as dtterminedby the revenuebasis as descnbedin Section 2.2 or by the 
economic feasibility analysis described in this d o n  are provided h e  to the customer. 
Extensionswillbeprwidedta custnmexsthatdo not meet the economic feasibility 
determination provided the CUstDmer signs au extension agreement and advances as 
muchufthemnshucb 'on cost andlor agree to pay a Etcifitieschargeto make the 
extension emnomically feasible. All costs are to be paid at the time the extension 
agrement is executed Advances are subjcct to the refand prwisianS of Section 4.0. 

Arcvenuebasis extension wil l  be made to customersorapplicantsexcept those specified 
in Sections 2.4,3.1,3.2, or 3.3, when the ex!wsion does not exceed atotd construction 
cost of S25,ooO. 

2.2.1 Such extension shall be fite to the customer where the atimated annual 
revenue based on Comparry's then aunntty eiktive rate far distribution 
sewice (duding taxes, regulatory assessrntnt and ather a c i . . ~ )  
muhipliedby six (6.0) is equal to or gmater than the total construction cost less 
nonrefundable customer contributions 

Company mcwes the right to collect a full advance from the applicant based on the 
project scope, or location, or financial condition, or where organhtional stmctm of the 
applicant wafiants, as determined by Company. Artvanws are subject to the refund 
prmisions in section 4.0. 

ARIZONA PUBLIC SERVICE COMPANY A.C.C. No. ;uxx 
FllomiK'4l+mlu canceling AC.C. NO. 5622 
Filed by: David J. Rum010 Service schaiulc 3 

=ion No. 9 
OrighulEffhDat+: Junmy3i ,  19S4 rndvc: xxxx x, zaox 
T I  Marager, RsguIatjon Md RiCing 
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coRpoRATEBUSINESS&INDusTRw, PARKDEVELO m 
Am 

2.4 L 

L 

2.4.1 Extensions will be made tobasiness and industnai . parkdevelopmentsin 
advancedappliwtionforservicebypamanmtastomm,pmvided 
applicant.(s) make a rcfundaMe advance dthe coDstmctiun cost associated with 
t h e i n s t a l I a t i o n d ~ " b a d r b w c " "  I. . . 

2.4.3 For extensions and equipment installations which maA the conditions specified 
in W o n  2.4.1, Company. after special strtlty and at its option, may install its 
-ties to cusbmas who do not satisfy the definition of economic feasibility 
as specified in Section 2.1. Such customers orappIkaa(s) rrmst sign an 
atensionagmment and advana as much of the CoostOJction cost andor pay a 
non-refundable conlribution (facilities charge) to make thc extension 
economically h i l e .  All costs are tobe paid ai thetime the extension 

4.1. 
agnement is extcLlted Advanctsare subject to refund as specified in section 

3.1 

3.2 

3-3 

IRRIGATION CUSTOMERS 

customers ra-phing constructian of electric Eicilities for service to agr idtural  inigation 
pumpingwill advance the total mmtruction cost at the time the extension advanais exemted 
Advances art subject to nfond as speuficd in Section 4.3. Non-agricultural irrigation pumping 
service to kpemanent customers will be extended as specdied in section 2. Non-agricultural 
irrigation pumping service to temporary or doubtful permanency customers wll be extended as 
specified in &on 3.2 or 3.3 MOW, as applicable. 

When a temporary mtter or c o d o n  is required to provide sed= to the customer, the 
~ I r l e r W  ' in advance of installation or construction 
equal to the costafinstalling and removing the facilities rtquired to furnish senice. less the 
salvagevaiueofsuchf8cilities. When the aseofscrvice is discontrnuai ' or agreement for service 
is terminated, Company may dismnntle its facilities and the materials and esuipment provided by 
companywiubesah?tgedandremaincompanyprope~. 

DOUBTFULPERMA" CY CUSTOMERS 

When, in the opinion of Company, perpamncy ofthe customefs residence or operation is 

ARIZONA PUBLIC SERVICE COMPAIVY ACC. No. xxxx 
phocnix.Arimoll canctling AC.C. No. 5622 

serviu schafulc 3 
Ti= MltnagU, Regulation dlld Pricing Revision No. 9 
Original Effsdivc Datc: Jmmy 31,1954 E f f d v c :  aorx x, 2OOx 

Fdcd by: David J. Rum010 
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doubtfuzthecustomawillbenqairedtDadvancetbetotalarnstrudl 'oncost Arhanccsart L 

L 

L 

subject to mifund as spadied in section 4.4. 

4.0 REFCTNDS 

4.1 ECONOMIC F E ~ l L I " I Y  BASIS REFUND S 

4.2 RESIDEN?XAL HOMEBUILDER SUf3DMSIONS 

Customer advances wer $50.00 are subjectto refund based onthe number of pcrmanentiy 
CDnntCted customers during the five. year refMd period mmmurcing on the extension 
agreement's execution date. At the end of this total five ycar refund period, any advance not 
refnndtd shall h m e  a nonrefundable contribution in aid of mnstnrction. 

4.3 REFUNDS FOR EXTE NSIONS TO IRRIGATION CUSTOMERS 

Customer amadces WCT $50.00 are subject to refund of twenty-fivc (25) perant afthe annnal 
accumulation of twelve (12) monthly bills bascd on compang's then currently effecfive rate for 
distriion service (excluding taxes, regulatory assessment and other adjustments) in excess of 
the anrmal minimum bill, for service to rhe inigation pnmp specified in the agreement for the 
extension being s w e y d ,  commencing with the date of signing the agreement. In no event shall 
the amount of any refund exceed the amount originally ahncer l  

4.4 REFUNDS TO Ct.JSTOMfBS OF DOUBTFUL PERMANENCY 

Customer adsmccs m r  $50.00 ~IE subject to full or partial bascd on the Economic Feasibility 
Basis as specs& in section 3.3. In no event shail the refbnd exceed twenty-five (25) perant of 
the annllal accumulation of twelve (12) monthfy bills based OR ComPany's rben currently 
efkctive rate for distribution service (excluding taxes, rcgulatoxy assessment and other 
adjustments) in excess of the annual minimum bill for the customer SpeCEtied in the extension 
agreement. In no cvent shall the amount of ;nry refund exceed the amaunt or@nally advan& 

4.5. GENERAL REFUND CONDITIONS 

4.5.1 Customer advances ofSM.00 or less art not subject to refund. 

4.5.2 No refUnd will be made to any customer for an amount more than the uxmfhded 
balance of the custome?s advance. 

ARIZONAPUBUC SERVICE COMPANY AC.C. No. xxrx 
~ A r i z o m  crmaliag AC.C. No. 5622 
Filed by: David J. Rumolo S d c t  S c k d u k  3 
Title: Mmagcr, Rcgulrdion ad Pricing R&m No. 9 
Origki Effcdiw Date: Jamiuy 3 1,1954 Effcdivc: ,uxx x. 2M)x 
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ELECTRIC DISTRLBUTION LTNES AND SERVICES 

SERWcESCQLEDuLE3 Am 
4.5.3 Anyunrefundwi advancebalance shall become Mmrcfandable five (5) yearsfiumthe 

execution or the effective date dthc agreanent 

4.5.4 companYresesves the right to withhold rcfnndsto anyarstomeror devtlopa who is 
cidiqmton any acc~mf agreement, or hoke  and apply these refund amounts to 
pastdllcbills. 

5.0 UNDERGROUND CONSTRUCTION 

5.1 GENERAC u”D CONSTRUCTiON POLICY - With rtspect to a l l  underground 
insaMiOm company may install ll&qmmdfacilities only ifall of the following i ti om 

5.1.1 The extension meets f k a s i i  requirnaents as specrfied in Sections 1.0, 2.0, 
or 3.0. 

5.1.2 The cllstomer or epplican(s) provides aU earthwork in- but not limited 
to, trenching, boring or puuchmg compaction, and surface restoration 
in accordana with company sped6catioKts. 

5.1.3 The customer or appkant(s) provides installation of equipment pads, puU- 
boxes, manholes, andconduitsasrequiredinaccordana with Company 
SpCClfiCitiOIIS. 

5.1.4 In lieu of customer or applicani(s) providing these Services and equipment, the 
company may provide and the customer or applicant(s) willmakea ’ 

non-rdundable contribalion equal to the cost of such work plus any 
-ve or inspedion fees incarred by Compauy. customers or 
applicants eleaingthis option willbe *to sign an agreement 
indemnifying and holding APS harmless against claims, liabilities, losses or 
damage (Claims) asserted by a person or entity dher than APS’ contractors, 
which Claims arke out ofthe hmching and conduit placemenf prwided the 
claims are not attributable to APS’ gross negligena or intentionat misu~nduct. 

. .  

5.2 Where it is determined that three phase service is required to serve the customer, 
customer may be required to make a nanrefUndable contribution for excess service 
footage required by the customer equal to the inmased &mated cost of installed 
service tines over what would be requkd with a maximum 40-foot sMce at 480 volts 
and 20-foot seMa at 120/208 or 240 volts. 

6.0 GENERAL CONDITIONS 

6.1 VOLTAGE 

The extension will be designed and constructed for operation at standard voltages used by 
Company in the area in which the extension is located Company may deliver service for speaal 
applicatict~~ of higher voltages wtth prior apprwal fiom Company’s Engineering Department 
and in accordance w d ~  this ScheduIe. 

6.2 POINT OF DELNERY 

ARIZONA PUBLIC SERVICE COMPANY ACC. No. xxxx 
PhocnihArisma Cancel& A C C  No. 5621 

savice Schcdulc 3 
Title: Manager. RcguIatia~ d Pricing Revision No. 9 

EBoctivc: m x, 2oox 

Fiiedby David J. Rmnola 

0rigbralEBstivsI)rdC: Jan~ary31,1954 
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6.2.1 For overhead SerYice, the point ddclrverg shall be wbert Company's &ce condadors L 

L 

L 

6.3 

6.4 

6.5 

6.6 

6.7 

terminate ai the customer's wtathcrbcad or bus riser. 

THREEPHASE 

E;dtnsionsfor thretphasc sexvice can be made underthis extensionpoiicy where the customer 
has hstakd nrajor three phase equipment hhtors with a name-plate rating of ?-la HP or more 
orsingleairconditioningtmitsaf6tonsormorcorw~totalhorsepowerof~mMectedthree 
pbase motors exceeds 12 HP or total load exceedmg 100 kVA demand sttall sualify for three 
phase. Iftbc stimated Ioad is less than thcabwe horsqxmwor comxted kVA specifications. 
Company may, at its option and when questedbythe customer, serve three phaseand require a 
nonrefrmdaMe contribution equal to the di&rencc in cost betwecn single phasc and three phase 
constroction, bot in no case less than S100. 

AU suioiblc easements or rights-of-way requid by Company for any portion ofthe extension 
which is either on praniseS owned, leased or otherwise controlled by the customer or developer, 
or other property rcquutd for the extension, W be hmishcd in Company's nameby the 
customer without md to or condemnation by Company and in msonabie time to meet proposed 
-req- . All easements or rights-of-way obtained on behalf of Company shall 
contain such terms and conditions as are acceptable tu Company. 

GRADE MODPICAIIONS 

If subsequent to construction of electric dktxibution lines and services, the final grade established 
by the customer or developer is cbanged in such a way as to require relocation of Company 
Eicilities or the customer's actions or those of his contractor &ts in damage to such facilities, 
the cost a f r e l d o n  andlor resulting npairs shall be borne by customer or developer. 

OWNERSHIP 

Except for customerowned facilities, all electric facil&es, including that for which curtomers 
have made ;tdvaMxs and/or contributions, wil l  be owned, operated and maintained by Company. 

MEASUREMENT AND LOCATION 

6.7.1 Measurement must be along the proposed route ofarnstrucfion 

6.7.2 Commction will be on public streets, roadways, highways. or easements acceptable to 
Company. 

AC.C. No. xxxx 
CHIOeling ACC. No. 5622 

sm-oc schsdule 3 
R&w No. 9 

Etfodin: 'xu% q zwx 
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6.7.3 The ezmsion must be a branch from. the contirmation4 or an addition to, one& I. company's eJristing d k t r i i o n  lines. 

bu 

L 

6.8 UNU!XJAL CIRCUMSTANCES 

Inurmsual. 
policy appear impractical. or incase dcxtendon of lines to be operated onvoltags other than 
specified in tbe appficablerate schedule. or when cllstrmLer'sestima;t#lload will cxcecd 3,000 
kW, Company willmake a special study ofthe conditions to demminetbtbasis on which service 

for in Section 1.1 of company's Schedule 1, Terms and conditions for Standard OfferaodDirect 
AcassSewice. 

asdetermrned . by Company, when the application and provisions of this 

maybe provided. Additionaliy, company may require SpedaI centrad arrangements as provided 

6.9 NON-STANDARD CONSTRUCIIOON 

companp's construction practices employ mnttmpoary methods and equipment and meet 
current induarg standards. Whtre edtnsions o f e l d c  faciIitie require constnmction that is in 
anyway~OnStandard,asde' * lby  C o w ,  or ifunusnal obstmctians an encbuntered, the 
custcnner will make a non-rcfnn&ble contriion equal to the Wemix in cost betwcen 
st;mdard a d  non-standard 'on, in addition to other applicable costs involved. 

6.10 ABNORMALLO ADS 

Company, at its option, may make exteasions to sene certain abnormal lcads (such as: 
tm&xmer-type welders. x-ray machines, wind machines, ex- mpaciiy for test purposes and 
1 O d S d l I I l ~ -  ' . ), provided the costomn makes a nonrefundable contzibution 
equal to the total cost of swh extension, including tra&ormers. 

6.1 1 RELOCATIONS AND/OR CONVERSIONS 

6.1 1.1 Company will relocate or m e a  its facilities for the customer's convenience or 
M c s ,  providing the customer makes a nonrefundable contriiution equal to the total 
cost of daation or cOwcrSiOa 

6.1 1.2 When the docation of Company facilities invofve "prior rights" conditions, the 
cnstomer will be required to make a non-refUadeble contribution equal to the total cost 
of relocation. 

6.1 1.3 When the relocation or conversion is in conjunction with added mvenue, as determined 
by Company and is wt for the customer's conveni- or aesthetics, then the relocation 
or muversion costs plus the costs to sewe willbc used to determine the customas 
advance on the basis spenfied in Seaion 2.0 or 3.0. 

6.12 MASTERMETERING 

6.12.1 Mobile Home Parks - Company shall refuse seivice to all new colyisllction and/or 
expansion of existing permanent residential mobile home parks unless the construction 
and/or expansion is individually metered by Compaoy. 

6.12.2 Residential Apartment Com~lexes. Condominiums - Company shall refuse seMce to a l l  
new co&m& 'on of apax?ment complexts and condominiums which arc master metered 

AC.C No. xxxx 
i h d n g A C . C .  No. 5622 

savicc  le 3 
R&m No. 9 

Effective: xml; 2Wx 



6.12.3.2 €bp&&ty ‘ and methodology far determining each unit’s e ~ r g y  billing 
shallbe clearly speCi6iedintheoriginal b y h  ofthe homeowners associati 0% 
a copy of which must be provided to Colopaoy prior to Company prwiding the 
initial extension 

6.12.4 Company will convert its E+15Wes Ihm nrasler m e t e d  system to a permanent 
individually mctendsystematthecustamer‘s nqoestprwidedthecustomermakes a 
n<mrefondable contribution qual to the xsiduaI value plus the rwMNal costs less 
salvage ofthe master meter fkditics tobc r e m 4  The newhcilit~cs to m e  the 
rndnndaalmeterswill beextended on the basis specified in Section 1. Applicant is 
responsible for alI cosb; related to the instattation of new service entrance equipment. 

. . -  

L 

b. 

6.13 CKAN GE IN CXJSTOMERS SERMCE RE(?- S 

Company wi l l  rebuild or mamp existing facilities to meet the customefs added load or change 
inservia- on the basis spcdicd in W o n  2.0 OT 3.0. 

6.14 STUDY AND DESIGN DEPOSlT 

Any applicant requesting Company to prepare specral studies or detailed plans, spciiications, or 
mstestimates maybe requiredto deposit withCompauyan amount quai to the estimatedaxt of 
preparation Where the applicant authorizes Company to proceed with construction of the 
~ n s i 0 4  the deposit shall bc d t e d  to the cost of mnsuuction, othemke the deposit shall be 
wnrefimdable. Company will prepare, without charge, a prelirmnary sketch and rough estimate 
of the cost to be paid by the customer for a line extension upon q u c s  

6.15 CuSToMERC ONSTRUCTION OF COMPANY DISTEUBUTION FAClLEES 

The customer may provide construction related services, e.g. engineering, survey, materials 
d o r  labor, assoGiated with ncw d i s t r i i o n  kiiities to serve the custom& new or added load, 
provided the custcrmer meets d of the set forth by Company. AU work a d o r  
materials provided by the customer shall comply with Company standards in ef€“ at the time of 
construction Thc customer shall receive written approval h m  Campany prior to performing 
any construction nlatcd services. Company wiU pedbnn an Economic Feasibility AIY&~S prior 
to the apprwal of any proposed customer pmvided construction to en6ure the proposed scope of 
work results in m d  benefits to the customer and Company. 

AarZoNA PUBLIC SERvlCE COMPANY ACC. No. xxxx 
PbxallXArizan CSnahg .kC.C. No. 5622 

spvice Schahlc 3 
Tffle: M m w ,  ~gul.tion MCI pncing Rcvis~on No. 9 
OriW ESdvc  Date: J.rmny 31.1954 E f f d v c :  xoax.2Mlx 

F W  by: M d  J. Ilvmolo 
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I 6.16 

6.17 

6.18 

6.19 

OF DLsmJTES 

INTEREST 

EXTENSION AGREEMENTS 

All line extensions or equipment upgrades rapiring paymmtby the costomcr shall be in w-riting 
and signed by both the customer a d  Company. 

ADDlTIONAL PRlMARY FEED 

When specifically requestedbytheaxstomer to pmi& an altemzik pn’mary fixd (excluding 
txansfamation). CompanywiIlpcrformaspecialstndytodetcrminethereqmst’sfeasibiIity and 
the castomer may be nquired to pay a noncefimdablr: contribution in aid d construction for the 
added cast as well as the applicable rate for the additional feed reqaested. 

L ARIZONA PUBLIC SERVICE COMPANY A.C.C. No. xxxx 
Fmnix,Amom Canrling ACC. No. 5622 

spyice SdnYJUle 3 
Tdla: M a n a g c r , ~ m a n d P r i c i n g  RcvisionNo. 9 

Etfiriive: xxacx, 7.00% aitr;l.r E&rlive Date: Jarm~ry 3 1.1954 

Filed by: David J. Rum010 
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ai' ' Am 

RsiimdatdeAdvance 
Non Rcfimdablc 1 Sl50.000 

applicant(s) waranls, as dctcmined by Company. Advanm w subject to refund 
as specified in Section 42. 

I 
I 

ARIZONA PUBUC SERVICE COMPANY 
P b a n i r  Arimna 
Red by: David J. h m d o  
Title: M . n a e u ,  Rrgulmm and Ricing 
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Ex~a~ionsvnll kmacktomastrrplmmcd conunmly dcvclopncn~ m ndvana of 
appkamn for m c e  by pcmrpncnt mums, pmvldcd the appliCam(s) up an exms~on 
agrcmmt and maLt a refundable advlmcc ofthe cons&uuion cwt assoasrcd wtb thc 
rnrrallanon of'*e" in6- 

L 
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ftaslblc. All cnsu me to ‘be rmd at rhe tune l e  e\icnsion aerccmrnt 15 rxrmtcd 
Advdncs arc !abJcato r c l w  as spccaw m sccwn 4 I 

A? 
I L 
I 3.11 OTHERCONDmONS 

I 

L 

4 2  ENTIAL HOMEBUILDER SUBDIVIS!QNZ 

Customer advances over $50.00 arc subpt to rcfund based on the n& of pamanmdy rn-d 
Nstomns e the five year miimd pamd wmmencurg on IIIC exmion agmaient’s cxccubon 
date. At thc end of ths murl five year refund pmod. any advanrr not refunded shall beaffoc a 
nomehmdablc r n n t n b m  m 4 of cunsuucaon 

RE FUNDS FOR EXTENSIONS TO IRRIGATION CUSTOMEQ 4 3  

Page 8 of 13 
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4 3  GENERALREFUNDC ONDITIONS 

4 5 1 

4 5 2 

Customer advanccs ofS50.W or I s s  arc not SII~JCU to refund 

No refunddl be madc fomy Nstoma bran amolrmmorebn tk mfundcd balane of 
tfKcunomdsadvancc 

b y  mncfimdd advata MIUICC shall become nonniimdable five ( 5 )  yean fiom mt 
~ x . c a m n  or the cficc~~vc date of thc agcerncnt 

Company resaves the nghr to wmhoid rcfimds to any customs or developer who IS 
delmquznt on any sccow agrement. or mvoioc and apply these refimd 8m~ms to past due 
bllls 

IJN DERGROUND C ONSTRUCTION 

5 1 

4 5 3 

4 5 4 

I s o  

GENERAL UNDERGROUND CONSTRUCTTO N wrry - W i h  respcu to all underground 
mstal~aoons. Co@vly may d l  urrdergrclmd facilitla only if all oftbe followmg ccnhnoar art 
met 

.. . . . . . . . . . . . . . . . . . . . . . , .._ . . . . . . . . . . . . . . . . {. Meted: 1 
5.1.3 Thc aLslomu or ap~licant(s) provides jmtal~ation ofcquipmcni pads, ~UII-~OXCS. 

rnmholcs. and conduits IIS required in accordance with cmpany speaficsdons. 

J 

5.1.4 In lieu of customer or applican@) providing thcsc saviccs and cquipmcnt. tbc 
company may provide and the aistDmcr or applicant(s) will make a non-refundable 
contribution qual  to tbc COS! ofsuch wrk plus any administrarivc or inspection 
fccs incurred by Company. Customers or applicantr elating this option will be 
rcqumd to sign an agr-t indamifyrng and holding AF'S harmless against 
claims. liabilities, lows or damage (Claims) ascrtcd by B p s o u  or entity ofha 

ARZONA PUBLIC SERVKE COMPANY 
Phomiq M m  

Yidc: Manrgp, kguluiar md Ricin8 

A.C.C. No. am 
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6. I 

6.2 

6.3 

6.4 

POW OF DELIVERY 

6.2.2 For undcrgrod Wsvice, thc point ofdclivay zhall be *re Company3 scrvict 
conductors tcrrninare m rhc astoma‘s or development’s smia equipment. The 
customer shall fhish, install and maintain any risen, raceways and/or termination 
cabine~ mcesary for the installation of Company’s underground Wce condupors. 

6.2.3 For Special applications where service is provided al voltags higher than thc ~ t ~ d 8 t - d  
volmgcs spccikd m the Eiccolc Sewice Rcquimcns Manual. APS aud customer shall 
mutually ngrcs upon the dcsipated point of dclivay. 

MREE PHASE 

k w i o n s  for thrrc phase smricc can k madc undcr this extension policy wbc~c the custom has 
installed major three phase Csuipmmt Motors wilh a aame-plate rating of 7-1R HP or more or single 
air conditionins unirs of 6  to^ or mm or whcrr total horwpowa of all mnnuxed thnt phase motors 
e x a d s  12 HP or total load exceding 100 W A  danand shall qualie for thnr phasc. If tk 
estLnartd load is less than h e  above horsepower or connected W A  specifications. Company may, at 
iis cpron and whm requcstcd by mC m, m e  thrs phaw and require a nonrcfundablc 
wnrributioaequaltothediff-incostbenvccnslngicphascandduEtphascconshuctioqburin 
JFJ- E?! !.e than31 m:- -!Dcl&t=kT 

;7 1 
EASEMENTS 

All Suitable casancm or rights-of-way n y k d  by Company for any ponion of me extension which 
is tither on prcmiscs owned. le& or olhawise w ~ l l c d  by thc customer or developer. or otha 
ppaty quiccd for tbc extensic% shail be finnished in Company’s name by tk cu~omcr uithout 
cost to or condemnation by Company and in reasonable time m mect proposed scrvict requircmmts. 
A11 caymtnts or righwf-way obtained on behalf of Company shall ccmtain N& terms and 
ccnditions as arc acocprable to Campany. 
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6.5 

I 
6.6 

6.7 

6.8 

1 

6.9 

6.10 

6.11 

GRADE MODIFICATIONS 

If Nbscquaa to coamuctioll of elecPic ciisniidcm lk and mhs, drc final gradc csmblishcd by 
the automcr or dcvclopcr is chanpl in such away 8s to require do&on of Company tsGilitits or 
mC v m d s  adions or those ofhis mnbzctorrrsults indamage to siu% facilities. b e  cost of 
relocation a d o r  resulting repairs shall k bomc by customer,or. M o p e r .  . . . . . . . . . ' .  Ddete&Cnaanu 

Except for curtomr-owncd f n d i i  aU ckctric facilhk, iaduding that for v h i &  ~ ~ ~ o m n s  bavt 
madeaivamxsdorcon~w3lbeowacd.opcrstedand ' ' ' xi bycompany. 

URJMEh'T AND LOCATION 

6.7.1 

6.7.2 

6.7.3 

Mcaarraaent must be dong th: proposed route of rnndruction. 

Conshuction will be on public streets, roadwdys. highways or eaxmcnts accqtablc to Compauy. 

Tbecxunsiou murtbc abrtmcb ktq thc continrntionof, or an additionto, one of 
Company's eristing distnitiion lines. 

UNUSUAL CIRCUMSTANCES 

In unusual cirarmstancts as dctcrmincd by Company, when !he application and providons of this 
policy appcar intpmdcal, or in easc of WNpSion of lincs to be opaatcd on voltaga other t j ~ ~  

Company will make a special study ofthe mndizions to dctaminc the basis on which service may be 
provided. AdditiodIy, Company may require special contrad anangemenis LLF provided for in 
W o n  1.1 of Company's Schcdule 1. Tams and CoDditiars for Standard Offa and Dirtct A u x g  
scrvicc. 

NON-STANDARD CONSTRUCTION 

r rpcnficd in the applicable ratc schedule, or WfKn cusmmdg&ap@ load wii! q@$,O,@.tW,. . . , :, w.tad: Cudmldr 

Company's mnmuction @as anploy mntanporary methods and equipment and mrzt a p r e ~ ~  

iadusny standardr whcrc cxtrnsions of dcchic facilities rcquirC cons!~~mon mat is in any way 
nonstandard. as dcrnmined by Company. or if musual obmucdons an cnm&.thc CwDmer 

non-standard c o d o n ,  in addition 10 0th applicable msn involved 

ABNORMAL LOADS 

Company, at its option, may makc atensions to save mtain a b n d  loads (such 85: 
~ f o r m e r - t y p c  wcldas, x-ray machines, wind machines. excess capacity for test purposes and lo& 
ofunusual charadcns ' 'a). provided the cust~mcr rnakcs a nonrefundable mntribution equal to the 
total cost of such cxtmsion, including trawformm. 

makc a =-ifM!4.G?!!m!!i?.%* .!!? *. difwF? i? Fqa.k*.m-*d.and _ _  , . , . -[Dektsd: 

RELOCATIONS AND/OR C O N V E W ~  

6.1 I .  1 Company will relocau or wnvclt is facilities for rbc customds convenience or acnhctics, 
providing rbe customer makes a nonrefundable con&fbrdion equal to b e  total cost of 
TClOCdOIl OT KlIW&OIl. 

AC.C. No. ~ulx  

Crncdmg AC.C. No. 5612 
S m i a  Sdrsdvk 3 

Rnidcn No. 9 
Effadve: ma% 2wx 
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C T R I m  

6.1 1.2 Whcn lk relocation of Comprmy facilities involve “par rigM" conditions, thc customs 
will be requid m d u  a m m f m & b l e  cout&utiion qual to the total 00s ofdocation. 

When mtrelocation or mnvcnion is in mnjmction with adhdrevenue, a0 I' * ' xtby 
Conrplmy and is not for& e s  wnvmicnceor acsthaicp, U~enttv rclLxationor 
conversion costs ~ I U S  rhc costs to XNC will be w d  to detcrminc tk ar~omds advance on 

6.11.3 

mc basis SpuZifitd in SectiDn 2.00s 3 . g  

6.12 MASTER METEIUNCi 

6.12.1 Mobile How Rdcs - Company shall nfusc service to all new c o m d o n  d o r  
expansion of exisbg permaDcnt midentid mobile home park unless the ConStNctjon 
and/or expansion is individually metered by Company. 

&sidcntial Auartmcnt comdnrcs. Condominiums -Company shall refuse service to dl 
new consbudon of apartment complexes and condominiums *& arc master mdcrrd 
unless tk builder or &dopa can demonSrate hat the innaltarion meek thc provkbns 
of R14-2-20s of tbc Corporation Commission's Rula and Reguletioas or the 

CardNursing centers registered With th State of Arizona with dependat living onits 
wbjch provide packaged sa+- such as hotrsing, h d ,  and nuning care. 

6.12.2 

rcsuircrnmu discussed in 6.12.3 below. This section is not qplicllbie ta Smior .. 

6.12.3 Multi-Unit Residmtial DeVclorrmcn& - Company will allow mctcring for 
rcsidurlid units where the residcntinl units are pnvatcly ownc4pvided *. b$d@g will 
be scrvcd by a centralized bearing ventilarion and/or air conditioning synem, and each 
residential unit shall be individuslly sub-mctaed and respaptible for energy consumption 
of that unit. 

6.12.3.1 Sub-metuing shall be provided and maintained by the builder or homm- 
association. 

6.12.3.2 Rcspollsibility and methodology for detCrmining each unic's olcrgy billing shall 
be dearly specified in the original bylaws of tk homeowners asociation, R copy 
of which must be provided to Company prior to Company providing thc initial 
extension. 

Compaay will con- its facilities h r n  master mrmd systan to a pcnmcmt individuaily - 
rnctxmd system at the atornet's qxst pro- the customer malrts a nonrchndabie amibrrtiOn 
qual lo the residual value plus tbc removal cmts less salvage of the master me= fadlitis to bc 
nmovcd. The new facilities 10 serve the individual MW will bepx&nd$ on the 
Section 1. A p n l i m l  is rssnonsiblc for all cosLs related lo tbc ins~allaion ofnnv service smanu: 
equrmncni. 

m N G E  IN CUSTOME R'S SERVICE REOUIREMENTS 

Company will rebuild or r m p  
wrvice requiremts on the basis specified in Section 24  or 3.0. 

.spcdficd in., . 

6.13 

facilities to meet the customds added load or change in 

6.14 STUDY AND DESlG N DEWStl 

Any applicant requesting Company to prcpan spccial d i e s  or demied plans. spcufications. or mst 

hRlZON.4 PUBUC SERVICE COMPANY ACC. No. xm 
Bo&& Arimn. Cn&gAC.C. No. 5623 

saviee s* 3 
Ti*. Mnnqu,  Rquldou iad pricins RNisica tin. 9 

Effdvs:  m x  2m 

Filed by: David 1. Kumolo 

0riS;d UTcstinDau: Januuy31, 1954 
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6.15 

6.16 

6.17 

6.18 

6.19 

EXTENSION AGREEMEh'TS 

ARIZONA PUBLIC SERVICE COMPANY 
P h o m l ~  Anmrv 

A.C.C. No. ma 
cmsclin8 A.C.C. Na. 56U 

ssvicc sfbedule 3 
Revidoa Na. 9 

E&aive x m ~  1DOx 

FiM by: Lhvid 1. R u m l o  
T i k  bhxgb. RcpLriOa and Ruing 
Olipnd ESauve me: January 31. 1954 
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REslDENTIAL SERVICE 
INTERIMCLASSICRATE 

RATE ScaED&E10 

AVAILABILITY 
L. 

May-octobaBillingcyCleS 
(SllmIIKl) 

$0.09205 per kwh for thc fim 400 k m  plus 
$0.12607 per kwh for the next 400 kWh, plus 

50.12966 per kwh for all additional kWh 

L 

Nwemba - April Billing cycks 
~ ~ e r )  

$0.09501 per kWh 

APPLICATION 

AdditiOnay., this rate schedule is applicabredy to thosccust~bcingservcdon the Coqauy'sRate Schedule 
E-10 prior to Decex&x 6,1991. 

This rate schedule is not applicable to breakdown, standby, supplemenotl or d e  Senice. 

UBA 

The cus!.omeis bill SW be computed at the Mowing  rates, plus any adjustments incarpo~ed in this schedule: 

ShlldaRi of&rservice 

Basicsnvicc charge: S 0.253 perday 

Brindled Standard O E r  Servia wlLsists afthe following Unbnndled Components: 

Basic Senice Charge: $ 0.056 perday 

AC.C. No. X X X X  
CmxxhgAC.C No. 5S28 

RAO scbs~lle m a  
R& No. XX 
Effedjve: xxxx 
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RESIDENTLhL SERMClE 
RATE s m h  E10 Am INTERIM CLASSIC RATE 

RATES korlt~ 
L 

r 
May-OctoberBilbgCycles November-A@BWgCydes 

(SUmma) (winter) 
$0.05255 per kWh for the first 400 kW4 plus 
$0.08657 per kwh for the next 400 kWh, plus 

$0.09016 m kWh fw all additional kWh 
$0.05551 pakwh 

Billing $0.062 perday 

Transminioncharge: $0.00476 perkwh 

Delivery Charge: $0.03288 perkwh 

L 
DIRECT ACCESS 

The bill for Direct Acccss customns will consist of the Unbundlal Components Basic Scnice Cbarge, the 
System d Charge, and the Delivery charge, plus any applicabk adjustamts incoqmatcd in this 

. -0% andrevenue cycle schedde. Dinct Access customers must aCqaire and pay fbr ~ ~ 0 4  1 
serpioes fmm a competitive tbirdparty snpplia. If my revenue cycle savi= are not a M i l a b l e h  a 
thirrIparty supplier and most be obtained h m  the Cornparry, theunbundled Compooents Revenue cycie 
Service Cbarga will be a p p k d  to the customtr’s bill. 

ADJUSTMENTS 

I. The E ~ w i ~ n d  Portfolia Surcharge shall be applied to every nbil electric stryiCt as sei forth in 
the Company’s Rate Schedule EPS- 1. 

2. The bill is subject to the Power Supply Adjusbnent factor as set forth in tbe Company’s Rate Schtdule 
PSA-1 pussnant to Aritona Corporation Commission Decision No. 67744. 

3, Th bill is snbjeft to the Transmisson Cost Adjmment factor as set forth in the Campany’s Rate 
Schedule TCA-1 pursuant to Arizona Corporation Commission Decision No. 67744. 

4. The bill is subject to the Cumpetition Rules Compliance Charge as set forth in the Compgny’s Rate 
Schedule CRCC-I pnrsuant to Arizona Corpomtirm Commission Decision No. 67744. 
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RATE SCHEDULE E10 
RESIDENTIAL SERVICE 

INTERLM CLASSIC RATE 

6. The bill is subject tow Demand Side Management Adjmlmcntchargeas sethrhinthc company‘s 
Rate Schedule DSMAC-1 pmsuant to Arizona Corporation Commissian Decision No. 67744. 

7. Thebill is subject to the applicable praportionate part ofany taxes or -,way 
which are or may in the fatnn beagffad on the basis of- revenues of APS and/or the pna or 
nvermcfmmtbe eIectrk energy or Service sold and/or the volume ofenergygcnq@d or purcbas#l 
fior sale and/or soki hcmmkr. 

Any applicable contractperioa will bc sct forth in APS’  standard agreema fix ScNice. 

.4c.c. No. XMDL 
C%QX~E L.C.C. No. 5S28 

Rrle Schedule E10 
RqvisiOn No. XX 

Effdvec: XXXX 
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APS Proposed Power Supply Adjustment Plan of Administration 
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APS Proposed Power Suaalv Adiustment Plan of Administration 

General Description 

The purpose of the Power Supply Adjustment (“PSA”) is to track changes in Arizona 
Public Service Company’s (“APS’) cost of obtaining power supplies. This is done by 
making an annual adjustment to the cost of fuel and purchased power embedded in APS’ 
base rates. The PSA applies to all fuel and purchased power costs incurred on or after 
April 1, 2005. The costdsavings are shared on a 90 percent customer/lO percent A P S  
basis (“90/10 Sharing”). The PSA currently has five different accounts: 1) an Annual 
Tracking Account, 2) an Annual Adjustor Account, 3) a Paragraph 19(d) Balancing 
Account, 4) a Surcharge Account for any surcharge approved by the Arizona Corporation 
Commission (“Commission”) and if applicable 5) a Interim Adjustor Account for any 
approved Interim Adjustor rate. 

Entries are made each month into the Annual Tracking Account. These entries reflect 90 
percent of the difference between incurred fuel and purchased power costs and the sum of 
costs collected through the base cost of fie1 and purchased power rate ( $ O . O x X X X X  
established in Decision No. xXXXX). 

The results of the PSA are applied to customer bills through the Adjustor Rate. The 
Adjustor Rate is applicable to APS’ retail electric rate schedules (with the exception of 
Solar-1, Solar-2, SP-1, E-3, E-4, E-36, Direct Access service and any other rate that is 
exempt from the PSA) and is adjusted annually. It is applied to the customer’s bill as a 
monthly kilowatt-hour (“kWh”) charge that is the same for all customer classes. The 
Adjustor Rate must remain within a plus or minus $0.004 per kWh annual bandwidth that 
limits the amount it can increase or decrease in a year. Examples of applying the two 
bandwidths are as follows: 

1. Assume that the Adjustor Rate was set at negative $0.002 per 
kWh. The following year, the calculation of the new Adjustor 
Rate would indicate a new rate of positive $0.003 per kWh. 
However, since that rate would constitute a change of $0.005 from 
the prior year’s Adjustor Rate, the new Adjustor Rate would be set 
at $0.002 per kWh. That new rate would meet the limit of $0.004 
from the base level. 

2. Assume that the Adjustor Rate was set at $0.003 per kWh. The 
following year, the calculation of the new Adjustor Rate would 
indicate a new rate of $0.005 per kWh. The annual change is less 
than $0.004, so the new Adjustor Rate would be set at $0.005 per 
kWh. 
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The Adjustor Rate is reset on February 1 each year and is effective with the frrst billing 
cycle in February unless suspended by the Commission. It is not prorated. APS will 
submit a publicly available report to the Commission that shows the calculation of the 
new Adjustor Rate. The amount expected to be recovered or refunded through the 
Adjustor Rate is entered into the Annual Adjustor Account. 

Any recoverable or refundable amounts outside of the bandwidth are recorded in the 
Paragraph 19(d) Balancing Account and will carry over to the subsequent year or years. 
The carryover amount shall not be subject to M h e r  sharing. Surcharges may be 
approved by the Commission to recover/rehnd amounts in the Paragraph 19(d) 
Balancing Account. Amounts approved for collection through surcharges will be 
removed from the Paragraph 19(d) Balancing Account. -! 

Definitions 

Adiustor Rate - A per kWh charge that is updated annually on February 1 of each year 
and effective with the first billing cycle in February unless suspended by the 
Commission. The purpose of this charge is to adjust the cost of fuel and purchased 
power embedded in APS’ base rates to reflect the prior calendar year’s fuel and 
purchased power costs. This annual adjustment is limited to a maximum change of plus 
or minus 4 mills in a year. 

Annual Adiustor Account - An annual scheduldaccount that showdrecords the amount 
that is available to be recovered through the PSA (after the 90/10 Sharing mechanism is 
applied); the amount that can be collected through the applicable Adjustor Rate; and also 
trackdrecords the collections per month and the monthly ending balance remaining to be 
collected. 

Annual Trackinv Account-- An annual schedule/account that trackdrecords on a monthly 
basis APS’ ovedunder-recovery of its actual costs of fuel and purchased power as 
compared to the base cost. 

Base Cost of Fuel and Purchased Power - The fuel and purchased power cost embedded 
in the base rates approved by the Commission in APS’ most recent rate case. Decision 
No. XXXXX set the base cost at $ O . O x X X X X  per kWh. 

Interim Adiustor Account - A schedule/account that shows/records the revenue collected 
by the Interim Adjustor rate and the associated fuel and purchased power supply costs 
that the collected revenue offsets. 

ISFSI -Costs associated with the Independent Spent Fuel Storage Installation that stores 
spent nuclear fuel. 

Mark-to-Market AccountinK- Recording the value of qualifying commodity contracts to 
reflect their current market value relative to their actual cost. 
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Native Load - Native load includes customer load in the APS control area for which ApS 
has a generation service obligation and PacifiCorp Supplemental Sales. 

Pacificom SupDlemental Sales - The PacifiCorp Supplemental Sales agreement is a 
long- term contract from 1990, which requires APS to offer a certain amount of energy to 
PacifiCorp each year. It is a component of the set of agreements that led to the sale of 
Cholla Unit 4 to PacifiCorp and the establishment of the seasonal diversity exchange with 
PacifiCorp. 

ParawaDh 19(d) Balancing Account - A schedule/account that shows/records the amount 
(after the application of the Adjustor Rate) remaining to be r e h d e d  or collected through 
either a Surcharge, or through the next year's Adjustor Rate . This includes any interest 
accruals on the account's balance. 

PSA - The Power Supply Adjustment mechanism used to update the Base Cost of Fuel 
and Purchased Power each year for fluctuations in APS' actual cost of fuel and purchased 
power. 

Preference Power - Power allocated to A P S  wholesale customers by federal power 
agencies such as the Western Area Power Administration. 

Surcharge - A per kWh charge that can be applied to customer bills after Commission 
approval to collect, or refund, an amount for the purpose of reducing the balance in the 
Paragraph 19(d) Balancing Account. It can be either a positive or negative charge. 

Surcharge Account - A schedule/account that shows/records any Surcharge approved, 
including the amount, timing, rate, and whether interest is applied; and that trackdrecords 
collections per month and the monthly ending balance remaining to be collected. 

Svstem Book Fuel and Purchased Power Costs - The costs recorded for the fuel and 
purchased power used by APS to serve both Native Load and off-system sales, less the 
costs associated with applicable special contracts, E-36, RCDAC-1, ISFSI, and Mark-to- 
Market Accounting adjustments. Wheeling costs and broker fees are included. 

System Book Off-System Sales Revenue - The revenue recorded from sales made to 
non-Native Load customers, for the purpose of optimizing the A P S  system, using APS- 
owned or contracted generation and purchased power, less Mark-to-Market Accounting 
adjustments. 

Traditional Sales-for-Resale - The portion of load from Native Load wholesale 
customers that is served by A P S ,  excluding the load served with Preference Power. 

Wheeling Costs (FERC Account 565, Transmission of Electricitv bv Others) - Amounts 
payable to others for the transmission of APS' electricity over transmission facilities 

L owned by others. 
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Calculations 

Schedule 1. Annual Tracking Account 

e 

1. Enter the monthly Retail Energy Sales (MWh) and the monthly Wholesale 
Native Load Energy Sales. Add these two items together to produce the 
monthly Total Native Load Energy Sales. Currently, Wholesale Native Load 
Energy Sales include Traditional Sales-for-Resale and PacifiCorp 
Supplemental Sales. 

Enter the monthly System Book Fuel and Purchased Power Costs and the 
monthly System Book Off-System Sales Revenue. Subtract the System Book 
Off-System Sales Revenue from the System Book Fuel and Purchased Power 
Costs to produce the monthly Net Native Load Power Supply Costs. The off- 
system sales margin is embedded in the Net Native Load Power Supply Cost. 
The costs associated with the off-system sales &e included in the System 
Book Fuel and Purchased Power Costs. When the System Book Off-System 
Sales Revenue is subtracted from the System Book Fuel and Purchased Power 
Costs, the difference between the off-system sales costs and revenue ends up 
in the Net Native Load Power Supply Cost. That difference is the off-system 
sales margin. A list of the items included in the PSA sales and costs described 
above will be included in the PSA reporting schedules filed with the 
Commission each month. 

3. To calculate the Retail Power Supply Costs, divide the Retail Energy Sales by 
the Total Native Load Energy Sales and then multiply the product by the Net 
Native Load Power Supply Costs. 

Directly-assigned power supply costs and related energy sales from applicable 
Special Contract customers, Schedule E-36 customers, and customers returning to 
Standard Offer service from competitive generation subject to Returning 
Customer Direct Access Charge (“RCDAC”) treatment will be deducted prior to 
the above calculations. 

4. The amount recovered by the power supply costs embedded in base rates has 
to be calculated in order to determine the monthly (over)/under collection. To 
calculate the monthly Base Rate Power Supply Revenue, multiply the Retail 
Energy Sales by the Base Cost of Fuel and Purchased Power. 

5.  Subtract the Base Rate Power Supply Revenue &om the Retail Power Supply 
Costs to get the monthly Pre-90/10 Sharing (0ver)AJnder Collection mount. 

6. Enter the month’s 90/10 Sharing Exclusion total. This is the current month’s 
purchased renewable resource cost that is embedded in the System Book Fuel 
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and Purchased Power Costs which is not covered by the Environmental 
Portfolio Standard (“EPS”) surcharge. Also include the demand costs of 
Purchased Power Agreements (“PPA”) that were acquired through a 
competitive process. 

7. The Post 90/10 Sharing (Over)/Under Collection amount is calculated by 
multiplying the Pre-90110 Sharing (0ver)Nnder Collection amount less the 
9040 Sharing Exclusion by 90 percent. Then the 90/10 Sharing Exclusion 
amount is added back in to the product of the multiplication to get the Post 
90/10 Sharing (Over)/Under Collection. 

8. Enter any transfers to the Interim Account Adjustor if such an account is 
currently active. 

9. An interest rate, based on the one-year Nominal Treasury Constant Maturities 
rate contained in the Federal Reserve Statistical Release, H-15, is applied each 
month to the previous month’s Tracking Account Balance. The interest rate is 
adjusted annually on the first business day of the calendar year in the same 
manner as the APS customer deposit rate. 

10. Add the Post-90/10 Sharing (Over)/Under Collection, Transfer to Interim 
Adjustor Account and Interest amounts together to get the month’s .Tracking 
Account Balance. 

Schedule 2. Annual PSA Adjustor Rate Calculation 

1. Enter the Tracking Account Balance from Schedule 1. 

2. Add the Annual Adjustor Account Balance from Schedule 3, the Paragraph 
19(d) Balancing Account Balance from Schedule 4, and the Surcharge 
Account Balance (if a Surcharge has terminated) from Schedule 5 to 
determine the Total (Credit)/Charge Amount. 

3. The Computed Adjustor Rate is calculated by dividing the Total 
eredidcharge Amount by the Projected Energy Sales (kwh) for the next 12 
months. The Computed Adjustor Rate is then compared to the plus or minus 
$0.004 per kWh bandwidth. The Projected Energy Sales amount will exclude 
E-3, E-4, E-36, Direct Access service and any other rate that is exempt from 
the PSA. 

4. The Adjustor Rate Bandwidth Upper Limit is $0.004 per kWh plus the 
Current Adjustor Rate. The Adjustor Rate Bandwidth Lower Limit is 
S(0.004) per k W h  plus the Cunent Adjustor Rate. 
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5 .  If the Computed Adjustor Rate is inside the bandwidth, the Computed 
Adjustor Rate becomes the Applicable Adjustor Rate. It is then applied to 
customer monthly bills for the next 12 months, 

6 .  If the Computed Adjustor Rate is outside the bandwidth, the Applicable 
Adjustor Rate can be no higher than the upper limit of the bandwidth and no 
lower than the lower limit of the bandwidth. 

7. The Applicable Adjustor Rate is multiplied by the projected Energy Sales to 
calculate the amount to be carried forward to the Annual Adjustor Account. 

8. If the amount to be carried forward to the Annual Adjustor Account is less 
than the Total (Credit)/Charge Amount used to calculate the Applicable 
Adjustor Rate, then the difference is canied forward to the Paragraph 19(d) 
Balancing Account. 

Schedule 3. Annual Adiustor Account 

1. The Adjustor Rate fiom Schedule 2 is entered on Schedule 3 in February. The 
Amount Carried Forward to Annual Adjustor Account is entered as the 
Beginning Balance. 

2. Each month, the Adjustor Rate is multiplied by the Retail Energy Sales to 
calculate the revenue received fiom the Adjustor Rate. The revenue is 
subtracted from the Beginning Balance. 

3. Interest is applied monthly based on the effective one-year Nominal Treasury 
Constant Maturities rate that is contained in the Federal Reserve Statistical 
Release, H-15, or its successor publication. The interest rate is adjusted 
annually on the first business day of the calendar year in the same manner as 
the APS customer deposit rate. 

Schedule 4. Paragrauh 19(d) Balancing Account 

1. The Amount Carried Forward to Paragraph 19(d) Balancing Account from 
Schedule 2 is entered as the Beginning Balance. 

2. Each month, interest is applied based on the effective one-year Nominal 
Treasury Constant Maturities rate that is contained in the Federal Reserve 
Statistical Release, H-15, or its successor publication. The interest rate is 
adjusted annually on the first business day of the calendar year in the same 
manner as the APS customer deposit rate. 

3. Whenever the Commission approves a Surcharge, the amount to be collected 
through the surcharge is subtracted from the balance. 
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APS is required to make-a filing for a Surcharge in the following circumstances. 
If the size of the Paragraph 19(d) Balancing Account, as shown in the monthly 
reports filed with the Commission, reaches plus or minus $50 million APS has up 
to 45 days from the end of the month in which this limit was exceeded to either 
file a request for Commission approval of a Surcharge or an explanation of why 
such a Surcharge is not necessary. Should APS seek to recover or refund an 
amount from the Paragraph 19(d) Balancing Account, the timing and manner of 
recovery, or refund, and whether interest will be allowed to accrue on the 
Surcharge balance, will be addressed at that time. 

b v  

Schedule 5. Surcharge Account 

1. The approved Surcharge Rate is entered on Schedule 5 in the month it takes 
effect. The timing of the Surcharge and whether interest is applied are 
indicated on the schedule. The approved Surcharge amount is entered as the 
Beginning Balance. 

2. Each month, the Surcharge Rate is multiplied by the Retail Energy Sales to 
calculate the revenue received from the Surcharge Rate. The revenue is 
subtracted from the Beginning Balance. 

3. If interest is authorized, it is applied monthly based on the effective one-year 
Nominal Treasury Constant Maturities rate that is contained in the Federal 
Reserve Statistical Release, H-15, or its successor publication. The interest 
rate is adjusted annually on the first business day of the calendar year in the 
same manner as the APS customer deposit rate. 

Schedule 6. Interim Adjustor Account 

1. If applicable, the approved Interim Adjustor Rate is entered on Schedule 6 in 
the month it takes effect. The revenue from the approved Interim Adjustor 
Rate is also entered and then the fuel and purchased power costs offset by the 
Interim Adjustor rate revenue is moved into the account hom Schedule 1 
where it is shown as a reduction to the balance in the Tracking Account. 

Co mplian ce Rep or ts 

APS shall provide monthly reports to Staffs Compliance Section and to the Residential 
Utility Consumer Office detailing all calculations related to the PSA. An APS Officer 
shall certify under oath that all information provided in the reports itemized below is true 
and accurate to the best of his or her information and belief. These monthly reports shall 
be due within 30 days of the end of the reporting period. 

The publicly available reports will include at a minimum: 
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1. 

2. 
3. 
4. 
5 .  
6.  
7. 
8. 
9. 

The Annual Tracking Account, Annual Adjustor Account, Paragraph 19(d) 
Balancing Account, Surcharge Account and if applicable, Interim Adjustor 
Account calculations, including all input and outputs. 
Total power and fuel costs. 
Customer sales in both MWh and thousands of dollars by customer class. 
Number of customers by customer class. 
A detailed listing of all items excluded from the PSA calculations. 
A detailed listing of any adjustments to the adjustor reports. 
Total off-system sales revenues. 
System losses in M W  and MWh. 
Monthly maximum retail demand in M W .  

10. Identification of a contact person and phone number from A P S  for questions. 

AE5 shall provide to Commission Staff monthly reports containing the information listed 
below. These reports shall be due within 30 days of the end of the reporting period. All 
of these additional reports will be provided confidentially. 

A. 

1. 
2. 
3. 
4. 

5 .  
6 .  

B. 

1. 
2. 
3. 
4. 

Information for each generating unit shall include the following items: 

Net generation, in MWh per month, and 12 months cumulatively. 
Average heat rate, both monthly and 1Zmonth average. 
Equivalent forced-outage rate, both monthly and 12-month average. 
Outage information for each month including, but not limited to, event type, start 
date and time, end date and time, and a description. 
Total fuel costs per month. 
The fuel cost per kWh per month. 

Information on power purchases shall include the following items per seller: 

The quantity purchased in MWh. 
The demand purchased in MW to the extent specified in the contract. 
The total cost for demand to the extent specified in the contract. 
The total cost of energy. 

Information on economy interchange purchases may be aggregated. 

C. Information on off-system sales shall include the following items: 

1. An itemization of off-system sales margins per buyer. 
2. Details on negative off-system sales margins. 

D. Fuel purchase information shall include the following items: 

1. Natural gas interstate pipeline costs, itemized by pipeline and by individual cost 
components, such as reservation charge, usage, surcharges and fbel. 
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2. Natural gas commodity costs, categorized by short-term purchases (oze month or 
less) and longer term purchases, including price per therm, total cost, supply 
basin, and volume by contract. 

E. Monthly projections for the next 12-month period showing estimated 
(0ver)hnder-collected amounts. 

F. A summary of unplanned outage costs by resource type. 

G. Provide the data necessary to arrive at the System and Off-System Book Fuel and 
Purchased Power cost reflected in the non-confidential filing. 

Work papers and other documents that contain proprietary or confidential information 
will be provided to the Commission Staff under an appropriate confidentiality agreement. 
APS will keep fuel and purchased power invoices and contracts available for 
Commission review. The Commission has the right to review the prudence of he1 and 
power purchases and any calculations associated with the PSA at any time. Any costs 
flowed through the PSA are subject to refund, if those costs are found to be imprudently 
incurred. 

Allowable Costs 

The allowable PSA costs include fuel and purchased power costs incurred to provide 
service to retail customers. Additionally, the prudent direct costs of contracts used for 
hedging system fuel and purchased power will be recovered under the PSA. The 
allowable cost components presently include the following Federal Energy Regulatory 
Commission (“FERC”) accounts: 

1. 501 Fuel (Stem) 
2. 5 18 Fuel (Nuclear) less ISFSI regulatory amortization 
3. 547 Fuel (Other Production) 
4. 555 Purchased Power 
5.  557 Broker Fees (Other Expenses) 
6. 565 Wheeling (Transmission of Electricity by Others) 

These accounts are subject to change if the Federal Energy Regulatory Commission alters 
its accounting requirements or definitions. 

Directly Assignable Power Supply Costs Excluded 

Decision No. 66567 provides APS the ability to recover reasonable and prudent costs 
associated with customers who have left APS standard offer service, including special 
contract rates, for a competitive generation supplier and then return to standard offer 
service. For administrative purposes, customers who were direct access customers since 
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L 
origination of service and request standard offer service would be considered to be 
returning customers. A direct assignment or special adjustment may be applied that 
recognizes the cost differential between the power purchases needed to accommodate the 
returning customer and the power supply cost component of the otherwise applicable 
standard offer service rate. This process is described in the Returning Customer Direct 
Access Charge rate schedule and associated Plan for Administration filed with the 
Commission. 

In addition, if APS purchases power under specific terms on behalf of a standard offer 
special contract customer, the costs of that power may be directly assigned. In both 
cases, where specific power supply costs are identified and directly assigned to a large 
returning customer or standard offer special contract customer or group of customers, 
these costs will be excluded from the Adjustor Rate calculations. Schedule E-36 
customers are directly assigned power supply costs based on the APS system incremental 
cost at the time the customer is consuming power from the A P S  system so their power 
supply costs are excluded fiom the PSA. 
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Proposed Power Supplv Adjustment Plan of Administration using Staffs Approach 
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Proposed Power Supply Adiustment Plan of Administration using Staffs Approach 

General Description 

The purpose of the Power Supply Adjustment (“PSA”) is to track changes in Arizona 
Public Service Company’s (“APS”) cost of obtaining power supplies. This is done by 
making an annual adjustment to the cost of fuel and purchased power embedded in APS’ 
base rates through the combination of a Prospective Adjustor Rate and Adjustor Rate. 
The Prospective Adjustor is designed to recover/refhnd the difference between the base 
rate fuel and purchased power cost and the actual costs. It is based on the difference 
between APS’ fuel and purchased power costs forecast for the coming year and the base 
fuel and purchased power rate embedded in APS’ effective rates. The Adjustor Rate will 
recover on an after the fact basis differences between the forecast and actual fuel and 
purchased power costs in addition to any applicable account balances. 

The PSA applies to all fuel and purchased power costs incurred on or after April 1, 2005. 
This version of the PSA Plan of Administration applies to the fuel and purchased power 
costs incurred after Decision No. xXXXX was issued on XXXXX XX, XXXX. The 
costs/savings that are in excess of the forecast balance are shared on a 90 percent 
customerll0 percent APS basis (“90/10 Sharing”). The PSA has four different accounts: 
I)  an Annual Tracking Account, 2) an Annual Adjustor Account, 3) a Paragraph 19(d) 
Balancing Account, and 4) a Surcharge Account for any surcharge approved by the 
Arizona Corporation Commission (“Commission”). 

Entries are made each month into the Annual Tracking Account. These entries reflect 90 
percent of the difference between incurred fuel and purchased power costs and the sum of 
costs collected through both the base cost of he1 and purchased power rate ( $ O . O x x x x X  
per kWh established in Decision No. xxxrcx) and the Prospective Adjustor. The results 
of the PSA are applied to customer bills through the Adjustor Rate and the Prospective 
Adjustor Rate. The Adjustor Rate and the Prospective Adjustor are applicable to APS’  
retail electric rate schedules (with the exception of Solar-I, Solar-2, SP-I, E-3, E-4, E-36, 
Direct Access service and any other rate that is exempt from the PSA) and are adjusted 
annually. They are applied to the customer’s bill as a monthly kilowatt-hour (“kwh”) 
charge that is the same for all customer classes. 

The Adjustor and Prospective rates are reset on February 1 of each year. The new 
Adjustor and Prospective Adjustor rates are effective with the first billing cycle in 
February unless suspended by the Commission. They are not prorated. 

APS will submit a publicly available report to the Commission that shows the calculation 
of the new Adjustor Rate. The amount expected to be recovered or refunded through the 
Adjustor Rate is entered into the Annual Adjustor Account. Any recoverable or 
refundable amounts over the amount collected by the Adjustor Rate are recorded in the 
Paragraph 19(d) Balancing Account and will carry over to the subsequent year or years. 
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The carryover mount shall not be subject to further sharing. Surcharges may be 
approved by the Cornmission to recoverhefund amounts in the Paragraph 19(d) 
Balancing Account. Amounts approved for collection through surcharges wiIl be 
removed from the Paragraph 19(d) Balancing Account and trmsferred to a Surcharge 
Account. 

The Prospective Adjustor rate calculation will be filed with the Commission by 
September 30* each year. The Commission Staff will review the forecast on which the 
rate is based and make a recommendation to the Commission within 45 days. The 
Commission will determine whether to approve the rate. If the Commission has not acted 
on the rate by December 3 1 st it will take effect with the first February billing cycle, and it 
will be subject to refund. 

Definitions 

Adjustor Rate - A per kWh charge that is updated annually on February 1 of each year 
and effective with the first billing cycle in February unless suspended by the 
Commission. The purpose of this charge is to adjust the cost of fuel and purchased 
power embedded in APS’ base rates to reflect the difference between the prior calendar 
year’s actual fuel and purchased power costs and the cost recovery from both the base 
fuel rate of $0.0- per kWh and the Prospective Adjustor. 

Annual Adjustor Account - An annual schedule/account that showshecords the amount 
that is available to be recovered through the PSA (after the 90/10 Sharing mechanism is 
applied); the amount that can be collected through the applicable Adjustor Rate; and that 
also trackshecords the collections per month and the monthly ending balance remaining 
to be collected. 

Annual Tracking Account - An annual schedule/account that trackshecords on a monthly 
basis APS’ overhder-recovery of its actual costs of fuel and purchased power as 
compared to the base cost with the Prospective Adjustor. 

Base Cost of Fuel and Purchased Power - The fuel and purchased power cost embedded 
in the base rates approved by the Commission in APS’ most recent rate case. Decision 
No. Xxxxx set the base cost at $ O . O x x x x X  per kWh. 

Prospective Adiustor - A per kWh charge that is updated annually on February 1 of each 
year and effective with the first billing cycle in February unless suspended by the 
Commission. The purpose of this charge is to adjust the cost of fuel and purchased 
power embedded in APS’ base rates to reflect the difference between the coming year’s 
forecast power supply costs and the base cost of fuel and purchased power of 
$ O . O x X X X X  per kWh. 

ISFSI -Costs associated with the Independent Spent Fuel Storage Installation that stores 
spent nuclear fuel. 



Attachment DJRdRB 
Page 4 of 17 

c. Mark-to-Market Accounting - Recording the value of qualifying commodity contracts to 
reflect their current market value relative to their actual cost. 

Native Load - Native load includes customer load in the APS control area for which APS 
has a generation service obligation and PacifiCorp Supplemental Sales. 

Pacificom Suuolemental Sales - The PacifiCorp Supplemental Sales agreement is a 
long- term contract from 1990, which requires APS to offer a certain amount of energy to 
PacifiCorp each year. It is a component of the set of agreements that led to the sale of 
Cholla Unit 4 to PacifiCorp and the establishment of the seasonal diversity exchange with 
PacifiCorp. 

Paragraph 19(d) Balancinp Account - A schedule/account that shows/records the amount 
(after the application of the Adjustor Rate) remaining to be refunded or collected through 
either a Surcharge or through the next year's Adjustor Rate. This includes any interest 
accruals on the account's balance. 

PSA - The Power Supply Adjustment mechanism used to update the Base Cost of Fuel 
and Purchased Power each year for fluctuations in APS' actual cost of fuel and purchased 
power . 

Preference Power - Power allocated to APS wholesale customers by federal power 
agencies such as the Western Area Power Administration. 

Surcharge - A per kWh charge that can be applied to customer bills after Commission 
approval to collect, or refund, an amount for the purpose of reducing the balance in the 
Paragraph 19(d) Balancing Account. It can be either a positive or negative charge. 

Surcharge Account - A schedulelaccount that showshecords any Surcharge approved, 
including the amount, timing, rate, and whether interest is applied; and that trackdrecords 
collections per month and the monthly ending balance remaining to be collected. 

System Book Fuel and Purchased Power Costs - The costs recorded for the fuel and 
purchased power used by APS to serve both Native Load and off-system sales, less the 
costs associated with applicable special contracts, E-36, RCDAC-1, ISFSI, and Mark-to- 
Market Accounting adjustments. Wheeling costs and broker fees are included. 

System Book Off-Svstem Sales Revenue - The revenue recorded from sales made to 
non-Native Load customers, for the purpose of optimizing the APS system, using APS- 
owned or contracted generation and purchased power, less Mark-to-Market Accounting 
adjustments. 

Traditional Sales-for-Resale - The portion of load from Native Load wholesale 
customers that is served by APS, excluding the load served with Preference Power. 
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Wheeling Costs (FERC Account 565, Transmission of Electricity by Others) - Amounts 
payable to others for the transmission of U S '  electricity over transmission facilities 
owned by others. 

Calculations 

Schedule 1. Prospective Adiustor Rate Calculation 

1. 

2. 

3. 

4. 

5. 

6. 

7. 

8. 

9. 

Enter the Projected Fuel and Purchased Power Costs for the coming year. 

Enter the Projected Off-System Sales Revenue for the coming year. 

Enter the PSA Adjustments to Fuel and Purchased Power Costs for the 
coming year. 

Add the Projected Fuel and Purchased Power Costs, Projected Off-System 
Sales Revenue and the PSA Adjustments to Fuel and Purchased Power Costs 
together to get the Net Fuel and Purchased Power Costs. 

Enter the Projected Native Load Sales (kWh), excluding the E-3, E-4, E-36 
sales for the coming year. 

Divide the Net Fuel and Purchased Power Costs by the Projected Native Load 
Sales to get the Projected Average Net Fuel Cost. 

Enter the Authorized Base Fuel Rate. 

Subtract the Authorized Base Fuel Rate from the Projected Average Net Fuel 
Cost to get the Prospective Adjustor Rate for the coming year. 

Multiply the Prospective Adjustor Rate by the Projected Native Load Sales to 
get the Projected Prospective Adjustor Collections for the coming year. 

10. The Prospective Adjustor Rate will be used on the coming year's Annual 
Tracking Account as described below. 

Schedule 2. Annual Tracking Account 

1. Enter the monthly Retail Energy Sales (MWh) and the monthly Wholesale 
Native Load Energy Sales. Add these two items together to produce the 
monthly Total Native Load Energy Sales. Currently, Wholesale Native Load 
Energy Sales include Traditional Sales-for-Resale and PacifiCorp 
Supplemental Sales. 
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2. 

’ 3. 

Enter +he monthly System Book Fuel and Purchased Power Costs and the 
monthly System Book Off-System Sales Revenue. Subtract the System Book 
Off-System Sales Revenue from the System Book Fuel and Purchased Power 
Costs to produce the monthly Net Native Load Power Supply Costs, The 
off-system sales margin is embedded in the Net Native Load Power Supply 
Cost. The costs associated with the off-system sales are included in the 
System Book Fuel and Purchased Power Costs. When the System Book Off- 
System Sales Revenue is subtracted from the System Book Fuel and 
Purchased Power Costs, the difference between the off-system sales costs and 
revenue ends up in the Net Native Load Power Supply Cost. That difference 
is the off-system sales margin. A list of the items included in the PSA sales 
and costs described above will be included in the PSA reporting schedules 
filed with the Commission each month. 

To calculate the Retail Power Supply Costs, divide the Retail Energy Sales by 
the Total Native Load Energy Sales and then multiply the product by the Net 
Native Load Power Supply Costs. 

Directly-assigned power supply costs and related energy sales from applicable 
Special Contract customers, Schedule E-36 customers, and customers returning to 
Standard Offer service from competitive generation subject to Returning 
Customer Direct Access Charge (“RCDAC”) treatment will be deducted prior to 
the above calculations. 

4. The amount recovered by the power supply costs embedded in base rates has 
to be calculated in order to determine the monthly (over)/under collection. To 
calculate the monthly Base Rate Power Supply Recovery, multiply the Retail 
Energy Sales by the Base Cost of Fuel and Purchased Power. 

5. The Prospective Adjustor Recovery is calculated by multiplying the Retail 
Energy Sales by the applicable Prospective Adjustor rate. 

6. Subtract the Base Rate Power Supply Recovery and the Prospective Adjustor 
Recovery from the Retail Power Supply Costs to get the monthly Pre-90/10 
Sharing (0ver)KJnder Collection amount. 

7. Enter the month’s 901’10 Sharing Exclusion total. This is the current month’s 
purchased renewable resource cost that is embedded in the System Book Fuel 
and Purchased Power Costs and is not covered by the Environmental Portfolio 
Standard (“EPS”) surcharge. Also include the demand costs of Purchased 
Power Agreements (“PPA”) that were acquired through a competitive process. 

8. The Post-90/10 Sharing (Over)/Under Collection amount is calculated by 
multiplying the Pre-90/10 Sharing (0ver)AJnder Collection amount less the 
90/10 Sharing Exclusion by 90 percent. Then the 90/10 Sharing Exclusion 
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amount is added back in to the product of the multiplication to get the Post 
9O/10 Sharing (0ver)XTnder Collection. 

9. An interest rate, based on the one-year Nominal Treasury Constant Maturities 
rate contained in the Federal Reserve Statistical Release, H-15, is applied each 
month to the previous month’s Tracking Account Balance. The interest rate is 
adjusted annually on the first business day of the calendar year in the same 
manner as the APS customer deposit rate. 

10. Sum the Post-90/10 Sharing (Over)/Linder Collection, the Interest and the 
prior months Tracking Account Balance to get the current month’s bqlance. 

Schedule 3. Annual PSA Adjustor Rate Calculation 

1. 

2. 

3. 

4. 

5.  

Enter the Tracking Account Balance fiom Schedule 2, the Annual Adjustor 
Account Balance from Schedule 4, the Paragraph 19(d) Balancing Account 
Balance from Schedule 5, and the Surcharge Account Balance (if a Surcharge 
has terminated) from Schedule 6. Add all of these balances together to 
determine the Total (Credit)/Charge Amount. 

The Applicable Adjustor Rate is calculated by dividing the Total 
(Credit)/Charge Amount by the Projected Energy Sates (kWh) for the next 12 
months. The Projected Energy Sales amount will exclude E-3, E-4, E-36, 
Direct Access service and any other rate that is exempt from the PSA. 

The Applicable Adjustor Rate is then applied to customer monthly bills for the 
next 12 months. 

The Applicable Adjustor Rate is multiplied by the projected Energy Sales to 
calculate the amount to be carried forward to the Annual Adjustor Account. 

If the amount to,be carried forward to the Annual Adjustor Account is less 
than the Total (Credit)/Charge Amount used to calculate the Applicable 
Adjustor Rate, then the difference is carried forward to the Paragraph 19(d) 
Balancing Account. 

Schedule 4. Annual Adjustor Account 

1. The Adjustor Rate fiom Schedule 3 is entered on Schedule 4 in February. The 
Amount Carried Forward to b u d  Adjustor Account is entered as the 
Beginning Balance. 

2. Each month, the Adjustor Rate is multiplied by the Retail Energy Sales to 
calculate the revenue received from the Adjustor Rate. The revenue is 
subtracted from the Beginning Balance. 
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3. Interest is applied monthly based on the effective one-year Norninal Treasury 
Constant Maturities rate that is contained in the Federal Reserve Statistical 
Release, H-15, OT its successor publication. The interest rate is adjusted 
annually on the first business day of the calendar year in the same manner as 
the A P S  customer deposit rate. 

Schedule 5. Paragraph 19(d) Balancing Account 

1. The Amount Canied Forward to Paragraph 19(d) Balancing Account from 
Schedule 3 is entered as the Beginning Balance. 

2. Each month, interest is applied based on the effective one-year Nominal 
Treasury Constant Maturities rate that is contained in the Federal Reserve 
Statistical Release, H-15, or its successor publication. The interest rate is 
adjusted annually on the first business day of the calendar year in the same 
manner as the APS customer deposit rate. 

3. Whenever the Commission approves a Surcharge, the amount to be collected 
through the surcharge is subtracted from the balance. 

A P S  is required to make a filing for a Surcharge in the following circumstances. 
If the size of the Paragraph 19(d) Balancing Account, as shown in the monthly 
reports filed with the Commission, reaches plus or minus $50 million, APS has up 
to 45 days from the end of the month in which this limit was exceeded to either 
file a request for Commission approval of a Surcharge or an explanation of why 
such a Surcharge is not necessary. Should APS seek to recover or refund an 
amount from the Paragraph 19(d) Balancing Account, the timing and manner of 
recovery, or refund, and whether interest will be allowed to accrue on the 
Surcharge balance, will be addressed at that time. 

Schedule 6. Surcharge Account 

1. The approved Surcharge Rate is entered on Schedule 6 in the month it takes 
effect. The timing of the Surcharge and whether interest is applied are 
indicated on the schedule. The approved Surcharge amount is entered as the 
Beginning Balance. 

2. Each month, the Surcharge Rate is multiplied by the Retail Energy Sales to 
calculate the revenue received fiom the Surcharge Rate. The revenue is 
subtracted from the Beginning Balance. 

3. If interest is authorized, it is applied monthly based on the effective one-year 
Nominal Treasury Constant Maturities rate that is contained in the Federal 
Reserve Statistical Release, H-15, or its successor publication. The interest 
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rate is zdjusted annually on the first business day of the calendar year in the 
same manner as the APS customer deposit rate. 

ComDliance ReDorts 

APS shall provide monthly reports to StafYs Compliance Section and to the Residential 
Utility Consumer O E c e  detailing all calculations related to the PSA. An APS Oficer 
shall certify under oath that all information provided in the reports itemized below is true 
and accurate to the best of his or her information and belief. These monthly reports shall 
be due within 30 days of the end of the reporting period. 

The publicly available reports will include at a minimum: 

1. 

2. 
3. 
4. 
5 .  
6. 
7. 
8. 
9. 

The Annual Tracking Account, Annual Adjustor Account, Paragraph 19(d) 
Balancing Account, and Surcharge Account calculations, including all input and 
outputs. 
Total power and he1 costs. 
Customer sales in both MWh and thousands of dollars by customer class. 
Number of customers by customer class. 
A detailed listing of all items excluded fiom the PSA calculations. 
A detailed listing of any adjustments to the adjustor reports. 
Total off-system sales revenues. 
System losses in MW and MWh. 
Monthly maximum retail demand in MW. 

10. Identification of a contact person and phone number from APS for questions. 

A P S  shall provide to Commission Staff monthly reports containing the information listed 
below. These reports shall be due within 30 days of the end of the reporting period. All 
of these additional reports will be provided confidentially. 

A. 

1. 
2. 

4. 

5. 
6. 

9 
3 .  

B. 

1. 
2. 
3. 

Information for each generating unit shall include the following items: 

Net generation, in MWh per month, and 12 months cumulatively. 
Average heat rate, both monthly and 12-month average. 
Equivalent forced-outage rate, both monthly and 12-month average. 
Outage information for each month including, but not limited to, event type, start 
date and time, end date and time, and a description. 
Total fuel costs per month. 
The fuel cost per kWh per month. 

Information on power purchases shall include the following items per seller: 

The quantity purchased in MWh. 
The demand purchased in MW to the extent specified in the contract. 
The total cost for demand to the extent specified in the contract. 
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4. The total cost of energy. 

Information on economy interchange purchases may be aggregated. 

C. Information on off-system sales shall include the foIlowing items: 

1. An itemization of off-system sales margins per buyer. 
2. Details on negative off-system sales margins. 

D. Fuel purchase information shall include the following items: 

1. Natural gas interstate pipeline costs, itemized by pipeline and by individual cost 
components, such as reservation charge, usage, surcharges and fuel. 

2. Natural gas commodity costs, categorized by short-term purchases (one month or 
less) and longer term purchases, including price per them, total cost, supply 
basin, and volume by contract. 

E. Monthly projections for the next 12-month period showing estimated 
(Over)/under-collected amounts. 

F. A summary of unplanned outage costs by resource type. 

G. Provide the data necessary to arrive at the System and Off-System Book Fuel and 
Purchased Power cost reflected in the non-confidential filing. 

Work papers and other documents that contain proprietary or confidential information 
will be provided to the Commission Staff under an appropriate confidentiality agreement. 
APS will keep fuel and purchased power invoices and contracts available for 
Commission review. The Commission has the right to review the prudence of fuel and 
power purchases and any calculations associated with the PSA at any time. Any costs 
flowed through the PSA x e  subject to refund, if those costs are found to be imprudently 
incurred. 

Allowable Costs 

The allowable PSA costs include he1 and purchased power costs incurred to provide 
service to retail customers. Additionally, the prudent direct costs of contracts used for 
hedging system fuel and purchased power will be recovered under the PSA. The 
allowable cost components presently include the following Federal Energy Regulatory 
Commission ("FERC") accounts: 

1. 501 Fuel (Steam) 
2. 5 18 Fuel (Nuclear) less ISFSI regulatory amortization 
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L 3. 547 Fuel (Other Production) 
4. 555 Purchased Power 
5. 557 Broker Fees (Other Expenses) 
6 .  565 Wheeling (Transmission of Electricity by Others) 

These accounts are subject to change if the Federal Energy Regulatory Commission alters 
its accounting requirements or definitions. 

Directfv Assignable Power Supply Costs Excluded 

Decision No. 66567 provides A P S  the ability to recover reasonable and prudent costs 
associated with customers who have left APS standard offer service, including special 
contract rates, for a competitive generation supplier and then return to standard offer 
service. For administrative purposes, customers who were direct access customers since 
origination of service and request standard offer service would be considered to be 
returning customers. A direct assignment or special adjustment may be applied that 
recognizes the cost differential between the power purchases needed to accommodate the 
returning customer and the power supply cost component of the otherwise applicable 
standard offer service rate. This process is described in the Returning Customer Direct 
Access Charge rate schedule and associated Plan for Administration filed with the 
Commission. 

In addition, if A P S  purchases power under specific terms on behalf of a standard offer 
special contract customer, the costs of that power may be directly assigned. In both 
cases, where specific power supply costs are identified and directly assigned to a large 
returning customer or standard offer special contract customer or group of customers, 
these costs will be excluded from the Adjustor Rate calculations. Schedule E-34 
customers are directly assigned power supply costs based on the A P S  system incremental 
cost at the time the customer is consuming power from the A P S  system so their power 
supply costs are excluded from the PSA. 



I I I I 

te 

vi 

E 

'0' 

c 
C cu 
In 
3 

m 

e 

0 
t 
C 
2 
0 u 
V m 

.- e 

r 

u) 
Y 

Y 

v) 
0 

c rs X 

3 I 
P 

- %- 
m 
v, LL 

Y 

2 -0 m 
0 

W > 
0 al 
Q 
In 

.- 
4-4 

e a 

U 
W 
m 
0 

In m 

e 

.- 

5: 
W > 
m 
Z 

.- 
e b 

a 
Q 

c 
In 
3 U 

a, 
u 
al 

a 

Y 

.g 
u) 
In 
0 
0 

Y 

al > 
0 cu a 
In 

._ e 

P 
n ii ii 

a 

X 

Q) 





I 

YI 

I 

CR 

I 

t9 

I 

- 
b 
01 
C 
3 
c 
(0 

01 c .- 
A 

01 
C .- 
d 
E 
Y 

01 
C 
-J 
+ 
m 

.- 

N .- E 
CD 

w 3 

t 

T- 
UJ 

w 

T 

L 

L 

,o 0 c. 
E 
2 
m 

0 
LL 

0 c. 
t 
6 

I 

c 0 

a3 



L 

n 

n 

H 

* 

n 

H 

H 

H 

.I) 

n 

* 

L 



L 



b u  

I, 

6 
a! e 

2 

I 

N 

3 
r U 



1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

23 

24 

25 

2t 

REJOINDER TESTIMONY OF DAVID J. RTJMOLO 

On Behalf of Arizona Public Service Company 

Docket No. E-0 1345A-05-08 16 
Docket No. E-01345A-05-0826 
Docket No. E-01345A-05-0827 

October 4,2006 



1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

23 

24 

25 

26 

I. 

11. 

III. 

Table of Contents 

Introduction . . .. .. - .. ... . . . . . . . . . . . . . . .. .. . ... . . .. . . . ... .. . . . . ... -. . .... . . . . . . .- .. . . . . . ... . .. . . .. .. . .. .. . . . .. - .. .. . . 1 

Rate Schedules . .......... . . -.. ... .. ...... .... ...... ......... ........... ..:. . .._..._... .._...._._. ._. ...._.. . ...... 2 

Conclusion.. . . ... . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . -. . . .-. . . . . . . . . -. . ._. . . . . . . . .. . -. . . . . . . . . . . . . . . -. . . . . . . . . . . . . . . . . - 5  



1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

23 

24 

25 

26 

I. 

Q- 
A. 
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REJOINDER TESTIMONY OF DAVID J. RUMOLO 
ON BEHALF OF ARIZONA PUBLIC SERVICE COMPANY 

(Docket No. E-01345A-05-0816) 
(Docket No. E-01345A-05-0826) 
(Docket No. E-01345A-05-0827) 

Introduction 

PLEASE STATE YOUR NAME AND BUSINESS ADDRESS. 

David J. Rumolo, 400 North Fifth Street, Phoenix, Arizona 85004. 

DID YOU PREVIOUSLY FILE DIRECT AND REBUTTAL TESTIMONY 
IN THIS PROCEEDING? 

Yes. 

WHAT IS THE PURPOSE OF YOUR REJOINDER TESTIMONY? 

My rejoinder testimony addresses two topics that were discussed in the 

surrebuttal testimony of Staff Witness Erinn Andreasen. I also discuss the issue 

of transmission cost allocation that was raised by AECC Witness Kevin Higgins 

in his surrebuttal testimony. 

DOES YOUR SILENCE REGARDING ANY OF THE ISSUES 
DISCUSSED BY OTHER PARTIES INDICATE AN ACCEPTANCE OF 
THOSE POSITIONS? 

No, it does not. An absence on my part of a response to a surrebuttal issue should 

not be taken as acceptance of any party’s testimony; instead it is an indication that 

I maintain my position, as discussed in previous testimony. 

WHAT ARE THE TOPICS DISCUSSED BY STAFF WITNESS 
ANDREASEN THAT YOU ARE ADDRESSING? 

I address the Rate Schedule ET-2 design issue and clarifications to Schedule 3. 

- 1 -  
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11. 

Q* 
A. 

Q- 

A. 

Q* 

Rate Schedules 

PLEASE DISCUSS THE RATE SCHEDULE ET-2 DESIGN ISSUE. 

Ms. Andreasen notes in her testimony that the winter off-peak charges under Rate 

Schedule ET-2 are higher than the summer off-peak charges under the APS 

design proposal. She also comments that generation costs tend to be higher in 

summer than winter. I agree with her observation to a limited extent. On-peak 

generation is clearly more expensive for APS in the summer. However, that 

higher cost has a significant capacity cost element in addition to an energy cost 

element. Off-peak prices have little or no capacity element. Today, marginal 

generation resources are gas-fired (either through market purchases or Company- 

owned generation) for most hours of the year. In the winter, gas prices tend to be 

higher than during the summer, and off-peak electricity prices at the Palo Verde 

hub can be higher in winter than during the summer, due to the gas cost impacts. 

Therefore, it is appropriate that off-peak prices for winter electricity charged to 

customers be higher than off-peak summer prices. If the Commission adopts Ms. 

Andreasen’s recommendation for lowered winter off-peak prices, it will be 

necessary to increase some other rate element, e.g. winter on-peak prices, to meet 

revenue requirements targets and would not be reflective of costs. 

STAFF WITNESS ANDREASEN RECOMMENDED CLAF2IFICATIONS 
TO SCHEDULE 3 LANGUAGE. DO YOU AGREE WITH HER 
RECOMMENDATIONS? 

Yes, I do. Assuming the Commission approves Schedule 3 as modified, we will 

include Staffs changes in our tariff compliance filing at the conclusion of the 

case. 

DO YOU HAVE CONCERNS REGARDING THE SURREBUTTAL 
TESTIMONY OF AECC WITNESS HIGGINS AS IT PERTAINS TO THE 
ALLOCATION OF TRANSMISSION REVENUE REQUIIUEMENTS? 

-2- 
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A. Yes. I would like to clarify a few aspects of the transmission element in our retail 

rates. First, the current “across the board” energy-based charge is consistent with 

the rate designs that were part of the Settlement Agreement that was incorporated 

in Decision No. 67744. We made no changes to that method in this case, i.e. the 

transmission element costs were allocated based on energy. Second, transmission 

costs are incurred by APS for retail sales based on charges found in the Open 

Access Transmission Tariff (“OATT”). The costs are not the result of any 

allocation method in a retail rate case. Under the OATT, each service schedule 

has a list of charges that are applicable to retail classes of service based on usage. 

For example, for residential service, the OATT charges are billed to APS or an 

energy service provider based on energy. OATT charges for general service 

customers without demand meters are also based on energy. The OATT charges 

for customers with demand meters are based on the customers’ billing demands 

each month. Therefore “allocation” of OATT charges by applying a demand 

allocator, such as the 4CP allocator, does not reflect an accurate representation of 

how the costs are incurred to provide transmission service and is therefore 

inappropriate. 

Q. 
A. 

WOULD YOU DESCRIBE THE OATT CHARGES? 

Yes .  There are six specific charges that are applied each month to the OATT 

services. The services include network integration transmission service, 

scheduling service, regulation & frequency service, spinning reserve service, 

operating reserve service, and energy imbalance service. Each month, a bill is 

developed based on the service schedule charges and the retail sales volumes as 

measured by energy sales or billing demand. 

Q. WHAT WOULD BE THE AFFECT ON CUSTOMERS’ BILLS IF THE 

3 -  
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A. 

Q. 

A. 

Q. 

A. 

A P S  RETAIL TARIFF WAS MODIFIED SO THAT THE TRANSMISSION 
CHARGES REFLECTED THE CLASS OATT CHARGES? 

For residential customers, it would increase bills by an average of approximately 

$0.50 per month. Bills for general service customers would decrease on average, 

but the impact would be dependent on each customer’s load factor. In our rate 

case filing, we have proposed that the Settlement Agreement rate of $0.00476 per 

kWh be continued. However, I have no objection to converting the revenue 

requirements generated by the $0.00476/kWh charge to a capacity charge 

equivalent for customers receiving service under Rate Schedule E-34 and Rate 

Schedule E-35. These are the rate schedules that are applicable to customers with 

loads over three megawatts. I do not recommend that the demand charge method 

be used €or general service customers with loads under three megawatts. 

PLEASE EXPLAIN WHY YOU DO NOT RECOMMEND CHANGING 
THE CHARGE FOR GENERAL SERVICE CUSTOMERS UNDER 
THREE MEGAWATTS. 

Almost all general service customers under three megawatts are served under 

Rate Schedule E-32. As I noted in my Rebuttal Testimony, Rate Schedule E-32 

serves a very diverse group of customers with wide load factor disparities. 

Shifting to a capacity charge would adversely impact lower load factor customers. 

I propose that the current rate design be continued until a future rate case when 

separating Rate Schedule E-32 into a group of size-based schedules is evaluated 

as recommended by Ms. Andreasen. 

WHAT IS YOUR POSlETION ABOUT HAVING A DEMAND-BASED 
CHARGE EXCEPTION FOR PARTIAL REQUIREMENTS 
CUSTOMERS? 

I am opposed to the recommendation that there be a demand-based charge 

exception for partial requirements customers if the Commission adopted AECC’s 

-4- 
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Q. 
A. 

Q* 
A. 

recommendations regarding transmission cost recovery. Partial requirements 

customers require adequate “wire” capacity for stand-by and other services and, 

under the OATT, APS would pay for transmission service based on the partial 

requirements customer’s demand. Therefore, the retail rate should also be 

demand based, if the transmission service for full requirements customers is 

demand based. 

Conclusion 

DO YOU HAVE ANY OTHER COMMENTS? 

Yes. In his rebuttal testimony, Staff Witness Jeny Anderson discusses Demand 

Side Management (“DSM’) Performance Incentives and DSM lost revenue 

adjustments and describes them as duplicative. I disagree with that statement. 

DSM Performance Incentives are designed to encourage DSM programs. Lost 

revenue adjustments are designed to recognize that the utility will have fixed 

costs that must still be recovered over a reduced sales volume. These are very 

distinct concepts. 

DOES THIS CONCLUDE YOUR REJOINDER TESTIMONY? 

Yes, it does. 

- 5 -  
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